
ANNUAL MEETING OF MEMBERS/ BOARD OF DIRECTORS/MEMBERS COMMITTEE 

WebEx - October 27, 2020 

AGENDA 
8:00 a.m. – 3:00 p.m. 

Annual Meeting of Members 

1. Call to Order and Administrative Items ........................................................................... Mr. Larry Altenbaumer

2. Approve Minutes:  01/28/20 and 10/29/19

3. Corporate Governance Committee Report .............................................................................. Ms. Barbara Sugg

a. Election of Directors

 Elizabeth Moore-New Board Director replacing Bruce Scherr

 Larry Altenbaumer

 Joshua Martin

b. Election of Members Committee

 Steve Gaw, Advanced Power Alliance –AltPwr/Pub Int. (New)

 David Hudson-Xcel SPS- IOU

 Tim Wilson-Liberty Utilties-IOU (New)

 Joel Bladow-Tri-State Generation & Trans. Assoc. - COOP

 Lloyd Linke-Western Area Power Administration-FPMA (New)

 Dave Osburn-Oklahoma Municipal Power Authority-MUNI

 Holly Carias* (*After nomination, indicated unable to serve term)–IPP/Marketer

 Joe Lang-Omaha Public Power District-STATE

 Jeff Riles-Google, LLC-Lg. Retail

Greg McAuley-Oklahoma Gas and Electric Transmission (IOU)
c. SPP Bylaws Changes to Section 4.1 to Effectuate the MOPC Reorganization

4. President’s Report .............................................................................................................................. Ms. Barbara Sugg

5. SPP Corporate Metrics .......................................................................................................................Mr. Lanny Nickell

Adjourn for Board of Directors/Members Committee Meeting 

Board of Directors/Members Committee Meeting 

1. Call to Order and Administrative Items ........................................................................... Mr. Larry Altenbaumer

2. Consent Agenda

a. Approve 07/28/20 and 09/22/20 Minutes

b. CGC-Committee Nominations (2021-2024 Term)

 Finance Committee-TU-Laura Kapustka – Lincoln Electric System

 Human Resources Committee-TU-Suzanne Lane-Kansas Electric Power Co.

 Strategic Planning Committee (2021 – 2024 Term)

i. Transmission Owning

 Bill Grant-Xcel SPS

 Kevin Noblet-Evergy Co.
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ii. Transmission Using  

 David Mindham EDP Renewables 

 Melie Vincent-Oklahoma Municipal Power Authority 

iii. Transmission Using (Expires-Dec. 31, 2023) 

 Andrew Lachowsky-Arkansas Electric Cooperative 
 

c. Corporate Governance Committee 

i. Proposed Changes to Withdrawal Obligations 

ii. Additional Seats on Human Resources and Finance Committees 

 

d. Markets and Operations Policy Committee 

i. SAWG-RR412-Design Output for Capacity upgrades on existing generating units 

ii. MWG-2019-2020 Annual VRL Report 

 

e. Staff 

i. Jayhawk Wind Sponsored Upgrade (SUS-020) 

ii. Neosho-Riverton NTC-C project estimate 

iii. S964 Capacitor Bank NTC withdrawal 
iv. Blue Valley – Crosstown NTC withdrawal 
v. Wentworth NTC modification 

 

3. Reports to the Board 

a. Regional State Committee Report .............................................................President Dennis Grennan 

b. Oversight Committee Report ............................................................................................ Mr. Josh Martin 

c. Human Resources Committee Report........................................................................Mr. Mark Crisson 

d. Strategic Planning Committee Report ............................................................. Mr. Larry Altenbaumer 

4. Order No. 1000 TOSP: Independent Expert Panel Recommendation................................ Mr. Josh Martin 

5. Finance Committee ........................................................................................................................ Ms. Susan Certoma 

a. 2021 Budget Approval 

6. Markets and Operations Policy Committee ................................................................................ Ms. Holly Carias 

a. PCWG-Multi-Gentleman-Cherry Co.-Holt Co. 345 kV cost estimate 

b. ESWG/TWG-2020 ITP Assessment & Report 

c. Q4 2020 Quarterly Project Tracking Report and Appendix 1 *information only in 

background materials 

7. Holistic Integrated Tariff Team...........................................................................................................Mr. Paul Suskie 

a. HITT M4 - ORWG/MWG: White Paper: Study economic evaluations or reliability 

b. HITT T1 - NEDTF White Paper: Implement modifications to NRIS & ERIS 

c. HITT T3 - TWG White Paper. Implement new load addition modification 

d. HITT C2 - RTWG RR422: Evaluate a byway facility cost allocation review process 
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8. Future Meetings 

               2021 

RSC/BOD – January 25-26 ..................................................................................................................................... Virtual 

RSC/BOD – April 26-27 ........................................................................................................................... Little Rock, AR 

RSC/BOD – July 26-27 ............................................................................................................................................. Virtual 

RSC/BOD – October 25-26 .................................................................................................................... Little Rock, AR 

BOD – December 6................................................................................................................................................... Virtual 

 

Adjourn for lunch and Board of Directors/Members Committee Executive Session 

(NOTE:  Attendance is limited to the Board of Directors, Members Committee, and Officers) 
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Southwest Power Pool, Inc. 

SPECIAL MEETING OF MEMBERS 

El Dorado Hotel & Spa – Santa Fe, NM 

January 28, 2020 
 

MINUTES 
 

Agenda Item 1 – Administrative Items 

SPP Board of Directors Chair Mr. Larry Altenbaumer called the meeting to order at 8:00 a.m.  Mr. 
Altenbaumer asked for a round of introductions.  There were 158 people in attendance either in person or 
via the phone representing 39 Members (Attendance List – Attachment 1).  Mr. Nick Brown reported 
proxies (Proxies – Attachment 2).  Mr. Altenbaumer introduced two guests that were in attendance, Mr. 
Todd Hillman and Mr. Todd Raba from the Midcontinent Independent System Operator.  

Agenda Item 2 – Corporate Governance Committee Report 
Mr. Nick Brown began the Corporate Governance Committee (CGC) report by discussing the 
responsibilities of the CGC, one of which is to recommend nominees to the Membership for filling 
vacancies on the board of directors.  Ms. Phyllis Bernard’s term expired at the end of 2019.  The 
committee worked with an outside, independent search firm, Strategic Board Solutions to identify a slate 
of candidates.  The candidates were interviewed in November 2019.  By a unanimous vote, the CGC put 
forth the nomination of Bronwen Bastone for the open board seat (Attachment 3 – Board 
Recommendation and Ballot and Attachment 4 – Bronwen Bastone Resume).  There were no competing 
nominations submitted.   
 
The Membership voted via a paper ballot.  Ms. Bastone was elected to the SPP Board of directors for a 
three year term to conclude on December 31, 2022. 
 
Mr. Brown explained how the CGC members are selected by sector representation to serve on the 
committee.  There is one representative selected from each sector.  Mr. Brown and Mr. Altenbaumer each 
have a seat on the committee by virtue of their positions as company president and board chair, 
respectively.  Mr. Brown thanked each of the committee members for their dedication and the time they 
commit to the organization.  The CGC met several times in 2019 and there was one hundred percent 
participation at every meeting. 
 
Mr. Brown continued his report by discussing the recommendations of changes to the SPP Bylaws 
(Attachment 5 – Recommendation Bylaws Changes and Attachment 6 – Bylaws Redline), to the 
Membership.  There are two recommendations for modification of the SPP Bylaws.  One recommendation 
is for the Membership and the other for the Board of Directors.  The changes are mostly for clarity and 
administrative corrections in the bylaws.  
 
Mr. David Osburn moved to approve the revisions to Bylaws Sections 4.2.1; 4.2.3 4.3; 4.4; 4.5; 
4.6.1; 4.6.3; 4.6.5; 5.0; 5.1.1.1; 5.1.2; 5.1.4; and 10.0.  Mr. Mike Wise seconded the motion.  The 
Membership voted in unanimous approval; the motion passed. 
 
Mr. Altenbaumer discussed the many changes taking place within the SPP Staff.  He mentioned that this 
will be Mr. Carl Monroe’s last meeting after being with the organization for more than 20 years.  Mr. 
Monroe was honored during the stakeholder dinner on Monday evening.  Mr. Nick Brown will retire after 
almost 25 with SPP and 17 years of those years as the President and Chief Executive Officer (CEO).  
Two weeks ago the announcement was made to name Ms. Barbara Sugg as the new President and 
CEO.  The board met in executive session on Sunday evening and approved the selection of Mr. Lanny 
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Nickell to replace Mr. Monroe as the new Chief Operating Officer (COO).  Mr. Altenbaumer expressed his 
confidence in the leadership of the board and the SPP officer team.   The engagement of the 
stakeholders also ensure success for the organization.  This is a new chapter for SPP. 
 
Adjournment 

With no further business, Mr. Altenbaumer adjourned the Special Meeting of Members at 8:21 a.m.  
 

Respectfully Submitted, 
 
Paul Suskie, Corporate Secretary 
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Southwest Power Pool, Inc. 

ANNUAL MEETING OF MEMBERS 

SPP Corporate Center, Little Rock, AR 
 

October 29, 2019 

Agenda Item 1 and 2 – Administrative Items 
SPP Board of Directors Chairman Mr. Larry Altenbaumer called the meeting to order at 8:00 a.m. Mr. Altenbaumer 
asked for a round of introductions. There were 136 people in attendance either in person or via the phone 
representing 29 Members (Attendance List – Attachment 1). Mr. Brown reported the proxies (Proxies – 
Attachment 2).  
 
Mr. Altenbaumer began the meeting by introducing the following guests:  David Huff (FERC), Heather Polzin 
(FERC), Richard Burt (MRO), Melinda Montgomery (SERC), and Kiel Lyons (NERC). 
 
Mr. Nick Brown presented the Corporate Governance Committee (CGC) report. He explained that the CGC is 
different from the other committees because the sectors of Members elect their representatives to the CGC.  The 
CGC has two primary responsibilities.  The committee is responsible for overseeing the representation on SPP’s 
organizational groups and the other is to oversee the corporate governance documents.  In 2018 the committee 
asked Mr. Jim Eckelberger and Mr. Harry Skilton to participate on the board in the role of director emeritus for 
2019 after their terms expired in 2018.  At the October dinner last year they were both honored for their years of 
service to the organization.   
 
During the meeting, Mr. Brown presented resolutions documenting their years of service and contributions.  Mr. 
Eckelberger has served the organization for 18 years with an additional year in an emeritus roll and 14 years as 
chairman of the board.  Mr. Skilton has also served SPP for 18 years plus one year in the emeritus roll.  Fourteen 
of those years he served a vice-chair and chair of the Finance Committee.  They both have served on many other 
committees and organizational groups. 
 
Ms. Phyllis Bernard was not able to attend the meeting in-person but participated on the phone.  Mr. Brown 
announced presented a resolution recognizing Ms. Bernard’s service to the organization for her 16 years on 
SPP’s Board which ends in 2019.  During her tenure Ms. Bernard chaired the Human Resources Committee, and 
was an active participant on the Oversight Committee, as well as other committees and organizational groups.  
 
All three were recognized by all attending with applause in recognition of their service. 
 
Mr. Altenbaumer referred to the administrative items and two sets of minutes for approval from October 30, 2018 
and January 29, 2019 (Minutes 10/30/18 and 1/29/19 – Attachment 3). 
 
Mr. David Osburn moved to approve the minutes as presented; Mr. Brett Leopold seconded. The 
Membership voted, the motion passed. 
 
Agenda Item 3 – Corporate Governance Committee Report 
Election of Directors and Members Committee Representatives 

Mr. Brown presented a slate of nominees on the ballot for the coming year (Recommendation and Membership 
Ballot for the Board of Directors and Members Committee – Attachment 4). He stated the CGC is responsible for 
nominating candidates to the Membership to serve for a three-year term on the Board of Directors and Members 
Committee.  The nominees elected will fill the positions with terms commencing on January 1, 2020.  There were 
two nominees filling existing terms.  Members that have affiliate relationships have only one vote (Affiliate Slide – 
Attachment 5). 
 
Mr. Brett Leopold made a motion to accept the slate of candidates as presented on the ballot and Mr. 
David Osburn seconded the motion.  Mr. Larry Altenbaumer asked if there were any nominations for the 
Members Committee from the floor. Mr. Tom Kent moved to nominate Mr. Rob Janssen (Nomination – 
Attachment 6) and Mr. David Hudson seconded the motion.   
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Mr. Altenbaumer asked for comments in support of the candidates, Ms. Betsy Beck and Mr. Rob Janssen.  The 
following nominees were elected. 
 
Board of Directors:  

Julian Brix 
Mark Crisson 
 

Members Committee (sector): 
Bleau LaFave (Investor Owned Utility) 
Peggy Simmons (Investor Owned Utility) 
Tom Christensen (Cooperative) 
Stuart Lowry (Cooperative) 
Joel Bladow (Cooperative – Term ending 12/31/2020) 
Jeff Riles (Large Retail Customer – Term ending 12/31/2020) 
Rob Janssen (Independent Power Producer/Marketer) 
Chris Jones (Municipal) 
Brett Leopold (Independent Transmission Company) 
 

Agenda Item 4 – President’s Report 
Mr. Nick Brown began his report by reminding everyone of the annual surveys that have been emailed.  The 
surveys are very important to the organization.  The Stakeholder Satisfaction Survey and the Board Effectiveness 
Survey will be open until the end of October.   
 
The Human Resources Committee (HRC) has started a new process to engage the Membership directly in the 
CEO’s performance review relative to the leadership of the organization.  The process will be for members to 
provide written comments to the board chair or to the HRC.  The HRC will take the information and comments into 
consideration and deliberate.  The HRC will provide the board with a recommendation at the January meeting.  Mr. 
Brown provided the board his ten goals for the year during the July meeting.  A detailed assessment will be 
provided within the next month.  Everyone will have plenty of time to review and provide the HRC written feedback.  
The goals were agreed to by the board with input from the members committee.  The goals are as follows, Western 
RC implementation, CIP IV compliance with the 2017 audit, Settlements Systems replacement, GI 3 Phase, 
Schedule 1A revamp, Holistic Integrated Tariff Team, Value and Affordability Task Force, management of the CEO 
succession process, and Z2. 
 
The communications department created a video on the value created by SPP and it was showed during the 
meeting.  Mr. Brown thanked the communications department for their work on the video. 
 
Agenda Item 5 – SPP Corporate Metrics 
Mr. Carl Monroe provided the report on the metrics (SPP Corporate Metrics – Attachment 7).  The new metrics 
focus on conservative operations, energy alerts, weather alerts, and notable near misses.  A focus is to 
communicate the types of reliability issues SPP faces everyday.  Under the market heading he discussed the net 
day-ahead congestion revenue, congestion flow-gates, excess capacity and electricity and gas price comparison. 
 
Adjournment 
With no further business, Mr. Altenbaumer adjourned the open portion of the meeting at 9:27 a.m. 
 
Respectfully Submitted, 
 
Paul Suskie, Corporate Secretary 
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Southwest Power Pool, Inc. 

CORPORATE GOVERNANCE COMMITTEE 

Recommendation to the Membership 

October 27, 2020 

Nominations to Fill Expiring Terms and Vacancies on the 
Board of Directors and Members Committee 

 

 

Background 

 
Representatives on the Board of Directors and Members Committee are elected by the 
Membership to serve three-year terms. 

 
Analysis 

 
The Corporate Governance Committee is responsible for nominating candidates for the Board of 
Directors and Members Committee to the Membership for consideration and election at the 
annual Meeting of Members. 

 
Recommendation 

Unless otherwise noted below, the following candidates are nominated for three-year terms to 
commence January 1, 2021.  

 

 Elizabeth Moore is nominated to the Board of Directors to fill the remainder of Bruce 
Scherr’s term ending December 31, 2020, and to a three-year term beginning January 
1, 2021. 

 

 Steve Gaw (Advanced Power Alliance) is nominated to fill a vacant seat on the 
Members Committee with a term ending December 31, 2020, and to an additional 
three-year term to commence January 1, 2021. 

 

 Tim Wilson (Liberty Utilities) is nominated to the Members Committee to fill the 
remainder of Brent Baker’s (Liberty Utilities) term ending December 31, 2021. 

 

 Lloyd Linke (Western Area Power Administration) is nominated to the Members 
Committee to fill the remainder of Jody Sunsted’s (Western Area Power Administration) 
term ending December 31, 2021. 

 
 

Board of Directors:  Elizabeth Moore 
 Larry Altenbaumer 

Joshua Martin 
 
 
Per Section 4.3 of the SPP Bylaws, Petitions for other nominations to the Board of Directors may be 
made to the Corporate Secretary at least 15 calendar days before the meeting of Members with 20% 
of the Membership supporting the nominations.   
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Members Committee (sector): Steve Gaw (Alternative Power/Public Interest Sector) 
 David Hudson (IOU) 

Greg McAuley (IOU) 
Tim Wilson (IOU) 

Joel Bladow (Cooperative)  
Lloyd Linke (Federal Power Marketing Agency) 
Dave Osburn (Municipal))  
Joe Lang (State)  

    Jeff Riles (Large Retail Customer) 
 

Per Section 5.1.2 of the SPP Bylaws, other nominations for the Members Committee may be made 
from the floor provided notice is given to the Corporate Secretary at least 14 calendar days in 
advance of the meeting of Members.   
 
Approved: Corporate Governance Committee February 20, June 16, and  

           September 2, 2020  
 
Action Requested: Conduct the elections 
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ANNUAL MEETING OF MEMBERS 
October 27, 2020 

 
Ballot for SPP Board of Directors  

 

 

SPP BOARD OF DIRECTORS: 

 
Nomination to fill vacancy with term ending December 31, 2020: 
 
(All Members should vote for 1 nominee) 
 

Recommended by Corporate Governance Committee: 
 

For Against     

    Elizabeth Moore 
 

Additional Nominees: 

 
 
Nominations for three-year terms to begin January 1, 2021: 
 
(All Members should vote for 1 nominee per seat) 

 
Recommended by Corporate Governance Committee: 

For Against 

   Seat 1 - Elizabeth Moore 
 
Additional Nominees: 

 
 

 For Against 

   Seat 2 - Larry Altenbaumer 
 
Additional Nominees: 

 
 
For      Against 
    Seat 3 - Joshua Martin 
 
Additional Nominees: 
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ANNUAL MEETING OF MEMBERS 
October 27, 2020 

 
Ballot for SPP Members Committee 

 

SPP MEMBERS COMMITTEE: 
 

Alternative Power/Public Interest Sector: 
 

Nomination to fill vacancy with term ending December 31, 2020. 

(All Members should vote for 1 nominee) 

      Recommended by Corporate Governance Committee: 

For Against 
Steve Gaw (Advanced Power Alliance) 

 

Additional Nominees: 

 
 

 

Nomination to fill three-year term beginning January 1, 2021. 

(All Members should vote for 1 nominee) 

      Recommended by Corporate Governance Committee: 

For Against 
Steve Gaw (Advanced Power Alliance) 
 

Additional Nominees: 

  

 

Investor Owned Utilities:
 

 

 
Nomination to fill vacancy with term ending December 31, 2021. 
 
(All Members should vote for 1 nominee) 
 

Recommended by Corporate Governance Committee: 

For Against 
Tim Wilson (Liberty Utilities) 
 

Additional Nominees: 
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Nominations for three-year term to begin January 1, 2021: 

 
(All Members should vote for 1 nominee per seat) 
 

Recommended by Corporate Governance Committee: 

For Against 
Seat 1 - David Hudson (SPS Xcel) 

Additional Nominees: 

 
 

 

For Against 

Seat 2 - Greg McAuley (OG&E Transmission) 

Additional Nominees: 

 
 

 

Cooperatives: 
 
Nomination for three-year term to begin January 1, 2021: 
 
(All Members should vote for 1 nominee) 
 

Recommended by Corporate Governance Committee: 

For Against 

Joel Bladow (Tri-State Generation and Transmission 
Association, Inc.) 

Additional Nominees: 

  

 

 

Federal Power Marketing Agency: 
 
Nomination to fill vacancy with term ending December 31, 2021. 
 
(All Members should vote for 1 nominee) 
 

Recommended by Corporate Governance Committee: 

For Against 
Lloyd Linke (Western Area Power Administration) 
 

Additional Nominees: 
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Municipal: 
 

Nomination to fill three-year term beginning January 1, 2021. 
 
(All Members should vote for 1 nominee) 
 

Recommended by Corporate Governance Committee: 

For Against 
David Osburn (Oklahoma Municipal Power Authority) 
 

Additional Nominees: 

 
 

 
State: 
 

Nomination to fill three-year term beginning January 1, 2021. 
 
(All Members should vote for 1 nominee) 
 

Recommended by Corporate Governance Committee: 

For Against 
Joe Lang (Omaha Public Power District) 
 

Additional Nominees: 

 
 
 

Large Retail Customer: 
 

Nomination to fill three-year term beginning January 1, 2021. 
 
(All Members should vote for 1 nominee) 
 

Recommended by Corporate Governance Committee: 

For Against 
Jeff Riles (Google Energy LLC) 
 

Additional Nominees: 
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Until the end of 2019, Elizabeth D. Moore was Senior Vice President and General Counsel of Consolidated Edison, 
Inc., one of the nation's largest investor-owned energy companies, with approximately $13 billion in annual revenue 
and $47 billion in assets. Ms. Moore served on the boards of its two subsidiaries, Con Edison Clean Energy 
Businesses, Inc. (ranked in the top tier among solar energy producers in North America) and Con Edison 
Transmission, Inc., investing in electric and gas transmission projects. 

Ms. Moore advised the company’s Chairman and Chief Executive Officer as a member of the company’s corporate 
leadership team. She was responsible for the day-to-day operation of the approximately 80 attorney/200 employee 
Law Department, including the litigation, regulatory services, corporate secretary and business ethics and compliance 
groups. 

In this role, Ms. Moore created a high-performing, flexible work culture enabling the recruitment and development of 
the next generation of diverse leaders. The Law Department modernized its technology platform, driving greater 
productivity and efficiency and increasing support for the company’s compliance and enterprise risk programs. 
Recognizing the need to provide targeted support for strategic business initiatives, she embedded attorneys in the 
working groups for these projects. 

Prior to joining Con Edison in May 2009, Ms. Moore was a partner at Nixon Peabody LLP and served in the 
administration of former New York Governor Mario Cuomo for 12 years, culminating as Counsel to the Governor from 
1991 to 1994. 

She earned a law degree from St. John's University, and holds a Bachelor of Science from the School of Industrial 
and Labor Relations at Cornell University. Ms. Moore served on Cornell's Board of Trustees for 14 years and in 2013 
was elected Trustee Emeritus. She received the Board's highest recognition when elected Presidential Councillor and 
received the Frank H. T. Rhodes Exemplary Alumni Service Award. 

In 2019, Black Enterprise named Ms. Moore one of the “Most Powerful Women in Corporate America”. In 2015, Ms. 
Moore was named to Savoy list of 2015 Top Black Lawyers and to the Lawyers of Color Fourth Annual Power List. In 
2013, Ms. Moore received the 11th Annual Ida B. Wells-Barnett Justice Award from the New York County Lawyers' 
Association and the Metropolitan Black Bar Association. Ms. Moore was also honored by The Network Journal as one 
of the “25 Influential Black Women in Business” and was recognized as a “Leader for a New Century” by the 
Association of Black Women Attorneys. 
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Southwest Power Pool, Inc.  

Corporate Governance Committee 

Recommendation to the Membership 

 October 27, 2020 

SPP Bylaws Change to Effectuate the 

Markets and Operations Policy Committee Reorganization 

 

Background 

The Corporate Governance Committee (“CGC”) is responsible for making recommendations to 

change the SPP Bylaws. 

The Markets and Operations Policy Committee recently endorsed a reorganizational plan. As part 

of that plan, it was proposed to convert some Organizational Groups (as defined in the SPP 

Bylaws) to new groups referred to as advisory groups and user forums. These new SPP groups will 

be made up of SPP stakeholders, including Members, customers, market participants and other 

interested parties. 

The SPP Bylaws specify that the SPP Board of Directors direct activities of all Organizational 

Groups, which are made up of Members. Since the proposed advisory groups and user forums will 

be made up of individuals representing more than just Members, it is not entirely clear that the SPP 

Bylaws authorize the formation of the proposed advisory groups and user forums. The proposed 

change to the SPP Bylaws clarifies that the SPP Board of Directors may direct the formation, 

management of and dissolution of the proposed advisory groups and user forums. 

The proposed changes are attached. 

Recommendation 

The CGC recommends that the Membership approve the attached amendment to Section 4.1 of the 

SPP Bylaws with an effective date of January 1, 2021. 

Approved: Corporate Governance Committee September 2, 2020 

Action Requested: Approve Recommendation 
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4.1 Duties 

The Board of Directors shall at all times act in the best interest of SPP in its 

management, control and direction of the general business of SPP. The Board of Directors 

shall solicit and consider a straw vote from the Members Committee as an indication of the 

level of consensus among Members in advance of taking any actions other than those 

occurring in executive session. Its duties shall include, but are not limited to the following: 

(a) Direct activities of all SPP Organizational Groups; 

(b) Serve on SPP Organizational Groups; 

(c) Remove Members, and approve the re-entry of Members that have been 

removed; 

(d) Authorize all substantive contracts and debt instruments; 

(e) Select and review the performance of SPP Officers, who shall serve at the 

pleasure of the Board of Directors; 

(f) Approve policies by which positions, duties, qualifications, salaries, 

benefits and other necessary matters pertaining to the SPP Officers are 

determined; 

(g) Review, approve, disapprove or recommend revision to the actions of any 

Organizational Group; 

(h) Act on appeals pursuant to Section 3.10; 

(i) Approve and implement Regional Criteria for enforcement under the terms 

and conditions of the SPP Membership Agreement; 

(j) Approve or revise the operating and capital budgets and any additional 

expenditures; 

(k) Convene a meeting of Members at least annually; 

(l) Approve amendments to these Bylaws as permitted by these Bylaws; 

(m) Approve amendments to the Membership Agreement as permitted by the 

Membership Agreement; 

(n) Approve Regional Criteria pertaining to planning and operating standards 

and policies and penalties for non-compliance with such Criteria; and, 

(o) Authorize filings with regulatory bodies; and,. 
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(p) Authorize the formation, activities of and dissolution of SPP-recognized 

stakeholder groups that are not defined as SPP Organizational Groups, 

including without limitation, user groups and advisory groups. 
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C a p i t a l  S p e n d i n g  R e v i e w  
S e p t e m b e r  3 0 ,  2 0 2 0  

 
 
 
 
 
 
 
 

 
 
 
 
 

P r e p a r e d  b y :   A c c o u n t i n g  D e p a r t m e n t  
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Project and Foundation Investments as of September 30, 2020 

Note:  Dollar amounts presented in the tables throughout the report are in $000s    

  

Projects Budget (a) Forecast Variance

DTS Upgrade Phase 2B 2,187$               2,187$               -$                   

Identity and Access Management (IAM) Deployment 500                     500                     -                          

FERC Order 841: Electric Storage 423                     423                     -                          

Data Lake Phase 3 350                     -                          350                     
Transmission & Generation Implementation Tracking 
(TAGIT), Standardized Cost Estimation Reporting 
Template (SCERT) Rewrite 250                     103                     147                     

Ramping Capability (b) 200                     790                     (590)                   

Energy Storage Resource (ESR) 50                       50                       -                          
Energy Management System (EMS) Centralized 
Modeling Tool (CMT) Markets Software Upgrade (b) 5,700                 3,500                 2,200                 

Total Projects 9,660$               7,553$               2,107$               

Western Energy Imbalance Service (WEIS) Market 3,370$               2,951$               419$                  

Foundation - 2020 (c) Budget Forecast Variance

Information Technology 8,100$               7,376$               724$                  

Operations 2,494                 2,265                 229                     

Engineering 1,835                 200                     1,635                 

Settlements 300                     308                     (8)                        

Facilities 50                       231                     (181)                   

Other Departments 100                     35                       65                       

Total Foundation - 2020 12,879$            10,414$            2,465$               

(a)  Budget amounts are per the 2020 capital projects budget approved by the board unless otherwise 
noted. 
(b)  Updated forecast amounts per the draft 2021-2023 budget.
(c)  Foundation projects are reforecast annually. Unused funds do not carry over to the following year.
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Multi-Year Capital Projects Over $1 Million 

DTS Upgrade Phase 2B 

This final phase of the multi-year Dispatcher Training Simulator (DTS) project includes the build and 

integration of simulation software for market functionality to create a Markets and Reliability Training 

Simulator (MRTS).   It will consist of the following three phases of work: 

o Phase 2B-1: Requirements, system design, and implementation of some of the core 

infrastructure that is required for Phase 2B. During 2019, a statement of work for Phase 2B-1 was 

signed for $0.4M and the vendor provided the initial 

requirements & system overview documentation which 

were reviewed by the project team in 1Q’20. During 1Q’20, 

the vendor began work on the Delta Design Notes (DDNs) 

for eight different areas of functionality. Completion and 

review of the DDNs, which will complete this phase, is 

expected to be finalized in Q4’20. 

o Phase 2B-2: Design, installation, testing, and 

implementation of a basic MRTS. During 2Q’20, a 

statement of work for Phase 2B-2 was signed for $1.6M. As the DDNs are being approved as part 

of the previous phase, the vendor has begun working on detailed design work. Delivery of the 

system components is expected in Q1’21, with testing to follow in Q2’21. 

o Phase 2B-3: Design and implementation of functionality that will provide SPP instructors with the 

ability to simulate additional subsystems such as automation features that make the creation of 

scenarios easier. This phase will commence with the completion of Phase 2B-2 and the project is 

expected to wrap up in Q3’21. 

  

 Budget 
2019 

Actual
2020 

Forecast
2021 

Forecast
 Total 

Forecast  Variance 

Actual 
Spend to 

Date
Capital Expense 2,187$       60$           1,712$     415$         2,187$     (0)$              1,022$      

Key Completion Dates 
Phase 2B-1 

4Q/2020 
 

Phase 2B-2  
2Q/2021 

 
Phase 2B-3 

3Q/2021 
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Capital Projects Less Than $1 Million 

 
 

Identity Access Management (IAM) Deployment 

This project will install the IAM solution in production to run user access certification campaigns and support 

provisioning and de-provisioning of access for a defined set of targets in a phased approach. The solution will 

also establish a support model to accommodate ongoing development needs across all environments, 

including on-boarding of access to additional applications and systems. 

 

A vendor was engaged earlier in 2020 to perform an analysis of the current state of the program through the 

review of business procedures and performance of various assessments. Based on this work, the project is 

currently being evaluated and will potentially be restructured and expanded beyond the original scope. 

FERC Order 841: Electric Storage 

The vendor originally began work on requirements and design activities for market system enhancements in 

late 4Q’18 with an expected delivery date of March 2019. However, updates to the settlements system were 

also required as part of the project, and given the delay in the completion of the settlements project, a 

decision was made to place this project on hold until after the new settlements system went live in early 2020. 

As a result of FERC mandating an implementation date of August 3, 2021 in response to SPP’s 4Q’19 filing, the 

project has resumed in order to meet that date. During 3Q’20, the vendor completed the initial drafts of 

 Budget
2018-19 
Actual

2020 
Forecast

2021 
Forecast

Total 
Forecast Variance

Actual 
Spend 

to Date

 Identity and Access 
Management (IAM) Deployment 500$       -$       -$         500$         500$        -$          -$       

FERC Order 841: Electric Storage 423$       32$         181$        210$         423$        0$              86$         

Data Lake Phase 3 350$       -$       -$         -$         -$         350$         -$       

TAGIT/SCERT Rewrite 250$       -$       93$           10$           103$        147$         53$         

Ramping Capability 200$       -$       -$         790$         790$        (590)$        8$           

Energy Storage Resource 50$         -$       -$         50$           50$           -$          -$       
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requirements and design and is now incorporating changes requested from SPP. Development efforts will 

begin in 4Q’20, with a target implementation date of July 1, 2021. 

Data Lake Phase 3 

During  1Q’20, further investigation and testing were performed with potential solutions to provide “real-

time” updates directly to Data Lake and serve as an Informatica Data Replication (IDR) replacement, however 

the identified solutions  did not sufficiently meet requirements. The project team concluded that “real-time” 

update capability was not needed until there is a ramp-up effort to start offloading more data to Data Lake. As 

a result, it has been decided to close the Data Lake Phase 3 project.  

Transmission and Generation Implementation Tracking (TAGIT), Standardized Cost 

Estimation Reporting Template (SCERT) Rewrite 

The goal of this project is to enhance the TAGIT/SCERT platform in a way that would allow operators to focus 

on data analysis, remove potential barriers for additional operators to cross-train, and improve data integrity. 

During 2Q’20, the design phase was completed and a vendor resource along with internal staff began 

development. Utilizing more internal resources than originally contemplated is expected to bring the project 

significantly under budget. Development continued and connectivity testing began for members in 3Q’20. The 

new tool, which is planned for implementation in 1Q’21, will be renamed Transmission Reporting and 

Communication (TRAC). 

Ramping Capability Project 

This project will address the impact that resource ramp shortages in the market cause with respect to short-

term spikes in market prices by designing methods to better anticipate the need for responsive resources in 

the market. 

 

The goal of a ramping product is to provide a market-based approach for ramp management that leverages 

existing operational experiences to systematically pre-position resources with ramp capability to manage net 

load variations and uncertainties and to provide transparent price signals to incent resource flexibility and 

economic investment. 
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In 2019, the project was approved with a capital budget of $0.2M based on an internal estimate. During 2Q’20 

the vendor returned a statement of work (SOW) in the amount of $0.7M. In addition to the SOW, the project 

will also require staff augmentation of $0.1M. The project was submitted for approval in the 2021-2023 

budget cycle for a total of $0.8M. The project requirements are expected to be finalized during Q1’21, with an 

expected implementation date in 4Q’21. 

Energy Storage Resource (ESR) Project 

SPP’s engineering department will need to scope and implement a solution that can model and study ESRs as 

generation, load, or as generation and load. This project will also develop policy and revision request language 

that allows SPP to select ESRs as viable transmission solutions and enforce issuance of notice to construct 

(NTC) for qualifying ESR solutions. Research and requirements development is currently underway to 

determine project tasks and timeline.  
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Future Projected Capital Projects 

 
 

Energy Management System (EMS) Centralized Modeling Tool (CMT) Markets 

Software Upgrade 

This project addresses the hardware refresh and software upgrade required to continue operations of the 

EMS, CMT, and Markets applications. Both the system software and the hardware (included in IT Foundation 

Capital) used for the systems are due for refresh by December 2022. SPP will replace the time frequency 

device in conjunction with this project no later than September 2022, which is the timeline for this project. 

The EMS and Markets systems are essential critical infrastructure protection (CIP) applications that require 

continual patch source and vendor support to operate SPP’s reliability and market functions. 

 

This project has appeared in the forecast for the last two budget cycles with an estimated budget of $5.7M 

and a 2021 projected start date. During 2Q’20, the SPP technical team worked closely with the vendor to 

define specific requirements and timelines which resulted in a revised, lower estimate of $3.2M. 

 

The vendor will begin work gathering requirements for the development of a statement of work for the design 

and implementation in early 4Q’20. Design is expected to begin early 1Q’21, with an expected implementation 

date in 3Q’22. 

 

  

 

 

 

 

2021 2022
Total 

Forecast

 EMS CMT Markets Software Upgrade 2,200$          1,300$          3,500$          
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Western Energy Imbalance Service (WEIS) Market 

• SPP will provide market administrative services for Basin Electric Power Cooperative, Tri-State 

Generation and Transmission Association, and Western Area Power Administration (WAPA) that is 

scheduled to launch in February 2021. The market will centrally dispatch energy from participating 

resources throughout the region every five minutes, enhancing both the reliability and affordability of 

electricity delivered from western utilities to their customers. 

• The signatories to the contract will fund the implementation of imbalance market functionality and take 

service from the WEIS market for up to eight years. Similar to the western RC service contracts, SPP will 

recover the approximate 16-month implementation costs through the production revenue rate. These 

services will generate approximately $5.0M in revenues annually beginning in 2021. SPP will fund staffing 

and capital expenditures through acquisition of debt resulting in no adverse impact to SPP’s NRR during 

the project implementation. 

• Total capital spend during 3Q’20 was $0.6M and included the following items: 

o Enhancements to the existing Market Operations Systems (MOS), Centralized Modeling Tool 

(CMT), and the Energy Management System (EMS) that will allow Energy Imbalance Services 

(EIS) in the west. 

 
 

 

 

 

 Budget 
2019 

Actual
2020 

Forecast
2021 

Forecast
Total 

Forecast  Variance 

Actual 
Spend to 

Date

Capital Expense 3,370$       201$         2,750$     -$          2,951$     419$           2,026$      

Operating Expense 6,141          408           5,050        299           5,758        384             4,188        

  Total Project 9,511$       609$         7,800$     299$         8,708$     803$           6,214$      
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Foundation Capital Expenditures 

 

The following sections discuss foundational capital expenditures for information technology, operations, 

settlements, and facilities for the current year. Although foundational spend is presented for the upcoming 

three years during each annual budget cycle, foundational budgets are re-forecast every budget cycle for the 

upcoming year. The following table shows the approved 2020 budget for foundation capital spend and updated 

forecast amounts per the draft 2021-2023 budget. 

 
 

 

 

 

  

2020 2021 2022 Total

Information Technology 8,100$              7,610$              7,900$              23,610$           

Operations 2,494$              2,852$              2,290$              7,636$              

Engineering Department 1,835$              1,000$              410$                 3,245$              

Settlements 300$                 -$                  -$                  300$                 

Facilities 50$                    50$                    50$                    150$                 

Other Corporate Departments 100$                 -$                  -$                  100$                 

Total 12,879$           11,512$           10,650$           35,041$           
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Foundation Expenditures: Information Technology 

The IT Foundation budget captures corporate-wide hardware and software requirements to support SPP’s 

business applications and systems and is managed in two broad categories: 

• Infrastructure Refresh:  This category includes upgrades and/or replacements of existing infrastructure 

to support the ongoing requirements of existing systems and services.   

• New Initiatives:  This category is for incremental hardware, software, and/or development services to 

support new IT and/or Corporate projects and services.     

 
 

The total spend during 3Q’20 was $0.5M and included the following items: 

• Network firewall and communications replacement/upgrade – Infrastructure Refresh 

• Blade technology servers/platforms to replace aged rack-mounted servers  - Infrastructure Refresh  

• Third-party risk assessment database to address supply chain risks – New Initiatives 

 

Aside from the IT Foundation budget, a separate budget of $0.1M exists to support IT capital requirements for 

approximately 10 departments (H/R, Regulatory, Internal Auditing, etc.).   

 
 

 

 

IT Foundation (IT Dept. only)
2020 

Budget
2020 

Forecast Variance
3Q'20 
Spend

2020 YTD 
Spend

Infrastructure Refresh 7,600$          7,132$          468$             370$             2,473$             

New Initiatives 500$             244$             256$             119$             119$                 

Total 8,100$          7,376$          724$             489$             2,592$             

Included with the IT Foundation 
Budget

2020 
Budget

2020 
Forecast Variance

3Q'20 
Spend

2020 YTD 
Spend

Other Corporate Departments 100$             35$                65$                -$                 

27 of 1082



Foundation Expenditures: Operations, Engineering, Facilities & 

Settlements 

The following foundation budgets reflect capital spend for enhancements to operations, engineering, and 

settlements systems, and for various upgrades/improvements to SPP’s physical facilities.  

  
 

Operations Marketplace Enhancements 

Total spend during 3Q’20 was $0.7M and included the following: 

• Testing of MOS Release 2.1. This release is non-member impacting and includes the following: 

o ICCP issue related to RR210 (Contingency Reserve Deployment Testing) 

o Multiple defect fixes and enhancements 

A primary focus for 4Q’20 will be MOS Release 2.2 (member impacting) and will include: 

• Multi-Day Pricing and Forecast Commitment functionality 

• Defect fixes 

• Additional content to be determined 

 

 

 

 

 

Other Foundation 2020 Budget 2020 Forecast Variance
3Q'20 
Spend

2020 YTD 
Spend

Operations - MOS Enhancements 2,000$             2,000$             -$                  668$                1,480$                 

Operations - Legacy Systems 494$                 265$                 229$                 68$                  191$                    

Engineering 1,835$             200$                 1,635$             6$                     82$                       

Facilities 50$                   231$                 (181)$               -$                 171$                    

Settlements 300$                 308$                 (8)$                    66$                  174$                    
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Operations Legacy System Enhancements include energy management system (EMS), control-room operations 

window (CROW), open access same-time information system (OASIS), dispatch training simulator (DTS), 

centralized modeling tool (CMT) and various other applications supporting the operations division.  The total 

spend in 3Q’20 was $0.07M and included the following items: 

• CMT, DTS & EMS system enhancements 

• OASIS enhancements 

• Automated Topology Optimizer (ATO) script for real-time operations support 

 

Engineering Enhancements - 3Q’20 spend was minimal and included enhancements to the iHedge System. The 

2020 forecast for engineering foundation was reduced as a result of delays in testing for PROMOD X 

enhancements due to resource constraints associated with the pandemic. 

 

Facilities Enhancements – No costs were incurred during 3Q’20. 2020 unfavorable variance is due to unbudgeted 

1Q’20 spending to install additional cubicles for new employees in corporate office building.  

  

Settlements Enhancements – Total spend during 3Q’20 was $0.07M and included enhancements to the 

Settlement Management System (SMS).  The enhancements will implement all JOU Settlements calculations 

under MRR266. 
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M o n t h l y  F i n a n c i a l  R e p o r t i n g  P a c k a g e  

S e p t e m b e r  2 0 2 0  
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SPP Executive Summary – September 

2020 Over / (Under) Recovery 

 

 
 

Compensation and Outside Services Expenses 
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2020 FY 2020 FY Fav/(Unfav)

Forecast Budget Variance

Revenues $212,846 $210,944 $1,901 0.9%

Expenses 194,039 209,085 15,046 7.2%

Net Income/(Loss) $18,806 $1,859 $16,947 911.6%

2020 FY 2020 FY Fav/(Unfav)

Forecast Budget Variance

Tariff Administration Service $171,852 $172,298 ($446) (0.3%)         

FERC Fees 24,974 23,035 1,939 8.4%

Engineering Studies 7,012 6,695 317 4.7%

Contract Services 6,247 5,649 598 10.6%

Miscellaneous 2,148 2,619 (471) (18.0%)       

Annual Non-Load Dues 612 648 (36) (5.6%)         

Total Revenue $212,846 $210,944 $1,901 0.9%

9

10

Summary

Revenue

Southwest Power Pool
2020 Financial Commentary

September 30, 2020
(in thousands)

FERC Fees & Assessments revenue reflects the actual rate to be charged under Schedule 12 for 2020, which is 
$0.083 as compared to $0.073 assumed in the budget.

Contract Services Revenue for the Western Interconnection reliability coordination contract (RC West) is favorable to 
budget due to higher billing units for load serving utilities. The 2020 billing is based on 2018 NEL (net energy for load) 
whereas the most current data available during the budgeting process was 2016 NEL.

Miscellaneous Income primarily includes revenues associated with various revenue sources such as FERC Order 
1000 pass-thru consulting costs, IM virtual fees, joint operating agreement fees, miscellaneous rebates, reserve 
sharing, and circuit reimbursements. The unfavorable variance in income is primarily associated with lower revenues 
for the FERC Order 1000 industry expert panel which is partially offset by lower pass-thru consulting expense.
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Fav/(Unfav)

SPP West Services Total SPP SPP West Services Total SPP Variance

Salary & Benefits $103,535 $3,710 $107,245 $100,637 $3,922 $104,560 ($2,686) (2.6%)         

Assessments & Fees 22,324 - 22,324 22,418 - 22,418 95 0.4%

Communications 4,478 477 4,955 4,292 600 4,892 (63) (1.3%)         

Maintenance 16,654 189 16,842 18,108 1,198 19,306 2,464 12.8%

Outside Services & RSC 14,574 989 15,562 18,375 1,359 19,734 4,172 21.1%

Administrative 5,076 2 5,078 5,546 1 5,547 469 8.5%

Travel & Meetings 561 35 596 2,754 131 2,885 2,289 79.3%

Depreciation 17,961 497 18,458 19,174 373 19,547 1,089 5.6%

Interest Expense 8,058 181 8,239 8,377 412 8,788 549 6.2%

Other (Income)/Expenses (5,260) - (5,260) 1,408 - 1,408 6,667
Total Expense $187,960 $6,080 $194,039 $201,088 $7,997 $209,085 $15,046 7.2%

Expense

2020 FY Forecast 2020 FY Budget

Southwest Power Pool
2020 Financial Commentary

September 30, 2020
(in thousands)

The primary driver in the Salary & Benefits variance is due to payroll taxes associated with the partial liquidation of the retiree healthcare plan and changes 
associated with the true up of current year service costs for the pension plan based on the most recent actuarial valuations. The variance related to the pension 
valuation is partially offset in Other (Income)/Expenses where the non-service portion of the annual pension costs is recorded.

The favorable variance in Maintenance is primarily driven by the deferral of projects and hardware replacements that generate incremental maintenance costs, as 
well as favorable negotiations on several maintenance contract renewals and the timing of items budgeted for Western Energy Imbalance Service 
(WEIS) such as maintenance on storage, software and enhancements. In addition, the cost sharing agreement between SPP and California ISO related to the RC 
function was budgeted under maintenance but is recorded as a service agreement under outside services. This contributes to the favorable variance in 
maintenance and is reflected as an unfavorable variance in outside services expense for RC West. 

The favorable variance in Outside Services is largely attributed to legal expense associated with zonal placement litigation trailing budget as a result of delays in 
hearings due to the pandemic. Expenses related to FERC Order 1000 trail budget due to fewer bidding requests; however these are pass-thru expenses directly 
offset by revenues. IT consulting is reduced due to reprioritization of various initiatives. WEIS implementation costs for market and settlements testing were 
removed from the forecast since the testing has been assigned to available SPP staff. The favorable variances are partially offset by the cost sharing agreement 
for RC West that was budgeted in maintenance and unbudgeted consulting associated with western market benefit analysis and strategic planning.

The Travel and Meetings forecast reflects lower costs as a result of the measures taken in response to the current pandemic which includes eliminating travel and 
offsite meetings for the rest of the year.

Other (Income)/Expenses include swap valuation, investment income, unrealized gain/loss on investments, and other miscellaneous income and expense 
amounts. These expense and income items are highly unpredictable and therefore are not included in the budget except for certain expenses related to pension 
costs. Other income of $5.3 million was recognized as a result of the partial liquidation of the retiree healthcare plan.
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Actual Actual Actual Actual Actual Actual Actual Actual Actual Forecast Forecast Forecast FY 2020 FY 2020 Variance FY 2019 Variance
Jan-20 Feb-20 Mar-20 Apr-20 May-20 Jun-20 Jul-20 Aug-20 Sep-20 Oct-20 Nov-20 Dec-20 Forecast Budget Fav/(Unfav) Actual Fav/(Unfav)

Income
Tariff Administrative Service $14,488 $14,286 $14,325 $13,660 $14,270 $13,697 $14,555 $14,736 $14,501 $14,608 $14,167 $14,560 $171,852 $172,298 ($446) $157,997 $13,855
FERC Fees 3,243 2,725 2,604 1,890 1,911 1,489 1,842 2,325 2,077 1,782 1,788 1,910 25,586 23,683 1,903 30,521 (4,934)
Contract Services 487 490 488 488 488 618 490 490 490 490 615 615 6,247 5,649 598 669 5,578
Engineering Studies Income 308 351 842 536 588 553 660 766 585 608 608 608 7,012 6,695 317 4,866 2,146
Miscellaneous 101 319 125 199 119 202 349 180 156 157 138 102 2,148 2,619 (471) 1,637 511

Total Income 18,626 18,171 18,385 16,773 17,376 16,559 17,896 18,497 17,809 17,644 17,316 17,795 212,846 210,944 1,901 195,689 17,156

Expense
Salary & Benefits 8,654 8,449 9,549 9,590 8,671 8,614 10,923 8,821 8,310 8,631 8,605 8,429 107,245 104,560 (2,686) 101,221 (6,024)
Employee Travel 123 158 87 10 1 (1) () 0 (1) () () 0 376 2,015 1,639 1,907 1,531
Administrative 264 359 288 587 353 404 366 803 323 722 309 299 5,078 5,547 469 4,866 (212)
Assessments & Fees 1,812 1,873 1,873 1,873 1,873 1,778 1,873 1,873 1,873 1,873 1,873 1,873 22,324 22,418 95 20,591 (1,733)
Meetings 13 137 14 9 0 1 13 18 14 0 0 0 220 870 650 934 714
Communications 393 387 396 402 409 405 428 429 430 425 425 425 4,955 4,892 (63) 4,449 (506)
Maintenance 1,167 1,314 1,234 1,181 1,303 1,294 1,427 1,353 1,278 1,410 1,558 2,322 16,842 19,306 2,464 16,308 (535)
Services 995 1,024 1,595 1,183 1,189 1,129 1,230 1,613 1,164 1,575 1,503 1,258 15,459 19,206 3,748 14,685 (774)
Regional State Committee 9 28 21 1 -                -                3 -               3 13 13 13 104 528 424 224 120
Depreciation 1,463 1,454 1,656 1,470 1,604 1,476 1,520 1,453 1,444 1,639 1,639 1,639 18,458 19,547 1,089 16,930 (1,528)

Total Expense 14,894 15,183 16,714 16,307 15,403 15,100 17,785 16,365 14,836 16,289 15,926 16,258 191,060 198,889 7,829 182,114 (8,946)

Other Income/(Expense)
Investment Income 36 76 131 93 60 58 3 16 27 -                -               -               501 - 501 665 (164)
Interest Expense (703) (700) (709) (697) (639) (743) (670) (678) (678) (669) (674) (680) (8,239) (8,788) 549 (8,759) 520
Capitalized Interest - -              -                - -                -                -                -               -               -                -               -               - - - 209 (209)
Change in Valuation of Swap - -              (634) - -                70 -                -               181 -                -               -               (383) - (383) (322) (60)
Other Income/Expense (72) (384) (507) 410 77 5,404 196 187 (116) 3 3 3 5,203 (1,408) 6,610 (744) 5,947
Unrealized Gain on Investment 38 (752) (990) 946 387 175 107 138 (110) -                -               -               (61) - (61) 2,552 (2,613)

Net Other Income (Expense) (701) (1,759) (2,709) 753 (115) 4,965 (365) (337) (695) (666) (671) (677) (2,979) (10,196) 7,216 (7,245) 4,266

Net Income (Loss) $3,031 $1,229 ($1,039) $1,219 $1,858 $6,424 ($254) $1,795 $2,277 $689 $719 $859 $18,806 $1,859 $16,947 $6,331 $12,4769, 68,
2020 Headcount

Approved Budgeted Positions 656           656       656         656          656         656         656         656        656        656         656        656        656 656                625             
Actual Headcount (Incl. Vacancy) 626           629       627         626 627        637        641        644       644       645         645        644       644                 620            
Actual Positions (Excl. Vacancy) 659           659       659         659          659         659         659         659        656        656         656        656        656 637             

 Headcount Vacancy Run rate 5.0% 4.6% 4.9% 5.0% 4.9% 3.3% 2.7% 2.3% 1.8% 1.7% 1.7% 1.8% 1.8% 3.5%

NRR Over / (Under) Recovery $3,644 $2,493 ($4,100) $2,263 $3,144 $1,312 $3,550 $2,742 ($2,590) $2,657 $2,614 $1,155 $18,882

Southwest Power Pool
Monthly Financial Overview

September 30, 2020
(in thousands)
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FY 2020 FY 2020 Variance FY 2020 FY 2020 Variance FY 2020 FY 2020 Variance

Forecast Budget Fav/(Unfav) Forecast Budget Fav/(Unfav) Forecast Budget Fav/(Unfav)

Income
Tariff Administrative Service $171,852 $172,298 ($446) -                    -                    -                    $171,852 $172,298 ($446)
Fees & Assessments 25,586 23,683 1,903 -                    -                    -                    25,586 23,683 1,903
Contract Services Revenue 312 62 250 5,935 5,587 348 6,247 5,649 598
Miscellaneous Income 9,160 9,314 (154) -                    -                    -                    9,160 9,314 (154)

Total Income $206,910 $205,357 $1,553 $5,935 $5,587 $348 $212,846 $210,944 $1,901

Expense
Salary & Benefits 103,535 100,637 (2,898) 3,710 3,922 212 107,245 104,560 (2,686)
Employee Travel 343 1,891 1,548 33 124 91 376 2,015 1,639
Administrative 5,076 5,546 470 2 1 (1) 5,078 5,547 469
Assessments & Fees 22,324 22,418 95 -                    -                    -                    22,324 22,418 95
Meetings 218 863 645 2 7 5 220 870 650
Communications 4,478 4,292 (186) 477 600 123 4,955 4,892 (63)
Maintenance 16,654 18,108 1,454 189 1,198 1,010 16,842 19,306 2,464
Services 14,470 17,847 3,377 989 1,359 371 15,459 19,206 3,748
Regional State Committee 104 528 424 -                    -                    -                    104 528 424
Depreciation 17,961 19,174 1,212 497 373 (124) 18,458 19,547 1,089

Total Expense 185,161 191,304 6,142 5,899 7,586 1,687 191,060 198,889 7,829

Net Other Income (Expense) (2,798) (9,784) 6,986 (181) (412) 231 (2,979) (10,196) 7,216

Net Income (Loss) $18,951 $4,269 $14,681 ($145) ($2,410) $2,266 $18,806 $1,859 $16,947

2020 Headcount 623             623             -              33               33               -              656             656             -              

SPP Contract Services Total SPP

Southwest Power Pool
Contract Services Breakout

September 30, 2020
(in thousands)
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Sep-2020 Sep-2020 Variance Sep-2020 Sep-2020 Variance FY 2020 FY 2020 Variance
Actual Forecast Fav/(Unfav) Actual Budget Fav/(Unfav) Forecast Budget Fav/(Unfav)

Income
Tariff Administrative Service $14,501 $14,159 $342 $128,517 $129,223 ($706) $171,852 $172,298 ($446) (0%)         

FERC Fees 2,077 2,082 (5) 20,106 18,960 1,146 25,586 23,683 1,903 8%

Contract Services 490 490 -                  4,529 4,268 261 6,247 5,649 598 11%

Engineering Studies 585 608 (22) 5,189 5,021 168 7,012 6,695 317 5%

Miscellaneous 156 202 (46) 1,751 2,013 (262) 2,148 2,619 (471) (18%)       

Total Income 17,809 17,540 269 160,092 159,485 607 212,846 210,944 1,901 1%

Expense
Salary & Benefits 8,310 8,665 355 81,580 78,588 (2,993) 107,245 104,560 (2,686) (3%)         

Employee Travel (1) () 1 376 1,506 1,130 376 2,015 1,639 81%

Administrative 323 217 (106) 3,747 4,118 371 5,078 5,547 469 8%

Assessments & Fees 1,873 1,873 16,704 16,814 110 22,324 22,418 95 0%

Meetings 14 11 (3) 220 674 454 220 870 650 75%

Communications 430 411 (19) 3,679 3,669 (10) 4,955 4,892 (63) (1%)         

Maintenance 1,278 1,579 301 11,552 14,481 2,928 16,842 19,306 2,464 13%

Services 1,164 1,812 648 11,122 14,822 3,699 15,459 19,206 3,748 20%

Regional State Committee 3 -                  (3) 65 395 330 104 528 424 80%

Depreciation 1,444 1,639 195 13,541 14,660 1,119 18,458 19,547 1,089 6%

Total Expense 14,836 16,206 1,369 142,587 149,727 7,139 191,060 198,889 7,829 4%

Other Income/(Expense)
Investment Income 27 -                  27 501 -                501 501 -                 501
Interest Expense (678) (683) 6 (6,217) (6,612) 396 (8,239) (8,788) 549 (6%)         

Capitalized Interest -               -                  -                  -                 -                -                    -                 -                 -                    
Change in Valuation of Swap 181 -                  181 (383) -                (383) (383) -                 (383)
Other Income/Expense (116) 3 (119) 5,195 (1,056) 6,251 5,203 (1,408) 6,610 (470%)     

Unrealized Gain on Investment (110) -                  (110) (61) -                (61) (61) -                 (61)
Net Other Income (Expense) (695) (681) (14) (964) (7,668) 6,704 (2,979) (10,196) 7,216

Net Income (Loss) $2,277 $654 $1,624 $16,540 $2,090 $14,450 $18,806 $1,859 $16,947

Headcount 644        643           (1)              644          656         12              656          656          -                 

Southwest Power Pool
Current Month Financial Overview

September 30, 2020
(in thousands)

Current Month Compared to Forecast YTD Actual Compared to YTD Budget FY Actual Compared to FY Budget
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9/30/2020 12/31/2019 Net Change

ASSETS
Current Assets

Cash & Equivalents $41,480 $48,694 ($7,214)
Restricted Cash Deposits 446,650 401,478 45,172
Accounts Receivable (net) 19,527 74,285 (54,758)
Other Current Assets 16,810 11,714 5,097

Total Current Assets $524,467 $536,171 (11,704)

Total Fixed Assets 68,146 74,090 (5,944)
Total Other Assets 3,899 6,349 (2,450)
Investments 23,264 35,276 (12,012)

Total Assets $619,776 $651,884 ($32,109)

LIABILITIES & EQUITY
Liabilities

Current Liabilities
Accounts Payable $17,640 $60,811 (43,170)
Customer Deposits 448,131 401,478 46,654
Current Maturities of LT Debt 26,555 22,596 3,959
Other Current Liabilities 44,430 79,569 (35,140)
Deferred Revenue 1,463 5,203 (3,740)

Total Current Liabilities 538,219 569,656 (31,437)

Line of Credit 7,810 12,760 (4,950)

Long Term Liabilities
Long-Term Debt 161,986 168,990 (7,004)
Other Long Term Liabilities 38,983 44,241 (5,258)

Total Long Term Liabilities 200,969 213,231 (12,262)

Net Income 16,540 6,331 10,210
Members' Equity (143,763) (150,093) 6,331

Total Members' Equity (127,223) (143,763) 16,540

TOTAL LIABILITIES & EQUITY $619,776 $651,884 (32,109)

Southwest Power Pool
Balance Sheet

September 30, 2020
(in thousands)
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Current Month Actual vs. Budget Year End Actual vs. Budget
Actual Budget Over/(Under) 2020 2020 Over/(Under)
Sep-20 Sep-20 Budget Forecast Budget Budget

Information Technology 168 169 (1) 168 169 (1)

Operations 114 113 1 116 113 3

Engineering 149 157 (8) 153 157 (4)

Process Integrity 55 57 (2) 56 57 (1)

Administration 50 50 0 50 50 0

Corporate Services 28 30 (2) 29 30 (1)

Regulatory Policy & General Counsel 25 27 (2) 27 27 0

Market Monitoring 16 16 0 16 16 0

Communications & Gov't Affairs 8 8 0 8 8 0

Contract Services 31 33 (2) 33 33 0

Budgeted Attrition 0 (4) 4 0 (4) 4

Total Positions 644 656 (12) 656 656 0

 Vacancy Estimate (12) (23) 11

Headcount Including Vacancy Estimate 644 633 11

Headcount summary
2020 

Forecast
2020 

Budget

2019 Total positions at year-end 638 638
2020 Contract services positions (WEIS) 13 13
2020 Incremental positions 9 9
Positions eliminated/attrition (4) (4)

2020 Headcount 656 656

Southwest Power Pool
Headcount Analysis
September 30, 2020
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SouthwestPowerPool SPPorg southwest-power-poolHelping our members work together to keep 
the lights on... today and in the future. 1

CORPORATE METRICS
3Q2020
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2

CORPORATE METRICS 3Q2020
• MARKET KEY METRICS

• NET DAY-AHEAD CONGESTION REVENUE (M.1.3)
• PRICE CONTOUR MAP (M.2.3)
• ELECTRICITY/GAS PRICE COMPARISON (M.4.3)
• PRICES ANNUAL (M.4.3.1)
• ALL-IN-PRICE (M.5.3)
• EXCESS CAPACITY (M.7.1)

• RELIABILITY KEY METRICS
• RELIABILITY
• CONGESTED INTERVALS RTMKT (M.2.2)
• CONGESTION – FLOWGATES (M.2.4)
• BAAL PERFORMANCE (M.3.2)

• FINANCE KEY METRICS
• ADMIN FEE MEASUREMENT (F.1.1)
• ADMIN FEE PERFORMANCE (F.1.3)
• SETTLEMENT DISPUTES (F.3)
• HUMAN RESOURCES (F.4)

• PERFORMANCE KEY METRICS
• IT SERVICE PERFORMANCE (P.2.1)
• SYSTEM AVAILABILITY (P.2.3)
• TRANSMISSION SERVICE STUDIES (P.3)
• GENERATOR INTERCONNECTION STUDIES (P.4.1)
• STRATEGIC PLAN (P.5)
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MARKET
KEY METRICS
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NET DAY-AHEAD CONGESTION REVENUE (M.1.3)
HEDGING SUCCESS
OCTOBER 1, 2019 -SEPTEMBER 30, 2020
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PRICE CONTOUR MAP (M.2.3)
OCTOBER 2019-SEPTEMBER 2020
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ELECTRICITY/GAS PRICE COMPARISON (M.4.3)
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Average in $ Jul 19 Aug 19 Sep 19 Oct 19 Nov 19 Dec 19 Jan 20 Feb 20 Mar 20 Apr 20 May 20 Jun 20 Jul 20 Aug 20 Sep 20

DA LMP ($/MWh) 24.84 22.90 20.66 16.71 19.90 19.14 18.30 17.09 14.52 13.21 14.36 16.46 21.54 22.97 17.20

RT LMP ($/MWh) 23.64 22.64 19.14 13.62 18.94 17.45 16.62 16.73 14.39 10.43 12.91 14.50 22.74 21.84 17.46

PEPL Gas
Cost ($/MMBtu) 1.68 1.56 1.71 1.45 1.89 1.72 1.59 1.56 1.28 1.34 1.56 1.41 1.55 1.98 1.68 44 of 1082
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PRICES ANNUAL (M.4.3.1)
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* 2014 RTBM includes last two months 
of LIP for the EIS market, and RTBM LMP 
for the first ten months of the Integrated 
Marketplace. All prior years use EIS LIP.

Day-ahead Price 
($/MWh) 32.36 22.84 22.43 23.11 25.11 22.04 

Real-time Price* 
($/MWh) 49.42 53.21 27.89 31.33 29.28 22.29 25.89 31.42 21.85 22.36 23.43 24.56 20.82 

PEPL Gas Cost 
($/MMBtu) 6.15 7.12 3.31 4.17 3.89 2.64 3.58 4.45 2.43 2.32 2.65 2.59 1.94 
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ALL-IN-PRICE (M.5.3)
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EXCESS CAPACITY (M.7.1)
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RELIABILITY

Conservative Operation Declarations

• None

Energy Emergency Alert

• None

Resource  Alert

• High loads, hot weather, wind forecast uncertainty
• June 3 – 6, 2020

Notable Near misses
• None
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CONGESTED INTERVALS RTMKT (M.2.2)
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Jul 19 Aug 19 Sep 19 Oct 19 Nov 19 Dec 19 Jan 20 Feb 20 Mar 20 Apr 20 May 20 Jun 20 Jul 20 Aug 20 Sep 20 2017 2018 2019 12 mo

Uncongested Intervals 27% 24% 11% 13% 8% 17% 24% 22% 21% 16% 27% 19% 29% 25% 13% 13% 18% 16% 20%

Intervals with Binding 
Only 45% 40% 51% 39% 39% 36% 42% 59% 41% 36% 27% 31% 28% 37% 36% 53% 55% 45% 37%

Intervals with a Breach 28% 36% 38% 48% 53% 47% 34% 19% 38% 47% 47% 50% 43% 38% 51% 33% 27% 39% 43%
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CONGESTION – FLOWGATES (M.2.4)
OCTOBER 2019 - SEPTEMBER 2020
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Real-time average shadow price Day-ahead average shadow price

Flowgate Name Region Flowgate Location
TAHH59MUSFTS Arkansas/Oklahoma border Tahlequah-Hwy 59 161kV (GRDA-OKGE) ftlo Muskogee-Ft. Smith 345kV (OKGE)
FRAMIDCANCED Eastern Kansas Franklin-Midwest 138kV (WFEC-OKGE) ftlo Cedar Lane-Canadian 138kV (OKGE)
TMP379_24692 North-central Oklahoma Braman-Newkirk Tap 69kV ftlo Kildeer Tap-Chikaskia 138kV (OKGE)
TMP109_22593* Eastern Oklahoma Stonewall Tap-Tupelo Tap 138kV (WFEC) ftlo Seminole-Pittsburg 345kV (CSWS-OKGE)
TMP423_25727* Northwest Missouri Maryville-Midway 161kV (MPS) ftlo Maryville-Nodaway 161kV (AECI)
TMP208_24721 Central Oklahoma Dover Switch-Okeene 138kV (WFEC) ftlo Waukomis Tap-Waukomis 138kV (OKGE)
TMP159_24149 Southern Oklahoma Russett-South Brown 138kV (WFEC) ftlo Little City-Brown Tap 138kV (OKGE)
TMP519_25682* Kansas City area Nashua-Roanridge 161kV (KCPL-MPS) ftlo Nashua-Hawthorn 345kV (KCPL)
TMP548_25525* Eastern Nebraska Columbus Xfmr 230/115kV (NPPD) ftlo Columbus-Shell Creek 230kV (NPPD)
TMP270_23432* Northeast Oklahoma Cleveland-Clev AECI 138kV (GRDA-AECI) ftlo Cleveland-Tulsa North 345kV (GRDA-CSWS)
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BAAL PERFORMANCE (M.3.2)

Event Length Jul 19 Aug 19 Sep 19 Oct 19 Nov 19 Dec 19 Jan 20 Feb 20 Mar 20 Apr 20 May 20 Jun 20 Jul 20 Aug 20 Sep 20

>10 and <=20 min 0 0 1 0 0 0 0 1 0 0 0 1 0 0 1

>20 and <=25 min 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0

>25 and <=30 min 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0

>30 min 0 0 0 0 0 0 0 0 0 0 0 0 0 0 0

0

1
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3
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Ev
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BAAL Performance
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ADMIN FEE MEASUREMENT (F.1.1)

Jul-20 Aug-20 Sep-20
Gross Revenue Requirement (GRR) $11.9  $12.1  $14.1 
Net Revenue Requirement (NRR) $17.3  $17.6  $19.3 
Admin Fee Revenue Collected ($0.7)  ($0.8)  ($0.4) 

Over/(Under) Recovery $16.6  $16.8  $18.9 
Billing Determinants (MWh) 0.0  0.0  (1.1) 

 
  
   

  
    
  
    
  

     
    

  

   

           

   

SPP Administrative Fee, NRR & Billing Determinants Metric
(millions)

FY Forecast vs. Budget Variance as of:

     

2020-2022 2020-2022 Variance
Forecast Budget Over/(Under)

Capital Projects
EMS Upgrade (2021-2022) $3.5 $5.7 ($2.2)
DTS Upgrade Phase 2B 2.2 2.2 0.0
Identity Access Management 0.5 0.5 0.0
FERC Order 841 Electric Storage 0.4 0.4 0.0
Data Lake P3 0.0 0.4 (0.4)
Other (TAGIT/SCERT, Ramping Capability, ESR) 0.9 0.5 0.4

Total Capital Projects $7.6 $9.7 ($2.1)
Western Energy Imbalance Service (WEIS) Mark 3.0 3.4 (0.4)

Total Capital Projects Including WEIS $10.5 $13.0 ($2.5)

2020 
Forecast

2020 
Budget Variance

Capital Foundation (2020 only) $10.4 $12.9 ($2.5)

* Carryover project - prior year budget (not included in 2020 budget)

2020 - 2022 Budget
(millions)

SPP Projects and Foundation Capital Expenditures
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ADMIN FEE PERFORMANCE (F.1.3)
2009 2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022

Approved Budget
Net Revenue Required (millions) $56.5 $68.4 $78.6 $89.6 $121.8 $132.6 $141.2 $150.5 $160.5 $164.0 $157.5 $172.3 $179.6 $185.5
MWh Load (millions) 331.3 333.5 343.0 353.5 360.9 348.2 363.5 407.2 383.0 382.1 399.6 400.9 400.9 400.9

NRR / Billing Determinants (MWh millions) $0.170 $0.205 $0.229 $0.253 $0.338 $0.381 $0.389 $0.370 $0.419 $0.429 $0.394 $0.430 $0.448 $0.463

Approved Admin Fee $0.170 $0.195 $0.210 $0.255 $0.315 $0.381 $0.390 $0.370 $0.419 $0.429 $0.394 $0.430 $0.448 $0.463

Actual/Forecast
Net Revenue Required (millions) $59.8 $63.5 $80.8 $84.8 $123.3 $137.0 $142.6 $151.6 $159.6 $153.9 $155.9 $153.0 $179.6 $185.5
MWh Load (millions) 328.2 331.6 341.4 361.7 357.5 351.0 373.6 394.5 388.6 384.4 400.9 399.9 400.9 400.9

NRR / Billing Determinants (MWh millions) $0.182 $0.191 $0.237 $0.234 $0.345 $0.390 $0.382 $0.384 $0.411 $0.400 $0.389 $0.383 $0.448 $0.463

Calcuated Rate Over/(Under) Budget $0.012 ($0.014) $0.008 ($0.019) $0.007 $0.009 ($0.008) $0.015 ($0.008) ($0.029) ($0.005) ($0.047) $0.00 $0.00

Billing Determinants Growth 10.82% 1.05% 2.96% 5.93% (1.15%)  (1.83%)  6.46% 5.59% (1.50%)   (2.58%)   1.61% 2.90% 3.17% 4.30%
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SETTLEMENT DISPUTES (F.3)

Oct 19 Nov 19 Dec 19 Jan 20 Feb 20 Mar 20 Apr 20 May 20 Jun 20 Jul 20 Aug 20 Sep 20
Total # of Open Disputes (at month-end) - 1 4 2 1 2 2 6 6 2 - -
Average Days Outstanding (granted in month) 2 1 2 1 3 3 4 3 7 8 2 2 
Average Dispute Amount (granted in month) $6.7 $11.9 $1.8 $0.0 $7.5 $152.3 $3.5 $5.6 $7.9 $11.3 $3.2 $14.3
# of Resettlements (published in month) 72 60 91 44 - - - 42 74 - - 1 
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HUMAN RESOURCES (F.4)

Qtr
4.19

Qtr
1.20

Qtr
2.20

Qtr
3.20

Annual TO Rate 4.13% 4.24% 3.39% 3.03%
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IT SERVICE PERFORMANCE (P.2.1)
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Markets/ RTBM EMS ICCP Marketplace Portal Market UI/API Settlement UI/API
2020 Availability 99.964 99.992 99.997 100.000 99.948 99.904
Target Uptime 99.95 99.99 99.99 99.90 99.90 99.90
Cumulative Unavailability (Minutes) 190 42 13 0 275 514
Cumulative Target (Minutes) 263 53 53 526 526 526

2020 Cumulative IT Service Availability Through SEPT                                                                         

GREEN = Meets and/or Exceeds           YELLOW = Unplanned Outage             RED = Unplanned Outage 
Target Uptime                        Below Target Uptime                    Below Target Uptime 

(Severity 1 or 2)                         (Severity 3)
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SYSTEM AVAILABILITY (P.2.3)

RTBM

State Estimator

ID RUC

DAMKT

**MTLF

*STLF

86 88 90 92 94 96 98 100

System Availability 

Jul-20 Aug-20 Sep-20 Last 12 Months Threshold
*   Percentage of time STLF is within 1% error
** Percentage of time MTLF is within 5% error STLF – Short-term Load Forecast

MTLF – Mid-term Load Forecast
DAMKT – Day-Ahead Market
ID RUC – Intra-day Reliability Unit Commitment
RTBM – Real-time Balancing Market
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TRANSMISSION SERVICE STUDIES (P.3)
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GENERATOR INTERCONNECTION STUDIES (P.4.1)
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2015 Studies 2016 Studies 2017 Studies 2018 Studies 2019 Studies 2020 Studies

MW

In Progress 2Q19 3Q19 4Q19 1Q20 2Q20

Transfer IS Queue

DISIS-2016-001 4,569 1,895 510 - -

DISIS-2016-002 12,087 12,087 10,480 7,815 7,309 

DISIS-2017-001 15,494 15,845 15,643 15,705 14,465 

DISIS-2017-002 24,313 24,073 23,913 23,913 23,213 

DISIS-2018-001 11,025 11,005 10,865 11,125 10,065 

DISIS-2018-002 11,941 12,061 11,911 11,709 10,891 

DISIS-2019-001 125 7,697 8,329 7,996 7,908 

DISIS-2020-001 350 19,622 

FCS-2018-004 1,070 

FCS-2019-002 1,814 - - -

FCS-2019-003 70 70 - -

TOTAL 80,624 86,546 81,721 78,613 93,473 

Battery, 
8,529

CT/Gas, 
5,045

Solar, 
36,934

Wind, 
42,966

Active Studies by Prime Mover (MW)
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STRATEGIC PLAN (P.5)

Initiative completed and will be removed from future versions. 63 of 1082



FERC
Order No. 841 compliance filing is due (Order on Compliance issued on July 16, 2020)

10/14/2020

ER19-460

FERC Hearing commences (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued on July 29, 
2019; Order Modifying Procedural Schedule issued on April 15, 2020)

10/20/2020

ER15-2115

FERC Fourteen business days after hearing concludes, parties must file the Joint Proposed Transcript Corrections; Joint 
Final Index of Exhibits; Joint Procedural History; and Joint List of Appearances (Order Establishing Procedural 
Schedule and Rules of Conduct of Hearing issued on July 29, 2019; Order Modifying Procedural Schedule issued on 
April 15, 2020)

10/21/2020

ER15-2115

State of Arkansas Evidentiary Hearing begins at 9:30 AM Central Time (APSC Order No. 10 issued on July 27, 2020; Order No. 12 
issued on September 22, 2020)

10/22/2020

09-090-U

United States Court of Appeals
Joint Reply Brief of Petitioners is due (Order issued on June 9, 2020)

10/26/2020

20-1101

United States Court of Appeals
Joint Reply Brief of Petitioners is due (Order issued on June 9, 2020)

10/26/2020

20-1062

FERC Initial Briefs and Proposed Findings of Fact and Conclusions of Law are due (Order Adopting Procedural Schedule 
issued on July 31, 2019; Order Establishing Revised Procedural Schedule issued on April 8, 2020)

10/27/2020

ER18-2358

FERC Technical Conference to discuss offshore wind integration in RTOs and ISOs (Notice of Technical Conference 
issued on June 17, 2020)

10/27/2020

AD20-18

FERC
Revised Joint Statement of Issues is due (Order Modifying Procedural Schedule issued on April 15, 2020)

10/29/2020

ER15-2028

10/12/2020 9:42:04 AM Page 1 of 5

Regulatory Outlook
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FERC Independent System Operators, Regional Transmission Organizations, and utilities in regions outside ISOs and RTOs 
to submit performance metrics (Request for Information on Performance Metrics for ISOs, RTOs and Regions 
Outside ISOs and RTOs issued on May 27, 2020)

10/30/2020

AD19-16

FERC Comments are due in response to the Notice of Proposed Rulemaking proposing to amend the Commission's 
regulations to incorporate by reference, with certain enumerated exceptions, the latest version (Version 003.3) of the 
Standards for Business Practices and Communication Protocols for Public Utilities adopted by the Wholesale 
Electric Quadrant (WEQ) of the North American Energy Standards Board (Notice of Proposed Rulemaking issued on 
July 16, 2020)

11/03/2020

RM05-5

FERC Briefs are due to discuss Question 1(c) (Order Directing Further Briefing and Establishing a Technical Conference 
issued on August 27, 2020; Notice of Extension of Time issued on November 3, 2020)

11/03/2020

EL17-89

FERC Joint Witness List, Joint Exhibit List, Joint Statement of Stipulated Facts, and Joint Statement of Contested Facts is 
due (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued on July 29, 2019; Order 
Modifying Procedural Schedule issued on April 15, 2020)

11/05/2020

ER15-2028

United States Court of Appeals
Joint Reply Brief of Intervenors for Petitioners is due (Order issued on June 9, 2020)

11/09/2020

20-1062

United States Court of Appeals
Joint Reply Brief of Intervenors for Petitioners is due (Order issued on June 9, 2020)

11/09/2020

20-1101

FERC
Technical Conference to be held (Notice of Technical Conference issued on October 1, 2020)

11/10/2020

EL17-89

United States Court of Appeals
Deferred Appendix is due (Order issued on June 9, 2020)

11/16/2020

20-1062

United States Court of Appeals
Deferred Appendix is due (Order issued on June 9, 2020)

11/16/2020

20-1101
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FERC Hearing commences (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued on July 29, 
2019; Order Modifying Procedural Schedule issued on April 15, 2020)

11/17/2020

ER15-2028

FERC Fourteen business days after hearing concludes, parties must file the Joint Proposed Transcript Corrections; Joint 
Final Index of Exhibits; Joint Procedural History; and Joint List of Appearances (Order Establishing Procedural 
Schedule and Rules of Conduct of Hearing issued on July 29, 2019; Order Modifying Procedural Schedule issued on 
April 15, 2020)

11/18/2020

ER15-2028

United States Court of Appeals
Final Briefs are due (Order issued on June 9, 2020)

11/23/2020

20-1101

United States Court of Appeals
Final Briefs are due (Order issued on June 9, 2020)

11/23/2020

20-1062

FERC Comments due in response to Notice of Inquiry regarding the potential risks to the bulk electric system posed by the 
use of equipment and services produced or provided by certain entities identified as risks to national security (Notice 
of Inquiry issued on September 17, 2020)

11/23/2020

RM20-19

FERC Reply Briefs and Objections and Rebuttals to Proposed Findings of Fact and Conclusions of Law are due (Order 
Adopting Procedural Schedule issued on July 31, 2019; Order Establishing Revised Procedural Schedule issued on 
April 8, 2020)

11/24/2020

ER18-2358

FERC
SPP to file its Annual Budget in FERC Docket Nos. ER04-48, ER08-1338, RT04-1

12/01/2020

ER08-1338

FERC Settlement Conference begins at 10 AM Eastern Time (Order Scheduling Virtual Settlement Conference issued on 
September 16, 2020)

12/07/2020

ER20-2239

FERC Initial Briefs are due (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued on July 29, 
2019; Order Modifying Procedural Schedule issued on April 15, 2020)

12/17/2020

ER15-2115
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FERC Reply Comments due in response to Notice of Inquiry regarding the potential risks to the bulk electric system posed 
by the use of equipment and services produced or provided by certain entities identified as risks to national security 
(Notice of Inquiry issued on September 17, 2020)

12/22/2020

RM20-19

FERC Hyperlinked Initial Briefs are due (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued 
on July 29, 2019; Order Modifying Procedural Schedule issued on April 15, 2020)

01/07/2021

ER15-2115

FERC SPP's Twelfth Informational Report due detailing SPP's and MISO's progress on resolving issues related to their 
implementation methodologies for Interface Bus Pricing, and analyzing whether the benefits of implementation of a 
day-ahead firm flow entitlement exchange process outweigh its costs, until such issues are resolved (Order 
Conditionally Accepting in Part and Rejecting in Part Revisions to Joint Operating Agreement issued on January 22, 
2015)

01/22/2021

ER13-1864

FERC Initial Briefs are due (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued on July 29, 
2019; Order Modifying Procedural Schedule issued on April 15, 2020)

01/27/2021

ER15-2028

FERC Initial Decision is due (Order Adopting Procedural Schedule issued on July 31, 2019; Order Establishing Revised 
Procedural Schedule issued on April 8, 2020)

02/03/2021

ER18-2358

FERC Hyperlinked Initial Briefs are due (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued 
on July 29, 2019; Order Modifying Procedural Schedule issued on April 15, 2020)

02/10/2021

ER15-2028

FERC
File Informational Report on SPP Aggregate Study (Safe Harbor Report) (Order issued on April 22, 2005)

02/15/2021

ER05-652

FERC Reply Briefs are due (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued on July 29, 
2019; Order Modifying Procedural Schedule issued on April 15, 2020)

02/17/2021

ER15-2115

FERC Hyperlinked Reply Briefs are due (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued 
on July 29, 2019; Order Modifying Procedural Schedule issued on April 15, 2020)

03/03/2021
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ER15-2115

FERC Reply Briefs are due (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued on July 29, 
2019; Order Modifying Procedural Schedule issued on April 15, 2020)

03/17/2021

ER15-2028

FERC Hyperlinked Reply Briefs are due (Order Establishing Procedural Schedule and Rules of Conduct of Hearing issued 
on July 29, 2019; Order Modifying Procedural Schedule issued on April 15, 2020)

03/31/2021

ER15-2028
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Regulatory Update - Activity in Significant Dockets 
Third Quarter 2020 

 

Page 1 of 8 

SPP Tariff/Governing Document Revisions 
Docket Number Short Description Summary 
ER16-1341 
 
 
 
 
18-1005 
U.S. Court of Appeals 
 
 
 
 
 
 
 
 
--------------------------------------- 
20-1062 
U.S. Court of Appeals 
 
and 
 
20-1101 
U.S. Court of Appeals 

Petition of Southwest Power 
Pool, Inc. for Tariff Waiver 
Concerning the Crediting 
Process in Attachment Z2 
 
Xcel Energy Services Inc. 
(“Xcel Energy”) v. Federal 
Energy Regulatory Commission 
(“FERC”):  Petition for Review 
of Orders Issued in Docket No. 
ER16-1341 Regarding SPP’s 
Petition for Tariff Waiver 
Concerning the Implementation 
of the Revenue Crediting 
Process in Attachment Z2 
--------------------------------------- 
Oklahoma Gas and Electric 
Company (“OG&E”) v. Federal 
Energy Regulatory Commission 
(“FERC”):  Petition for Review 
of the Order on Remand and 
Order on Rehearing and 
Clarification issued in Docket 
No. ER16-1341 Regarding 
Attachment Z2 
 
Southwest Power Pool, Inc. v. 
Federal Energy Regulatory 
Commission (“FERC”):  Petition 
for Review of the Order on 
Remand and Order on Rehearing 
and Clarification issued in 
Docket No. ER16-1341 
Regarding Attachment Z2 
 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
---------------------------------------------------------------------------------------------------------------------------- 
On July 13, 2020, OG&E and SPP filed the Joint Brief of Petitioners. 
 
On September 25, 2020, FERC filed its Brief. 
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SPP Tariff/Governing Document Revisions 
Docket Number Short Description Summary 
ER19-460 Submission of Order No. 841 

Compliance Filing to 
Incorporate Electric Storage 
Resources (Revision Request 
323) 

On July 16, 2020, FERC issued an order accepting SPP's compliance filing submitted on December 16, 
2019, subject to a further compliance filing due on October 14, 2020. 

ER19-2522 
 
 
 
 
 
EL19-11 

Submission of Exit Fee 
Compliance Revisions in 
Response to Order on Complaint 
Issued in Docket No. EL19-11-
000 
 
Complaint of the American 
Wind Energy Association 
("AWEA") and the Wind 
Coalition (collectively, 
"Complainants") Regarding 
SPP's Financial Obligations of 
Withdrawing Members 

On July 16, 2020, FERC issued an order accepting SPP's revisions to its Bylaws and Membership 
Agreement in compliance with the Commission's directives in the order issued on December 19, 2019. 
 
An effective date of December 19, 2019 was granted. 

ER20-572 
 
 
 
 
 
 
EL19-101 

Compliance Filing to Include 
Continuous Run-Time 
Requirement in Attachment AA 
of the Tariff in Response to 
Order Issued in Docket No. 
EL19-101-000 
 
Section 206 Proceeding 
Directing SPP to Add the 
Resource Adequacy Minimum 
Run-Time Requirement to the 
Tariff 

On July 23, 2020, FERC issued an order accepting SPP's compliance filing submitted on May 21, 2020, 
to be effective October 28, 2019, and terminating the proceeding in Docket No. EL19-101-000. 

ER20-644 
 
 
 
 
 
EL18-35 

Compliance Filing Revising 
Fast-Start Pricing Practices in 
Response to Order on Paper 
Hearing in Docket No. EL18-35-
000 (Revision Request 375)  
 

On July 16, 2020, FERC issued an order accepting SPP's compliance filing to revise its fast-start  pricing 
practices, subject to a further compliance filing. SPP was directed to propose an effective date for tariff 
changes in this proceeding. 
 
On September 14, 2020, SPP submitted its compliance filing in response to the order issued on July 16, 
2020. SPP proposed an effective date of May 18, 2022 for the tariff changes in this proceeding. 
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SPP Tariff/Governing Document Revisions 
Docket Number Short Description Summary 

Order Instituting Section 206 
Proceeding and Commencing 
Paper Hearing Procedures 
Regarding Pricing of Quick-
Start Resources 

ER20-1059 
 
 
 
ER20-1060 

Submission of Western Energy 
Imbalance Service ("WEIS") 
Tariff 
 
Submission of Western Energy 
Imbalance Service ("WEIS") 
Rate Schedule Tariff 

On July 31, 2020, FERC issued an order rejecting SPP's filing to implement the Western Energy 
Imbalance Service Market in the Western Interconnection. 

ER20-1617 Submission of Tariff Revisions 
to Add Ramp Capability 
(Revision Request 361) 

On July 16, 2020, FERC issued an order accepting SPP's Tariff revisions to add Ramp Capability Up 
and Ramp Capability Down. 
 
SPP was directed to submit a filing notifying the Commission of the actual effective date no less than 30 
days prior to the date the proposed Tariff revisions are to be implemented. 

ER20-2334 Submission of Tariff Revisions 
to Establish Zonal Planning 
Criteria (Revision Request 391) 

On July 7, 2020, SPP submitted tariff revisions to establish Zonal Planning Criteria.  
 
An effective date of September 7, 2020 was requested. 
 
On September 3, 2020, the Commission issued an order rejecting SPP's tariff revisions to establish 
Zonal Planning Criteria. 

ER20-2707 
 
and 
 
ER20-2708 

Submission of Cost and Usage 
Agreement Between Southwest 
Power Pool, Inc. and Associated 
Electric Cooperative, Inc. for 
Blackberry Substation Upgrade 

On August 20, 2020, SPP submitted revisions to its Open Access Transmission Tariff and Rate 
Schedules and Seams Agreement Tariff to propose a new Cost and Usage Agreement between SPP and 
Associated Electric Cooperative, Inc. as SPP Rate Schedule FERC No. 16. Specifically, SPP submits for 
Commission review and acceptance: (1) the Cost and Usage Agreement, which details the terms and 
conditions between the parties governing the construction, ownership, operation, and cost for the 
installation of 345 kV terminal equipment at the existing Blackberry substation ("Blackberry Substation 
Upgrade") to accommodate the termination of the Wolf Creek-Blackberry 345 kV Project ("Wolf 
Creek-Blackberry 345 kV Project") which was approved by the SPP Board of Directors as a part of 
SPP's regional 2019 Integrated Transmission Planning process;  and (2) approval of the proposed 
revision to Attachment H of the Tariff to facilitate the inclusion of the revenue requirements of the 
Blackberry Substation Upgrade in each SPP Transmission Owner's respective Annual Transmission 
Revenue Requirement.  
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SPP Tariff/Governing Document Revisions 
Docket Number Short Description Summary 

The revisions to the Tariff were filed in Docket No. ER20-2707. The Cost and Usage Agreement was 
filed in Docket No. ER20-2708. 
 
An effective date of October 20, 2020 was requested. 
 
Several parties filed motions to intervene. 
 
On September 10, 2020, Associated Electric Cooperative, Inc. filed Comments in Support. 
 
On October 7, 2020, FERC issued an order accepting the Cost and Usage Agreement between SPP and 
Associated Electric Cooperative, Inc. and the associated revisions to the Tariff. 
 
An effective date of October 20, 2020 was granted. 

ER20-3008 Submission of Tariff Revisions 
to Modify the Schedule 1-A 
Formula Rate Template 
(Revision Request 413) 

On September 28, 2020, SPP submitted tariff revisions to modify Schedule 1-A and the Formula Rate 
Template for Schedule 1-A.  
 
An effective date of January 1, 2021 was requested. SPP asked that the Commission issue an order by 
November 27, 2020. 

ER21-3 
 
 
 
ER21-4 

Submission of Western Energy 
Imbalance Service ("WEIS") 
Tariff 
 
Submission of Western Energy 
Imbalance Service ("WEIS") 
Rate Schedule Tariff 

On October 1, 2020, SPP submitted its Tariff in order to implement the Western Energy Imbalance 
Service Market in the Western Interconnection.  SPP also submitted Western Joint Dispatch 
Agreements executed by eight entities and the Western Markets Executive Committee Charter for 
Commission approval under the Western Energy Imbalance Service Rate Schedule Tariff. 
 
An effective date of February 1, 2021 was requested.  SPP asked that the Commission issue an order by 
December 1, 2020. 

ER21-79 Submission of Tariff Revisions 
to Establish Minimum 
Transmission Congestion Rights 
("TCR") Collateral 
Requirements (Revision Request 
410) 

On October 9, 2020, SPP submitted revisions to Attachment X of the Tariff to establish minimum TCR 
collateral requirements. 
 
An effective date of May 1, 2021 was requested. 
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Other Filings of Interest 
Docket Number Short Description Summary 
EL17-21 Kansas Electric Power 

Cooperative, Inc.'s ("KEPCo") 
Complaint Against SPP 
Concerning Direct Cost 
Assignment in Connection with 
the Attachment Z2 Revenue 
Crediting Process 

Commission action is pending on the requests for rehearing of the order issued on November 6, 2017. 
 
 
 
 

EL17-89 American Electric Power 
Service Corporation ("AEP") 
Complaint Against the 
Midcontinent Independent 
System Operator, Inc. ("MISO") 
and SPP Concerning Assessment 
of Duplicative Congestion 
Charges Associated with 
Southwestern Electric Power 
Company ("SWEPCO") Loads 
that are Pseudo-Tied from MISO 
to SPP 

On August 27, 2020, FERC issued an Order Directing Further Briefing and Establishing Technical 
Conference. Briefs are due on October 13, 2020. 
 
On September 18, 2020, MISO and SPP filed a Joint Motion to Extend Briefing Deadline for Paragraph 
8.(1)c. 
 
On September 25, 2020, FERC issued a Notice of Extension of T ime. The due date for submitting briefs 
in response to Question 1(c) was extended to November 3, 2020. 
 
On October 1, 2020, FERC issued a Notice of Technical Conference to be held on November 10, 2020. 

EL18-9 Xcel Energy Services Inc.'s 
("Xcel Energy"), on behalf of 
Southwestern Public Service 
Company ("SPS"), Complaint 
Against SPP Concerning the 
Attachment Z2 Revenue 
Crediting Process 

Commission action is pending on the rehearing request of the order issued on March 6, 2018. 
 
 

EL18-26 
 
 
 
 
 
 
 
 
 

EDF Renewable Energy, Inc.'s 
("EDF") Complaint Against the 
Midcontinent Independent 
System Operator, Inc. 
(“MISO”), Southwest Power 
Pool, Inc. (“SPP”), and PJM 
Interconnection, L.L.C. (“PJM”) 
(collectively, the “RTOs”) 
Regarding Affected System 
Coordination 

On July 30, 2020, MISO and SPP filed a Joint Request for Rehearing and Motion to Extend Compliance 
Deadline. 
 
On August 24, 2020, FERC issued a Notice of Extension of T ime granting MISO's and SPP's request to 
extend the compliance deadline related to fuel-based dispatch assumptions. The compliance filing will 
be due 60 days after the Commission addresses the joint request for rehearing. 
 
On August 31, 2020, MISO and SPP submitted compliance filings in response to the order issued on 
June 30, 2020. 
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Other Filings of Interest 
Docket Number Short Description Summary 
 
ER20-940 
 
 
 
 
 
 
ER20-943 
 
 
 
 
ER20-945 

 
Midcontinent Independent 
System Operator, Inc.'s 
("MISO") Compliance Filing in 
Response to Order on Complaint 
Issued in Docket No. EL18-26-
000 
 
Southwest Power Pool, Inc.’s 
Compliance Filing in Response 
to Order on Complaint Issued in 
Docket No. EL18-26-000 (Part 1 
of 2) 
 
Southwest Power Pool, Inc.’s 
Compliance Filing in Response 
to Order on Complaint Issued in 
Docket No. EL18-26-000 (Part 2 
of 2) 
 

EL19-75 Complaint to Enforce 
Attachment Z2 of EDF 
Renewables, Inc., Enel Green 
Power North America, Inc., 
NextEra Energy Resources, LLC 
and Southern Power Company 
("Complainants") 

Commission action is pending in response to the Complaint. 

EL19-77 Oklahoma Gas and Electric 
Company's ("OG&E") 
Complaint Regarding Revenue 
Credits under the Sponsored 
Upgrade Agreement dated 
December 1, 2008 

Commission action is pending in response to the Complaint. 

EL19-93 Western Farmers Electric 
Cooperative ("WFEC") 
Complaint Against SPP Seeking 
to Affirm WFEC's Right to 

Commission action is pending in response to the Complaint. 
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Other Filings of Interest 
Docket Number Short Description Summary 

Recover and Retain Revenue 
Credits to which WFEC is 
Entitled, and which WFEC has 
Collected, pursuant to the Terms 
of Attachment Z2 of the Tariff 
and WFEC's Network 
Integration Transmission Service 
Agreement ("NITSA") under the 
Tariff 

EL19-96 Complaint of Cimarron 
Windpower II, LLC 
("Cimarron") Against SPP 
Requesting that the Commission 
Find SPP's Failure to Provide 
Attachment Z2 Credits to 
Cimarron in Accordance with 
Attachment Z2 Violated the 
Terms of the SPP Tariff and the 
Cimarron Generator 
Interconnection Agreement 

Commission action is pending in response to the Complaint. 

ER19-477 Petition for Tariff Waiver of the 
365-Day Limitation Period for 
Modifications to Settlement 
Statements Set Forth in 
Attachment AE, Section 10.1(3) 
to Ensure that Market-to-Market 
("M2M") Settlements Involving 
SPP and the Midcontinent 
Independent System Operator, 
Inc. ("MISO") are Accurate 

Commission action is pending. 
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State Cases 
Docket Number Short Description Summary 
Kansas 
17-SPPE-117-GIE 
19-SPPE-384-CPL 

In the Matter of a General 
Investigation for the Purpose of 
Investigating Whether Annual or 
Periodic Cost/Benefit  Reporting 
by the SPP and Kansas Electric 
Utilit ies that Participate in SPP 
is in the Public Interest 

Commission action is pending. 
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- BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING 

- September 22, 2020 8:00a.m. – 10:00a.m.  | Webex  
-  

- Summary of Action Items    - 

  

1. Approved the Formation of the SCRIPT. 

 

2. Approved RR 413 - Staff’s Recommendation on Revisions to Schedule 1-A Tariff Administration 

Services. 

 

3. Approved Staff & WMEC’s recommendation for revisions to the WEIS Tariff and authorize SPP to 

refile at FERC the WEIS Tariff, the WJDA, and the WMEC Charter with an effective date for market 

start of February 1, 2021. 

 

4. Approved Staff recommendation Wolf Creek to Blackberry project. 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

 

77 of 1082



 
 
 
SPP Board of Directors/Members Committee Minutes 
September 22, 2020                                                                                                                          

2 
 

 

Minutes No. 192  

BOARD OF DIRECTORS/MEMBERS COMMITTEE MEETING 

- September 22, 2020 8:00a.m. – 10:00a.m.  | Webex  
 

MINUTES 

Agenda Item 1 – Administrative Items 

 

SPP Board of Directors Chair Mr. Larry Altenbaumer called the special meeting to order at 8:00a.m.  The 

following Board of Directors/Members Committee members were in attendance or represented by proxy: 

 

Mr. Larry Altenbaumer, director 

Ms. Bronwen Bastone, director 

Mr. Joel Bladow, Tri-State G&T 

Mr. Julian Brix, director  

Ms. Holly Carias, NextEra Energy Resources 

Ms. Susan Certoma, director 

Mr. Tom Christensen, Basin Electric Power Cooperative 

Mr. Mark Crisson, director 

Mr. Steve Gaw, Advanced Power Alliance 

Mr. Graham Edwards, director 

Mr. David Hudson, Xcel Energy 

Mr. Rob Janssen, Dogwood Energy LLC 

Mr. John Stephens, Proxy for Chris Jones, City Utilities of Springfield, MO 

Mr. Robert Pick, Proxy for Thomas Kent, Nebraska Public Power District  

Mr. Bleau LaFave, NorthWestern Energy 

Mr. Joe Lang, Omaha Public Power District 

Mr. Brett Leopold, ITC Great Plains 

Mr. Stuart Lowry, Sunflower Electric Power Corporation  

Mr. Greg McAuley, Oklahoma Gas and Electric Company 

Mr. Kevin Noblet, Evergy Companies 

Ms. Darcy Ortiz, director 

Mr. Mike Wise, Proxy for Dave Osburn, Oklahoma Municipal Power Authority 

Mr. Zac Perkins, Tri-County Electric Cooperative, Inc. 

Mr. Jeff Riles, Google Energy, LLC 

Ms. Peggy Simmons, American Electric Power 

Mr. Kevin Smith, Tenaska Power Services Company 

Ms. Barbara Sugg, director 

Mr. Jody Sundsted, Western Area Power Administration 

Mr. Mike Wise, Golden Spread Electric Cooperative, Inc. 

Mr. Robert Pick, proxy for Thomas Kent, Nebraska Public Power District. 

 

There were 112 participants in attendance via net conference (Attachment - 1). Proxies were reported by 

Ms. Sugg (Proxies – Attachment 2).   
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Agenda Item 2 – SPP/MISO Joint Study 

Ms. Barbara Sugg introduced Mr. John Bear from MidContinent Independent System Operator (MISO) and 

discussed the press release dated September 14, 2020 describing the SPP and MISO collaboration on a 

year-long transmission study designed to identify potential transmission projects with comprehensive, 

cost effective and efficient upgrades.  (SPP/MISO Joint Study – Attachment 3).   

 

Agenda Item 3 – Endorsement of SCRIPT 

Mr. Lanny Nickell presented the formation of the Strategic and Creative Re-engineering of Integrated 

Planning Team (SCRIPT).  SPP Staff recommended the Board approve the establishment of the SCRIPT to 

holistically evaluate all transmission planning and applicable cost allocation processes used in SPP, 

consider and evaluate options to strategically re-engineer those processes, and finalize a report with high-

level recommendations to the Board and Members Committee for improvements. (SCRIPT Formation- 

Attachment 4). 

 

Ms. Susan Certoma made a motion to approve the formation of SCRIPT. Ms. Barbara Sugg 

seconded.  The Members Committee voted and unanimously approved. The Board voted by email.  

The motion passed. 

 

Agenda Item 4 – Clarifications to Schedule 1-A (RR413) 

Mr. Tom Dunn presented RR413-Schedule 1A Corrections. SPP Staff recommended the Board approve 

RR413 and include the creation of a new Finance Committee action item to develop a process to provide 

members a listing of losses and revenues for contract services losses and how SPP plans to collect those 

prior to recovering them through Schedule 1A. (RR413 Schedule 1A- Attachment 5) 

 

Mr. Julian Brix made a motion to approve RR413 Schedule 1A corrections.  Ms. Susan Certoma 

seconded.  The Members Committee voted and unanimously approved. The Board voted by email. 

The motion passed. 

 

Agenda Item 6-AECI Agreement & Wolf Creek to Blackberry Update & Recommendation 

 

Mr. Paul Suskie presented the Wolf Creek to Blackberry 345 kV project update and the status of SPP’s 

Interconnection Agreement with AECI required for the project.  SPP Staff recommended the Board remove 

the suspension of the Wolf Creek-Blackberry 345 kV project in order for SPP to proceed with the 

Transmission Owner Selection Process for the Wolf Creek – Blackberry 345 kV project and authorize the 

Oversight Committee to create an Industry Expert Panel following issuance of the RFP for the project. 

(AECI IA BB to WC – Attachment 7) 

 

Mr. Graham Edwards made a motion to approve Staff’s recommendation for Wolf Creek to 

Blackberry. Ms. Bronwen Bastone seconded. The Members Committee voted and approved with 

one abstention-OG&E.  The Board voted by email.  The motion passed. 

 

Agenda Item 5 – Western Markets Executive Committee (WMEC) Recommendations 

 

Mr. Bruce Rew presented the Western Markets Executive Committee (WMEC) recommendations. SPP Staff 

and WMEC recommends the SPP Board of Directors approve the revisions to the WEIS Tariff and 

authorize SPP to refile at FERC the WEIS Tariff, the WJDA, and the WMEC Charter with an effective date of 

February 1, 2021. (WMEC – Attachment 6) 
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Ms. Darcy Ortiz made a motion to approve the WMEC recommendations.  Ms. Barbara Sugg 

seconded.  The Members Committee voted and approved with four abstentions-SPS/Xcel, OG&E, 

Public Service of Oklahoma, and Nebraska Public Power District.  The Board voted by email.  The 

motion passed. 

 

Future Meetings 

2020 

RSC/BOD  October 26-27  Net Conference 

BOD   December 7  Net Conference 

 

Adjournment 

With no further business, Mr. Altenbaumer adjourned the meeting at 9:22a.m. 

 

The Board of Directors went into executive session at 10:00a.m.   

 

Respectfully Submitted, 

 

Paul Suskie, Corporate Secretary 
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Human Resources Committee Nomination to Fill Expiring Term 

 

ORGANIZATIONAL ROSTER 
 

The following persons are members of the Corporate Governance Committee: 
 

Barbara Sugg, Chair SPP Brett Leopold ITC 

Larry Altenbaumer Vice Chair John McClure NPPD 

Denise Buffington Evergy Companies Holly Smith Walmart 

Steve Gaw APA Jody Sundsted WAPA-UGPR 

Robert Janssen Dogwood Energy Mike Wise GSEC 

 

BACKGROUND 
 

On December 4, 2018, the SPP Board of Directors approved a policy to implement staggered 

four-year terms for the Human Resources Committee (HRC). The open position is for a 

transmission using member. The position was opened for solicitation of nominations June 24, 

2020. This is a four-year term to commence on January 1, 2021 and to expire on December 31, 

2024. 

 

ANALYSIS 
 

Following a solicitation for nominees, only the incumbent, Suzanne Lane expressed an interest in 

the position. 

 

RECOMMENDATION 
 

The Corporate Governance Committee recommends Suzanne Lane (Kansas Electric Power 

Company) to the expiring HRC term. 

 

Approved: Corporate Governance Committee September 2, 2020  

 The motion passed unopposed. 
 

Action 

Requested: 

Approve the appointment 

 

Attachment: Nomination Form 
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Finance Committee Nomination to Fill Expiring Term 

 

ORGANIZATIONAL ROSTER 
 

The following persons are members of the Corporate Governance Committee: 
 

Barbara Sugg, Chair SPP Brett Leopold ITC 

Larry Altenbaumer Vice Chair John McClure NPPD 

Denise Buffington Evergy Companies Holly Smith Walmart 

Steve Gaw APA Jody Sundsted WAPA-UGPR 

Robert Janssen Dogwood Energy Mike Wise GSEC 

 

BACKGROUND 
 

On December 4, 2018, the SPP Board of Directors approved a policy to implement staggered 

four-year terms for the Finance Committee (FC). The open position is for a transmission using 

member. The position was opened for solicitation of nominations on June 24, 2020. This is a 

four-year term to commence on January 1, 2021 and to expire on December 31, 2024. 

 

ANALYSIS 
 

Following a solicitation for nominees, only the incumbent, Laura Kapustka expressed an interest in 

the position. 

 

RECOMMENDATION 
 

The Corporate Governance Committee recommends Laura Kapustka (Lincoln Electric System) to 

the FC expiring term. 

 

Approved: Corporate Governance Committee September 2, 2020 

The motion passed unopposed. 
 

Action 

Requested: 

Approve the appointment 

 

Attachment: Nomination Form 
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Strategic Planning Committee Nominations to Fill Expiring and Vacant Terms 
 

ORGANIZATIONAL ROSTER 
 

The following persons are members of the Corporate Governance Committee: 
 

Barbara Sugg, Chair SPP Brett Leopold ITC 

Larry Altenbaumer Vice Chair John McClure NPPD 

Denise Buffington Evergy Companies Holly Smith Walmart 

Steve Gaw APA Jody Sundsted WAPA-UGPR 

Robert Janssen Dogwood Energy Mike Wise GSEC 

 

BACKGROUND 
 

On December 4, 2018, the SPP Board of Directors approved a policy to implement staggered four-year 

terms for the Strategic Planning Committee (SPC). There are four open positions and one vacancy. Two 

of the open positions are Transmission Owning, Two are Transmission Using and there is one 

Transmission Using vacancy. The positions were opened for solicitation of nominations on June 24, 

2020. The open positions are for four-year terms to commence on January 1, 2021 and to expire on 

December 31, 2024. The term of the vacant Transmission Using position will begin immediately and end 

December 31, 2023. 

 

ANALYSIS 
 

Following a solicitation for nominees, there was one nominee for the first Transmission Owning 

position and three nominees for the second Transmission Owning position. There was one nominee for 

the first Transmission Using position and eight nominees for the second Transmission Using and 

vacant positions.  

 

  

(Continued on next page) 
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RECOMMENDATION 
 

The Corporate Governance Committee recommends the following: 

 Transmission Owning 

o Position 1 – Bill Grant (SPS-Xcel) 

o Position 2 – Kevin Noblet (Evergy - upcoming vacancy of John Olsen (term ending 

December 31, 2020) and a full four-year term).  

 

 Transmission Using 

o Position 1 – Melie Vincent (OMPA) 

o Position 2 – David Mindham (EDP Renewables) 

o Vacancy – Andrew Lackowsky (AECC – vacancy of Les Evan’s term ending Dec. 31, 2023) 

 

Approved: Corporate Governance Committee           September 2, 2020  

 The motion passed unopposed. 
 

Action 

Requested: 

Approve the appointment 
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Southwest Power Pool, Inc. 

Corporate Governance Committee 

Recommendation to the Board of Directors 

October 27, 2020 

Proposed Changes to Withdrawal Obligations 

 

 
Background 

The recent Partial Termination of East Texas Electric Cooperative highlighted the need 

for clarity around the withdrawal obligations regarding Partial Terminations. In response, 

the Corporate Governance Committee (“CGC”) proposes revisions to the Bylaws and 

Membership Agreement to clarify that the financial obligations for withdrawing members 

are applicable to Partial Terminations. T h e  CGC also proposes revisions to specify the 

notice provisions, deposit requirements, and effective date for Partial Terminations. 

In addition, the CGC identified the need to clarify when a non-Transmission Owner 

becomes a Transmission Owner under the Membership Agreement. T h e  CGC proposes 

revisions to the Membership Agreement to clarify that a non-Transmission Owner 

becomes a Transmission Owner upon transfer of functional control of Tariff Facilities to 

SPP. 

 
 

The proposed changes are attached. 

 

Recommendation 

The CGC recommends that the Board of Directors approve the attached amendments to the definitions 

and Section 8.7 of SPP’s Bylaws and Sections 4.2, 4.3.3A, 4.3.4 and the signature page of the 

Membership Agreement. 
 

 
Approved: Corporate Governance Committee September 2, 2020 

 

Action Requested: Approve Recommendation 
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8.7 Financial Obligation of Withdrawing Members 

8.7.1 Existing Obligations 

“Existing Obligations” shall be defined in accordance with Section 4.3.2 

of the Membership Agreement. 

8.7.2 Computation of a Transmission Owner Member’s Existing 

Obligations 

For purposes of computing the Existing Obligations of any withdrawing or 

terminated Transmission Owner Member in accordance with Sections 4.3.2(b)-(f) 

of the Membership Agreement, such “Member’s share” is a percentage calculated 

as follows: 

A = 100 [0.25(1/N) + 0.75(B/C)] 

Where: A = Member’s share (expressed as a percentage) 

N = Total number of Transmission Owner Members that 

are subject to Sections 4.3.2(b)-(f) of the Membership Agreement 

B =    The previous year Net Energy for Load connected 

to transmission facilities of Transmission Owner 

Member, including any such load of other load 

serving entities 

C = Total of factor B for all Transmission Owner 

Members that are subject to Sections 4.3.2(b)-(f) of 

the Membership Agreement 

The Finance Committee shall have the discretion to reduce the Existing 

Obligations of any withdrawing or Terminated Member or of any Member 

submitting a notification of Partial Termination pursuant to Section 4.2.1(c) of the 

Membership Agreement, to reflect any SPP costs or expenses that may be 

mitigated in connection with such Member’s withdrawal, or  termination,  or 

Partial Termination. In the event of consolidation of affiliate memberships or the 

transfer of membership from one corporate entity to another, whereby one entity 

remains a member of SPP, the withdrawal obligation for the departing 

company(ies) may be waived at SPP’s sole discretion. 

8.7.3 Financial Obligations for Transmission Facilities 
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To the extent that Section 4.3.3A of the Membership Agreement is 

applicable, a Terminated Member and a Member submitting a notice of Partial 

Termination pursuant to Section 4.2.1(c) of the Membership Agreement shall 

remain financially responsible for all financial obligations incurred and costs 

allocated to its load for transmission facilities approved prior to the Termination 

Date. 

8.7.4 Penalty Costs 

A Terminated Member and a Member submitting a notice of Partial 

Termination pursuant to Section 4.2.1(c) of the Membership Agreement shall 

remain liable for its share of costs associated with penalties assessed against SPP 

by FERC, the FERC-approved Electric Reliability Organization, any Electric 

Reliability Organization-approved Regional Entity, or any other governmental or 

regulatory authority with jurisdiction over SPP that SPP incurs as a result of 

events that occurred prior to Member’s Termination Date but that SPP is unable 

to recover under the SPP OATT. 

8.7.5 Limitation on Financial and Penalty Obligations 

(a) Notwithstanding the delineation of Members’ financial obligations 

in Section 8.7, a Federal Power Marketing Agency shall not be subject to 

the financial obligations listed in this Section 8.7 in the event FERC finds 

that SPP has not adhered to all of the Federal Power Marketing Agency 

Amendments as that term is defined in Section 1.0 of these Bylaws or if 

SPP files and FERC approves material changes to the Federal Power 

Marketing Agency Amendments. 

(b) Provided further, notwithstanding any language to the contrary in 

these Bylaws, a Federal Power Marketing Agency has not waived or 

conceded any defense it may have, including sovereign immunity, 

intergovernmental immunity, or lack of subject matter jurisdiction in any 

action against it by an Enforcement Authority, nor has it accepted any 

liability, responsibility, or obligation to pay any civil monetary penalties 

or fines imposed by an Enforcement Authority to which it would not have 

been subject in the absence of these Bylaws.  SPP, in accepting Western- 
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UGP as a member, does not thereby concede or accept responsibility for 

any portion of a penalty or fine attributable to the actions or omissions of 

Western-UGP. SPP will identify the amount of any penalty or fine that 

SPP allocates to Western-UGP or that SPP determines is attributable to 

Western-UGP and will identify that amount to FERC as uncollectable and 

not otherwise owed by SPP. Enforcement Authority in these Bylaws 

means the Federal Energy Regulatory Commission (FERC), Electric 

Reliability Organization (ERO), or Regional Entities with enforcement 

authority pursuant to a delegation from an ERO or FERC for the purpose 

of proposing and enforcing reliability standards. 
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This Agreement is made between the Member and SPP, as defined herein. 

1.0 Definitions 

Agreement 

This Membership Agreement. 

Basin Electric Amendments 
The amendments and revisions to the SPP OATT, to Basin Electric Power Cooperative’s ("Basin 

Electric's") Network Integration Transmission Service Agreement, or to Basin Electric's Network 

Operating Agreement necessary for Basin Electric's initial SPP membership or as they may be 

revised in the future by agreement between Basin Electric and SPP. 

 

Board of Directors 

The Board of Directors elected pursuant to the Bylaws. 

 

Bylaws 

SPP’s Bylaws or any successor document. 

 

Distribution Facilities 
Facilities that are the subject of a separate distribution charge pursuant to the Open Access 

Transmission Tariff. 

 

Eastern Interconnection 
One of the three major alternating-current electrical grids in North America. The Eastern 

Interconnection reaches from Central Canada eastward to the Atlantic coast (excluding Quebec), 

south to Florida, and back west to the foot of the Rockies (excluding most of Texas). 

 

Effective Date 
This Agreement is effective on January 1, 2000 or upon the date of execution by Member if after 

January 1, 2000. 

 

Electric Transmission System 
The transmission facilities subject to SPP’s tariff administration, except for any Distribution 

Facilities. 

 

Existing Obligations 

Shall have the meaning given in Section 4.3.2(b). 

 

Federal Power Marketing Agency 
This term shall include the term “Federal Power Marketing Administration” and have the same 

definition that is set forth in the Federal Power Act at 16 U.S.C. § 796(19), which defines 

“Federal power marketing agency” as “any agency or instrumentality of the United States (other 

than the Tennessee Valley Authority) which sells electric energy[.]” 
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Federal Power Marketing Agency Amendments 

The amendments and revisions to the SPP Bylaws, the SPP Membership Agreement, and Section 
39.3 of the OATT that are required by a Federal Power Marketing Agency for initial SPP 

membership or as they may be revised in the future by mutual agreement between a Federal 

Power Marketing Agency and SPP. 

 

Federal Power-Western-UGP 
All capacity and energy generated at reservoir projects under the control of the Department of 

the Army or the Bureau of Reclamation in the marketing area of the Western-UGP for the 

purpose of fulfilling Western-UGP’s Statutory Load Obligations for the sale of capacity and 

energy. This shall also include any capacity and energy delivered to or from Western-UGP 

under the pre-OATT bi-directional agreement with Southwestern Power Administration through 

Associated Electric Cooperative, Inc. for delivery and receipt at the Maryville Substation. 

Western-UGP’s deliveries to Southwestern shall be considered part of Western’s Statutory Load 

Obligations, and receipts from Southwestern to Western-UGP will be considered as coming from 

Federal resources. Federal Power-Western-UGP resources shall be eligible to be considered as 

Designated Resources. 

 

FERC 

The Federal Energy Regulatory Commission or successor organization. 

 

Financial Obligations 

Shall have the meaning given in Section 4.3.2(b). 

 

Future Interest 

Shall have the meaning given in Section 4.3.2(b). 

 

Good Utility Practice 
Any of the practices, methods, and acts engaged in or approved by a significant portion of the 

electric utility industry during the relevant time period, or any of the practices, methods, and acts 

which, in the exercise of reasonable judgment in light of the facts known at the time the decision 

was made, could have been expected to accomplish the desired result at a reasonable cost 

consistent with good business practices, reliability, safety, and expedition. Good Utility Practice 

is not intended to be limited to the optimum practice, method, or act, to the exclusion of all 

others, but rather to be a range of acceptable practices, methods, or acts generally accepted in the 

region.  SPP Criteria and NERC Policies and Standards are considered Good Utility Practice. 

 

Heartland Amendments 
The amendments and revisions to the SPP OATT, to Heartland Consumers Power District's 

("Heartland’s") Network Integration Transmission Service Agreement, or to Heartland's Network 

Operating Agreement necessary for Heartland's initial SPP membership or as they may be 

revised in the future by agreement between Heartland and SPP. 

 

Load Serving Entity (LSE) 

A Member that: (1) is a distribution utility or an electric utility that has a service obligation, 

where a service obligation, as defined in Section 217(a) of the Federal Power Act, means a 
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requirement applicable to, or the exercise of authority granted to, an electric utility under 

Federal, State, or local law or under long-term contracts to provide electric service to end-users 

or to a distribution utility (as defined in Section 217(a) of the Federal Power Act); and/or (2) 

secures energy and transmission service (and related Interconnected Operations Services) to 

serve the electric demand and energy requirements of its end-use customers. A Load Serving 

Entity may or may not be a Transmission Owner or transmission customer under the OATT. 

 

Member 
Signatory to this Agreement that has completed the application requirements pursuant to the 

Bylaws. 

 

NERC 

North American Electric Reliability Corporation or successor organizations. 

 

Non-Load Serving Entity 

A Member that is not a Load Serving Entity 

 

Non-Transmission Owner 
A Member that is not a Transmission Owner. A Non-Transmission Owner that owns or controls 

Tariff Facilities willmay have its status changed to a Transmission Owner under this Agreement 

upon transfer to SPP of the functional control of Tariff Facilities related to the rates, terms and 

conditions of the OATT. 

Owner. 

notice to SPP and execution of this Agreement as a Transmission 

 

Open Access Transmission Tariff (OATT) 
The SPP nondiscriminatory, Open-Access Transmission Tariff (OATT) on file with FERC 

pursuant to Section 205 of the Federal Power Act under which SPP will offer transmission 

service, or any such successor tariff. 

 

Partial Termination 

Shall have the meaning given in Section 4.1. 

 

Regional Entity 
An entity having  enforcement authority delegated to  it  by NERC  pursuant  to  a delegation 

agreement accepted by FERC. 

 

Reliability Coordinator 
SPP, in performing its reliability coordinator function as recognized by NERC pursuant to its 

policies, and pursuant to SPP Criteria and this Agreement. 

 

SPP 

Southwest Power Pool, Inc., or successor organization. 

 

SPP Criteria 

SPP’s approved operating and planning criteria. 
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SPP Region 
The geographic area encompassing the transmission systems of Members that are Transmission 

Owners. 

 

Standards of Conduct 
SPP’s Standards of Conduct that apply to the conduct of its directors, officers, employees, 

contractors, and agents. 

 

Statutory Load Obligations 
Western-UGP’s power marketing function obligations under Federal law to deliver capacity and 

energy from the output of the Federal hydroelectric projects operated by the Department of the 

Army and the Bureau of Reclamation to loads which include project use loads, preference power 

customer loads defined pursuant to a power marketing plan, and other loads required to be served 

under Federal law. 

 

Tariff Facilities 
The  Electric  Transmission  System  and  the  Distribution  Facilities  subject  to  SPP’s  tariff 

administration. 

 

Termination 

Shall have the meaning given in Section 4.1. 

 

Termination Date 
Shall mean the date of Termination or Partial Termination is effective in accordance with Section 

4.2.2(b). 

 

Transmission Customer 

A customer under the Open Access Transmission Tariff 

 

Terminated Member 
An entity that was a Signatory to this Agreement but whose membership in SPP has been 

terminated under Section 4 of this Agreement. 

 

Transmission Owner 
A signatory to this Agreement which: (1) transfers functional control of Tariff Facilities related 

to the rates, terms and conditions of the OATT to SPP by executing this Agreement; or (2) 

appoints SPP under another agreement to provide service under the Transmission Tariff over 

Tariff Facilities which it owns or controls; or (3) is assigned by SPP to construct and accepts the 

obligation to construct new Tariff Facilities; or (4) undertakes another Transmission Owner’s 

obligation to construct Tariff Facilities in accordance with Section 3.3 of this Agreement and 

Attachment O of the SPP OATT. 

 

Upper Missouri Zone ("UMZ") 

The Upper Missouri Zone (“UMZ” or “Zone 19”) is the rate pricing zone initially consisting of 

the following facilities that meet the requirements of Attachment AI, upon the transfer of those 

facilities to the functional control of the Transmission Provider: (i) the facilities of Western-UGP 
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within the Eastern and Western Interconnections; (ii) the facilities owned or leased by Basin 

Electric Power Cooperative or Heartland Consumers Power District within the Eastern 

Interconnection; (iii) a portion of the facilities owned or leased by Basin Electric Power 

Cooperative within the Western Interconnection; and (iv) other facilities of the Western Area 

Power Administration  transferred to the functional control of the Transmission Provider. 

 

Western Area Power Administration-Upper Great Plains Region ("Western-UGP") 
A division of the Western Area Power Administration that markets and transmits Federal power 

from reservoir projects under the control of the Department of the Army or the U.S. Bureau of 

Reclamation to Statutory Load Obligations, including preference power customers in Iowa, 

Minnesota, Montana, Nebraska, North Dakota, and South Dakota located in a defined marketing 

area. Western-UGP operates the WAUW Balancing Authority Area in the Western 

Interconnection, where certain of its transmission facilities are located. 

 

Western Interconnection 
One of the three major alternating-current electrical grids in North America. The Western 

Interconnection stretches from Western Canada South to Baja California in Mexico, reaching 

eastward over the Rockies to the Great Plains. 
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4.1 Termination of Membership 

This Section states the terms and conditions applicable to any Termination or Partial 

Termination. 
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4.2 Events of Termination and Partial Termination. 

A “Termination” shall mean any cessation of Membership, voluntary or 

involuntary, or a termination of this Agreement for any reason including the following: 

a. Member voluntarily withdraws from membership under Sections 4.0 or 

5.0 of this Agreement; 

b. An involuntary termination of membership occurs pursuant to Section 6.0 

of this Agreement; 

c. Member withdraws from membership or terminates this Agreement to 

comply with the terms of any applicable law or regulation; 

d. A withdrawal from membership or termination of this Agreement is 

ordered by any court or administrative agency of competent jurisdiction; 

SPP reserves the right, but is not obligated, to maintain before such court 

or administrative agency, or on any appeal, that FERC has preemptive 

jurisdiction; 

e. A material breach or repudiation of this Agreement, in the discretion of 

the non-breaching or non-repudiating party; 

f. The liquidation or dissolution of SPP, unless a third party has assumed the 

rights and obligations of SPP under this Agreement consistent with 

Section 8.2, and has reasonably demonstrated capability to perform SPP’s 

obligations under this Agreement; 

g. An agreement between SPP and the Member to terminate this Agreement. 

A “Partial Termination” occurs upon a Member’s voluntary removal of a portion 

of its transmission facilities or customers from the SPP Region, including, by way of 

example and not limitation, sale of a part of the Member’s distribution or transmission 

network or transfer to another service provider of a portion of its retail load. 

95 of 1082



 

 

4.3 Termination Procedures and Effective Dates 

4.3.1 Notice of Voluntary Withdrawal 

(a) Notice of Voluntary Withdrawal of a Member. Subject to Section 4.3, a 

Member may withdraw voluntarily from this Agreement, provided that it has given written 

notice to the President of its intent to withdraw. Notice of intent to withdraw must state a 

proposed date for the withdrawal and be delivered to the President no less than twenty-four (24) 

months prior to such date. The President will advise the Members and the Board of Directors of 

any withdrawal notices received. In order to assure that there is no more than one proposed 

termination date with respect to a Member, a withdrawal notice shall be deemed to supersede any 

prior withdrawal notice given by the Member, except that a Member may not submit a 

withdrawal notice less than twenty-four (24) months prior to the termination date proposed in the 

Member’s previous notice of intent to withdraw. Voluntary withdrawal is a Termination and 

creates the same obligations as a Termination for any other reason. Upon receiving a notice of 

intent to withdraw, SPP shall account for such notice of intent to withdraw in the SPP planning 

process, unless the Member plans to continue to take transmission service from SPP after the 

termination date. 

(b) Withdrawal Deposit. A Member submitting a written notice of its intent to 

withdraw from this Agreement or notice of a Partial Termination must simultaneously submit a 

cash withdrawal deposit to SPP, as set forth in the table below. SPP will not accept a notice of 

intent to withdraw or notice of a Partial Termination without a withdrawal deposit. SPP will 

treat the withdrawal deposit as a pre-payment of a portion of the costs SPP incurs to process the 

Member’s withdrawal from SPP or Partial Termination, as set forth in Section 4.3.2(d) of this 

Agreement, or the costs associated with reintegrating the Member, its facilities, or its customers 

into SPP if the Member subsequently rescinds its notice of intent to withdraw or notice of Partial 

Termination and SPP incurs costs for such reintegration. to reintegrate the Member. Withdrawal 

deposits are as follows: 

 
 

Member Category Withdrawal Deposit 

Load Serving Entity $ 150,000 

Non-Load Serving Entity $ 50,000 
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If the cost of processing Member’s withdrawal as calculated by SPP pursuant to Section 4.3.2(d) 

of this Agreement exceeds the withdrawal deposit, the additional amount shall be included in the 

invoice SPP provides to the Member under Section 4.3.2(e) of this Agreement. If the Member 

rescinds its notice of intent to withdraw and the cost of processing the Member’s withdrawal and 

subsequent reintegration into SPP exceeds the withdrawal deposit, SPP shall invoice the Member 

for the amount of the cost that exceeds the deposit, and the Member shall provide payment to 

SPP within thirty (30) days of receipt of the invoice. If the withdrawal deposit exceeds the costs 

of processing the Member’s withdrawal and/or reintegration, SPP shall refund the difference to 

the Member. Notwithstanding the foregoing, a Federal Power Marketing Agency shall not be 

required to make a withdrawal deposit and shall only be responsible for paying SPP costs after 

they are incurred and appropriately invoiced pursuant to Section 4.3.2(e). 

(c) Notice of Partial Termination. In the event of a Partial Termination, the 

Member shall provide written notice to the President of its intent to remove a portion of its 

transmission facilities or customers from the SPP Region. The notice of a Partial Termination 

must state the effective date for the removal of a portion of its transmission facilities or 

customers from the SPP Region and be delivered to the President no less than twenty-four (24) 

months prior to such date. The President will advise the Members and the Board of Directors 

of notices of Partial Termination received. 

 

 

 

4.3.2 Effective Date of Termination 

(a) Voluntary Withdrawal. If the withdrawing Member is not a Transmission 

Owner subject to FERC jurisdiction, the Termination Date shall be the date 

proposed in the withdrawal notice under Section 4.2.1 or otherwise agreed by 

SPP. If the withdrawing Member is a Transmission Owner subject to FERC 

jurisdiction, the Termination Date shall be the later of (i) the proposed date 

specified in the withdrawal notice or otherwise agreed by SPP, (ii) the effective 

date, if any, set by the FERC order approving the withdrawal; or (iii) the date that 

such FERC order is no longer subject to review by a court of competent 

jurisdiction. 
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(b) Termination other than Voluntary Withdrawal. If the Termination occurs for 

any reason other than the Member’s voluntary withdrawal under Section 4.2.1 or 

by agreement with SPP, the Termination Date shall be as follows: 

(i) If the Member is not a Transmission Owner subject to FERC 

jurisdiction, the Termination Date shall be the date of the event by 

which the Termination occurs, for example, the date a party gives 

notice that it will treat a breach or repudiation as a Termination or 

the date a Member withdraws in order to comply with the terms of 

a law or regulation. The foregoing notwithstanding, if the 

Termination occurs due to the order of a court or administrative 

agency, the Termination Date shall be the date the order is no 

longer subject to review by a court of competent jurisdiction. 

(ii) If the Member is a Transmission Owner requiring regulatory 

agency approval prior to effectively withdrawing from SPP, then 

the Termination Date shall be the later of (i) the effective date, if 

any, set by the regulatory agency order approving the Termination; 

or (ii) the date that such regulatory order is no longer subject to 

review by a court of competent jurisdiction. 

(iii) In conjunction with the requirements and limitations imposed in 

Section 4.2.2(b)(ii) above; Transmission Owning Members of SPP 

wishing to withdraw from SPP and requiring regulatory agency 

approval prior to such withdrawal being effective are required to 

initiate the required regulatory filings seeking approval to 

withdraw prior to the end of the 24-month notice period. 

Additionally, these members must provide SPP copies of the 

regulatory filings in a timely manner after filing with the 

appropriate regulatory agency. Failure to comply with the terms of 

this paragraph will effectively rescind the notice of the 

withdrawing member. 

(iv) Member may terminate this Agreement with less than the required 

twenty-four (24) months’ notice, in the event that the Federal or 

98 of 1082



 

state law governing Member changes, or any provisions of this 

Agreement, the provisions of SPP’s OATT, or SPP’s Bylaws are 

changed or modified in a manner that causes a conflict with the 

Member’s Federal or state law, regulations, or rate schedules, and 

the internal dispute resolution process described in Section 12 of 

the OATT is unable to resolve such conflict. In such event, 

Member and SPP shall meet and confer to facilitate the withdrawal 

as soon as practicable as necessary to ensure compliance with 

Federal or state law. 

(v) Any Member with Transmission Facilities located in the Upper 

Missouri Zone may terminate this Agreement with less than the 

required twenty-four (24) month notice in the event that Western- 

UGP or Basin Electric Power Cooperative withdraws from SPP in 

accordance with its respective withdrawal rights or if FERC finds 

that SPP has not adhered to all of the Federal Power Marketing 

Agency Amendments, the Basin Electric Amendments, or the 

Heartland Amendments. In such event, Member and SPP shall 

meet and confer to facilitate the withdrawal as soon as practicable 

or as necessary to ensure compliance with state or Federal law. In 

the event of a withdrawal by Western-UGP or Basin Electric 

Power Cooperative, Member’s withdrawal will become effective 

on the same date as that of Western-UGP or Basin Electric Power 

Cooperative. Such Member also may terminate this Agreement in 

the event that SPP files and FERC approves changes to the Federal 

Power Marketing Agency Amendments, the Basin Electric 

Amendments, or the Heartland Amendments that have a material 

adverse effect on such Member. If such Member exercises its 

withdrawal rights under this provision, the financial obligations 

will be calculated under § 4.3 of this Agreement. 
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(c) Partial Termination. The Termination Date for a Partial Termination 

shall be the date the voluntary removal of a portion of transmission 

facilities or customers from the SPP Region is effective, unless otherwise 

agreed by SPP. 
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4.4 Obligations Upon Termination 

4.4.1 Obligation to Hold Users Harmless 

Transmission Customers taking service which involves facilities being 

withdrawn by a Transmission Owner from the functional control of SPP and 

where such service is under transmission contracts executed before the 

Termination Date shall continue to receive the same service for the remaining 

term of each such contract at the same rates, terms, and conditions that would 

have been applicable if the Termination or Partial Termination had not occurred. 

Transmission Owner agrees to continue providing service to such Transmission 

Customers in accordance with the preceding sentence, and shall receive revenues 

calculated in accordance with the OATT but no more in revenues for that service 

that if there had been no Termination or Partial Termination. 

4.4.2 Obligation of Member to Pay Current and Existing Obligations 

(a) In the event of a Termination or Partial Termination of a Member, the 

Member shall pay all obligations incurred under this Agreement at any 

time prior to the Termination Date. A Non-Transmission Owner Member 

shall pay all Existing Obligations as defined in Sections 4.3.2(b)(i)-(iii), 

calculated as of the Termination Date, and is subject to the obligations set 

forth in Sections 4.3.2(c)-(f). In addition, in order for SPP to recover a 

portion of certain debts and cost payable by SPP after the Termination 

Date as further specified in this Agreement, a Transmission Owner 

Member shall pay all Existing Obligations as defined in Section 4.3.2(b), 

calculated as of the Termination Date, and is subject to the obligations set 

forth in Sections 4.3.2(c)-(f). SPP shall make reasonable efforts to 

mitigate the Member’s Existing Obligations by commercially reasonable 

actions (such as prepayment of allocable debt, or investment of part or all 

of the Member’s payment in an interest-bearing instrument) and, in its 

discretion, may further discount the Member’s Existing Obligations to 

reflect any additional mitigation SPP determines it will achieve. 

(b) “Existing Obligations” are all of the following and other obligations as 

may be set forth in the Bylaws from time to time; 
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i. the Member’s unpaid annual membership fee, 

ii. the Member’s unpaid dues, assessments, and other amounts 

charged under Section 3.8 of this Agreement, Section 8.4 of the 

Bylaws, or otherwise under the Bylaws, plus the Member’s share 

of costs SPP customarily includes in such dues, assessments or 

other charges, but which as of the Termination Date SPP had not 

included in such dues assessments or other charges. 

iii. Any costs, expenses or liabilities incurred by SPP directly due to 

the Termination, regardless of when incurred or payable. 

iv. A Transmission Owner Member’s Existing Obligations shall also 

include: 

a. the Member’s share (computed in accordance with the 

Bylaws) of the entire principal amounts of all SPP 

Financial Obligations outstanding as of the Termination 

Date. “Financial Obligations” are all long-term (in excess 

of six (6) months) financial obligations of SPP, including 

but not limited to the following: 

1. debts under all mortgages, loans, loan agreements, 

borrowings, promissory notes, bonds, and credit 

lines under which SPP is obligated, including 

principal and interest; 

2. all payment obligations under equipment leases, 

financing leases, capital leases, real estate and 

office space leases, consulting contracts, and 

contracts for outsourced services; 

3. any unfunded liabilities of any SPP employee 

pension funds, whether or not liquidated or 

demanded; 

4. the general and administrative overhead of SPP for 

a period of three (3) months; and 
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5. any  prepayment  premiums   or  penalties  arising 

under SPP Financial Obligations. 

b. the Member’s share (computed in accordance with the 

Bylaws) of all interest that will become due for payment 

with respect to all interest bearing Financial Obligations 

after the Termination Date and until the maturity of all 

Financial Oblations in accordance with their respective 

terms (“Future Interest”). In the event that a Financial 

Obligation carries a variable interest rate, the interest rate in 

effect at the Termination Date shall be used to calculate the 

applicable Future Interest. In determining the Member’s 

share of Future Interest, SPP shall take into account any 

reduction of Financial Obligations due to mitigation under 

this Section. 

 

(c) In the event of a Partial Termination, Existing Obligations shall first be 

calculated as though a Termination occurred, and the Member shall pay a 

percentage thereof as Existing Obligations due to the Partial Termination. 

Such percentage shall be the percentage reduction of the Net Energy for 

Load Ratio (if applicable) that is attributable to the Member resulting from 

the Partial Termination. 

(d) In the event of a Termination or Partial Termination by a Member, the 

Member shall pay to SPP all costs SPP incurs to remove the Member’s 

facilities and/or load from SPP markets and operations. Such costs will be 

determined by SPP and shall include but not be limited to costs associated 

with modifying systems and databases, staff time, legal costs, and all costs 

of completing other tasks necessary to process the Member’s Termination. 

SPP will apply the Member’s withdrawal deposit, as specified in Section 

4.2.1(b), to such costs, and any costs exceeding the withdrawal deposit 

shall be included in the invoice to the Member as discussed in Section 

4.3.2(e) of this Agreement. 
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(e) SPP shall invoice Member for Existing Obligations within one month after 

the Termination Date, except that delay by SPP in issuing the invoice shall 

not diminish Member’s obligation to make timely payment. The invoice 

shall be due and payable no later than five (5) business days after issuance. 

Any amounts owed by SPP to the Member shall, solely at SPP’s election 

and in its discretion, be offset against the Member’s Existing Obligations 

or paid to the Member concurrently with issuance of the invoice. 

(f) The Member acknowledges and agrees that Existing Obligations include 

amounts that SPP expects to accrue and that will become payable by SPP 

between the date of Member’s Notice of Termination and the Member’s 

Termination Date, and that no part of a payment of Existing Obligations 

shall be refundable to the Member under any circumstances, including 

(except as provided in this Section with respect to mitigation or the 

execution of a new Agreement by the Member after the Member’s 

Termination) any reduction of the Financial Obligations (if applicable). 

Any disagreement as to the calculation of Existing Obligations shall be 

resolved in accordance with the dispute resolution procedures in the 

Bylaws. If, after Termination, the Member elects to re-join SPP and 

execute the Agreement then in effect, SPP, in its sole discretion, may elect 

to credit a portion or all of the Member’s Existing Obligations paid to SPP 

upon the Member’s earlier Termination against any future payments owed 

by the Member to SPP. 

4.4.3 Construction of Transmission Facilities 

Any obligations relating to the construction of new facilities pursuant to 

an approved plan of SPP shall be negotiated between SPP and the Transmission 

Owner prior to the Termination Date so as to continue the Transmission Owner’s 

construction obligation for facilities for which SPP has issued a notification to 

construct to the Transmission Owner prior to the Termination Date. If such 

obligations cannot be resolved through negotiations, they shall be resolved in 

accordance with the dispute resolution procedures in the Bylaws and Agreement. 

4.3.3A Financial Obligations for Transmission Facilities 
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This Section 4.3.3A applies to any Terminated Member that was a 

Transmission Owner at the time it submitted its notice of intent to withdraw  

pursuant to Section 4.2.1(a) or Member that was a Transmission Owner at the 

time it submitted its notice of Partial Termination pursuant to Section 4.2.1(c). 

Such Terminated Member shall remain financially responsible for all financial 

obligations incurred and costs allocated to its load for transmission facilities 

approved prior to the Termination Date. Payments in fulfillment of any such 

obligations and allocated costs shall commence on the date that the costs of such 

transmission facilities are reflected in SPP’s generally applicable rates, unless 

SPP and the Terminated Member agree to an alternate date. Rights, obligations, 

and payments applicable to time periods prior to the Termination Date shall be 

honored by SPP and the Terminated Member. Fulfillment and performance of 

such rights and obligations, and rights and obligations regarding the use of such 

transmission facilities, shall be negotiated between SPP and the Terminated 

Member, and any disputes involving such rights and obligations shall be resolved 

in accordance with the dispute resolution procedures in the Bylaws and 

Agreement. 

4.4.4 Regulatory and Other Approvals or Procedures 

Any Termination or Partial Termination with respect to a Transmission 

Owner shall be subject to applicable Federal and state law and regulatory 

approvals or procedures. 
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IN  WITNESS  WHEREOF,  Member  and  SPP  have  caused  their  duly  authorized 

representatives to execute this Agreement on their respective behalves. 

 

MEMBER: 
 

 

  . 

Name of Member 

  . 

Type of Entity (Transmission Owner or Non-Transmission Owner) 

  . 

Name of Authorized Representative 

  . 

Title of Authorized Representative 

  . 

Signature of Authorized Representative 

  . 

Date of Execution 

 

 

 

SOUTHWEST POWER POOL, INC.: 
 

 

  . 

Name of Authorized Representative 

  . 

Title of Authorized Representative 

  . 

Signature of Authorized Representative 

  . 

Date of Execution 
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Southwest Power Pool, Inc.  

Corporate Governance Committee 

Recommendation to the Board of Directors 

October 27, 2020 

Additional Seats on Human Resources and Finance Committees 

 

Background  

The Corporate Governance Committee (“CGC”) is responsible for making recommendations on 

governance issues including committee representation. 

After reviewing increases in SPP’s membership, roles of SPP’s Board of Directors, and 

representation on various committees, the CGC recommends that SPP add up to 3 additional 

seats on the Human Resources Committee and Finance Committee by allowing an additional 

representative from SPP’s Board of Directors, Transmission Owning Members, and 

Transmission Using Members on both Committees. 

The proposed changes are attached. 

 

Recommendation 

The CGC recommends that the Board of Directors approve the attached amendments to Sections 6.3 

and 6.5 of SPP’s Bylaws with an effective date of January 1, 2021. 

 

Approved: Corporate Governance Committee  September 2, 2020 

 

Action Requested: Approve Recommendation 
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6.3      Human Resources Committee 

The Human Resources Committee (HRC) is responsible for the development of personnel 

policies, including benefits structures, for the company in accordance with its scope as approved by 

the Board of Directors. 

The HRC shall be comprised of at least six members and up to nine members with equal 

 repres entation from SPP’s Board of Directors, Transmission Owning Members and Transmission   

Using Members. Two or three representatives shall be from the Board of Directors, one of whom 

shall serve as the Chair and the other as Vice Chair; two or three representatives from the 

Transmission Owning Member sector as nominated by the Corporate Governance Committee; and 

two or three representatives from the Transmission Using Member sector as nominated by the 

Corporate Governance Committee.  The President of SPP shall not serve on the HRC. 

The Board of Directors shall appoint the representatives of the HRC. Each representative of 

the HRC shall continue to be a representative thereof until the Board of Directors appoints his/her 

successor. Where a vacancy occurs the Corporate Governance Committee will fill the vacancy on 

an interim basis until the next meeting of the Board of Directors. 

The HRC shall meet at least twice per calendar year, and additionally as needed, provided 

that a quorum, as defined in these Bylaws, is present. The HRC shall report to the Board of Directors 

following each HRC meeting with respect to its activities and with such recommendations, as the 

HRC deems necessary. 
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6.5      Finance Committee 

The Finance Committee (FC) is responsible for all aspects of financial operations and risk 

management for the company in accordance with its scope as approved by the Board of Directors. 

The FC shall be comprised of at least six members and up to nine members with equal 

 repres entation from SPP’s Board of Directors, Transmission Owning Members and Transmission   

Using Members. Two or three representatives shall be from the Board of Directors, one of whom 

shall serve as the Chair and the other as Vice Chair; two or three representatives from the 

Transmission Owning Member sector as nominated by the Corporate Governance Committee; and 

two or three representatives from the Transmission Using Member sector as nominated by the 

Corporate Governance Committee.  The President of SPP shall not serve on the FC. 

The Board of Directors shall appoint the representatives of the FC. Each representative of 

the FC shall continue to be a representative thereof until the Board of Directors appoints his/her 

successor. Where a vacancy occurs the Corporate Governance Committee will fill the vacancy on 

an interim basis until the next meeting of the Board of Directors. 

The FC shall meet at least twice per calendar year, and additionally as needed, provided that 

a quorum, as defined in these Bylaws, is present. The FC shall report to the Board of Directors 

following each FC meeting with respect to its activities and with such recommendations, as the FC 

deems necessary. 
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  Revision Request Recommendation Report 

RR #: 0412 Date: 6/29/2020 

RR Title: Design Output for Capacity Upgrades on Existing Generating Units 

SUBMITTER INFORMATION 

Submitter Name: Rob Janssen Company: Dogwood Energy 

Email: rob.janssen@kelsonenergy.com Phone: 443-542-5125 

EXECUTIVE SUMMARY AND MOTION FOR RECOMMENDED MOPC/BOD ACTION 

(Executive summary is high-level explanation of what the revision request will accomplish and should include a summary of voting 

records and opposition.  The motion for recommended MOPC/BOD action should be written such that the organization group 

“recommends” the action needed.) 

This revision will allow both new and upgraded capacity from existing plants to be treated equally in qualifying as accredited capacity 

during the first peak season that each is available, thereby preserving the expected value of the generation investments of SPP’s 

members. 

RR412 was approved  by the SAWG, RCWG, RTWG and MOPC. 

Board of Directors approval is needed:  

The SAWG recommends the BODs approve RR412. 

OBJECTIVE OF REVISION 

(Ensure the objective has been updated to reflect the intent of the revisions presented for approval) 

Section 7.1 of the SPP Planning Criteria states that “[f]or newly installed generating units, design output may be used for the first 

peak operating season to allow sufficient time for Operational and Capability test.”  At the time this section of the criteria was 

developed, this language was included to ensure that Generator Owners, including LSEs, constructing new units to meet summer peak 

didn’t need to construct their units at least one year in advance simply to meet testing required to occur during the previous summer 

peak season in order to have their new capacity accredited.   

However, section 7.1.3 states, that both new units and “units undergoing a physical or operational modification which could impact 

capability” need to be tested.  Capacity upgrades to existing generating units are not currently included in the language in Section 7.1, 

but should be treated similarly when design output data for the upgrade is available.  The purpose of this Revision Request is to 

update the referenced language in Section 7.1 to include such existing unit modifications. 

 

Describe the benefits that will be realized from this revision. 

This revision will allow both new and upgraded capacity from existing plants to be treated equally in qualifying as accredited capacity 

during the first peak season that each is available, thereby preserving the expected value of the generation investments of SPP’s 

members. 

 

 

SPP STAFF COMMENTS 

SPP staff agrees with this language for the upcoming 2021 summers season. As part of the Section 7.1 SPP Planning Crieteria review 

and re-write for conventional resource testing requirements, this will be re-addressed by the Generator Testing Task Force(GTTF) 

later in 2020. 

IMPACT ANALYSIS 

(See RR Impact Analysis Form for complete impact details) 
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System Changes  No    Yes   

 

Process Changes?  No    Yes  

Impact Analysis Required?  No    Yes | If no, but system or process changes are expected please explain why an Impact 

Analysis will not be performed (e.g. FERC Order, work included in another Impact Analysis for a related RR): 

 

 

Estimated Vendor Cost:  
ROM based on information available at the time of the 

estimate 

Cost Categories: A>0-20k, B>20-60k, C>60-100k, D>100-

300k, E>300k – 600k, F>600k – 1mm, *G>1mm 

 
*If greater than 1mm an upper limit will also be provided. 

Estimated Implementation Staff Hours:  
ROM based on information available at the time of the estimate 

Estimated Implementation Time:  
ROM based on information available at the time of the estimate 

Primary Working Group Priority:      

SPP DOCUMENTS IMPACTED 

  Market Protocols Protocol Section(s):  Protocol Version:  

  Operating Criteria Criteria Section(s):  Criteria Date:  

  Planning Criteria Criteria Section(s): 7.1 Criteria Date: 5/28/2020 

  Tariff  Tariff Section(s):  

  Business Practice Business Practice Number:  

  Integrated Transmission Planning (ITP) 

Manual 
Section(s): 

  Revision Request Process Section(s): 

  Minimum Transmission Design     

Standards for Competitive Upgrades (MTDS) 
Section(s): 

  Reliability Coordinator and Balancing 

Authority Data Specifications (RDS) 
Section(s): 

  SPP Communications Protocols Section(s): 

ORGANIZATIONAL GROUP ACTION 

(Action = Approved, Approved Unanimously, or Rejected) 

Primary Working Group:  SAWG 

 
Date: 6/24/2020 

Motion: Approve RR412 

Action: Approved 

Abstained:  

Opposed: 

Reason for Abstention/Opposition:  
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Secondary Working Group: RCWG 

 
Date: 8/10/2020 

Motion: Approve consent agenda items 

Action:Approved 

Abstained:  

Opposed: 

Reason for Abstention/Opposition:  

 

Secondary Working Group: RTWG 

 
Date: 8/27/2020 

Motion: To approve RR412 as having no Tariff implications 

Action:Approved  

Abstained: GSEC 

Opposed: 

Reason for Abstention/Opposition:  

 

Secondary Working Group:  

 
Date:  

Motion: 

Action: 

Abstained:  

Opposed: 

Reason for Abstention/Opposition:  

 

MOPC  

 
Date: 10/13/2020 

Motion: Approve RR412 as part of the consent agenda 

Action:Approved 

Abstained:  

Opposed: 

Reason for Abstention/Opposition:  
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BOD/Member Committee  

 
Date:  

Motion: 

Action: 

Abstained:  

Opposed: 

Reason for Abstention/Opposition:  

 

SUMMARY OF COMMENTS 

(See comment forms in the RR folder on SPP.org for full comment details) 

1. Comment Form Date and Submitter:  

Summary of Comments:  

Organizational Group Review Results (e.g. Reviewed and accepted, reviewed but not accepted, reviewed with partial 

acceptance – provide details to explain):  

2. Comment Form Date and Submitter:  

Summary of Comments:  

Organizational Group Review Date and Results (e.g. Reviewed and accepted, reviewed but not accepted, reviewed with 

partial acceptance – provide details to explain):  

3. Comment Form Date and Submitter:  

Summary of Comments:  

Organizational Group Review Date and Results (e.g. Reviewed and accepted, reviewed but not accepted, reviewed with 

partial acceptance – provide details to explain):  

PROPOSED REVISION(S) TO SPP DOCUMENTS 

Market Protocols 

 

      

SPP Tariff (OATT) 

 

      

SPP Operating Criteria 

 

      

SPP Planning Criteria 

 

SPP Planning Criteria 
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7.1 Accredited Net Generating Capacity 
 

This Section shall be used to determine the annual and seasonal accredited net generating capacity of 

generators. Procedures are herein for establishing a system of records so that changes in capacity during 

the life of the equipment can be recognized. These procedures define the framework under which the net 

generating capacity are to be established while recognizing the necessity of exercising judgment in their 

determination. The terms defined and the net generating capacity established pursuant to these 

procedures shall be used for SPP purposes, including determining reserve margins for capacity planning 

and preparation of reports of other information for industry organizations, news media, and 

governmental agencies. These net generating capacity are not intended to restrict daily operating 

practices associated with SPP operating reserve sharing, for which more dynamic ratings may be 

necessary. Each member shall test its generating equipment in accordance with the procedures contained 

herein. On the basis of these tests summer and winter net capability ratings for each generating unit and 

station on the member's electric system shall be established. This net capability is the maximum capacity 

a unit can sustain over a specified period modified for seasonal limitations and reduced by the capacity 

required for station service or auxiliaries. The summer net capability of each unit may be used as the 

winter net capability without further testing, at the option of the member. As a minimum, each member 

shall conduct tests on all its generators that are designated as a part of the resource for supplying a 

member’s peak load and minimum reserve margin requirement of this Criteria. The seasonal net 

capabilities shall be furnished to SPP for all existing generating units and upon installation of new 

generating units and shall be revised at other times when necessary. For newly installed generating units, 

and units undergoing a physical or operational modification which could impact capability, design 

output may be used for the first peak operating season to allow sufficient time for Operational and 

Capability tests to be conducted. For generating units out of service during the preceding peak season or 

that were de-rated because of forced outage due to equipment failure during the preceding peak season 

which limited the ability to perform an Operational test during the peak season, an Operational test that 

is completed after repairs are made may be used to satisfy the Operational test requirement for the 

upcoming peak operating season. Members shall annually report the seasonal net generating unit 

capability in conjunction with the Department of Energy 411 Report data gathering effort. 

 

 

SPP Business Practices 

 

      

Integrated Transmission Planning (ITP) Manual 

 

      

 

 

      

 

Minimum Transmission Design Standards for Competitive Upgrades (MTDS) 

 

      

Revision Request Process 
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Reliability Coordinator and Balancing Authority Data Specifications (RDS) 

 

      

SPP Communications Protocols 

 

      

115 of 1082



2020 ANNUAL VRL 

ANALYSIS 
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DATE OR 

VERSION NUMBER 
AUTHOR 

CHANGE 

DESCRIPTION 
COMMENTS 

6/12/2020 Thomas Burns First Draft  

7/28/2020 Thomas Burns Revision 1 Updated graphs 

7/29/2020 Thomas Burns Revision 2 

Incorporated 
feedback from Market 
Support and Analysis 
team 

7/30/2020 Thomas Burns Revision 3 
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feedback from Market 
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7/31/2020 Thomas Burns Revision 4 

Update graphs in the 
Operational 
Constraint section to 
make comparison of 
cost vs reliability 
clearer. 

7/31/2020 Thomas Burns Final  
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EXECUTIVE SUMMARY 

This report provides the annual analysis of the Integrated Marketplace violation relaxation limits (VRLs). 

The effectiveness of the VRLs and their values on reliability and pricing was evaluated.  While the 

historical analysis focused primarily on the previous three years (July 2017 – June 2020), the sensitivity 

analysis used Real-Time Balancing Market (RTBM) studies ranging from August 2019 to June of 2020. 

Table 1 below summarizes the VRL instances in the RTBM and the Day-Ahead Market (DAMKT) for the 

SPP Integrated Marketplace during the last three reporting years. Note that the RTBM instances account 

for a 5-minute interval while the DAMKT instances account for a 1-hour interval. Multiple VRL instances 

can occur per interval if there is more than one constraint with a VRL application in that interval. 

Analysis will primarily focus on the Operating Constraint VRLs due to the large number of instances in 

that category. 

Table 1: Summary of VRL instances in the RTBM and DAMKT. 

 DAY-AHEAD REAL-TIME 

 July 2017 – 
June 2018 

July 2018 – 
June 2019 

July 2019 – 
June 2020 

July 2017 – 
June 2018 

July 2018 – 
June 2019 

July 2019 – 
June 2020 

Spinning Reserve 0 0 0 835 1,056 657 

Operating Constraint 36 171 374 33,758 27,423 25,766 

Operating Constraint 
Lower external M2M 
Shadow Price 

0 0 0 8,443 22,643 43,440 

 

*Day-Ahead Market constraint breaches are primarily due to phase shifter constraints that breach when the 

equipment is out of service. These instances have a $0 Shadow Price and no pricing impact. They account for 

0 of the 36 instances of breached DAMKT constraints in 2018 reporting year, 142 of the 171 instances of 

breached DAMKT constraints in the 2019 reporting year, and 311 of the 374 instances of breached DAMKT 

constraints in the 2020 reporting year.  
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RECOMMENDATIONS 

Based on the analysis presented in this report, SPP is not recommending a change to the Operating 

Constraint (OC) VRL blocks at this time.  When increasing the price of the VRL blocks, there was not 

enough reduction in breaches to overcome the economic impact.  When decreasing the price of the VRL 

blocks, there was not enough economic benefit to justify the increase in breaches.  At this time, SPP 

believes that the current VRL blocks provide a proper balance between economics and reliability. 

SPP recommends that the Spinning Reserve constraint VRLs remain at $200. The analysis presented 

shows the Spinning Reserve VRL level is near the optimal value based on the current methodology, where 

any studied level other than $200 came with an increase in shortage events or significantly increased 

prices while not significantly reducing shortage events.   

Additionally, SPP recommends no changes to the VRLs related to Resource Capacity, Power Balance, and 

Ramp since these VRLs are rarely employed (if at all). 
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BACKGROUND 

Attempting to enforce all constraints when generating a Market Clearing Engine (MCE) solution may 

result in a solution that is not feasible. In those situations, SPP will apply VRLs in the MCE solution.  VRLs 

and their associated values attempt to achieve a reasonable balance between honoring operating 

requirements and constraints while mitigating large price excursions or other extreme prices i.e. balance 

reliability and cost. 

Table 2 contains the current VRL constraints and values currently in place, as listed in the SPP Open 

Access Transmission Tariff. 

Table 2: Current VRL constraints and values 

CONSTRAINT TYPE DESCRIPTION VRL 

Resource Capacity The minimum and maximum MW 
dispatchable output of a Resource as 
indicated in a Resource Offer. 

$100,000 

Global Power Balance Energy needed to balance Resources 
and load. 

$50,000 

Resource Ramp The ramp capability of a Resource as 
indicated in the Resource plan. 

$5,000 

Operating Constraint not 
subject to Market-to-
Market coordination 

A MW limit imposed on SPP related to 
MW flow across a market node, a 
manually identified transmission 
constraint, a Watch List transmission 
constraint, a flowgate constraint, or a 
transmission constraint identified by 
SPP’s real-time contingency analysis. 

$750 when the loading is greater than 

100% and less than or equal to 101% at 

each network constraint at each 

Operating Constraint. 

$750 when the loading is greater than 

101% and less than or equal to 102% at 

each network constraint at each 

Operating Constraint. 

$1,000 when the loading is greater than 

102% and less than or equal to 103% at 

each network constraint 

$1,250 when the loading is greater than 

103% and less than or equal to 104% at 

each network constraint 

$1,500 when the loading is greater than 

104% at each network constraint 

Operating Constraint 

subject to Market-to-

Market coordination 

 MISO’s Shadow Price as further 
defined in Section 3.1 of Attachment 
2 of the SPP-MISO JOA 

Regulation-up plus 

Spinning Reserve 

Constraint 

A MW value representing the sum of the 

Regulation-Up requirement and 

Spinning Reserve requirement 

$200 
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In the course of running the security constrained economic dispatch (SCED) for DAMKT and RTBM cases, 

constraints are optimized to determine the most efficient and reliable solution.  At times, system 

limitations may cause the shadow price needed to meet a constraint to exceed a defined VRL.  In this 

situation, the constraint’s limit is relaxed and the shadow price is replaced with the VRL penalty allowing 

the SCED to solve more economically.   

The five VRL constraint/categories are 

1. Spinning Reserve Requirement 

2. Operating Constraint – including: 

a. Manual 

b. PNode 

c. Watch List 

d. Flowgate 

e. Real-Time Contingency Analysis (RTCA) constraints 

3. Resource Ramp Constraint 

4. Global Power Balance Constraint 

5. Resource Capacity Constraint 

In the Marketplace there also exists unavoidable trade-offs in applying VRLs of the constraint type 

categories where a higher VRL value is an indication of the relative priority for enforcing the constraint 

type. The SCED solution for the Day-Ahead and Real-Time interprets: 

 Spinning Reserve Requirement is relaxed before an Operating Constraint 

 An Operating Constraint is relaxed before a Resource Ramp Constraint 

 A Resource Ramp Constraint is relaxed before the Global Power Balance Constraint 

 The Global Power Balance Constraint is relaxed before a Resource Capacity Constraint 

In practice, lower shift factors/sensitivities on an operating constraint could lead to a resource meeting 

the Spinning Reserve Requirement at the expense of resolving a transmission constraint. 

SPP has requirements to provide (by November 1st each year) analysis as well as a set of proposed VRLs 

for review by the applicable working groups and committees as described in the Market Protocols and 

SPP Tariff.   The report, analysis, sensitivities, and recommendations are due to the appropriate working 

groups by August 1st.  Sources for these requirements are found in: 

 Integrated Marketplace Protocols 4.1.4 - Violation Relaxation Limits 

 SPP Tariff Attachment AE section 3.4 - Violation Relaxation Limit Reporting and Addendum 1 

122 of 1082



DATA ANALYSIS OF CURRENT VRLS 

The following section provides an overview and analysis of the VRL usage in the SPP Integrated 

Marketplace. The analysis primarily focused on Operating Constraint and Spinning Reserve VRLs.  Since 

the analysis and reporting requirements outlined in the protocols stipulated August 1st as the due date 

for this report, the study focused on the previous 12 month of data (July of previous year through June of 

current year). For this reason, unless otherwise noted, data referred to by reporting year follows the 

convention defined below: 

 Reporting Year 2018: July 2017 – June 2018 

 Reporting Year 2019: July 2018 – June 2019 

 Reporting Year 2020: July 2019 – June 2020 

BINDING IN THE INTEGRATED MARKETPLACE 

The charts shown in Figure 1 and 2 below illustrate the relative distribution of the binding1 constraints in 

the RTBM and DAMKT, grouped by shadow price.  Day-Ahead Market has a majority of binding 

occurrences in the [$0-$100]/MW shadow price range, while RTBM has a wider distribution.  This is the 

expected result, as the RTBM has additional price volatility with changing real-time conditions and 

shorter ramping intervals (five minutes in the RTBM versus one hour in the DAMKT).  DAMKT also has 

more flexibility with virtuals providing more options to solve at a lower shadow price and different 

resource offer/dispatch behavior between Real-Time and Day-Ahead. 

 

Figure 1: Binding instances in the Real Time Balancing Market  

1 A constraint is binding when the market clearing engine requires redispatching resources in order to maintain 
flows at the constraint’s limit. 
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Figure 2: Binding instances in the Day-Ahead Market 

Historical trends still hold true when comparing Real-Time to Day-Ahead Market binding as shown in 

Figures 3 and 4.  When   inspecting the binding instances by shadow price as a percent of all binding 

instances, notice there is a higher concentration of Day-Ahead Market binding instances in the $0 - $100 

shadow price range. This is somewhat typical, and the causes for smaller shadow prices in DA are 

primarily due to: 

 Less volatility than RTBM real-time data 

 More options to solve constraints (virtual bids/offers, NDVERs participating as dispatchable, etc.) 

so the DA constraints can be solved more easily 

 

 

Figure 3: RTBM OC Binding Instances by Shadow Price for Reporting Year 2020 
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Figure 4: DAMKT OC Binding Instances by Shadow Price for Reporting Year 2020 

 

Taking the percentage of total binding instances (red line in the previous charts) and comparing for each 

reporting year shows how the distribution of binding percentages is changing over time.  As can be seen 

in the Figures 5 and 6 below, both RTBM and DAMKT binding instances have followed very similar 

distributions for the past three years 

 

 

Figure 5: Average RTBM OC Binding Instances by Shadow Price for Reporting Years 2017-2020 
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Figure 6: DAMKT OC Binding Instances by Shadow Price and Reporting Year 

BREACHING IN THE REAL-TIME BALANCING MARKET 

During the reporting year, SPP observed a reduction in breach events.  It is worth noting in this section 

that breach instances are excluded from Figure 7 where SPP was controlling the constraint in Market 

Flow Control (such as external M2M or congestion from TLR to meet market relief assignment).  

 

Figure 7: Total RTBM Breach Instances and Severity by Reporting Year 
Excluding Market Flow Control & External M2M 
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Most levels stayed at the same value or saw a decrease in the number of breaches. This follows the trend 

of lower congestion overall when compared to previous years, with a small shift where constraints are 

relaxing with the first two VRL blocks having the same value ($750). The small increase in the percent of 

10+% level as portion of the total breaches, as shown in Figure 8, is not an indication of a reduction in 

reliability, but due to the large decrease in the total number of breach events.   

 

 

Figure 8: Percent of RTBM Breach Instances and Severity by Reporting Year 
Excluding Market Flow Control & External M2M 
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BREACHING IN THE DAY-AHEAD MARKET 

The DAMKT sees far fewer breaches than RTBM, primarily due to 

 Less volatility and unexpected system changes 

 A longer dispatch period (1 hour vs 5 minutes) to solve the constraint 

 Virtual bids and offers provide more options to resolve the constraint at lower Shadow Prices 

 Different resource offer/dispatch behavior between Real-Time and Day-Ahead. 

 

Figure 9: DAMKT Breach Instances and Severity by Reporting Year 
Excluding Market Flow Control & External M2M  

 

As noted in the opening of the report, many of the “Breached” intervals in Day-Ahead Market from the 

2018-2020 reporting years are due to phase-shifter control constraints that are unable to solve when the 

phase-shifting transformer becomes temporarily radial due to transmission outages. These instances all 

resulted in $0 Shadow Price and did not affect the solution but are still reported as breached. 

Table 3: Day-Ahead Market Breach Events 

DAY-AHEAD MARKET BREACH EVENTS 

Reporting year Standard Constraint Phase Shifter 
Outages 

Total 

 2018 36 0 36 

2019 29 142 171 

2020 63 311 374 
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SPINNING RESERVE SHORTAGES IN THE RTBM 

In the past few years, the prevalence of Spinning Reserve shortages has increased in the RTBM, while 

Day-Ahead Market has seen no Spinning reserve shortages in that same period, Figure 10. The 

occurrences in RTBM are primarily due to unplanned changes in obligation, larger than forecasted 

ramping events, and limited rampable capacity during those periods.  This continued increase in the 

Spinning Reserve scarcity contributed to the decision to continue to do additional sensitivity analysis on 

that VRL setting. 

 

Figure 10: Occurrences and magnitude of Spinning Reserve Shortages in the RTBM 

Historically, Spinning Reserve shortages have been concentrated in the off-peak months. The off-peak 

months tend to have large amounts of renewable energy penetration increasing the likelihood that the 

error associated with forecastable generation will contribute to a lack of available ramping capability on 

the system. In 2020, we saw a decrease in shortages from last year due to an increase in commitment 

flexibility within the SPP footprint as seen by the green line in Figure 11. 

 

Figure 11: Spinning Reserve Shortages in RTBM, by Month 
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SENSITIVITY ANALYSIS FOR OPERATING 

CONSTRAINT VRL 

METHODOLOGY 

This year’s analysis continued to focus on the effects that differing levels of the VRL blocks have on 

operating costs and reliable system operation.  The VRL changes and their impacts were assessed by re-

executing RTBM studies for 20 operating days, covering three separate weeks.  The weeks picked are 

both recent and represent samples of typical congestion patterns on the SPP system.  The selection was 

intended to cover a wide range of operational conditions so that while the data analysis did not cover a 

large time period, it could be considered robust enough to apply to most operational issues.  Intervals 

included: 

 5,753 intervals covering 20  days between 8/18/2019 and 5/9/2020 

 System load ranging from 20.3 to 50.8 GW 

 System generation ranged from 20.3 GW to 50.8 GW 

 System wind forecasts from 0.1 to 18.8 GW 

 Net scheduled interchange ranging from -1.8 GW to +1.7 GW 

There were seven sensitivities covered and are described in more detail below. Four are uniform VRL 

block sizes, and three with increasing block size. Combined with the base reruns, the study analyzed 

46,024 RTBM intervals. 

The VRL blocks were the only initial input changes to the cases, but a feed-forward dispatch simulation2 

was used to reflect resource dispatch following and constraint impacts.  This simulation style is the same 

as was used in the prior studies dating back to the 2017 annual VRL analysis.  Results were assessed 

based on performance of constraint control (how many breached instances are observed) as well as 

system cost and pricing indicators. 

SENSITIVITIES ANALYZED 

1. Base – This was simply the existing VRL curve as posted in the SPP Tariff and Protocols, effective 

since 3/6/2017.  This sensitivity was very important to run due to the usage of the feed-forward 

dispatch simulation to more effectively represent resource and constraint movement.  The base 

sensitivity acted as the control for the study, so that changes in the VRL blocks could be assessed 

against this.  The VRL blocks used are 

a. $750 when the loading is greater than 100% and less than or equal to 101% at each 

network constraint at each Operating Constraint. 

b. $750 when >101% and <= 102% 

2 SPP's process for performing retroactive dispatch analysis involves feeding forward the calculated dispatch values 
from a forward time point as the actual values used for generation when the simulation reaches the aforementioned 
forward time point. I.e., the dispatch calculated from Interval Ending 00:10 will be used as the actual generation 
when the simulation reaches Interval Ending 00:10. 
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c. $1,000 when >102% and <= 103% 

d. $1,250 when >103% and <= 104% 

e. $1,500 when >104% 

2. Uniform Blocks – These VRL blocks are set up similarly to the current VRL blocks but are all 

increases from the Base constraint VRL blocks used today. These blocks will analyze the 

sensitivities of the market from higher VRLs, and Sensitivities 2 and 3 will also include the effects 

from increasing the first VRL block amount. The last Sensitivity in this group will explore the 

effects of reducing the VRL blocks. The uniform VRL blocks are listed in Table 4 below and shown 

in Figure 12. 

Table 4: Penalty blocks for the Uniform Block Size 

  Base 
Sensitivity 

1 
Sensitivity 

2 
Sensitivity 

3 
Sensitivity 

4 
If VRL passed, 
relax limit to  

First Block 750 750 900 1,050 500 101% 
 750 900 900 1,050 600 102% 
  1,000 1,150 1,150 1,300 850 103% 
 1,250 1,400 1,400 1,550 1,100 104% 

Last Block 1,500 1,650 1,650 1,650 1,350 >104% 
 

3. Increasing Blocks – These sensitivities explored the impact of increasing the size of the price 

jump as the market relaxed the constraint limits during the solution. Table 5 below shows the 

VRL blocks and are also graphed in Figure 12. 

Table 5: Penalty blocks for the Increasing Block Size 

 

 

 

 

 

 

  Base 
Sensitivity 

5 
Sensitivity 

6 
Sensitivity 

7 

If VRL 
passed, 

relax limit 
to  

First Block 750 750 750 500 101% 
 750 950 1,050 750 102% 

  1,000 1,250 1,500 1,000 103% 
 1,250 1,650 2,100 1,250 104% 

Last Block 1,500 2150 2,850 1,500 >104% 
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Figure 12: 2020 Constraint Sensitivity VRL Blocks 
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SENSITIVITY ANALYSIS RESULTS 

Performance of the various VRL block sensitivities and methods were analyzed in terms of total number 

of breaching flowgate instances, system-level pricing, and cost indicators and detailed in Table 6.  These 

primary indicators are 

 Average Marginal Energy Cost (MEC) 

 Average Operating Cost1 

 Average Settlement Cost2 

 Total number of breach instances in the RTBM solutions 

 Total Intervals with OR Scarcity 

 
1. Total fuel/offer cost per interval of energy and operating reserve 

2. Total cost to be payed to resources based on DispatchMW * LMP + ReservesClearedMW * MCP 

Table 6: Sensitivity Key Indicators- Interval Averages and Totals 

Sensitivity 
Average 

MEC 

Average 
Operating 

Cost 

Average 
Settlement 

Cost 

Total Breach 
Instances 

Total OR 
Scarce 

Intervals 

Base $16.91  $4,883  $39,368  3,218 67 

Sensitivity 1 $17.22  $4,892  $39,863  3,241 65 

Sensitivity 2 $17.20  $4,893  $39,818  3,129 68 

Sensitivity 3 $17.28  $4,900  $39,898  3,036 69 

Sensitivity 4 $16.90  $4,869  $39,527  3,667 62 

Sensitivity 5 $17.20  $4,902  $39,765  3,253 63 

Sensitivity 6 $17.51  $4,915  $40,238  3,268 64 

Sensitivity 7 $17.01  $4,880  $39,583  3,686 67 

 

Figure 13 shows the relationship between cost and reliability.  There is typically a tradeoff between 

reduced breach events and MEC/Settlement Cost. An optimal VRL setting would move to the left and 

down on this scatter chart, where breach instances are reduced while reducing costs.   

An analysis of the study base and sensitivity data shown in Figure 13 indicates:  

 Sensitivity 2 provides the largest increase in reliability with the smallest increase in cost 

compared to the Base. The average MEC increased by $0.29 (1.7%) from Base cost of $16.91, 

while reducing the total breaches by 89 (2.2%) from the Base count of 3,218.   

 Sensitivity 3 provided the largest increase in reliability but at a slightly higher cost than 

Sensitivity 2.  The average MEC for Sensitivity 3 increased by $0.37 (2.2%)  from the base cost of 

$16.91 while reducing breaches by 182 or 5.7%   

 Sensitivity 7, which was the original VRL blocks used at the start of the Integrated Marketplace, 

performed the worst.  It had the largest number of breaches and a higher average MEC than the 

Base case. 
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Figure 13: Key Performance Indicators of VRL Sensitivities - Interval Averages and Totals 

 

The impacts to the total Operating and Settlement costs are shown in Table 7 and Figure 14a and 14b. 

 

 Table 7- Sensitivity Key Indicators- Totals 

Sensitivity 
Average 

MEC 
Total Operating 

Cost 
Total Settlement 

Cost 
Total Breach 

Instances 

Total OR 
Scarce 

Intervals 
Base $16.91  $28,142,428  $226,545,234               3,218  67 
Sensitivity 1 $17.22  $28,172,001  $229,458,555               3,241  65 
Sensitivity 2 $17.21  $28,180,992  $229,200,741               3,129  68 
Sensitivity 3 $17.28  $28,217,765  $229,658,342               3,036  69 
Sensitivity 4 $16.91  $28,040,714  $227,523,727               3,667  62 
Sensitivity 5 $17.21  $28,231,093  $228,894,280               3,253  63 
Sensitivity 6 $17.51  $28,302,829  $231,617,812               3,268  64 
Sensitivity 7 $17.01  $28,084,462  $227,798,996               3,686  67 
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Figure 14a- Key Performance Indicators of VRL Sensitivities Operating Cost Totals 

 

 

Figure 14b- Key Performance Indicators of VRL Sensitivities Settlement Cost Totals 
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In Figure 14c, the effect of the first VRL penalty block on breaches is clear when we group the 

Sensitivities as shown in the highlight boxes below.  Each highlighted box represents Sensitivities with 

the same first VRL penalty value.  We can see that as we increase the value of this first penalty block we 

reduce the number of breaches.  For example, Sensitivities 1, 5, and 6 all had their first VRL penalty block 

at a $750 value and have almost the same number of breaches as the Base.   

Sensitivities 1, 5, and 6 shows the effect of increasing the penalty blocks at a faster rate.  Each of these 

Sensitivities started at the same initial penalty value of $750, but subsequent blocks increased at different 

rates.  The effect of increasing the penalty blocks at a faster rate did not significantly change the number 

of breaches but did increase the costs.  

Sensitivity 7 represent the original VRL blocks used when the SPP Integrated Marketplace started.  

Looking that graph below we can see this Sensitivity in the least optimal for reliability as it has the most 

number of breaches of all Sensitivities studied.  

 

 

 

 

Figure 14c – Sensitivity indicators grouped by first VRL penalty block 
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The total Settlement costs shown below are at a more granular level. These three figures each represent 

each week analyzed in this year’s study.  For each day where RTBMs were re-executed, each sensitivity 

was plotted with respect to the sensitivity with the highest total Settlement cost for that day. For many of 

the days in this study there is very little differences in the total Settlement cost. For the days where there 

are larger differences in total Settlement costs, the trends from the scatter plots presented earlier are 

generally echoed here, with Sensitivity 4 and 7 typically costing the least and Sensitivity 6 the most.  The 

congestion on these days was situated where the differences in both the first and the later VRL blocks had 

impacts, causing the larger separation in the total settlement costs for that day.  

 

Figure 15a:  Daily Settlement Cost comparison of VRL Sensitivities. Week 1 

 

Figure 15b:  Daily Settlement Cost comparison of VRL Sensitivities. Week 2 
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Figure 15c: Daily Settlement Cost comparison of VRL Sensitivities. Week 3 

 

By looking at the individual VRL blocks, it is possible to see where the changes in relaxation occurred for 

the different Sensitivities. This is shown in Figures 16 and 17. Figure 16 looks at all VRL instances, while 

Figure 17 removes Market Flow control and external M2M in the same fashion as earlier in the report. It 

is clear that breaches above the first VRL block are slightly affected by the changes in the values, and that 

the vast majority of difference occurs based on the value of the first VRL block. The large shift between 

these two Figures also shows that the majority of large (>104%) breaches occur when the constraint is in 

Market Flow Control or external M2M.  

 

 

Figure 16 - Breaches per VRL Block 
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Table 8 - VRL Instance Breakdown by Sensitivity, All Instances 

VRL 
Block 

Base Sensitivity 1 Sensitivity 
2 

Sensitivity 
3 

Sensitivity 
4 

Sensitivity 
5 

Sensitivity 
6 

Sensitivity 
7 

≤101% 1,068 1,146 1,043 1,029 1,369 1,163 1,221 1,517 
102% 273 270 262 220 359 272 252 282 
103% 174 126 129 104 187 129 124 163 
104% 78 68 68 61 113 72 59 83 
>104% 1,625 1,631 1,627 1,622 1,639 1,617 1,612 1,641 

 

 

 

Figure 17 - Breaches per VRL Block Excluding Market Flow Control and External M2M 

 

Table 9 - VRL Instance Breakdown by Sensitivity- Excluding Market Flow Control and External M2M 
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Sensitivity 
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CONCLUSION 

Overall, relative to our Base VRL blocks: 

 Sensitivity 2 gave the best increase in reliability with the smallest increase in costs. The average 

MEC increased from $16.91 to $17.20 (+1.7%), and scarcity events increased from 67 to 68 

(+1.5%) while reducing breaches from 2226 to 2112 (-5.1%). 

 

 Sensitivity 3 is the most reliable with the largest reduction in breaches but at a higher cost than 

Sensitivity 2. It had the highest cost first penalty block of $1,050 

 

 Sensitivity 7 had the largest increase in breaches and a slightly higher cost than the Base.  It had 

the lowest cost first penalty block of the sensitivities of $500. 

 

 Higher values for the upper VRL blocks, while leaving the first block at $750 had little effect on 

the number of breaches, but did increase costs as shown by Sensitivities 1, 5, and 6.  
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SENSITIVITY ANALYSIS FOR SPINNING VRL 

Sensitivities for the Spinning Reserve Constraint were re-ran this year by adjusting the VRL value from the 

current $200.  Regulation Up is included in the requirement because of potential product substitution of 

regulating capacity to meeting Spinning Reserve requirements.  This sensitivity analysis focused on the 

same twenty-day period from the Operating Constraint VRL sensitivity analysis discussed previously.  

METHODOLOGY 

Not all intervals in the time window were re-run, since the Spin VRL really only has substantial impact on 

the RTBM SCED solution when there is a scarcity event, and/or high MECs.  The sample size was reduced 

from the original 5,184 RTBM intervals of the three-week span to only 194 intervals in that period, based 
on a selection criteria that the original interval had to have either 

 Scarcity of an operating reserve product 

and/or  

 System Marginal Energy Cost (MEC) at or above $50 

The studies were re-run without performing the full feed-forward simulation, since a continuous dispatch 
through these rare events was not expected to have a substantial impact between the base case and the 

re-run sensitivities.  The studies were re-run with new Spin VRL price settings of 

 $150 

 $200 (original) 

 $250 

 $300 

 $400 

 $500 

 $600 

 $700 

 $800 

 $900 

 $1,000 

 $1,100 

 $1,200 
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RESULTS 

Results of the sensitivity analysis are shown below and are broken into categories of economic indicators 

(MECs, MCPs) and reliability indicators (scarcity and constraint breaches). 

RELIABILITY INDICATORS 

The primary reliability indicators (scarcity of reserves and constraint breach events) did move in the 

direction expected: 

 There was no impact to Regulation Down shortages as expected due to the generation needs 

being in the opposite direction of Spinning Reserve, and only a small impact to Supplemental 

Reserve shortages 

 Spin shortages decreased as the value placed on meeting the Spin VRL requirement was increased 

 The reduction in number of intervals with scarcity with VRLs above $200 was fairly limited, 

primarily because Regulation and OR Demand curves also apply in that dollar range as well. 

 Regulation Up saw a slight increase in shortages as product substitution allowed it to compete 

with higher Spin VRLs.  Also, 5-minute vs 10-minute capacity gave Spin priority when SPP was 

limited on capacity 

 Flowgate breach instances increased with higher Spin VRL levels due to increasing the Spin value 

relative to the Operating Constraints VRL values.   

 

Table 10: Reliability Indicators 

SPIN 
VRL 

# OF 
SCARCE 

INTERVALS 

REGDOWN 
SHORTAGE 
MW TOTAL 

REGUP 
SHORTAGE 
MW TOTAL 

SPIN 
SHORTAGE 
MW TOTAL 

SUPP 
SHORTAGE 
MW TOTAL 

BREACHED 
FG 

INSTANCES 

$150 95         469.9       1,309.4       7,756.0       1,208.4  149 

$200 93         497.4       1,263.9       7,562.3       1,114.0  151 

$250 92         497.4       1,256.4       7,403.7       1,104.6  154 

$300 92         497.4       1,272.2       7,237.9       1,098.0  154 

$400 91         497.4       1,337.1       7,147.4       1,101.1  158 

$500 92         497.4       1,362.7       7,047.9       1,058.2  163 

$600 92         497.4       1,365.9       7,024.5       1,038.7  164 

$700 92         497.4       1,372.6       6,960.8       1,037.9  166 

$800 90         497.4       1,417.3       6,845.7       1,060.2  173 

$900 88         497.4       1,418.2       6,835.1       1,060.9  173 

$1000 88         497.4       1,421.0       6,815.2       1,068.5  173 

$1100 88         497.4       1,445.2       6,810.5       1,088.7  174 

$1200 88         497.4       1,481.3       6,804.0       1,106.1  174 
 

The results may be more enlightening when viewed as a percent change from the base $200 VRL level.  

Table 11 shows where the percentage changes are positive if that value increased relative to the amount 
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in the $200 VRL base and the percentage changes are negative if the value decreased relative to the $200 

VRL base. 

Table 11: Percentage change relative to the $200 VRL level 

SPIN 
VRL 

# OF 
SCARCE 

INTERVALS 

REGDOWN 
SHORTAGE 

MW 
TOTAL 

REGUP 
SHORTAGE 

MW 
TOTAL 

SPIN 
SHORTAGE 

MW 
TOTAL 

SUPP 
SHORTAGE 

MW 
TOTAL 

BREACHED 
FG 

INSTANCES 

$150 2.15% -5.53% 3.60% 2.56% 8.48% -1.32% 

$200 0.00% 0.00% 0.00% 0.00% 0.00% 0.00% 

$250 -1.08% 0.00% -0.59% -2.10% -0.84% 1.99% 

$300 -1.08% 0.00% 0.66% -4.29% -1.43% 1.99% 

$400 -2.15% 0.00% 5.79% -5.49% -1.15% 4.64% 

$500 -1.08% 0.00% 7.82% -6.80% -5.00% 7.95% 

$600 -1.08% 0.00% 8.07% -7.11% -6.76% 8.61% 

$700 -1.08% 0.00% 8.60% -7.95% -6.83% 9.93% 

$800 -3.23% 0.00% 12.14% -9.48% -4.83% 14.57% 

$900 -5.38% 0.00% 12.21% -9.62% -4.76% 14.57% 

$1000 -5.38% 0.00% 12.43% -9.88% -4.08% 14.57% 

$1100 -5.38% 0.00% 14.34% -9.94% -2.26% 15.23% 

$1200 -5.38% 0.00% 17.20% -10.03% -0.70% 15.23% 
 

Percentages shown are calculated as  
(𝐶ℎ𝑎𝑛𝑔𝑒 𝑉𝑎𝑙𝑢𝑒−𝐵𝑎𝑠𝑒 𝑉𝑎𝑙𝑢𝑒)

𝐵𝑎𝑠𝑒 𝑉𝑎𝑙𝑢𝑒
, where the Base Value is the value of that 

indicator at that $200 Spin VRL sensitivity.  The results in Table 11 show the relative trade-off between 

the constraints (transmission/OC constraints and operating reserve requirements) in the SCED. 

ECONOMIC INDICATORS 

The economic indicators (LMP, MEC, MCP, Shadow Prices) are consistent with the reliability indicators 

results: 

 There was little impact to Regulation Down and Supplemental MCPs   

 Spin MCPs increased as the Spin VRL was increased.  The MECs followed a similar path, since 

most shortages of Spin involve competition with energy 

 Regulation Up saw significantly increasing MCPs as product substitution allowed it to compete 

with Spin.  With higher Spin VRLs, Spin cleared more.  There are also impacts when the system is 

capacity-limited and capacity can be used for 5 minutes of Regulation Up versus 10 minutes of 

Spin 

 The LMP spread, maximum LMP minus minimum LMP in the SCED, initially increased with an 

increasing Spin VRL, but then leveled off after about $500-$600 Spin VRL.  The congested Shadow 

Prices on constraints followed a similar pattern, but actually showed magnitude reductions at 
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higher Spin VRL levels, in part due to increasing instances of breach events with $0 constraint 

Shadow Prices. 

Table 12: Spin VRL Economic Indicators 

SPIN 
VRL 

AVG 
MEC 

AVG 
LMP 

SPREAD 

AVG 
REGDOWN 

MCP 

AVG 
REGUP 

MCP 

AVG 
SPIN 
MCP 

AVG 
SUPP 
MCP 

AVG 
CONGESTED 

SHADOW 
PRICE 

$150 $134.01 $922.16 $6.68 $31.77 $19.22 $4.87 -$344.28 

$200 $153.50 $936.23 $6.72 $36.42 $23.76 $4.87 -$347.66 

$250 $169.87 $954.58 $6.72 $40.22 $27.54 $4.87 -$367.14 

$300 $181.41 $1,125.90 $6.72 $43.32 $30.71 $4.87 -$371.18 

$400 $215.03 $1,204.28 $6.77 $51.55 $38.94 $4.87 -$379.11 

$500 $244.60 $1,273.00 $6.78 $59.02 $45.94 $4.87 -$386.00 

$600 $261.91 $1,293.78 $6.79 $63.32 $50.23 $4.87 -$387.48 

$700 $285.81 $1,408.79 $6.78 $69.50 $56.19 $4.87 -$399.39 

$800 $324.63 $1,488.78 $6.78 $78.29 $64.92 $4.87 -$403.17 

$900 $353.97 $1,487.93 $6.77 $85.42 $71.93 $4.87 -$400.71 

$1000 $375.59 $1,478.07 $6.77 $90.51 $76.85 $4.87 -$383.13 

$1100 $395.32 $1,479.29 $6.79 $95.31 $81.59 $4.87 -$376.18 

$1200 $414.30 $1,719.12 $6.80 $100.32 $86.58 $4.87 -$373.03 
 

Some visuals are presented below to illustrate the changes in system pricing.  Figure 15 shows the LMP 

spreads bottom out near the current setting in the $200-$250 Spin VRL range, while Marginal Energy 

Cost increases over the entire range. 
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Figure 15: MEC and LMP Impacts of Spin VRL Change  

 

MCPs for Regulation Up and Spinning Reserve increase proportionally with the MEC shown in Figure 16.  

This is consistent with previous scarcity events where Regulation Up, Spinning Reserve, and Energy are 

all competing, usually coinciding with low remaining online capacity. There are some ramping limitations 

as well.  

 

Figure 16: Average Product MCPs 
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Figure 17 helps further demonstrate some of the changes occurring around Operating Constraint Shadow 

Prices as the Spin VRL levels increase.  A more positive constraint Shadow Price signals lower congestion 

on the system.  A more negative constraint Shadow Prices signals higher congestion on the system.   

There are some instances where Operating Constraints can breach in the SCED with a $0 Shadow Price 

when all dispatchable relief is used to honor other obligations.  This causes the average congested 

Shadow Price to appear less extreme.  This explains the trend to less extreme transmission constraint 

Shadow Pricing at higher Spin VRL levels because there are more breach occurrences with $0 Shadow 
Price. 

 

 

 

Figure 17: Average Congested Shadow Price and $0 Breach Instances  

 

Finally, the initial economic indicators in terms of percentage change from the base ($200) Spin VRL 

sensitivity are shown in Table 13.  The percentage changes shown appear to be more extreme than those 

shown in the reliability indicators, but these should be considered relative to the base values from which 

they are calculated.   
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Table 13: Economic indicators in terms of percentage change from the base 

SPIN 
VRL 

AVG 
MEC 

AVG 
LMP 

SPREAD 

AVG 
REGDOWN 

MCP 

AVG 
REGUP 

MCP 

AVG SPIN 
MCP 

AVG 
SUPP 
MCP 

AVG 
CONGESTED 

SHADOW PRICE 

$150 -12.70% -1.50% -0.66% -12.78% -19.09% 0.01% -0.97% 

$200 0.00% 0.00% 0.00% 0.00% 0.00% 0.00% 0.00% 

$250 10.67% 1.96% -0.06% 10.41% 15.90% 0.00% 5.60% 

$300 18.18% 20.26% -0.03% 18.93% 29.24% -0.01% 6.77% 

$400 40.08% 28.63% 0.79% 41.52% 63.90% -0.02% 9.05% 

$500 59.35% 35.97% 0.84% 62.05% 93.35% -0.04% 11.03% 

$600 70.63% 38.19% 1.00% 73.85% 111.41% -0.04% 11.45% 

$700 86.20% 50.47% 0.83% 90.82% 136.51% -0.04% 14.88% 

$800 111.49% 59.02% 0.89% 114.94% 173.24% -0.05% 15.97% 

$900 130.60% 58.93% 0.78% 134.52% 202.75% -0.05% 15.26% 

$1000 144.69% 57.87% 0.77% 148.50% 223.47% -0.05% 10.20% 

$1100 157.54% 58.00% 0.98% 161.66% 243.42% -0.05% 8.20% 

$1200 169.91% 83.62% 1.17% 175.44% 264.42% -0.05% 7.30% 
 

Again, the percentages shown are calculated as  
(𝐶ℎ𝑎𝑛𝑔𝑒 𝑉𝑎𝑙𝑢𝑒−𝐵𝑎𝑠𝑒 𝑉𝑎𝑙𝑢𝑒)

𝐵𝑎𝑠𝑒 𝑉𝑎𝑙𝑢𝑒
, where the Base Value is the 

$200 Spin VRL sensitivity. 

CONCLUSION 

The sensitivity analysis shows for any studied Spin VRL level other than $200 came with an increase in 
shortage events or significantly increased Energy and Product prices, while not significantly reducing 

shortage events. 
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SOUTHWEST POWER POOL, INC. 

Markets and Operations Policy Committee 

RECOMMENDATION TO THE BOARD OF DIRECTORS 

October 27, 2020 

Annual Violation Relaxation Limits Analysis  

 

ORGANIZATIONAL ROSTER 

Members of the Market Working Group: 

Richard Ross, AEP (Chair) 

Jim Flucke, KCPL (Vice Chair) 

Aaron Rome, Midwest Energy 

Betsy Beck, Enel Green Power North 

America 

Carrie Dixon, Xcel Energy 

Eric Alexander, GRDA 

Jack Clark, NextEra Energy 

Jack Madden, GDS for ETEC 

John Varnell, Tenaska  

Lee Anderson, LES 

Michael Massery, AECC 

Neal Daney, KMEA 

Rick Yanovich, OPPD 

Ron Thompson, NPPD 

Shawn Geil, KEPCo 

Shawn McBroom, OGE 

Valerie Weigel, Basin  

Yohan Sutjandra, CUS 

 

 

Members of the Operating Reliability Working Group:  

Allen Klassen, Evergy (Chair) 

Ron Gunderson, NPPD (Vice Chair) 

Abubaker Elteriefi, ITC 

Allan George, Sunflower Electric Power     

Corp 

Bryn Wilson, OGE  

Chance Myers, WFEC 

Chris Shaffer, AEP  

Craig Speidal, WAPA 

David Pham, EDE 

Doug Peterchuck, OPPD 

Jim Useldinger, GridLiance High Plains 

Jeff Wells, GRDA 

Keith Carman, Tri-State 

Kyle McMenamin, SPS/Xcel Energy 

Laurie Gregg, LES 

Mark Eastwood, CUS 

 

BACKGROUND, GOALS & DRIVERS 

Analysis of the effectiveness of Violation Relaxation Limits (VRLs) and their values on reliability 

and pricing is required by Attachment AE, Section 3.4 (Violation Relaxation Limit Report) of the 

SPP Tariff.  While historical analysis focused primarily on the previous three years (July 2017 – 
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June 2020), the sensitivity analysis used Real-Time Balancing Market (RTBM) studies from August 

2019 to June of 2020.  

The DA Market, RUC processes and RTBM SCED enforce a number of operating constraints in 

developing the co-optimized market solution.  In certain situations, attempting to enforce all 

constraints may result in a solution that is not feasible at a Shadow Price less than an 

appropriately priced Violation Relaxation Limit.  In those situations, SPP will apply VRLs in the 

MCE solution. VRLs and their associated values attempt to achieve a reasonable balance 

between honoring operating requirements and constraints while mitigating large price 

excursions or other extreme prices i.e. balance reliability and cost.    

There are five categories of constraints and associated VRLs:  

1. Resource Capacity Constraints;  

2. Resource Ramp Constraint;  

3. Global Power Balance Constraint;  

4. Operating Constraint (which include PNode, Manual, Watch List, flowgate and Real-Time 

Contingency Analysis (RTCA) Constraints); and  

5. Spinning Reserve requirement constraint.   

In the course of running the security constrained economic dispatch (SCED) for DAMKT and 

RTBM cases, constraints are optimized to determine the most efficient and reliable solution. At 

times, system limitations may cause the shadow price needed to meet a constraint to exceed a 

defined VRL. In this situation, the constraint’s limit is relaxed and the shadow price is replaced 

with the VRL penalty allowing the SCED to solve more economically. 

The five VRL constraint/categories are  

1. Spinning Reserve Requirement  

2. Operating Constraint – including:  

a. Manual  

b. PNode  

c. Watch List  

d. Flowgate  

e. Real-Time Contingency Analysis (RTCA) constraints  

3. Resource Ramp Constraint  

4. Global Power Balance Constraint  

5. Resource Capacity Constraint  

 

In the Marketplace there also exists unavoidable trade-offs in applying VRLs of the constraint 

type categories where a higher VRL value is an indication of the relative priority for enforcing 

the constraint type. The SCED solution for the Day-Ahead and Real-Time interprets:  
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 Spinning Reserve Requirement is relaxed before an Operating Constraint  

 An Operating Constraint is relaxed before a Resource Ramp Constraint  

 A Resource Ramp Constraint is relaxed before the Global Power Balance Constraint  

 The Global Power Balance Constraint is relaxed before a Resource Capacity Constraint  

In practice, lower shift factors/sensitivities on an operating constraint could lead to a resource 

meeting the Spinning Reserve Requirement at the expense of resolving a transmission 

constraint.  

SPP has requirements to provide (by November 1st each year) analysis as well as a set of 

proposed VRLs for review by the applicable working groups and committees as described in the 

Market Protocols and SPP Tariff. The report, analysis, sensitivities, and recommendations are due 

to the appropriate working groups by August 1st. Sources for these requirements are found in:  

 Integrated Marketplace Protocols 4.1.4 - Violation Relaxation Limits  

 SPP Tariff Attachment AE section 3.4 - Violation Relaxation Limit Reporting and 

Addendum 1  

 

 

Current VRL constraints and values 

Constraint Type Description VRL [$/MW] 

(1) Resource Capacity The minimum and maximum 

MW dispatchable output of a 

Resource as indicated in a 

Resource Offer. 

100,000 

(2) Global Power Balance Energy needed to balance 

Resources and load. 

50,000 

(3) Resource Ramp The ramp capability of a 

Resource as indicated in the 

Resource plan. 

5,000 

(4a) Operating Constraint not 

subject to Market-to-Market 

coordination 

A MW limit that can be 

imposed on SPP related to 

MW flow across a market 

node, a manually-identified 

transmission constraint, a 

Watch List transmission 

constraint, a flowgate 

constraint, or a transmission 

$750 when the loading is 

greater than 100% and less 

than or equal to 101% at 

each network constraint at 

each Operating Constraint. 
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constraint identified by SPP’s 

real-time contingency 

analysis. 

  $750 when the loading is 

greater than 101% and less 

than or equal to 102% at 

each network constraint  

  $1,000 when the loading is 

greater than 102% and less 

than or equal to 103% at 

each network constraint  

  $1,250 when the loading is 

greater than 103% and less 

than or equal to 104% at 

each network constraint  

  $1,500 when the loading is 

greater than 104% at each 

network constraint 

(4b) Operating Constraint 

subject to Market-to-Market 

coordination 

A MW limit that can be 

imposed on SPP related to 

MW flow across a market 

node, a manually-identified 

transmission constraint, a 

Watch List transmission 

constraint, a flowgate 

constraint, or a transmission 

constraint identified by SPP’s 

real-time contingency 

analysis. 

MISO’s Shadow Price as 

further defined in Section 3.1 

of the SPP-MISO JOA 

(5) Spinning Reserve 

Constraint 

A MW value representing the 

Spinning Reserve 

requirement 

$200 
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ALIGNMENT WITH STRATEGIC PLAN & ROADMAP  

N/A 

SUPPORTING ANALYSIS 

The VRL analysis primarily focused on Operating Constraint and Spinning Reserve VRLs. Since 

the analysis and reporting requirements outlined in the protocols stipulate August 1st as the 

due date for this report, the study focused on the previous 12 months of data (July of previous 

year through June of current year).  

Analysis was performed for current VRLs considering the following: 

 Binding in the Integrated Marketplace 

 Breaching in the RTBM 

 Breaching in DAMKT 

 Spinning Reserve Shortages in the RTBM 

 

Sensitivity Analysis was performed for the Operating Constraint VRL and the Spinning VRL. 

 

Based on the analysis results, SPP is not recommending a change to the Operating Constraint 

(OC) VRL blocks at this time. When increasing the price of the VRL blocks, there was not enough 

reduction in breaches to overcome the economic impact. When decreasing the price of the VRL 

blocks, there was not enough economic benefit to justify the increase in breaches. At this time, 

SPP believes that the current VRL blocks provide a proper balance between economics and 

reliability.  

SPP recommends that the Spinning Reserve constraint VRLs remain at $200.  The analysis 

presented shows the Spinning Reserve VRL level is near the optimal value based on the current 

methodology, where any studied level other than $200 came with an increase in shortage events 

or significantly increased prices while not significantly reducing shortage events.  Additionally, 
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SPP recommends no changes to the VRLs related to Resource Capacity, Power Balance, and 

Ramp since these VRLs are rarely employed (if at all).  

OTHER OPTIONS CONSIDERED 

Analysis methodologies used are provided in the 2019-2020 VRL Analysis Report. 

VALUE 

Performing the annual VRL analysis ensures the effectiveness of VRLs and their values on 

reliability and pricing.   

RECOMMENDATION 

Markets and Operations Policy Commitee recommends the BOD approval of the 2019-2020 

Annual VRL Analysis.  

Approved: Market Working Group August 18-19, 2020 

 Unanimously Approved  

Operating Reliability Working Group          September 7, 2020  

Unanimously Approved 

Markets and Operations Policy Committee 

Unanimously Approved                                October 13, 2020 
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SouthwestPowerPool SPPorg southwest-power-poolHelping our members work together to keep 

the lights on... today and in the future. 1

SPONSORED UPGRADE 
STUDY
SUS-020 JAYHAWK WIND

BOARD – OCTOBER 27, 2020
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2

SUS-020 JAYHAWK

• SPP performed a Sponsored Upgrade Study for APEX Clean 

Energy (Sponsor) and Evergy (Host TO)

• Attachment O, Section IV.1:

• Evaluate reliability impacts of proposed upgrade

• The Sponsored Upgrade shall be submitted to the proper 

stakeholder working group for their review as part of the 

transmission planning process

• TWG endorsed on 9/29/2020

• MOPC endorsed on 10/13/2020

• Seeking Board Endorsement
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3

PROPOSED SPONSORED UPGRADE

• APEX Clean Energy 

proposes an additional 

161/69 kV Transformer in 

Franklin, KS

• 100/110 MVA 

Normal/Emergency Rating

• No system impacts 

resulting from Transformer
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4

OVERVIEW OF RESULTS 

• Proposed In Service Date:  December 31, 2021

• No thermal or voltage violations associated with the addition of 161/69 kV 

transformer at Franklin Substation 

• No mitigation needed
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5

NEXT STEPS

• After MOPC endorsement, seek BOD endorsement per 

Schedule 1 to Attachment J

• Sponsor executes Schedule 1 to Attachment J, financially 

committing to pay for the upgrade

• Obtain SCERT estimate from TO

• Per BP 7060 Section 3.2, NTCs are issued at this point

• Proposed Sponsored Upgrade

• Costs assigned to Sponsor

• May be eligible for cost recovery through candidate ILTCRs
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6

ENDORSEMENT

• SPP recommends the board endorse the Sponsored Upgrade 

Study work and study report for SUS-020 Jayhawk Wind
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Southwest Power Pool, Inc. 

MARKETS AND OPERATIONS POLICY COMMITTEE 

Recommendation to the Board of Directors 

October 27, 2020 

SUS-020 Jayhawk Wind Sponsored Upgrade Study 

Organizational Roster 

The following persons are members of the Transmission Working Group: 
 

Travis Hyde (Chair) Oklahoma Gas & Electric  

Nathan McNeil (Vice-Chair) Midwest Energy, Inc. 

Daniel Benedict Independence Power & Light  

Scott Benson Lincoln Electric System  

John Boshears City Utilities of Springfield 

Derek Brown KCP&L and Westar, Evergy Companies 

Jarred Cooley Xcel Energy 

Cliff Franklin Sunflower Electric Power Corporation 

Joe Fultz Grand River Dam Authority 

James Ging Kansas Power Pool 

Kalun Kelley Western Farmers Electric Cooperative 

John Knofczynski East River Electric Power Cooperative 

Randy Lindstrom Nebraska Public Power District 

Jim McAvoy Oklahoma Municipal Power Authority 

Matthew McGee AEP 

Shane McMinn Golden Spread Electric Cooperative 

Nate Morris Empire District Electric Company 

Michael Mueller Arkansas Electric Cooperative Corporation 

Gayle Nansel Western Area Power Administration 

John Payne Kansas Electric Power Coop 

Chris Pink Tri-State Generation and Transmission Association, Inc. 

David Sargent Southwestern Power Administration 

Jason Shook GDS Associates, Inc. 

Joshua Verzal Omaha Public Power District 

Michael Wegner ITC Holdings 

Phil Westby Basin Electric Power Cooperative 

Noman Williams GridLiance High Plains LLC 

Background 

In accordance with Attachment O, Section IV.1 of the SPP Open Access Transmission Tariff (SPP 
OATT), SPP has performed Sponsored Upgrade Study SUS-020 Jayhawk Wind.  The purpose of the 
study is to evaluate the impact of the 161/69 kV Franklin transformer addition on Transmission System 
reliability and identify any necessary mitigation of these impacts.   
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Analysis 

APEX Clean Energy proposes an additional 161/69 kV transformer at the Franklin Substation. The 
proposed Sponsored Upgrade would have an in-service date of December 31, 2021.  SPP evaluated the 
reliability impacts of change in topology.  The results indicated no system impacts associated with the 
Sponsored Upgrade.  

The Sponsored Upgrade was presented to the TWG for their review as part of the transmission planning 
process.  In accordance with Attachment O, Section IV.1 of the SPP OATT, the Sponsor shall assume the 
costs of the Sponsored Upgrade.  In order to proceed with the Sponsored Upgrade, the Project Sponsor 
must execute the agreement found in Schedule 1 to Attachment J of the SPP OATT that financially 
commits the Sponsor to pay for the Sponsored Upgrade.  This agreement requires that the Sponsored 
Upgrade must first be endorsed by Markets and Operations Policy Committee (MOPC) and the SPP 
Board of Directors.   

 

Recommendation 

TWG recommends the MOPC endorse the Sponsored Upgrade Study work for SUS-020 Jayhawk Wind. 

 

Approved: TWG 9/29/2020 

 

 
 
 

 

   

  

Recommendation 

MOPC recommends the Board endorse the Sponsored Upgrade Study work for SUS-020 Jayhawk Wind. 

Approved: MOPC 10/13/2020 

 

Endorsed 
 
 

 

 

Action Requested: 

 

Endorse Recommendation 
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SPONSORED UPGRADE STUDY 
SUS-020 Jayhawk Wind Transformer  

Published on 9/18/2020 

By SPP Engineering, Transmission Services 
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INTRODUCTION 

This report outlines the results of an evaluation of regional transmission impacts within the SPP 

footprint of the proposed Sponsored Upgrade of the Jayhawk Wind 161/69kV Transformer. APEX 

Clean Energy has requested evaluation of a second 161/69 kV Transformer at Franklin Substation 

as a Sponsored Upgrade in order to evaluate the reliability impacts on the Transmission System. 

 

The load flow models used for the evaluation were 2020 ITP models.  SPP performed an AC 

contingency analysis on these models using PSS®E. 
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STUDY METHODOLOGY 

OBJECTIVE 
The purpose of this study was to determine the regional transmission system impacts within the 

SPP footprint due to the addition of a second 161/69 kV Transformer at Franklin Substation. SPP 

performed a Sponsored Upgrade Study to evaluate the reliability impacts of the change and to 

assess any required mitigation needed for reliability in accordance with Attachment O, Section IV.1 

of the SPP Open Access Transmission Tariff (“Tariff”).  The proposed in-service date for the 

Sponsored Upgrade is December 31, 2021 and the conceptual cost estimate is $3,809,084. 

STUDY PROCESS 

 Model Assumptions 

o 2020 ITP models 

 Model years 2021, 2022, 2025, and 2030 

 Summer Peak (2021S, 2022S, 2025S, and 2030S), Winter Peak (2021W, 

2022W, 2025W, and 2030W), and Light Load (2021L, 2022L, 2025L, and 

2030L) 

 Base Reliability Scenario 

 Total of 12 models 

o The change case models include the addition of a second 161/69 kV Transformer at 

the Franklin substation.  They are otherwise identical to the base case models. 

Case Name Study Year Season Scenario Load (MW/MVAR) 

2020ITPP5b-21S.sav 2021 Summer Peak Base Reliability Base Case 

2020ITPP5b-21W.sav 2021 Winter Peak Base Reliability Base Case 

2020ITPP5b-21L.sav 2021 Light Load Base Reliability Base Case 

2020ITPP5b-22S.sav 2022 Summer Peak Base Reliability Base Case 

2020ITPP5b-22W.sav 2022 Winter Peak Base Reliability Base Case 

2020ITPP5b-22L.sav 2022 Light Load Base Reliability Base Case 

2020ITPP5b-25S.sav 2025 Summer Peak Base Reliability Base Case 

2020ITPP5b-25W.sav 2025 Winter Peak Base Reliability Base Case 

2020ITPP5b-25L.sav 2025 Light Load Base Reliability Base Case 

2020ITPP5b-30S.sav 2030 Summer Peak Base Reliability Base Case 

2020ITPP5b-30W.sav 2030 Winter Peak Base Reliability Base Case 

2020ITPP5b-30L.sav 2030 Light Load Base Reliability Base Case 

2020ITPP5b-21S_020.sav 2021 Summer Peak Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-21W_020.sav 2021 Winter Peak Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-21L_020.sav 2021 Light Load Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-22S_020.sav 2022 Summer Peak Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 
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Case Name Study Year Season Scenario Load (MW/MVAR) 

2020ITPP5b-22W_020.sav 2022 Winter Peak Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-22L_020.sav 2022 Light Load Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-25S_020.sav 2025 Summer Peak Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-25W_020.sav 2025 Winter Peak Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-25L_020.sav 2025 Light Load Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-30S_020.sav 2030 Summer Peak Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-30W_020.sav 2030 Winter Peak Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

2020ITPP5b-30L_020.sav 2030 Light Load Base Reliability 
Added second 161/69 kV transformer at 

FRANKLIN5 

Table 2-1:  Study Models 

 Steady State Analysis 
o Assumptions (consistent with the 2020 ITP analysis) 

 AC contingency analysis on all load flow models using PSS®E 
 Monitored Elements 

 SPP facilities 69 kV and above 
 First-tier companies 100 kV and above 

 Contingencies 
 P1, P2, P4, P5 events for all models 
 P3 events for 22S, 22L, 25S, and 30S 
 Includes all events in these categories as provided for the 2020 ITP by 

SPP members and first-tier companies 
 Apply SPP Criteria and NERC reliability standards 

o Compared thermal overloads and voltage violations that occur with and without the 
Sponsored Upgrade included in the models to determine thermal overloads and 
voltage violations resulting from the Sponsored Upgrade 

 Dynamics Analysis 
o Assumptions 

 2019 MDWG Dynamics Model Set 

 2022 and 2030 MDWG Summer Peak Base and Change Case 

o Analyses 

 Fast Fault Screening using POM Studio 

 Short Circuit Analysis 
o Assumptions 

 Used 2020 Final MDWG Short Circuit models (Max Fault) 
 Placed all available facilities in service 

o Generation 
o Transmission lines 
o Transformers 
o Buses 

 Short Circuit Output 
o Physical 

 Short Circuit Coordinates 
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o Polar 
 Short Circuit Parameters 

o 3 Phase 
 FLAT – classical fault analysis conditions 

o Analyses 
 Three-phase fault 
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RESULTS OF ANALYSIS 

POTENTIAL THERMAL OVERLOADS AND VOLTAGE VIOLATIONS 
The analysis identified no potential thermal overloads or voltage violations resulting from the 

addition of the Sponsored Upgrade. 

TRANSMISSION SOLUTIONS 

No transmission solutions were required. 

SHORT CIRCUIT 
Short circuit analysis was performed for the 2022 Summer Peak model with the addition of the 

second 161/69 kV Transformer at the Franklin substation.  The short circuit analysis identified the 

currents as listed in Table 3-1. 

Season Model Fault Bus Current(Amps) 

22SP Max Fault Three Phase 7BLACKBERRY 345.00 12,339 

22SP Max Fault Three Phase CARTHAG5    161.00 16,993 

22SP Max Fault Three Phase DELWARE7    345.00 11,506 

22SP Max Fault Three Phase NSES 2X1    13.200 40,117 

22SP Max Fault Three Phase CANEYRV7    345.00 9,927 

22SP Max Fault Three Phase NEOSHO 7    345.00 16,223 

22SP Max Fault Three Phase N345 1 1    13.800 40,266 

22SP Max Fault Three Phase N345 2 1    13.800 47,567 

22SP Max Fault Three Phase BAKER  2    69.000 4,903 

22SP Max Fault Three Phase LITCH  5    161.00 9,266 

22SP Max Fault Three Phase MARMTNE5    161.00 8,197 

22SP Max Fault Three Phase MARMTNW5    161.00 8,197 

22SP Max Fault Three Phase NEOSHO 5    161.00 21,326 

22SP Max Fault Three Phase FRANKLIN5   161.00 7,853 

22SP Max Fault Three Phase LITCH1 1    13.200 15,419 

22SP Max Fault Three Phase LITCH2 1    13.200 15,497 

22SP Max Fault Three Phase MARMATN1    13.200 10,849 

22SP Max Fault Three Phase NEOSH4 1    13.200 9,287 

22SP Max Fault Three Phase NEOSH5 1    13.200 11,031 

22SP Max Fault Three Phase TV1MNDV4    138.00 6,994 

22SP Max Fault Three Phase NEOSHOS4    138.00 23,177 

22SP Max Fault Three Phase NEOSHO 4    138.00 23,177 

22SP Max Fault Three Phase NEOSHON4    138.00 23,177 

22SP Max Fault Three Phase FRANKLIN1   12.470 12,331 

22SP Max Fault Three Phase FTSCOTT2    69.000 3,445 

22SP Max Fault Three Phase MARMATN2    69.000 8,731 

22SP Max Fault Three Phase MCKEE  2    69.000 4,213 
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Season Model Fault Bus Current(Amps) 

22SP Max Fault Three Phase SE4DEVO2    69.000 3,686 

22SP Max Fault Three Phase SE9HIAT2    69.000 3,752 

22SP Max Fault Three Phase UN1ELSM2    69.000 7,852 

22SP Max Fault Three Phase WARE   2    69.000 3,471 

22SP Max Fault Three Phase ZILAJCT2    69.000 6,302 

22SP Max Fault Three Phase ORDNJCT2    69.000 8,295 

22SP Max Fault Three Phase AQUARS 2    69.000 8,155 

22SP Max Fault Three Phase CRAWFOR2    69.000 7,155 

22SP Max Fault Three Phase DEPAUL 2    69.000 9,388 

22SP Max Fault Three Phase GIRARD 2    69.000 4,483 

22SP Max Fault Three Phase GIR JCT2    69.000 6,421 

22SP Max Fault Three Phase HUDSON-2    69.000 7,293 

22SP Max Fault Three Phase HUDSJCT2    69.000 8,223 

22SP Max Fault Three Phase LITCH N2    69.000 12,841 

22SP Max Fault Three Phase LITCH S2    69.000 12,841 

22SP Max Fault Three Phase MULBERY2    69.000 8,149 

22SP Max Fault Three Phase NEOSHON2    69.000 22,508 

22SP Max Fault Three Phase PITNAC 2    69.000 11,236 

22SP Max Fault Three Phase PITTSBG2    69.000 8,554 

22SP Max Fault Three Phase ROUSE  2    69.000 9,519 

22SP Max Fault Three Phase SE1GREE2    69.000 5,995 

22SP Max Fault Three Phase SHEFFLD2    69.000 4,466 

22SP Max Fault Three Phase FRONTEN2    69.000 8,593 

22SP Max Fault Three Phase NEOSHOS2    69.000 22,508 

22SP Max Fault Three Phase FRANKLIN2   69.000 11,203 

22SP Max Fault Three Phase LACYGNE7    345.00 25,591 

22SP Max Fault Three Phase PAOLA1      34.500 8,779 

22SP Max Fault Three Phase CNTRVIL5    161.00 6,239 

22SP Max Fault Three Phase S.OTTWA5    161.00 8,236 

22SP Max Fault Three Phase CENTENL5    161.00 10,610 

22SP Max Fault Three Phase PAOLA  5    161.00 10,784 

22SP Max Fault Three Phase PAOLA6_TER1 7.6210 14,451 

22SP Max Fault Three Phase OSAWAT 5    161.00 10,688 

22SP Max Fault Three Phase PAOLA7_TER1 7.6210 14,624 

22SP Max Fault Three Phase DAKOTA_5    161.00 7,532 

22SP Max Fault Three Phase PRQN_WIND5  161.00 6,696 

22SP Max Fault Three Phase PRQNW_X_1   34.500 24,910 

22SP Max Fault Three Phase PRQNW_B_1   34.500 25,424 

22SP Max Fault Three Phase ORO110 5    161.00 19,557 

22SP Max Fault Three Phase RIV4525     161.00 23,936 

22SP Max Fault Three Phase ASB349 5    161.00 11,980 

22SP Max Fault Three Phase CJ 366 5    161.00 12,585 
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Season Model Fault Bus Current(Amps) 

22SP Max Fault Three Phase CAR395 5    161.00 12,506 

22SP Max Fault Three Phase HOC404 5    161.00 13,029 

22SP Max Fault Three Phase FIR417 5    161.00 14,393 

22SP Max Fault Three Phase PUR421 5    161.00 9,818 

22SP Max Fault Three Phase STL439 5    161.00 24,653 

22SP Max Fault Three Phase RIV452T 5   161.00 23,507 

22SP Max Fault Three Phase RIV167 2    69.000 18,713 

22SP Max Fault Three Phase A1G349 1    13.800 81,008 

22SP Max Fault Three Phase A2G349 1    13.800 14,366 

22SP Max Fault Three Phase RIV452 1    12.500 14,637 

22SP Max Fault Three Phase 7BLACKBERRY 345.00 12,340 

22SP Max Fault Three Phase CARTHAG5    161.00 16,997 

22SP Max Fault Three Phase DELWARE7    345.00 11,506 

22SP Max Fault Three Phase NSES 2X1    13.200 40,147 

22SP Max Fault Three Phase CANEYRV7    345.00 9,927 

22SP Max Fault Three Phase NEOSHO 7    345.00 16,226 

22SP Max Fault Three Phase N345 1 1    13.800 40,267 

22SP Max Fault Three Phase N345 2 1    13.800 47,570 

22SP Max Fault Three Phase BAKER  2    69.000 4,915 

22SP Max Fault Three Phase LITCH  5    161.00 9,287 

22SP Max Fault Three Phase MARMTNE5    161.00 8,203 

22SP Max Fault Three Phase MARMTNW5    161.00 8,203 

22SP Max Fault Three Phase NEOSHO 5    161.00 21,333 

22SP Max Fault Three Phase FRANKLIN5   161.00 7,989 

22SP Max Fault Three Phase LITCH1 1    13.200 15,422 

22SP Max Fault Three Phase LITCH2 1    13.200 15,553 

22SP Max Fault Three Phase MARMATN1    13.200 10,851 

22SP Max Fault Three Phase NEOSH4 1    13.200 9,287 

22SP Max Fault Three Phase NEOSH5 1    13.200 11,032 

22SP Max Fault Three Phase TV1MNDV4    138.00 6,995 

22SP Max Fault Three Phase NEOSHOS4    138.00 23,192 

22SP Max Fault Three Phase NEOSHO 4    138.00 23,192 

22SP Max Fault Three Phase NEOSHON4    138.00 23,192 

22SP Max Fault Three Phase FRANKLIN1_1 12.500 12,817 

22SP Max Fault Three Phase FRANKLIN1   12.470 12,848 

22SP Max Fault Three Phase FTSCOTT2    69.000 3,481 

22SP Max Fault Three Phase MARMATN2    69.000 8,733 

22SP Max Fault Three Phase MCKEE  2    69.000 4,226 

22SP Max Fault Three Phase SE4DEVO2    69.000 3,706 

22SP Max Fault Three Phase SE9HIAT2    69.000 3,771 

22SP Max Fault Three Phase UN1ELSM2    69.000 7,853 

22SP Max Fault Three Phase WARE   2    69.000 3,516 
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Season Model Fault Bus Current(Amps) 

22SP Max Fault Three Phase ZILAJCT2    69.000 6,303 

22SP Max Fault Three Phase ORDNJCT2    69.000 8,300 

22SP Max Fault Three Phase AQUARS 2    69.000 8,284 

22SP Max Fault Three Phase CRAWFOR2    69.000 7,221 

22SP Max Fault Three Phase DEPAUL 2    69.000 9,624 

22SP Max Fault Three Phase GIRARD 2    69.000 4,650 

22SP Max Fault Three Phase GIR JCT2    69.000 6,774 

22SP Max Fault Three Phase HUDSON-2    69.000 7,412 

22SP Max Fault Three Phase HUDSJCT2    69.000 8,366 

22SP Max Fault Three Phase LITCH N2    69.000 13,005 

22SP Max Fault Three Phase LITCH S2    69.000 13,005 

22SP Max Fault Three Phase MULBERY2    69.000 8,569 

22SP Max Fault Three Phase NEOSHON2    69.000 22,552 

22SP Max Fault Three Phase PITNAC 2    69.000 11,414 

22SP Max Fault Three Phase PITTSBG2    69.000 8,726 

22SP Max Fault Three Phase ROUSE  2    69.000 9,717 

22SP Max Fault Three Phase SE1GREE2    69.000 6,084 

22SP Max Fault Three Phase SHEFFLD2    69.000 4,616 

22SP Max Fault Three Phase FRONTEN2    69.000 8,904 

22SP Max Fault Three Phase NEOSHOS2    69.000 22,552 

22SP Max Fault Three Phase FRANKLIN2   69.000 13,136 

22SP Max Fault Three Phase LACYGNE7    345.00 25,591 

22SP Max Fault Three Phase PAOLA1      34.500 8,779 

22SP Max Fault Three Phase CNTRVIL5    161.00 6,240 

22SP Max Fault Three Phase S.OTTWA5    161.00 8,236 

22SP Max Fault Three Phase CENTENL5    161.00 10,610 

22SP Max Fault Three Phase PAOLA  5    161.00 10,784 

22SP Max Fault Three Phase PAOLA6_TER1 7.6210 14,451 

22SP Max Fault Three Phase OSAWAT 5    161.00 10,688 

22SP Max Fault Three Phase PAOLA7_TER1 7.6210 14,624 

22SP Max Fault Three Phase DAKOTA_5    161.00 7,535 

22SP Max Fault Three Phase PRQN_WIND5  161.00 6,698 

22SP Max Fault Three Phase PRQNW_X_1   34.500 24,913 

22SP Max Fault Three Phase PRQNW_B_1   34.500 25,426 

22SP Max Fault Three Phase ORO110 5    161.00 19,560 

22SP Max Fault Three Phase RIV4525     161.00 23,937 

22SP Max Fault Three Phase ASB349 5    161.00 11,995 

22SP Max Fault Three Phase CJ 366 5    161.00 12,590 

22SP Max Fault Three Phase CAR395 5    161.00 12,510 

22SP Max Fault Three Phase HOC404 5    161.00 13,029 

22SP Max Fault Three Phase FIR417 5    161.00 14,397 

22SP Max Fault Three Phase PUR421 5    161.00 9,823 
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Season Model Fault Bus Current(Amps) 

22SP Max Fault Three Phase STL439 5    161.00 24,655 

22SP Max Fault Three Phase RIV452T 5   161.00 23,508 

22SP Max Fault Three Phase RIV167 2    69.000 18,714 

22SP Max Fault Three Phase A1G349 1    13.800 81,032 

22SP Max Fault Three Phase A2G349 1    13.800 14,368 

22SP Max Fault Three Phase RIV452 1    12.500 14,637 

Table 3-1: Short Circuit Results 

 

STABILITY 
SPP performed a Fast Fault Screening (FFS) study for the base case and change case models.  The 

FFS was performed for 2022 Summer Peak and 2030 Summer Peak.  The change case models 

include the addition of a second 161/69 kV Transformer at the Franklin substation.  There were no 

significant differences in the critical clearing times between the base and change cases.  Therefore, a 

transient stability analysis is not required. 
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MITIGATION UPGRADES REQUIRED 

Attachment O, Section IV.1 of the SPP Tariff requires SPP to evaluate the impact of the proposed 

Sponsored Upgrade on the Transmission System reliability and identify any necessary mitigation of 

these impacts.  Since there were no potential thermal or voltage violations resulting from the 

proposed Sponsored Upgrade, no mitigation upgrades are required. 
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CONCLUSION 

The AC analysis revealed no potential thermal or voltage violations associated with the Sponsored 

Upgrade Jayhawk Wind 161/69 kV Transformer.  No mitigation upgrades are needed. 

Upon endorsement of the Sponsored Upgrade from the appropriate working groups, the Project 

Sponsor and SPP may execute the “Agreement For Sponsored Upgrade” found in Schedule 1 to 

Attachment J of the SPP OATT, financially committing the Project Sponsor to pay for the Sponsored 

Upgrade. The Project Sponsor must execute the Agreement on or before September 18, 2021, in 

order for SPP to issue an NTC for the Sponsored Upgrade. 

The Sponsored Upgrade will be eligible for cost recovery through ILTCRs, in accordance with 

Attachment Z2 of the SPP OATT.  APEX Clean Energy has elected to forgo the ILTCR option for the 

Jayhawk Wind 161/69 kV transformer.  
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SOUTHWEST POWER POOL, INC. 

SPP Staff 

 

RECOMMENDATION TO THE SPP BOARD OF DIRECTORS 

October 27, 2020 

Neosho-Riverton NTC-C Project Estimate 

 

ORGANIZATIONAL ROSTER 

The following persons represent the Southwest Power Pool: 

• Lanny Nickell, Executive Vice President and Chief Operating Officer 

• Antoine Lucas, Vice President, Engineering 

• David Kelley, Director, Research, Development & Tariff Services 

• Casey Cathey, Director, System Planning 

BACKGROUND, GOALS & DRIVERS 

On November 7, 2019, SPP concluded that rebuilding 28.41 miles of the existing 161 kV 

transmission line from Neosho to Riverton is required on the Empire District Electric Company 

(EDE) and Evergy Kansas Central systems to fulfill Transmission Service Requests as detailed in 

Aggregate Facility Study SPP-2019-AG1-AFS-2.  On December 13, 2019, SPP issued NTC-C 

210549 and NTC-C 210550 to Evergy Kansas Central (EKC), respectively.  

SPP received EKC’s acceptance of NTC 210550 on January 31, 2020 and EDE’s acceptance of the 

NTC-C on February 20, 2020. EKC provided their NTC-C project estimate (CPE) on May 7, 2020.  

On June 12, 2020, EDE provided their CPE.  

 

Project ID Owners Upgrade Scope 

81559 EDE/EKC 

Rebuild 28.41 miles of 161kV line from Neosho to Riverton and upgrade any 

necessary terminal equipment at Neosho to increase the summer emergency 

rating to 250 MVA 

 

SUPPORTING ANALYSIS 

Section 5 of Business Practice 7060 states: 

If the CPE variance bandwidth exceeds the variance bandwidth of -30% to +30% of the Study 

Estimate, SPP staff will re-evaluate this Applicable Project using the new cost estimate data 

provided by the DTO, and will make a recommendation to the BOD at its next regularly scheduled 

meeting. In other words, if the CPE is greater than 1.0833 times the Study Estimate or is less than 

0.875 times the Study Estimate SPP staff will re-evaluate the project. 

176 of 1082



The table below shows a comparison of Study Estimates and CPEs for the upgrades and the total 

project.   

Upgrade ID 
Project 

ID 

NTC 

ID 

 Estimated 

Cost Source 

Study 

Estimate 
CPE/NPE Variance $ 

Variance 

% 

112456 81559 210549 EDE $28,410,000  $43,153,324  $14,743,324  52% 

112457 81559 510550 EKC $4,046,162  $3,972,869  ($73,293) -2% 

Project Total       $32,456,162  $47,126,193  $14,670,031  45% 

Change Factor             1.45 

 

This project is required for transmission service studied in SPP-2019-AG1-AFS-2.  All costs for 

construction of this project have been directly assigned EDE, who is also the Transmission 

Customer.    

EDE supplied the following causes for cost increase: 

• Congested corridor 

• Congestion in the area requires opportunistic outages to complete construction 

• Radially fed 69 kV substations in area require outages to complete construction 

• Unforeseen labor cost 

• Difficult for workers to get to corridor due to congestion 

• Access issues will increase labor costs greatly due to compressed outage 

schedules/availabilities  

• Topography paired with outage availability will increase labor costs  

• Unforeseen right-of-way issues 

• Due to age of line alongside changes to the structures may require negotiations 

of easements for the realization of the project 

 

Pursuant to SPP OATT Attachment Y Section V.3, SPP staff has re-evaluated this project using 

updated costs and determined that rebuilding 28.41 miles of the existing 161 kV transmission 

line from Neosho to Riverton is the most economical solution to providing transmission service 

studied in SPP-2019-AG1-AFS-2. 

RECOMMENDATION 

Staff requests that the Board accept the refined cost estimate associated with this project.  

Action requested: Approve recommendation  

ACTION TAKEN 

MOPC:  Approved, consent agenda 10/13/2020 
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SOUTHWEST POWER POOL, INC. 

SPP Staff 

 

RECOMMENDATION TO THE SPP BOARD OF DIRECTORS 

October 27, 2020 

Device - S964 69 kV Cap Bank NTC Withdrawal 

ORGANIZATIONAL ROSTER 

The following persons represent the Southwest Power Pool: 

• Lanny Nickell, Executive Vice President and Chief Operating Officer 

• Antoine Lucas, Vice President, Engineering 

• David Kelley, Director, Research, Development & Tariff Services 

• Casey Cathey, Director, System Planning 

BACKGROUND, GOALS & DRIVERS 

On April 26, 2016, the SPP Board of Directors approved the Device - S964 69 kV Cap Bank 

project to be constructed for regional reliability resulting from the 2016 ITP Near-Term study.  

On May 17, 2016, SPP issued NTC 200393 to Omaha Public Power District (OPPD). On August 

11, 2016, SPP received OPPD’s commitment to construct.  

 

Project 

ID 
Owner Project Descriptions 

Need 

Date 

31038 OPPD Device - S964 69 kV Cap Bank 6/1/2020 

 

 

Business Practice 7060, Section 7.1: 

If SPP confirms that an NTC/NTC-C Project is unnecessary, it will inform the TWG, PCWG, MOPC, 

and BOD of this fact at their next regularly scheduled meeting and request approval by the BOD, 

as necessary, to withdraw the NTC/NTC-C.  

After the BOD approves the withdrawal of an NTC/NTC-C, SPP will notify the DTO that the 

NTC/NTC-C has been withdrawn. If the NTC/NTC-C was due to a finalized Aggregate 

Transmission Service Study in accordance with Attachment Z1 of the SPP OATT, then the 

NTC/NTC-C withdrawal shall not need TWG, MOPC, or BOD approval but shall be addressed by 

SPP staff. SPP staff will work in coordination with the DTO to properly and safely stop all activities 

on the Project. 
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SUPPORTING ANALYSIS 

The Designated Transmission Owner (DTO) requested the re-evaluation of this upgrade upon 

discovering that capacitance at distribution level would solve the need at less cost.   

 

Upgrade 

ID 

Project 

ID 
Owner Upgrade Descriptions 

Cost 

Estimate 

51521 31038 OPPD Install new 10-MVAR capacitor bank at S964 69 kV $722,660 

SPP Staff has determined that this upgrade is no longer required.  

RECOMMENDATION 

SPP Staff recommends that the Board approve withdrawal of the NTC for this project.  

Action requested: Approve recommendation  
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SOUTHWEST POWER POOL, INC. 

SPP Staff 

 

RECOMMENDATION TO THE SPP BOARD OF DIRECTORS 

October 27, 2020 

Line - Crosstown - Blue Valley 161 kV Withdrawal 

ORGANIZATIONAL ROSTER 

The following persons represent the Southwest Power Pool: 

• Lanny Nickell, Executive Vice President and Chief Operating Officer 

• Antoine Lucas, Vice President, Engineering 

• David Kelley, Director, Research, Development & Tariff Services 

• Casey Cathey, Director, System Planning 

BACKGROUND, GOALS & DRIVERS 

On December 4, 2018, the SPP Board of Directors approved the Line - Crosstown - Blue Valley 

161 kV New Line project to be constructed for regional reliability resulting from the 2018 ITP 

Near-Term study.  On December 11, 2018, SPP issued NTC 210506 to Kansas City Power and 

Light Company (KCPL). On February 22, 2019, SPP received KCPL’s commitment to construct.  

 

Project 

ID 
Owner Upgrade Descriptions 

Need 

Date 

31139 KCPL 

Install any necessary terminal upgrades at Crosstown to 
accommodate new 161 kV line from Blue Valley. Install any 
necessary terminal upgrades at Blue Valley to accommodate 
new 161 kV line from Crosstown. Build 161 kV line from 
Crosstown to Blue Valley. 

6/1/2020 

 

 

Business Practice 7060, Section 7.1: 

If SPP confirms that an NTC/NTC-C Project is unnecessary, it will inform the TWG, PCWG, MOPC, 

and BOD of this fact at their next regularly scheduled meeting and request approval by the BOD, 

as necessary, to withdraw the NTC/NTC-C.  

After the BOD approves the withdrawal of an NTC/NTC-C, SPP will notify the DTO that the 

NTC/NTC-C has been withdrawn. If the NTC/NTC-C was due to a finalized Aggregate 

Transmission Service Study in accordance with Attachment Z1 of the SPP OATT, then the 

NTC/NTC-C withdrawal shall not need TWG, MOPC, or BOD approval but shall be addressed by 

SPP staff. SPP staff will work in coordination with the DTO to properly and safely stop all activities 

on the Project. 
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SUPPORTING ANALYSIS 

The Designated Transmission Owner (DTO) requested the re-evaluation of these upgrades on 

6/11/2020 via RMS due to needs for this project not appearing in 2019 or 2020 ITP models and 

challenges of routing this line through the Kansas City metro area.  

 

Upgrade 

ID 

Project 

ID 
Owner Upgrade Descriptions Cost Estimate 

51757 31139 KCPL Crosstown 161 kV Terminal Upgrades  $1,120,000 

51758 31139 KCPL Blue Valley 161 kV Terminal Upgrades  $1,400,000 

51759 31139 KCPL 
New 5.64 mile 161 kV line from Blue Valley to 

Crosstown 
$18,711,000 

Total Estimated Project Cost $21,231,000 

SPP Staff has determined that these upgrades are no longer required.  

RECOMMENDATION 

SPP Staff recommends that the Board approve withdrawal of the NTC for this project.  

Action requested: Approve recommendation  
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SOUTHWEST POWER POOL, INC. 

SPP Staff 

 

RECOMMENDATION TO THE SPP BOARD OF DIRECTORS 

October 27, 2020 

Multi – Wentworth 69 kV NTC Modification 

 

ORGANIZATIONAL ROSTER 

The following persons represent the Southwest Power Pool: 

• Lanny Nickell, Executive Vice President and Chief Operating Officer 

• Antoine Lucas, Vice President, Engineering 

• David Kelley, Director, Research, Development & Tariff Services 

• Casey Cathey, Director, System Planning 

BACKGROUND, GOALS & DRIVERS 

On May 31, 2019, SPP concluded that the Multi – Wentworth 69 kV project is required on the 

East River Electric Power Cooperative (EREC) system to fulfill delivery point addition request(s) as 

detailed in the Delivery Point Network Study DPA-2018-January-821. On September 27, 2019, 

SPP received all executed Transmission Service Agreements associated with DPA-2018-January-

821.  SPP issued NTC 210527 to EREC on 10/17/2019. SPP received EREC’s acceptance of NTC 

21527 on January 15, 2020.  

 

Project ID Owners Project Scope 

81559 EREC 
Build new substation and add new 7.2 MVAR capacitor bank at the 

Wentworth MOS 69 kV bus 

 

Business Practice 7060, Section 6.3. Stakeholder Request for Project Re-Study 

A stakeholder wishing to have an NTC/NTC-C Project restudied must provide SPP with the 

necessary model changes needed to study the modification of the Project in the appropriate 

models. If SPP determines that a change has occurred that could cause an NTC/NTC-C for a 

Project to be modified, SPP will perform the necessary analysis to determine if the Project 

modification meets the Network Upgrade Justification of the original Project as described in 

Section 4.3. For a Project modification to be deemed reasonable, it must meet or exceed the 

Network Upgrade Justification of the original Project. 

 

 

183 of 1082



Business Practice 7060, Section 6.4. Notifications if NTC/NTC-C is Modified 

If SPP determines that an NTC/NTC-C Project modification is reasonable, it will inform the TWG, 

MOPC, and BOD of this fact at their next regularly scheduled quarterly meeting and request the 

BOD approval or endorsement, as necessary, to issue an NTC/NTC-C modification. 

After the BOD approves or endorses the NTC/NTC-C modification, SPP will issue a modified 

NTC/NTC-C, as needed. 

SUPPORTING ANALYSIS 

East River requests that SPP modify NTC-210527 to revise the location of the subject Network 

Upgrade from the “Wentworth MOS” to the “Wentworth Substation” as shown below. 

Upgrade 

ID 

Project 

ID 
Owner 

Current Upgrade 

Description 

 

Proposed 

Upgrade 

Description 

Cost 

Estimate 

122593 81559 EREC 

Build new Wentworth 

69 kV Substation to 

replace existing motor-

operated switch 

Expand Wentworth 

69 kV Substation to 

accommodate new 

capacitor bank 

$2,073,095  

122594 81559 EREC 

New 7.2 MVAR 

capacitor bank at the 

new Wentworth 69 kV 

Substation 

Install new 7.2 MVAR 

capacitor bank at the 

Wentworth 69 kV 

Substation 

$600,675  

 

Co-location of the Network Upgrade with an existing substation reduced the original cost 

estimate for the upgrade from $2,673,770 to a final as-built cost of $1,590,231. 

RECOMMENDATION 

Staff recommends that the Board approve the NTC modification as shown above.  

Action requested: Approve recommendation  
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Members

 Larry Altenbaumer, Chair – SPP Board

 Michael Wise, Vice Chair – Golden Spread Electric Cooperative

 Traci Bender – Nebraska Public Power District

 Susan Certoma – SPP Board

 Tom Christensen – Basin Electric Power Cooperative

 Dennis Florom – Lincoln Electric System

 Bill Grant – Southwestern Public Service / Xcel Energy

 Robert Janssen – Dogwood Energy, LLC

 Andrew Lachowsky – Arkansas Electric Power Cooperative Corporation

 Kevin Noblet – Evergy Companies

 C. Richard Ross – American Electric Power / Southwestern Electric Power

 Barbara Sugg – SPP President

 Ray Wahle – Missouri River Energy Services

 Bruce Rew – Staff Secretary

Meetings

 August 27 – Strategy Session with Strategic Offsites

 August 31 – Education Session: Future Planning Challenges

 September 16 – Education Session: HITT Recommendation M-1

 September 24 – 25 – Strategic Planning Retreat

 October 14 – Strategic Planning Quarterly Business Meeting

 October 15 – Strategic Planning Strategy Workshop

Departing Members:

 John Olsen

 Les Evans

 Dennis Florom

 Rob Janssen

New Members:

 Kevin Noblet

 Andrew Lachowsky

 David Mindham

 Melie Vincent
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ACTIONS

 Education Session – Planning Challenges Formation of SCRIPT

 Education Session – HITT M-1 Formation of M-1 Task Force

 Business Meeting – October 14

 Action Item 13a

 M-1 related analysis

 Market participant position-

with and without AAR surplus

 Action Item 13b

 M-1 related analysis

 White paper prepared by Staff, 

the MMU and AEP addressing 

revenue impacts- with and 

without counter flow 

optimization
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Transmission Planning

 Action Item 7 – Staff to develop more systematic process to improve assumptions used in ITP studies

 Action item closed- this issue is currently actively being addressed in various planning processes.

 2020 ITP Presentation

 54 Projects with $532 million in E&C Costs

 Addresses 163 system issues

 Improves congestion hedging

 Helps levelize market prices

 Favorable B/C Ratio, Breakeven and Payback assessment 

 2022 Futures Development

 Presentation of ESWG-Approved Futures for use in 2022 ITP Scope Document

 2 Equally-weighted scenarios proposed: Reference Case and an Emerging Technologies Case

 Finalize 2022 ITP Scope and request approval in January

 20 Year Assessment

 Process Objective: Develop a long-range extra high voltage transmission roadmap for SPP

 Staff recommended 4 Futures (2 are the same as referenced in the 2022 ITP Scope)

 Decarbonization- based on public opinion

 Decarbonization- based on public policy

 Present and request approval of 20 Year Assessment Scope at January MOPC and SPC

 Education Session Review (August 31) – Formation of SCRIPT
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HITT Update

 Quarterly report on HITT status

 This activity was separately reported on during the Joint Quarterly Presentation Session yesterday

 FERC Action – Rejected T2: Establishing uniform Schedule 9 planning criteria

 Approved the M-4 Whitepaper: Evaluate the cost and benefit of more advanced economic 

evaluations of reliability

 Approved the T-1 Whitepaper: NED Task Force (NRIS - ERIS modifications)

 Approved the T-3 Policy Whitepaper (Attachment AQ): Implement new load additions 

modifications

 Approved Recommendation C-2: Approve RR422, implementing the RSC Policy on establishing the 

byway facility cost allocation review process. 

Western Activities Update

 This activity was also separately reported on during the Joint Quarterly Presentation Session yesterday 
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Report on New Initiatives

 HITT M-1 Effort

 As previously noted: a special task force was formed to work with staff to develop a 

specific recommendation for presentation to the SPC and the Board

 Energy Storage Resource Task Force

 Targeting a report in the first quarter of 2021 to determine the strategic use of electric 

storage resources in the SPP footprint.  

 Strategic and Creative Re-engineering of Integrated Planning Team (SCRIPT)

 This activity was an outgrowth of the education session held on August 31 

 This was addressed during the Joint Quarterly Presentation Session yesterday 

Strategic Planning Update

 This was addressed during yesterday’s Joint Quarterly Presentation Session 

Metrics Review

 Joshua Phillips provided an update on the Strategic Plan Progress Metrics
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Southwest Power Pool, Inc. 

Sooner-Wekiwa Request for Proposal Industry Expert Panel 

Recommendation to the SPP Board  

 October 27, 2020 

Recommendation for Designated Transmission Owner and Alternate for Sooner-Wekiwa RFP 

Industry Expert Panel 

The following Recommendation comes from the Industry Expert Panel formed by the SPP Oversight 
Committee for evaluating responses to the Sooner-Wekiwa Order No. 1000 Competitive Upgrade 
Request for Proposals. 

Background 

Pursuant to Attachment Y of the SPP OATT the SPP Order 1000 process requires the use of an Industry 
Expert Pool/Panel to review, rank and score proposals for Competitive Upgrade (CU) projects. The 
Oversight Committee was delegated the responsibility to make a formal recommendation to the SPP 
Board for the approval of experts to be part of the expert pool for 2019.  From this pool a panel(s) of 3-5 
experts was chosen to fulfill the responsibilities of making a recommendation of the winning proposal and 
an alternate proposal to the SPP Board. Ultimately, the SPP Board will select the winning proposal and 
name the Designated Transmission Owner for each CU project.  During the October 29, 2018 Oversight 
Committee meeting a pool of experts were approved to be the recommended 2019 Industry Expert Panel 
(IEP) pool.  The Committee presented the IEP pool for approval at the December 4, 2018 Board of 
Directors (BOD) meeting and it was approved.   

Analysis 

Pursuant to Attachment Y of the SPP OATT the 2019 Integrated Transmission Planning (ITP) approved in 
October 2019 by the BOD produced two projects deemed CUs.  The first project, “Sooner-Wekiwa” 
Request for Proposal (RFP) was issued in early December 2019 requiring an IEP panel to be seated.  
The IEP performed their evaluation for the Sooner-Wekiwa RFP as directed by Attachment Y of the SPP 
Tariff and submitted their IEP Internal Report to SPP Staff on September 13, 2020.  This report included 
the process the IEP went through and recommendations as to which RFP Proposals would be 
recommended as the Designated Transmission Owner (DTO) and Alternate DTO for the project. 

Recommendation 

The IEP recommends to designate the DTO and Alternate DTO as stated in the IEP Report. 

 
Action Requested: Approve Recommendation 
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SOUTHWEST POWER POOL, INC. 

FINANCE COMMITTEE 

 

RECOMMENDATION TO THE BOARD OF DIRECTORS 

October 27, 2020 

2021 Budget 

 

ORGANIZATIONAL ROSTER 

The following persons are members of the Finance Committee: 

Susan Certoma, Chair  Graham Edwards, Director 

Laura Kapustka, Lincoln Electric 

Mike Wise, Golden Spread 

Sarah Stafford, OG&E 

Sandra Bennett, AEP

BACKGROUND 

Section 6.5 of the SPP Bylaws identifies establishment of annual and long-term budgets as a 

primary duty of the Finance Committee. 

ANALYSIS 

SPP’s management proposed a 2021 budget to include expenditures as follows: 

       $millions      

Total Expenses  $204.9 

Net Revenue Requirement $155.3 

Debt Repayment  $32.3 

FERC Assessments $22.5 

Capital Expenditures $16.5 

2020 Over/(Under) Recovery $16.6 

 

SPP management utilized an incremental approach to prepare the 2021 budget.   

Management documented an Operating Plan for 2021 outlining the significant initiatives and 

plans for the company during 2021.  This Operating Plan was presented to the Finance Committee, 

Strategic Planning Committee, and SPP Board of Directors to seek input and consensus.  SPP’s 

2021 budget was developed to accomplish the plan. 

 

Two members of the finance committee expressed opinions that the budgeted net revenue 

requirement was too high.  Specifically, AEP opined that the SPP 2021 budget should remain as 
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flat as possible with the 2020 actual results (adjusting for one-time items) by eliminating 

approximately $4 million in increases in “controllable expenditures”.  These expenditures are 

primarily in the areas of compensation, travel, meetings, consulting, and maintenance.  OGE didn’t 

identify a set number to eliminate from the “controllable” costs, they did agree that there should 

be a heightened focus on the controllable aspects, especially with the impacts 

members/customers are facing with respect to COVID. 

  

RECOMMENDATION 

The Finance Committee recommends the SPP Board of Directors approve the 2021 SPP 

operating and capital budgets as submitted. 

 

Approved: Finance Committee October 12, 2020  

 Vote Count:  4 – approve; 2 - oppose 

 

Action Requested: Approve Recommendation 
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2021 Budget Executive Summary 
 

SPP continues to deliver exceptional value for customers operating under the SPP regional tariff by 

providing high quality tariff services at the lowest operating costs within the industry. SPP’s 

conservatively calculated benefits to cost ratio remains at 14 to 1, meaning for every $1 SPP spends on 

its operations, the region receives $14 in benefits.  

SPP’s 2021 Operating Plan describes the work SPP expects to perform in 2021 and was approved by the 

SPP Board of Directors in July 2020. The 2021 budget outlines the financial resources necessary to 

accomplish that work. The 2021 gross revenue requirement of approximately $188 million represents a 

$10 million increase over the 2020 forecast. The growth is due to an increase in scheduled principal 

payments on SPP’s outstanding and new term debt, lower operating expenses in 2020 associated with 

the COVID‐19 pandemic and a reduction in existing staffing expenses related to start‐up of contract 

services. 

SPP’s 2021 net revenue requirement represents a $0.3 million increase from 2020 levels. Despite a 

reduction in transmission usage in 2020 due to the ongoing pandemic, SPP’s results‐oriented, cost 

management mindset results in a tariff “rate” well below the 43¢/MWh cap required by the regional 

tariff.   

The capital expenditures pipeline contains several value‐added projects expected to complete in 2021. 

Foremost among these are the ramping product, fast‐start resource product and the addition of market 

services for storage resources. Each of these projects are expected to ensure ongoing reliability and 

lower cost energy for the SPP region. More detail on these and other capital expenditures may be 

located beginning on page 22.  

Debt service is increasing in 2021 due to new borrowings in 2020 to fund capital expenditures.  

Favorable interest rates allow the cost of those new borrowings to remain low and very economical. 

Debt service is expected to continually increase through 2023 and significantly decrease in 2026. Debt 

service is discussed more fully beginning on page 65. 

The 2021 budget is an excellent example of the commitment of SPP’s staff, members and other 

stakeholders to ensure the services provided by SPP are valuable and economical. 
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I. SPP AND MEMBER VALUE 

SPP is devoted to the prudent and conservative use of member entrusted 

resources, effective and efficient controls and business practices, and a culture 

that promotes doing the right thing for the right reason in the right way. 

The electric utility industry is evolving rapidly. SPP’s stakeholders face significant and daily risks 

to both electric reliability and financial security. Changes in customer behavior, the emergence 

of technologies that are disrupting traditional utility models, constantly shifting state and 

federal policies, and threats to the security of physical and cyber assets are just a few of the 

obstacles electricity providers face every day. 

SPP works diligently to understand these challenges and their impacts on our stakeholders, and 

we stand ready to help. SPP’s stakeholder‐driven, regionally holistic approach to planning, 

problem‐solving and decision‐making protects the interests of its members and their 

customers. 

SPP works with its diverse stakeholders to produce mutually beneficial and cost effective 

solutions that provide its customers—and their customers—peace of mind.  

SPP acts as reliability coordinator (RC) for a territory that includes all or part of 17 states 

reaching from the Canadian border to the Texas panhandle and serves customers in both the 

Eastern and Western Interconnections. SPP manages a diverse roster of members and 

geographically expansive footprint, both of which pose unique operational, regulatory, 

environmental and political challenges that help shape and hone the transmission system, 

processes and tools. 

SPP’s Integrated Marketplace has produced the lowest wholesale electricity costs in the nation 

and has saved SPP’s market participants and their ratepayers cumulatively more than $3.5 

billion. The Integrated Marketplace has enabled access to environmentally friendly renewable 

generation to a previously unimaginable degree, while enhancing reliability in the region.  

Since 2004, SPP has directed nearly $10.4 billion in transmission construction and upgrades. 

These projects are modernizing the grid, enabling access to renewables and other generation 

that has enhanced reliability and lowered wholesale electricity costs. More than $8.4 billion of 

transmission projects have been completed from 2005‐2019 and another $2 billion are 

scheduled to be put into service by 2026.  

In addition to the core products described above, SPP provides a suite of professional services 

that benefit stakeholders through economies of scale and cost savings. SPP’s stakeholders 
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receive industry‐best training, project management, strategic planning, counsel and 

representation in regulatory and government affairs and more. SPP does these things at a 

fraction of the cost of outside agencies, and because stakeholder needs are addressed at a 

regional level, SPP’s solutions are more cost‐efficient than those achievable by members’ in‐

house resources. 

SPP remains committed to providing value to stakeholders and providing customers with 

increased options and greater efficiency to meet the reliability and affordability needs of their 

end users. SPP is able to: 

 Reduce overall costs by operating as a region; 

 Provide reliability assurance and predictable operations of the bulk electric system; 

 Facilitate effective transmission planning processes resulting in building and maintaining 

an economically optimized transmission system;  

 Offer an open and transparent marketplace with economic benefits; 

 Optimize market efficiencies and transmission expansion along the seams of other 

markets and the emerging seam associated with the natural gas supply; and 

 Ensure fair and equitable allocation of transmission expansion costs. 
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II. BUDGET SUMMARY  

BACKGROUND 

The SPP 2021 Operating Plan was used as a guide for development of the budget, 

with the strategic plan serving as the foundation for the Operating Plan. 

SPP’s officers met in June 2020 to review corporate and departmental objectives included in the 

2021 Operating Plan and 2021‐2023 budget. Similar to the 2020 budget process, SPP utilized an 

incremental‐based budget approach at the department level for operating expenses.  

Operating expenses represent the largest component of SPP’s NRR and consist of budgeted 

costs for ongoing operation. Once the operating budgets were created, management reviewed 

justifications for significant changes from the current 2020 forecast. The Resource Utilization 

section of this document discusses material changes in detail.  

Capital projects are investments in long‐term assets required by SPP to meet its strategic goals 

and operational requirements. These capital expenditures represent costs incurred to enhance 

or expand current systems and services and/or to maintain existing capabilities. SPP budgets for 

ongoing foundation expenditures and specific planned capital projects. The foundation budget 

captures hardware and software to support SPP’s business applications. This includes upgrades 

and replacements of SPP’s aged hardware infrastructure and expenditures for new enterprise 

technologies driven by security requirements, application and architectural enhancements and 

legacy growth.  

Debt service costs are principal payments and interest expense related to various borrowings 

obtained to fund SPP’s capital expenditures. The debt issuances have terms relatively 

consistent with the expected useful life of the assets developed or acquired, which is consistent 

with SPP’s longstanding policy. This policy recovers the cost of the assets from the customers 

who benefit them.  

The combined efforts of identifying required operating expenses and planning for capital 

projects and associated funding resulted in the recommended NRR of $155.3 million. 

Major assumptions used to create the 2021 budget include, but are not limited to, 

the following.  

Compensation expense is the largest component of the operating budget. SPP began increasing 

staffing levels in 2019 to accommodate both western expansion and engineering efforts to 

better manage generation interconnection (GI) studies. In light of the recent growth, SPP made 
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a decision to defer any incremental headcount until 2022 budget and later. SPP directors 

review open positions throughout the year and are expected to identify efficiencies in existing 

staff in order to manage incremental headcount needs via attrition.  

The SPP Human Resources Committee meets annually to determine funding required to 

maintain company compensation levels at the 50th percentile of a predetermined peer group.  

This budget assumes merit and promotion funding of 2.5 percent and 0.75 percent, 

respectively. 

2020 true‐up of Schedule 1A:  Net favorable variances to budget in revenues and operating 

expenses result in a projected over‐

recovery of SPP’s costs in 2020. The 

estimated over‐recovery of $16.6 

million is included in the 2021 budget 

as a reduction to the 2021 NRR.  

Increases in the 2021 budget are 

mostly offset by the expected 2020 over‐recovery. This results in a 2021 budget NRR that is 

$0.3 million more than the 2020 forecast NRR. Restrictions in activities as a result of the COVID‐

19 pandemic caused expenses in the 2020 forecast to be considerably lower than expected. 

OPERATING PLAN 

SPP’s 2021 Operating Plan considers the changing business environment along 

with the many opportunities and challenges affecting SPP such as cybersecurity 

risks, a changing generation mix, electrification impacts, regulatory changes and 

SPP’s expansion into the west. 

The SPP board of directors approved the finance committee’s recommendation to adopt the 

2021 Operating Plan as the foundation for the 2021 operating and capital budgets at the July 

2020 board meeting. The 2021 Operating Plan is the culmination of months of work by SPP staff 

to document the operating environment and activities SPP anticipates for 2021. The plan 

identifies several corporate objectives in 2021 along with departmental objectives and specific 

project efforts.  

Significant among the corporate objectives is a renewed focus on enhancing the connection 

between SPP and its membership. Changes at the most senior levels of SPP during 2020 require 

attention to the relationships that bind SPP and its members. SPP perform and is viewed to be a 

solution to regional issues affecting all members. Other corporate objectives include reducing 

The 2021 NRR of $155.3 million 
includes an anticipated prior‐year over 
recovery of $16.6 million from 2020. 
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the generation interconnection studies backlog, implementing improvements to transmission 

study processes and providing services to utilities in the western interconnection. 

The 2021 Operating Plan documents various projects addressing both operational needs and 

efficiency efforts. No new projects have been added to the work pipeline from the 2020 

Operating Plan. Capital expenditures are discussed in detail in section VI. 

The Operating Plan document in its entirety is included following the supplementary schedules 

in section XI.  

NET REVENUE REQUIREMENT (NRR) 

The NRR represents the funding necessary to provide services throughout the 

footprint. The NRR is comprised of operating expenses (excluding depreciation 

and Federal Energy Regulatory Commission (FERC) assessment), principal 

payments on loans for capital expenditures and a capital reserve fund intended to 

partially offset future borrowings.  

Miscellaneous revenues provide a reduction in the NRR calculation and include reimbursements 

for engineering studies and other revenue sources such as joint operating agreements, 

miscellaneous rebates, reserve sharing and circuit reimbursements.  

Revenues, in excess of associated expenses, generated from specific services provided by SPP 

under standalone contractual agreements also provide a reduction in the NRR. 
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A projected over‐recovery for 2020 reduces the 2021 NRR by $16.6 million. This amount is 

excluded from the table below. 

  

    

CAPITAL EXPENDITURES 

The 2021 budget identifies capital expenditures totaling $38.6 million for 2021‐

2023, plus $1.0 million for contract services. The capital budget represents 

investments in various initiatives driven by stakeholder requests, compliance‐

related concerns or capital spending intended to maintain and improve SPP’s 

capabilities and services. 

Projects are consistently evaluated throughout the year under oversight of SPP’s internal 

Project Review and Prioritization Committee (PRPC). Reprioritization due to new developments 

and/or resource constraints throughout the rest of 2020 and into 2021 could potentially impact 

the project portfolio. Capital expenditures planned for 2021 could be impacted by:  1) addition 

of projects not currently reflected in the budget, 2) deferrals of projects into future years, 3) 
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elimination of projects due to time constraints and/or completion of the project without 

incurring capital costs, or 4) costs carried forward into 2021 for projects not completed as 

planned during 2020.  

 

 

The capital projects section VI. describes noteworthy projects in detail, and a complete list of 

initiatives and associated capital budgets appear in the supplementary schedules section X.  

DEBT SERVICE 

Debt service is the second largest component of the NRR following operating 

expenses. 

The balance of SPP’s outstanding long‐term borrowings will equal $203.6 million at the 

beginning of 2021. Debt repayments will total $32.3 million during 2021, $28.9 million 

recovered within SPP’s NRR, the remainder covered under contracts. In 2019, SPP began 

utilizing the $80 million revolving line of credit obtained in 2018 to fund capital expenditures. 
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Draws from the line of credit are converted into four‐year term notes after year‐end. The first 

conversion took place in 2020 in the amount of $11 million for 2019 draws for capital 

expenditures. SPP’s annual debt repayments will continually increase over the next three years 

due to the addition of the new annual term note issuances. Annual debt obligations for these 

term notes is projected to level off beginning in 2023, becoming approximately equal to SPP’s 

annual capital expenditures on a rolling average basis. Except for Chenal campus mortgage, by 

2026 SPP will have paid off all borrowings that were obtained to fund capital expenditures for 

projects prior to 2019, including the Integrated Marketplace and Project Pinnacle. As a result, 

based on current projections, annual debt obligations are projected to decrease significantly to 

approximately $16.3 million beginning in 2026. 

 

More details are included in the Section IX (Debt Service).  
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III. VALUE DRIVERS 

SPP collaborates with members, market participants, regulators and ratepayers 

through an inclusive and transparent stakeholder process. It takes time to 

achieve consensus, adhere to impeccable standards and strive to continuously 

learn, grow and become more efficient and effective. Because of this approach, 

SPP provides significant value and earns top‐tier stakeholder satisfaction scores 

year after year. 

MEMBER‐DRIVEN CULTURE 

SPP is value‐oriented and works to ensure that its people and processes align 
with its members’ goals.  

SPP’s transparent and collaborative stakeholder process governs all that it does. The 

independent board of directors oversees dozens of committees, working groups and task 

forces. In these groups’ meetings ‐ 

nearly all of which are open to the 

public ‐ member representatives and 

SPP staff work toward consensus on 

the organization’s strategic direction, 

financial decisions, processes and 

procedures and more. Everyone is 

welcome to participate in the process.  

SPP manages change by building consensus. A stakeholder prioritization process gives members 

whose support and input SPP depends on the chance to provide direct input into prioritization 

of project work and changes to market protocols, governing documents and more.  

This consensus‐building and relationship‐based approach to business is unique, and it provides 

immeasurable value. It ensures the customer base has the opportunity to make its voice heard 

in decisions both big and small. 

SPP derives value from the diverse perspectives of its membership and other engaged 

stakeholders and remains independent of undue influence from any single entity or group of 

like‐minded entities. It facilitates dialogue and collaboration among its members, who work 

together to keep the lights on today and in the future, ensuring all perspectives are 

appropriately considered. 

SPP’s membership includes investor‐owned utilities, rural electric cooperatives, municipalities, 

public power, state and federal agencies and large retail customers. Its service territory is 

SPP’s core values include promoting 
independence through diversity with a 
commitment to remaining a member‐
driven organization. 
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diverse, too. It includes seven of the 100 largest cities in the U.S. as well as a large and 

significant area of rural America. SPP’s 

business model and strategic direction 

reflect the common interests of this 

diverse membership: ensuring reliable 

and affordable electricity through 

collaboration. SPP understands the 

challenges of managing transmission in 

rural areas as well as maintaining reliability in large population centers.  

MAJOR SERVICES  

SPP has a proven record of creating value by leveraging economies of scale, the 

expertise of its staff and the diverse perspectives of its member companies.  

SPP’s primary service is reliability coordination: helping our members keep the lights on. The 

North American Electric Reliability Corporation certified SPP as a reliability coordinator to 

guarantee reliable delivery of electricity to consumers by maintaining a wide‐area view of the 

grid’s current state and future conditions.  

SPP’s wholesale electricity markets determine the resources needed to economically ensure 

reliability and then dispatch the most cost‐effective generation to meet demand and mitigate 

congestion in real‐time. Working in tandem with SPP’s other services, SPP’s Integrated 

Marketplace has produced the lowest wholesale electricity costs in the nation. Since it launched 

in 2014, the Integrated Marketplace has yielded an average of $776 million in annual savings 

derived from lower wholesale electricity costs, reductions to excess capacity requirements and 

other efficiencies facilitated by SPP’s robust market processes. SPP’s markets have produced 

more than $3.5 billion in cumulative benefits to the region since their launch in 2014. They also 

complement RC services by enabling operations staff to spend more time addressing 

circumstances that require manual intervention and critical thinking. This type of partnership is 

at the heart of SPP’s belief that reliability and economics are inseparable.  

Since 2004, SPP has directed nearly $10.4 billion in transmission construction and upgrades. 

These projects are modernizing the grid, enabling access to renewables and other generation 

that has enhanced reliability and lowered wholesale electricity costs. From 2005‐2019, more 

than $8.4 billion of transmission projects have been completed, and another $2 billion are 

scheduled to be put in service by 2026. A recent study based on real‐world data showed that 

every dollar SPP directs toward transmission expansion will return $3.50 in expected benefits. 

SPP’s Value of Transmission report and supplementary materials regarding the study are 

available at www.spp.org/value‐of‐transmission. 

SPP’s average wholesale electricity 
prices remain the lowest of any 
organized market in the U.S. 
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In addition to the core products of reliability coordination, market administration and 

transmission planning, SPP provides a suite of professional services that benefit stakeholders 

through economies of scale and cost savings. Stakeholders trust SPP to deliver industry‐best 

training, project management, strategic planning, counsel and representation in regulatory and 

government affairs and more. 

CONTINUOUS IMPROVEMENT  

SPP embraces a strategy of continuous improvement and strives to always 

innovate, question the status quo and identify opportunities to minimize costs, 

improve outcomes and work more efficiently. It’s a practice that yields big 

returns for our stakeholders.  

Through process improvements, efficiencies and the constant maturation of its business 

practices, SPP has expanded territory and service offerings, adapted to changing requirements 

and circumstances and saved members billions of dollars, and we’ve done it all while helping 

them achieve their own goals of providing affordable and reliable electricity to their customers.
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IV. ALIGNMENT WITH THE STRATEGIC PLAN 

SPP’S STRATEGIC PLAN 

The Finance Committee (FC) and Strategic Planning Committee (SPC) endorsed the 

2021 Operating Plan as being aligned with SPP’s strategic plan. 

The four foundational strategies of SPP’s strategic plan are: 

 Ensuring reliability in planning and operation of the electric power grid 

 Optimizing interdependent systems 

 Enhancing member value and affordability 

 Maintaining an economical, optimized transmission system. 

These foundational strategies focus on creating the capabilities and operational processes 

necessary to fulfill SPP’s mission and to maintain or improve its value propositions in the face of 

a rapidly changing environment. The 

strategies are interdependent, with 

reliability assurance as the basis and the 

enhancement of member value and 

affordability as the discipline to drive all 

SPP strategies. 

The 2021 Operating Plan outlines goals to 

complete the remaining initiatives from 

the Holistic Integrated Tariff Team 

recommendations adopted by the SPP Board of Directors in July 2019. The 2021 Operating Plan 

discusses the creation and adoption of a new, improved strategic plan for SPP scheduled for 

review by the SPP Board of Directors in April 2021. 
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V. 2021 NET REVENUE REQUIREMENT 

NET REVENUE REQUIREMENT 

Operating expenses (excluding depreciation and FERC fees) and debt payments 

are the main components of the NRR.  

In addition to operating expenses related to day‐to‐day operations, the income statement 

includes tariff administration service income (equal to the NRR), contract service revenues, 

miscellaneous income (primarily related to engineering studies) and various other 

income/expense items that are excluded from the NRR calculation (including depreciation and 

income/expense related to FERC fees and assessments).  

  

Total expenses (excluding depreciation and FERC assessments) are expected to be $164.3 

million in 2021, an increase of $8.4 million compared to the 2020 forecast.  

$ millions 2020 Budget 2020 Forecast 2021 Budget 2021 Prior

Income

Tariff Administration Service $172.3 $171.6 $155.3 $179.6

Fees & Assessments 23.7 25.6 23.1 24.4

Contract Services Revenue 5.6 6.2 10.2 10.8

Miscellaneous Income 9.3 9.3 11.5 9.5

Total Income $210.9 $212.7 $200.2 $224.2

Expense

Salary & Benefits $104.6 $107.6 $107.8 $108.7

Communications & Maintenance 24.2 22.4 22.8 24.7

Assessments & Fees 22.4 22.3 22.5 23.5

Outside Services 19.7 16.8 19.0 16.3

Depreciation 19.5 18.8 18.1 19.8

Interest expense 8.8 8.2 7.9 8.3

Administrative 5.5 5.1 5.4 5.5

Travel & Meetings 2.9 0.6 1.4 3.0

Other (Income) / Expense 1.4 (4.9) 0.0 0.8

Total Expense $209.1 $197.0 $204.9 $210.5

Net Income (Loss) $1.9 $15.7 ($4.7) $13.7

Debt Repayment $25.6 $25.4 $32.3 $33.9

Net Revenue Requirement $172.3 $155.0 $155.3 $179.6

Income Statement
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The salary and benefits budget assumes a merit increase of 2.5 percent, a promotion increase 

of 0.75 percent and a vacancy factor of 2.5 percent (comparable to 2020 forecasted vacancy). 

This net impact of these increases to the 2021 budget is minimized by the taxes associated with 

the partial liquidation of the retiree healthcare plan that occurred in June 2020 (i.e. a one time 

expense in 2020  that does not require inclusion in the 2021 budget). 

The increases in 2021 for outside services is primarily related to engineering studies and the 

industry expert panel (IEP) costs associated with Order 1000 (which are offset by pass‐thru 

revenues) and for legal services related to FERC litigation associated with the zonal placement 

process. The increase in the 2021 budget over the 2020 forecast is also attributed to lower 

expenses in 2020 associated with the COVID‐19 pandemic (travel, meetings, administrative 

expenses). 

The primary driver of the increase in other (income) / expense is associated with $5.3 million 

write‐off of retiree healthcare plan liability due to the partial termination of the plan in 2020 

plus various non‐cash valuation items in 2020 that do not impact the NRR and for which no 

amounts are assumed in the 2021 budget.  

 

The following tables illustrate the calculation of the NRR. The 2021 calculation includes funding 

of the 2021 capital reserve (20% of RTO capital expenditures) and an adjustment to NRR to 

account for expected over‐recovery in 2020. Based on the NRR and the expected transmission 

usage, the 2021 calculated rate remains under the 43.0¢ cap as approved by FERC.  

Other (Income) / Expense 2020 Budget 2020 Forecast 2021 Budget 2021 Prior

Pension costs, other components $1.4 $0.2 $0.0 $0.8

SWAP valuation adjustment 0.0 0.6 0.0 0.0

Bad debt 0.0 0.1 0.0 0.0

Unrealized gains/losses 0.0 0.1 0.0 0.0

Dividend/interest income 0.0 (0.6) 0.0 0.0

Retiree healthcare partial termination 0.0 (5.3) 0.0 0.0

Total Other (Income) / Expense $1.4 ($4.9) $0.0 $0.8
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Debt service comprises the second largest component of NRR. The increase in debt service over 

the 2020 forecast is due to higher scheduled principal repayments under SPP’s credit and note 

purchase agreements as well as debt conversion scheduled in 2021 to fund 2020 capital 

expenditures. 

 

  

 

 

 

($ millions)

2020 

Forecast (2)
2021 

Budget

2021 Prior 

Estimate  (3)

Total expense (excluding deprec., FERC and interest exp.) (1) $146.8 $150.8 $152.4

Debt service ‐ principal payments 24.6 28.9 30.4

Debt service ‐ interest expense 8.2 7.5 7.8

Capital expenditure reserve 3.1 3.2 2.9

Western contract services shared overhead (4.7) (2.2) (0.3)

Gross revenue requirement $177.9 $188.1 $193.3

Less:

NRR adjustments (4) (12.5) (20.2) (3.3)

Other revenues (10.4) (12.6) (10.4)

Net revenue requirement $155.0 $155.3 $179.6

Net Revenue Requirement (NRR)

(1) Total expense excludes RC West and WEIS expenses.

(2)  Expenses for 2020 also exclude non‐cash items such as swap valuation adjustments and 

realized/unrealized gains on investments.

(3) 2021 Prior Year Estimate refers to the 2021 estimate made during the 2020 budget presentation.

(4) Explanation provided in the section below.

NRR Adjustments ($ millions)

2020 

Forecast

2021 

Budget

2021 Prior 

Estimate

Pension & retiree healthcare (non‐cash) ($5.6) ($3.7) ($3.3)

2019 Over‐recovery (2.1)

2020 partial liquidation of retiree healthcare plans (4.9)

2020 Projected over‐recovery (16.6)

Total NRR adjustments ($12.5) ($20.2) ($3.3)

NRR Adjustments ($ millions)
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The 2020 projected over‐recovery is associated with various offsetting revenue and expense 

variances throughout 2020.  

 

Although the 2021 budget NRR exceeds the 2020 forecast NRR by only $0.3 million, several 

areas are notably higher than the 2020 forecast by $9.9 million. The increases are partially 

attributed to restrictions in activities as a result of the pandemic that caused expenses in the 

2020 forecast to be considerably lower than expected. These overall increases in the 2021 

budget are largely offset by the expected 2020 over‐recovery.  

The table below outlines changes in the NRR from the 2020 forecast to the 2021 budget. 

  

Retiree healthcare partial liquidation $4.9

2020 western contract services shared overhead 4.7

Other operating expense savings 3.1

Cost savings associated with pandemic * 2.7

Lower debt service costs 1.3

Lower cash pension contributions 0.5

New contract services revenues 0.3

Lower billing determinants for schedule 1A (0.7)

Miscellaneous other (0.2)

Total 2020 projected over‐recovery $16.6

 * Travel, meetings & administrative expenses

2020 Projected over‐recovery

2020 NRR Forecast (excluding PY true‐up & RHC liquidation cash) $162.0

Increase in debt service (principal & interest) 3.8

Western contract services shared overhead reduction 2.5

Increase in compensation 1.6

Increases in travel, meetings & administrative 1.1

Net increases in maintenance, communications & outside services * 1.2

Elimination of IM virtual transaction fees in 2021 0.7

Net miscellaneous other increases/decreases 0.2

Increase in engineering studies staff time revenues (1.3)

2021 NRR Budget (excluding PY true‐up) $171.9

Prior‐year over‐recovery (16.6)

2021 NRR Budget (including PY true‐up) $155.3

* Excluding pass‐thru expense

Change in NRR

2020 Forecast vs. 2021 Budget
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The western services contracts are administered to provide recovery of all direct costs incurred 

by SPP under the contracts, as well as an allocation of shared overhead which reduces SPP’s 

NRR. The 2021 budget includes $9.9 million in revenues for western services contracts and $2.2 

million for shared overhead recovery that translates 1 for 1 in reducing SPP’s NRR in 2021. The 

reductionP in the 2021 NRR related to western contract services shared overhead is comprised 

of $0.4 million of overhead incurred during WEIS implementation and $1.8 million of overhead 

related to operational activities for both RC West and WEIS. 

TARIFF RATE CAP 

The SPP tariff currently limits the annual budgeted NRR to a ratio not exceeding 0.43:1 of 

estimated annual transmission usage (expressed in MWh). This limitation is a legacy limit based 

on SPP’s single bundled‐rate recovery structure where costs were recovered from all 

transmission customers. This requires the budgeted NRR, when divided by estimated 

transmission billing determinants for the budget year, to be at or below a specific rate 

stipulated in the tariff. The specific rate cap in effect for the 2021 budget year is 43¢ per MWh. 

Actual billing determinants from August 2019 thru July 2020 are used estimate transmission 

billing determinants per the process as outlined in SPP’s Schedule 1A Task Force Whitepaper 

dated April 2019. SPP recorded 371,084,817 MWhs of network transmission billing units and 

21,134,484 MWhs of point‐to‐point transmission billing units for August 2019 thru July 2020 

which totaled transmission usage of 392,219,301 MWh. 

SPP’s budgeted NRR for the 2021 fiscal year is $155.3 million, as described throughout the 

budget document. Comparing the NRR to the estimated transmission usage yields a ratio of 

0.396:1, which falls within the limitations in the tariff. 

FUTURE FORECASTING 

SPP constructs a three‐year budget plan each year in accordance with the tariff. The basis for 

the five‐year forecast is the 2021–2023 budget with only inflation adjustments applied to the 

operating expenses for 2024‐2025. The transmission usage for 2024 and 2025 remain equal to 

the 2021 budget of 392.2 TWh.  
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The prior year adjustment applied in 2021 results in a lower NRR than the subsequent years. 

The calculated rate for 2021 falls within the FERC rate cap of $0.43; however, the calculated 

rate for future years exceeds the cap beginning in 2022. 

  

Capital expenditures for 2024 and 2025 are assumed to be consistent with the 2023 forecast 

with only inflation adjustments applied. Consistent with the budget for 2021‐2023, SPP has 

included collection of 20 percent of the forecasted capital expenditures for each year in 2024 

and 2025. This collection will serve to reduce future financing costs. 

 

  

   

2021 Budget 2022 Forecast 2023 Forecast 2024 Forecast 2025 Forecast

Net Revenue Requirement $155.3 $179.0 $184.4 $186.8 $186.2

MWh Forecast (in millions) 392.2 392.2 392.2 392.2 392.2

Calculated rate for FERC cap $0.396 $0.456 $0.470 $0.476 $0.475

2021 Budget 2022 Forecast 2023 Forecast 2024 Forecast 2025 Forecast

Income

Tariff Administration Service $155.3 $179.0 $184.4 $186.8 $186.2

Fees & Assessments 23.1 23.6 24.1 24.6 25.1

Contract Services Revenue 10.2 10.4 10.5 10.7 10.9

Miscellaneous Income 11.5 11.2 11.1 11.4 11.6

Total Income $200.2 $224.2 $230.2 $233.5 $233.8

Expense

Salary & Benefits $107.8 $111.0 $114.3 $116.6 $118.9

Communications & Maintenance 22.8 23.4 24.0 24.5 25.0

Assessments & Fees 22.5 22.9 23.4 23.8 24.3

Outside Services 19.0 18.4 17.9 18.2 18.6

Depreciation 18.1 18.5 17.4 17.8 18.1

Interest Expense 7.9 7.1 6.0 4.7 3.7

Administrative 5.4 5.5 5.6 5.7 5.8

Travel & Meetings 1.4 2.4 2.5 2.6 2.6

Total Expense $204.9 $209.2 $211.1 $213.9 $217.1

Net Income (Loss) ($4.7) $14.9 $19.1 $19.6 $16.7

Debt Repayment $32.3 $35.9 $39.3 $39.3 $33.9

Net Revenue Requirement $155.3 $179.0 $184.4 $186.8 $186.2

Capital Expenditures $16.4 $12.2 $11.0 $11.2 $11.5

SPP Five Year Forecast
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VI. CAPITAL PROJECTS 

SPP expects 2021‐2023 capital expenditures to be approximately $38.5 million. 

Beginning in early 2020, SPP compiled a comprehensive list of projects in consideration for the 

2021‐2023 budget under the direction of the PRPC and in collaboration with staff from the 

project management office (PMO), accounting and IT departments. These projects are in 

addition to the foundation capital expenditures for IT, operations, engineering, settlements and 

facilities for routine refresh and upkeep.  

The PRPC is comprised of all SPP departmental directors and is responsible for ensuring the 

effective and efficient use of SPP resources, including staff and capital funds. The PRPC reviews 

all SPP enterprise project requests and only approves projects aligned with SPP’s foundational 

strategies and justified by a project business case. For the 2021‐2023 budget planning cycle, the 

PRPC recommended a portfolio of 14 projects to the SPP officer team. There were no 

incremental headcount requests for any of the projects submitted. 

The 2020 recommendation was notable for at least two reasons: 1) it is the first time the PRPC 

recommended projects as a portfolio of projects, in various stages of implementation, 

consistent with the project pipeline and portfolio management principles adopted by the PRPC, 

and 2) there were no new projects being presented as part of this recommendation. The PRPC 

and officers had previously reviewed each project in the recommendation, although some had 

been put on hold or postponed for various reasons. The officers approved the 14‐project 

portfolio as recommended by the PRPC to be included in the 2021‐2023 capital budget. 
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The following table summarizes the capital impact of projects for the 2021‐2023 budget cycle, 

including projects approved in previous years not completed in 2020. 

  

CARRYOVER PROJECTS 

Certain projects were approved to start in previous years and have capital spend associated 

with the completion of those projects in the 2021‐2023 budget cycle. A brief overview and the 

current status of each project is below. 

Markets & Reliability Training Simulator (formerly DTS Upgrade) 

This multiyear project will upgrade the dispatcher training simulator (DTS) to increase 

availability to real‐time operations staff, configure simulation displays to match those used on 

the operations floor and incorporate market functionality to provide a more realistic simulation 

 Prior 
Year(s)

2021 
Budget

2022 
Forecast

2023 
Forecast

Total 
Capital

Capital Projects

EMS, CMT & Markets Upgrade 0.2$       1.8$        1.2$         ‐$            3.2$       

Markets & Reliability Training Simulator (formerly DTS) 1.3        0.9         ‐             ‐              2.2        

Ramp Product 0.3        0.5         ‐             ‐              0.8        

Identity Access Management Deployment (IAM) 0.2        0.3         ‐             ‐              0.5        

FERC Order 841: Electric Storage 0.2        0.2         ‐             ‐              0.4        

Tagit/Scert Rewrite 0.1        0.2         ‐             ‐              0.3        

Freeze Date Replacement ‐            0.2         ‐             ‐              0.2        

Fast‐Start Resource Compliance ‐            0.2         ‐             ‐              0.2        

Interface Pricing & Pseudo Tie Modeling ‐            0.2         ‐             ‐              0.2        

Total Capital Projects 2.3$       4.5$        1.2$         ‐$            7.9$       

Foundation

Information Technology 7.6$        7.9$         8.1$         23.6$     

Operations 2.9         2.3          2.3           7.4        

Engineering 1.0         0.4          0.4           1.8        

Facilities 0.1         0.1          0.1           0.2        

Total Foundation * ‐$           11.5$      10.7$      10.8$       33.0$     

Total Capital Budget Before Contract Services 2.3$        16.0$       11.8$       10.8$       40.9$      

Contract Services

RC West ‐ EMS Upgrade 0.0$        0.2$         0.1$         ‐$            0.4$        

RC West ‐ PMU 0.1           ‐              ‐              0.1          

WEIS Ongoing WEIS Market Enhancements 3.2          0.2           0.2           0.2           3.8          

Total Contract Services (funded thru contract revenues) 3.3$        0.5$         0.3$         0.2$         4.3$        

2021 ‐ 2023 Capital Budget 5.5$        16.4$       12.2$       11.0$       45.1$      

 * Foundation projects are reforecast during each budget cycle and do not include any carry‐over funds.

2021 ‐ 2023 Capital Expenditures ($ millions)
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experience. This final phase of the multi‐year DTS project includes the build and integration of 

simulation software for market functionality to create a Markets and Reliability Training 

Simulator (MRTS). It consists of the following three phases of work: 

 Phase 2B‐1: Requirements, system design and implementation of some of the core 
infrastructure. Expected completion to occur in Q4’20. 
 

 Phase 2B‐2: Design, installation, testing and implementation of a basic MRTS. Expected 
completion to occur in Q2’21. 
 

 Phase 2B‐3: Design and implementation of functionality to provide SPP instructors with 
the ability to simulate additional subsystems such as automation features that make the 
creation of scenarios easier. This phase will commence with the completion of Phase 2B‐
2. 

 

 

Ramp Product   

Due to increasing renewable penetration and interchange flexibility, net load variations and 

uncertainties impose challenges to maintain real‐time power balance. These challenges are a 

threat both to the security of the grid and the health of SPP’s Integrated Marketplace. The 

ramping product will provide a market‐based approach for ramp management that leverages 

existing operational experiences to systematically pre‐position resources with ramp capability 

to manage net load variations and uncertainties and to provide transparent price signals to 

incent resource flexibility and economic investment. 

This project addresses the impact that resource ramp shortages in the market cause with 

respect to short‐term spikes in market prices by designing methods to better anticipate the 

need for responsive resources in the market. 

The project was approved in 2019 with a capital budget of $0.2M based on an internal 

estimate. During 2Q’20 the vendor returned a statement of work (SOW) in the amount of 

$0.7M. In addition to the SOW, the project will require staff augmentation of $0.1M. The 

project requirements are expected to be finalized during 3Q’20, with an expected 

implementation date in 4Q’21. 
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Identity and Access Management (IAM) Deployment 

IAM addresses the need to ensure appropriate access to resources across diverse technology 

environments and to meet increasingly rigorous compliance requirements. SPP is exposed to 

significant cybersecurity and compliance risk along with reduced operating efficiency due to 

continued use of manual processes. 

This project involves installing the IAM solution in production to run user‐access certification 

campaigns and support provisioning and de‐provisioning of access for a defined set of targets in 

a phased approach. The solution will also establish a support model to accommodate ongoing 

development needs across all environments, including on‐boarding of access to additional 

applications and systems.  

In 2020, SPP engaged a vendor to help deploy the software solution that was previously 

acquired. This effort includes defining SPP’s business procedures related to an overall IAM 

strategy by conducting assessments. This review and evaluation phase is expected to conclude 

during 3Q’20 and reconfiguration of the solution is expected to commence in 4Q’20. 

Implementation is targeted to take place in 1Q’22. 

 

FERC Order 841: Electric Storage 

This project consists of SPP software system changes and process changes to comply with FERC 

Order 841. The order’s requirements remove barriers to participation of electric storage 

resources in ISO/RTO capacity, energy and ancillary markets. 

 

The vendor originally began work on requirements and design activities for market system 
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enhancements in late 4Q’18 with an expected delivery date of March 2019. However, updates 

to the settlements system were also required as part of the project. Given the delay in the 

completion of the settlements project, SPP placed this project on hold until the new 

settlements system went live in early 2020. Because FERC mandated an implementation date of 

August 3, 2021 in response to SPP’s 4Q’19 filing, the project has recently resumed to meet that 

date. The target implementation date is now July 1, 2021. 

 

 

Transmission & Generation Implementation Tracking (TAGIT)/ 

Standardized Cost Estimation Reporting Template (SCERT) Rewrite  

 

The existing TAGIT and SCERT tools are used by SPP planning engineering staff and SPP 

transmission owners with oversight provided by the Project Cost Working Group (PCWG). These 

tools help facilitate tracking of projects and the SPP Transmission Expansion Plan (STEP), and 

issuance of notification to construct (NTC) as described in SPP Business Practice 7060, Business 

Practice 7160, Attachments O and Y of the SPP tariff. 

The goal of this project is to enhance the platform to allow operators to focus on data analysis, 

remove potential barriers for additional operators to cross‐train and improve data integrity. 

These changes will help streamline the utilization of the tools and provide more consistent and 

higher quality NTC letters and project tracking reports.  

 

The design phase was completed and development commenced in 2Q’20. Using more internal 

resources than originally contemplated should bring the project significantly under budget. The 

new tool, planned for implementation in 1Q’21, will be renamed Transmission Reporting and 

Communication (TRAC). 
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2020‐2022 CAPITAL PROJECTS 
 

A discussion for all projects commencing in 2021‐2023 is presented below. Costs presented for 

each project include all capital and operating costs expected during 2021‐2023 associated with 

the implementation and ongoing maintenance of these projects. The IT Capital portion of these 

projects is included in the IT Foundation budget as discussed in a later section while the 

operating expenses associated with these projects are included in the operating expense 

budgets for the respective departments. 

EMS CMT Markets Software Upgrade  

This project addresses the hardware refresh and software upgrade required to continue 

operations of the EMS, CMT and Markets applications. Both the system software and the 

hardware used for the systems are due for refresh by December 2022. In addition, a time 

frequency device must be replaced in conjunction with this project no later than September 

2022, which is the timeline for this project. The EMS and Markets systems are critical CIP 

applications that require continual patch source and vendor support to operate reliability and 

market functions.  

This project has appeared in the forecast for the last two budget cycles with an estimated 

budget of $5.7 million and a 2021 projected start date. Over the past few months, the SPP 

technical team has worked closely with the vendor to define specific requirements and 

timelines which resulted in a revised, lower estimate of $3.5 million. Preliminary work is 

expected to commence in late 2020 in order to minimize risk and ensure adequate vendor 

resource availability.  

 

Freeze Date Replacement   

SPP’s congestion management process details the method used to allocate rights for 

transmission service on flowgates with shared impacts between one or more parties of the 

Congestion Management Process (CMP) members (Midcontinent Independent System 

Operator (MISO), SPP, PJM Interconnection, LG&E and KU Energy, Tennessee Valley Authority 
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(TVA) and Manitoba Hydro (MHEB)). The process is based on a methodology that employs a 

baseline of transmission reservations set in 2004, known as the freeze date.  

The overarching objective of the project will be to update the process that calculates firm flow 

entitlements (FFE) on reciprocal constraints used in the real‐time congestion processes in 

accordance with new rules and requirements agreed upon by CMP members. 

The project was broken into two phases. Phase I of the project allows new designated network 

resources (DNR) to participate in the allocation process, and was implemented in June of 2018 

with no vendor software changes required. 

SPP is currently working with other CMP members to develop and implement Phase II. The 

Phase II design is intended to better align the allocation process with the CMP members’ 

respective planning processes. Phase II will require vendor system changes and is expected to 

be implemented in June 2022. 

 
 

 

Fast‐Start Resource Compliance   

FERC opened a proceeding to examine price formation in organized markets in 2014. The 

proceeding aimed to ensure that pricing rules established in RTO/ISO markets would satisfy 

four objectives: 1) maximize market surplus for consumers and suppliers, 2) provide correct 

incentives for market participants to follow commitment and dispatch instructions, make 

efficient investments in facilities and equipment, and maintain reliability, 3) provide 

transparency so that market participants understand how prices reflect the actual marginal cost 

of serving load and the operational constraints of reliably operating the system and 4) ensure 

that all suppliers have an opportunity to recover their costs.  

In December 2017, FERC opened a 206 proceeding to investigates SPP’s practices regarding the 

pricing of fast start resources and in July 2019, issued an order finding that SPP’s fast start 

resource pricing practices were unjust and unreasonable. SPP filed its response to the issues 

raised in the Section 206 proceeding in December 2019. FERC issued its order in July 2020, 

accepting SPP’s compliance filing subject to further compliance as described in the order. The 
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FERC order requests SPP to specifically address certain issues around the requirement to allow 

commitment costs of fast‐start resources to be reflected in day‐ahead and real‐time prices. 

FERC also requested that SPP propose an effective date for the proposed tariff revisions and an 

estimate of when the development, testing and implementation of the software system 

changes will be complete. SPP staff is currently assessing the overall project requirements and 

the timeline for implementation.  

 

Interface Pricing & Pseudo Tie Modeling 

 

SPP will collaborate with MISO to design a common methodology for modeling pricing 

interfaces and treating pseudo‐tie‐congesting charges. Once SPP and MISO agree on a 

methodology, they will begin designing, testing and implementing the changes. Multiple vendor 

changes may be required to properly model the new interfaces. Settlement changes will be 

required to remove pseudo‐tie overlapping congestion charges. 

 

FOUNDATION CAPITAL EXPENDITURES 

The following section describes the various categories of foundation capital expenditures in 

detail.  

IT Foundation 

The IT Foundation budget captures corporate‐wide hardware and software requirements to 

support SPP’s business applications and systems. This budget is used for ongoing upgrades and 

replacements of SPP’s aged hardware infrastructure, as well as incremental hardware, 
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software, and application requirements driven by new corporate initiatives. The 2021 budget 

and 2022‐2023 forecast by category for IT Foundation is illustrated below.  

  

IT Foundation – IT Infrastructure Refresh 

This category includes upgrades and replacements of aged technology and software to support 

existing systems and services (markets, reliability, settlements, corporate functions, etc.).  

          

The major initiatives in the 2021 budget include the following:  

 Servers  IT’s policy is to consider physical server replacements after a 5‐6 year useful life 

based on factors such as withdrawn support from the vendor, high failure rates, 

increased performance requirements, incompatibility with other technology and 

performance/economic considerations.  

SPP has approximately 130 servers targeted for replacement during 2021. The cost per 

server ranges from $10,000 to $45,000 (capital expense portion), contributing to a total 

budget of $2.8 million and roughly 40% of the IT Foundation budget. The server 

replacements include larger host machines that support SPP’s virtualized environment, 

along with dedicated servers to support a particular application. 

 Storage:  In late 2014, SPP invested in a $6.5 million storage solution that included over 

20 components of hardware and software, including production storage capacity (at 

Chenal and Maumelle), SAN switch technology, and backup hardware/software located 
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at the Chenal, Maumelle and off‐site data centers. As opposed to replacing all of this 

equipment at once, the team established a 2‐3 year phased approach to better align 

with operational and budget impacts.  

Some of this content was replaced in 2020, and IT plans to continue the initiative in 2021 to 

include:   

o Electronic Security Perimeter (ESP) storage replacement 

o Elastic Cloud Storage (ECS) growth for long‐term storage retention  

o ECS is SPP’s on‐ premise cloud solution for storage that provides a 

significantly lower‐cost platform than previous archival solutions   

o Network attached storage (NAS) replacement and growth  

o Data domain (long term storage retention) storage migration/replacement 

 

 Network:  SPP has an extensive corporate voice and data network that is required to 

provide high throughput, high availability, protective security and ample 

communications across business locations and members. With over 550 hardware 

network appliances in operation, SPP remains in a continuous state of implementing 

software maintenance and infrastructure upgrades/replacements to remain current 

and/or stay ahead of dynamic communication demands.  

The following key areas are planned to be addressed in 2021:  

o Switch Upgrades/Replacements:  The current switch technology running at 

Chenal and Maumelle is limited on the number of 40G interfaces and even more 

limited on the number of 100G interfaces. SPP is deploying additional 40G 

interfaces for new servers (utilized for server virtualization), and there is only 

one remaining slot for 10G/40G line cards. The upgraded switch technology will 

provide for much greater 40G capacity and accommodate 100G, which is 

expected to be introduced to SPP’s network by 2022. 

o Corporate Domain Group Access / Security Enhancements:  To enhance security 
between the corporate user network and corporate server zones, SPP has been 

working with a consultant on a solution for group access at the corporate 

firewall and a form of network access control that allows only SPP‐authorized 

machines to access the corporate network based on criteria such as certificates. 

o Multi‐Factor Authentication (MFA):  The existing phone factor solution does not 
scale well when deploying for internal and external applications and will be cost 
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prohibitive if deployed for external applications that might have thousands of 

accounts that require MFA. There is an initiative to find a corporate wide MFA 

solution that will accommodate all of the applications that require multi‐factor 

authentication. 

o Office Building Switch Technology Refresh:  The existing switching infrastructure 

for the Chenal office building (COB) was purchased in 2012 prior to occupying 

the COB. These switches will be at the end of the support agreement on 

12/31/2021. Since next business day hardware support is no longer offered as of 

5/1/2020, the hardware must be returned to the manufacturer’s factory and 

wait for approximately ten days for diagnostic activities. SPP has targeted nine 

units for replacement in 2021.  

 Software Licenses and Upgrades:  SPP performs routine software upgrades and 

installations each year to maintain product currency, as well as to accommodate growth 

of user and/or server requirements. IT plans to perform upgrades to several applications 

in 2021 and acquire incremental licenses for a number of existing products. A summary 

of major activities by area is included below:  

o Service Management Team:  The software utilized by the IT service management 

team to provide change management and software installation management will 

be evaluated and potentially replaced during 2021 due to product support issues 

and significant increases in vendor support costs. The software utilized to 

provide baseline inventories of CIP assets will be upgraded in 2021 to ensure SPP 

is running on a current supported version. SPP will utilize the software vendor to 

perform the upgrade. 

o Cyber Security and Quality Control:  Additional licenses for the software utilized 

for vulnerability assessments and security risk management will likely be needed 

to keep up with the growing number of CIP qualifying assets. SPP acquired a 

software product in 2020 to comply with CIP13 supply chain requirements, 

specifically to assist with vendor risk assessments. A minimal set of licenses was 

initially purchased, but expectations are that additional licenses will be needed 

in 2021 as the vendor portfolio increases. 

o IT Applications, Database Administration, Architecture, and Data Services:   

o Database Licenses:  Additional licenses for the database platform utilized 

for the settlements system will be needed in 2021 due to significantly 
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greater consumption of storage and computing infrastructure over what 

was originally anticipated. 

o Security Access:  SPP utilizes tools to secure and protect all privileged 

account passwords and secure shell (SSH) keys in a highly secure central 

repository to prevent the loss, theft or unauthorized sharing of 

credentials. The tool continues to be rolled out to new users and servers, 

requiring additional licenses. 

o Data Visualization:  SPP utilizes software to collect, integrate, analyze and 
provide data visualizations to support better SPP business decision 
making. The current data visualization tool continues to be adopted by 
more business users/teams within SPP, driving the need for additional 
server and viewer licenses. 
 

o Applications:  SPP must make routine, ongoing changes to many business 

applications to allow for compatibility/coexistence with newer versions of 

the operating system, middleware, and databases. These application 

updates frequently require services and/or software fees from the 

vendor. 

IT Foundation ‐ New Initiatives 

The new initiatives category consists of both software purchases related to new technology 

/functionality as well as incremental hardware and software associated with capital projects. 

While IT has a number of automation and product evaluation activities slated for 2021, there is 

a relatively limited number of new initiatives that will drive incremental capital spend. A 

summary of projects that is expected to drive additional spend is provided below. 
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Enterprise PRPC Projects 

The PRPC and officer team approved a relatively small number of new projects to begin in 2021. 

While each project carries a dedicated capital budget, a nominal amount of incremental 

hardware and software impacts the IT Foundations budgets. IT anticipates capital expenditures 

only for the Freeze Date Replacement project for 2021, requiring roughly 15TB’s of incremental 

storage capacity. 

 
Tool and Architectural Enhancements 
 
SPP is evaluating options to automate software deployment and implement containerization 

which allows software applications to be more efficiently partitioned/utilized on physical 

servers, potentially eliminating virtual machines and the associated costs of software licensing 

and patching.  

 

Storage for SPP Settlements System  
 
SPP implemented a new Settlements system during 2020, which requires significantly more 

storage capacity than the previous system. The team anticipates additional storage will need to 

be acquired in both 2020 and 2021 to accommodate these application requirements. 

Operations Marketplace and Other System Enhancements 
 
The operations foundation budget primarily consists of planned enhancements to the market 

operations system (MOS). This includes modifications to the market operator interface (MOI), 

market user interface (MUI) and market clearing engine (MCE) applications as well as the 

market database (MDB). MOS enhancements drive over 80 percent of the operations 

foundation budget. The remainder includes enhancements for numerous other systems and 

tools as summarized in the table below. 
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Engineering System Enhancements 

The most significant component of this budget is routine enhancements to the congestion 

hedging system. The remainder of the budget is primarily for incremental licenses to existing 

applications as well as potential miscellaneous hardware and software purchases.  

 

   

2021 

Budget

2022 

Forecast

2023 

Forecast

Total 

Capital

Operations Marketplace and Other System Enhancements

Market Operation System (MOS) 2.0$          2.0$       2.0$           6.0$            

Energy Management System (EMS) 0.1            0.1         0.1             0.3              

Market Benefit Studies 0.2            ‐              ‐                  0.2              

DSA Tools (PSAT, VSAT, TSAT) 0.1            0.1         0.1             0.2              

Open Access Same‐Time Information System (OASIS) 0.1            0.0         0.0             0.1              

Phaser Measurement Unit (PMU) 0.1            0.0         0.0             0.1              

Miscellaneous Other * 0.3            0.1         0.1             0.5              

Total Operations Marketplace and Other System Enhancement 2.9$          2.3$       2.3$           7.4$            

* Includes Control Room Operations Window (CROW), Topology Control Tool (Router, POM‐OPM), Open 

Access Technology Int'l/Native Network Limit (OATI/NNL), Centralized Modeling Tool (CMT), Dispatch 

Training Simulator (DTS), Vision and PI.
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VII. RESOURCE UTILIZATION    

SPP’s 2021 budget incorporates the funds necessary for SPP to provide day‐to‐day operations 

while pursuing strategic goals and organizational objectives. The chart below shows the various 

resource components and the corresponding 2021 budget amounts in comparison to 2020 

budget and forecast, and a comparison to amounts forecasted for 2021 during the 2020 budget 

cycle. The following section discusses each component in detail. 

 

 

 

2020 Budget  2020 Forecast  2021 Budget  Prior 2021 

Salary & Benefits $104.6 $107.6 $107.8 $108.7

Maintenance 19.3 17.6 17.9 19.7

Outside Services & Consulting 19.7 16.8 19.0 16.3

Interest expense 8.8 8.2 7.9 8.3

Administrative 5.5 5.1 5.4 5.5

Communications 4.9 4.9 4.9 5.0

Travel & Meetings 2.9 0.6 1.4 3.0

Other (Income) / Expense 1.4 (4.9) 0.0 0.8

Total Operating Expense * $167.1 $155.8 $164.3 $167.2

Operating Expenses by Resource ($ millions)

 * Excludes depreciation & FERC fees.
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STAFFING 

Leveraging Diversity 

SPP’s most valuable asset is its employees. A diverse, well‐trained employee base 

is essential for delivering SPP’s wide range of services. SPP’s employment 

practices are based on hiring and retaining the right employee and the right 

number of employees while ensuring diversity, equity and inclusion in every 

employee experience. 

  

SPP began the development of a formal Diversity, Equity and Inclusion program in 2020 with 

the goal of ensuring that employees feel valued and included, regardless of race, gender, 

nationality, sexual orientation, age, 

religion or protected class. While fair 

employment practices have always 

been embedded in the SPP business 

model, executive leadership 

recognized the importance of 

clarifying this key component of SPP’s 

employment strategy as part of the 

core ideology of doing the right thing 

for the right reason and in the right 

way. 

Benefit plans, organizational structure and compensation programs are crucial to attracting and 

retaining career employees, each of which are reviewed and approved by the SPP human 

resources committee on an annual basis. Offering a competitive total compensation package 

fosters employee engagement and contributes to lower turnover. SPP management reviews 

staffing levels as vacancies occur and seeks opportunities to create efficiencies and manage 

headcount.  

SPP deploys various initiatives to foster retention and build bench strength, which ultimately 

enhances the ability to provide the highest level of service and value for members and 

customers. Employees are encouraged to seek opportunities matching their career goals and to 

expand their knowledge base through career development initiatives such as rotation 

programs, job shadowing and career planning tools. Employees are also encouraged to engage 

SPP’s employment practices are 
based on hiring and retaining 
the right employee and the right 
number of employees while 
ensuring diversity, equity and 
inclusion. 
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in learning opportunities such as professional development, compliance training, teaming 

initiatives and giving back to their community. 

From recruiting practices to an employee’s first day at SPP and throughout the new‐hire 

orientation program, employees learn about SPP’s culture and essential information about the 

industry. Part of what makes SPP an attractive employer is the company culture and the 

dedication to the corporate mission. Valuing the power of diversity makes SPP even more 

attractive to current and potential employees.  

Staffing Levels   

Staffing levels have recently risen in association with the additional contract services 

agreements as well as efforts to curtail the backlog of engineering studies by eventually 

lowering dependency on contractors. Beginning in 2021 staffing is expected to level out  

Establishing and maintaining the right number of employees to efficiently provide SPP’s services 

can be challenging. SPP management staff considers staffing needs each year as part of the 

annual budget process. Business needs for incremental headcount are submitted for approval 

by managers and vetted by directors and officers. While 12 positions were submitted for 

consideration in the 2021 budget, SPP deferred incremental headcount until the 2022 budget in 

light of the current economic 

environment. HR facilitates a bi‐

monthly meeting with the officer 

team to discuss corporate staffing 

metrics, requests for additional 

staffing, reorganizations and attrition 

to ensure staffing decisions are not 

made from organizational silos.  

SPP made the decision to defer 
any incremental headcount 
until the 2022 budget. 
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There were six unidentified reductions for attrition as scheduled in the 2019 budget cycle (one 

carried over from 2019, three carried over from 2020, and two originally scheduled for 2021). 

Three of these positions were identified for elimination by the end of 2020. SPP directors 

review open positions throughout the year and are expected to identify efficiencies in existing 

staff in order to manage incremental headcount requests and to identify the remaining staff 

reductions via attrition.  
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The table below illustrates changes in the approved staffing levels for 2020‐2023. 

 

The following table shows the staff numbers by executive division: 

 

 

2020 2021 2022 2023

2020 Budget 659

Budgeted attrition (3)

2020 Year‐end forecast 656

2021 Incremental positions 0

Budgeted attrition (unidentified) (3)

2021 Budget 653

IT Programmer/Analysts 4

Customer Relations Representative 1

Finance, Accountant 1

2022 Forecast 659

IT Programmer/Analysts 2

2023 Forecast 661

Prior Budget / Forecast 656 656 n/a

Approved Staffing Levels

Headcount 2020 Budget 2020 Forecast 2021 Budget 2022 Forecast 2023 Forecast

Information Technology 169 168 168 172 174

Engineering 157 154 154 154 154

Operations 113 117 117 117 117

Finance & Corporate Services 69 69 69 70 70

Process Integrity (1) 57 56 56 57 57

Contract Services 33 33 33 33 33

Regulatory & Legal 27 27 27 27 27

Market Monitoring (MMU) 16 16 16 16 16

Officer 11 11 11 11 11

Corporate Communications & Gov't Affairs 8 8 8 8 8

Other (2) (4) (3) (6) (6) (6)

SPP Total 656 656 653 659 661

Note: In some instances, the net increases/decreases by division discussed in the previous section are partially offset by 

additional interdepartmental transfers.

2020 ‐ 2023 APPROVED POSITIONS BY DIVISION

1)  The Process Integrity division includes compliance, project management, training, customer relations, internal audit 

and interregional relations departments.

2) "Other" represents total of 6 remaining unidentifed reductions for attrition (1 in 2019, 3 in 2020 and 2 in 2021). 
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Staffing Components 

The staffing budget for 2021 includes funding for salaries (including base salary 

and overtime pay), benefits and payroll taxes and continuing education. 

 

 

 

 

 

 

 

 

The base salary budget assumes a merit increase of 2.5%, a promotion increase of 0.75% and a 

vacancy factor of 2.5%.  

 

Vacancy and Merit Assumptions   

The average vacancy rate is expected to be approximately 2.4% for 2020. A vacancy rate of 

2.5% was applied to the 2021 budget as SPP anticipates staff turnover in 2021 to be relatively 

consistent with 2020. This equates to headcount vacancy averaging 16 positions during the 

calendar year.  

Salary Expenses ($ millions) 2020 Budget (1) 2020 Forecast 2021 Budget (2) 2021 Prior (2)

Base salaries at beginning of year $65.6 $65.6 $68.6 $69.3

Merit increase 2.0 2.0 1.7 2.1

Premium pay 1.2 1.2 1.2 1.2

Incremental staff 1.9 1.9 0.0 0.2

Promotions 0.5 0.5 0.5 0.5

Vacancy (2.4) (2.5) (1.8) (2.6)

Total Salary Expenses $68.8 $68.7 $70.3 $70.8

(1) 2020 budget vacancy 3.5% & merit 3.0%

(2) 2021 budget vacancy 2.5% & merit 2.5%; 2021 prior vacancy 3.5% & merit 3.0%
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Benefits and Taxes  

The budget for benefits and payroll taxes includes pension cost; performance compensation; 

payroll taxes; medical, dental and life insurance benefits; employee events; and relocation 

expenses. Below is a breakdown of employee benefits and taxes:  

 

2020 Budget 2020 Forecast 2021 Budget 2021 Prior

Vacancy rate 3.5% 2.4% 2.5% 3.5%

2017 2018 2019 2020 2021

Merit Increase $1.7 $1.8 $1.8 $2.0 $1.7

Promotion Pool $0.5 $0.5 $0.5 $0.5 $0.5

Merit % 3.0% 3.0% 3.0% 3.0% 2.5%

Promotion % 0.75% 0.75% 0.75% 0.75% 0.75%

Merit and Promotion Budget

Benefits &  Taxes ($ millions) 2020 Budget 2020 Forecast 2021 Budget 2021 Prior

Retirement Plans (401K, pension, deferred comp) $10.7 $11.9 $12.1 $11.6

Performance Compensation 12.0 11.8 12.0 12.3

Payroll Taxes 5.8 6.0 5.8 6.6

Medical Benefits 5.2 5.5 5.6 5.3

Other Employee Benefits 0.5 2.2 0.5 0.5

Dental Benefits 0.4 0.4 0.4 0.4

Life Insurance Benefits 0.5 0.5 0.5 0.5

Total Benefits & Taxes $35.1 $38.3 $36.8 $37.1

Continuing Education 0.7 0.5 0.7 0.7

Total Benefits, Taxes & Con't Education $35.8 $38.8 $37.5 $37.9
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The SPP human resources committee (HRC) voted in April 2020 to terminate the post‐

retirement healthcare plan for eligible but non‐vested participants. SPP’s board of directors 

approved this partial termination of the plan. In lieu of the terminated benefit, eligible 

participants were provided a lump‐sum payout at the present value of the projected benefit 

that was calculated by the actuary. The HRC considered several factors in the recommendation, 

including the relatively small size of the eligible group of employees (< 100), the length of time 

until most eligible employees would 

vest in the plan and the ability to 

provide certainty of this benefit by 

paying a lump sum to participants. 

After distributing the lump sum 

payouts to non‐vested staff and 

retaining funds to provide benefits to 

current participants, the remaining 

cash of $4.9 million serves as a 

reduction to the 2020 NRR as a result 

of the partial liquidation of the assets. 

The 2020 forecast and 2021 budget amounts for pension expense are based on the most recent 

actuarially calculated pension costs. Pension expense was calculated assuming a long‐term 

asset return of 7 percent (consistent with the assumed rate of return in SPP’s investment policy 

statement). SPP will make cash contributions of $5.0 million to the pension plan during 2020, 

and contributions to the plan are also budgeted at $5.0 million in 2021. Only the cash 

contribution portion of pension expense is included in the NRR. 

 

Performance compensation is budgeted at the target level of 17.6% of base salary and is paid in 

March of the following year. The performance compensation program is a key component to 

achieving the 50th percentile total compensation benchmark set by the human resources 

2020 Budget 2020 Forecast 2021 Budget 2021 Prior

Pension expense

Cash contributions (included in NRR) $5.5 $5.0 $5.0 $5.6

Other costs 2.2 3.2 3.7 2.3

Total expense $7.7 $8.2 $8.7 $7.9

Retiree healthcare expense

Cash contributions (included in NRR) $0.0 $0.0 $0.0 $0.0

Other costs 1.1 0.2 0.0 1.5

Total expense $1.1 $0.2 $0.0 $1.5

The SPP HRC and board of directors 

approved the partial termination of 

the retiree healthcare plan, resulting 

in $4.9 million reduction to the 2020 

NRR. 
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committee. Funding for the 401(k) matching contribution is estimated at 4.7% of the salary 

expense (including performance compensation) based on recent company trends.  

Medical Benefits Costs 

The net cost of the self‐funded medical plan in the 2021 budget is $5.6 million, 

which represents a 1.8% increase over the 2020 forecast and a 7.7% increase 

from the 2020 budget. 

SPP’s medical and pharmacy costs have increased an average of 4% per year since 2016. The 

market average for cost increases for that time frame was 10% according to information 

obtained from the insurance provider. Total gross claims for 2021 are estimated to be $5.9 

million, which is a $0.1 million increase from the 2020 forecast. 

Nearly 93% of employees participate in the medical plan, which is comparable with previous 

years. The estimated number of employee participants in 2021 is 616 (as compared to 603 in 

2020), with an estimated number of insured participants of 1,665 (as compared to 1,625 in 

2020).  

A healthcare savings account (HSA) is an option in the medical plan and serves to reduce SPP’s 

exposure to claims expense. Under the HSA option, SPP contributes a fixed dollar amount to 

participants’ accounts on a semi‐annual basis. Participants utilize the accumulated savings to 

cover medical expenses. Deductibles under this plan are much higher, which reduces SPP’s 

exposure. More than 130 employees participated in this option in 2020, up from about 100 

participants in 2019.  

Fees are paid to the insurance provider to cover administrative costs and insure against 

excessive losses at both the participant and corporate level. These fees are estimated to be 

$1.2 million in 2021, which represents a $0.1 million increase from the 2020 forecast due to the 

increase in the number of participants.  

Employee contributions to the medical plan offset the overall cost and are estimated to be $1.5 

million in 2021, which is a $0.1 million increase from the 2020 forecast. The net annual cost of 

the medical plan to SPP per participant is expected to be approximately $9,100 in 2021. SPP’s 

human resource committee continues to target an 80/20 cost share between employer and 

employee for the medical benefit costs. 

376 of 1082



2021 BUDGET‐DRAFT  SOUTHWEST POWER POOL  PAGE 45 

 

MAINTENANCE 

Maintenance expense is primarily related to contractual agreements covering 

technology hardware and software assets and expenses for general upkeep of 

physical facilities. The increase in the 2021 budget is primarily related to a 1% 

year‐over‐year inflationary increase on existing technology contracts and an 

increase in server replacements (driving the associated maintenance costs) due to 

the timing of end‐of‐life cycles. 

 

2020 Budget 2020 Forecast 2021 Budget

Gross Claims $5.5 $5.8 $5.9

Admin Fees 1.2 1.1 1.2

Employee Contributions (1.4) (1.4) (1.5)

Net Expenses $5.2 $5.5 $5.6

Number of Employee Participants 605 603 616

Heathcare Costs ($ millions)
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Enterprise Technology Maintenance 

Enterprise technology maintenance expense covers maintenance on hardware and 

software assets in the existing portfolio and maintenance on incremental 

purchases and new systems developed across the organization.  

Enterprise technology maintenance agreements encompass necessary coverage such as defect 

restorations, security patches, product updates and version upgrades of software products. SPP 

retains maintenance agreements on the majority of in‐use installed hardware and software. 

The level of maintenance is selected based on factors including the criticality of the application 

and the environment (testing, development or production). 

 

Maintenance Expense ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Enterprise Technology Maintenance $16.7 $15.9 $16.1 $17.1

General Plant Maintenance 1.3 1.3 1.4 1.3

Contract Services & MMU 1.2 0.3 0.4 1.2

Total $19.3 $17.6 $17.9 $19.7
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The three primary components of enterprise technology maintenance include hardware 

maintenance, perpetual software maintenance and software subscriptions.  

Components within each maintenance category include:  

 Maintenance/support agreements for hardware (servers, storage, network, etc.)  

 Maintenance/support 

agreements for software 

(operating systems, 

databases, tools, office 

products, usage licenses, 

subscription licenses)   

 Maintenance/support 

agreements for business 

applications (market, 

reliability, transmission, 

settlements, leveraged 

services, etc.)  

The scope of this budget encompasses over 1,500 hardware products and over 32,000 software 

entitlements. Approximately 83% of the maintenance budget is under a multi‐year contract in 

support of the existing environment. The remaining 17% is attributed to variable time‐and‐

material contracts (expensed throughout the year as services are rendered) and one‐time 

maintenance costs that are expensed at the time of product purchase (e.g., server warranties). 

The marginal 1% increase over the 2020 forecast is based on the full‐year impact in 2021 of 

partial‐year maintenance during 2020 (due to timing of new contract agreements), as well as 

nominal increases in certain agreements expiring during 2021. The 2020 forecast for 

maintenance includes a partial year of maintenance for the old settlements system, whereas 

2021 has zero maintenance costs given the new system is supported internally by SPP staff 

after implementation.This favorable variance provides a partial offset to the overall increase. 

SPP staff remains focused on minimizing maintenance costs through negotiating 

multi‐year term and price‐protection agreements, leveraging product purchases 

and rightsizing the level of support with the criticality of the environment.  

The physical operating environment (servers, storage, and networking) has continually grown 

by 10 – 12 percent annually since 2014 in order to support new projects and initiatives. The 

The scope of the maintenance budget 

encompasses over 1,500 hardware 

products and over 32,000 software 

entitlements. Multi‐year contracts in 

support of the existing environment 

make up over 80% of the budget. 
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volume of incremental software products and applications has also increased steadily over this 

period in order to deliver new functionality, security and availability. The impact on 

maintenance expense from this growth would suggest a budget of roughly $27 million for 2021; 

however, IT implemented a new maintenance strategy in early 2015 to suppress the impact on 

maintenance costs with this rising infrastructure. The strategy provided cost relief and a re‐

baselining of maintenance costs at a lower run‐rate and growth curve going forward. As a result 

of these efforts, maintenance costs have become more consistent year‐over‐year with marginal 

inflationary increases. 

 

General Plant Maintenance 

In addition to maintenance for hardware and software, other facility expenses are included in 

the general plant maintenance budget such as janitorial expense, landscape services and 

preventive maintenance.  

SPP utilizes historical data to estimate costs associated with general upkeep such as waste 

removal, landscape maintenance, janitorial services, etc. These costs remain fairly constant 

with minimal projected increases. Costs associated with facilities systems and equipment 

maintenance are generally defined in multi‐year service agreements (e.g. elevators, chillers, 

generators, etc.). Additional maintenance costs are required for general repairs and upkeep of 

SPP facilities.  
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Contract Services and MMU 

The WEIS 2020 maintenance budget assumed more storage would be required for 

implementation than was actually necessary. The increase in the 2021 WEIS maintenance 

budget is due to a full year of maintenance included costs in 2021 as compared to a partial year 

in the 2020 forecast. 

The 2020 RC West maintenance budget inadvertently included some costs under maintenance 

that should have been classified as outside services. The 2021 budget for RC West maintenance 

is more accurately aligned with the 2020 forecast.  

The MMU numbers are less than $0.1 million and remain relatively consistent year‐over‐year. 

 

   

Maintenance Expense ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

WEIS 0.6 0.1 0.3 0.6

RC West 0.6 0.1 0.1 0.6

MMU 0.0 0.0 0.0 0.0

Total $1.2 $0.3 $0.4 $1.2
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COMMUNICATIONS INFRASTRUCTURE 

Communications infrastructure includes all expenditures related to SPP’s internal and external 

networks and telecommunications. Network communications include frame relay and circuit 

costs, including components for bandwidth between data centers, and circuits to members, 

market participants, and other service organizations. The majority of expenses in this budget 

are ongoing and under long‐term contracts, making the overall spend consistent each year.  

The 2021 budget has been nominally increased to support circuits for new members and 

market participants. The amount of budgeted growth is lower than in prior years, resulting in a 

risk that expenses may exceed budget due to a larger increase in member circuits. 

 

   

Communications ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Network $4.7 $4.7 $4.7 $4.8

Cellular, satellite, long distance 0.2 0.2 0.2 0.2

Total $4.9 $4.9 $4.9 $5.0
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OUTSIDE SERVICES AND CONSULTING 

SPP engages outside resources for professional services, staff augmentation and 

run‐time services for areas outside SPP’s normal business capabilities and SaaS 

subscriptions.  

Outside services consist of third‐party expertise to assist SPP in deploying a variety of services. 

These type of actives include professional services (engaged to provide services such as outside 

legal counsel, board of directors, audits), staff augmentation (utilized where staffing constraints 

require additional resources), run‐time services (utilized to perform certain functions outside of 

SPP’s normal business capabilities such as OATI services, Interchange Distribution Calculator 

(IDC), and weather forecasting services) and SaaS subscriptions. 

The following table summarizes various outside services by function: 
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2020 Forecast 2021 Budget

Professional Services

Outside legal counsel, FERC and regional $1.7 $2.0

Board of directors fees and expenses 1.3 1.3

Cybersecurity 3rd party assessments (vulnerability, cyber risk, security patch) 0.7 0.7

FERC Order 1000 (IEP offset by revenues) 0.7 1.2

Campus security contract 0.8 0.9

Human resources / corporate services (training, EAP, new hire screening, etc) 0.2 0.2

Regional State Committee 0.1 0.5

Audits (SOC 1, financial audit, benefit plan audits) 0.5 0.5

HR benefits and compensation surveys 0.1 0.2

BOD / CEO search firm, special assignments 0.6 0.1

Outside legal counsel, MMU 0.2 0.2

Total Professional Services $7.0 $7.8

Staff Augmentation

Engineering GI studies (offset by revenues) $1.9 $3.3

Engineering Planning, Modeling & Congestion Hedging 0.3 0.7

Engineering Support & Resource Coordination 0.5 0.3

Compliance, CIP & GRC support 0.1 0.1

Training, customer service, project management 0.2 0.2

Operations market support and market design (HITT, PMU) 0.7 0.3

IT, storage and backup, project implementation 0.4 0.6

Seams & Market Design (EIPC membership) 0.0 0.1

Engineering R&D 0.1 0.2

Credit and rating services 0.1 0.1

Insurance brokerage fees 0.1 0.1

2020 forecasted reduction (0.5) 0.0

Total Staff Augmentation $4.0 $5.9

Run‐Time Services

IT ongoing services (DDOS, security assessments, etc) 1.3 1.0

Engineering operations weather forecasting analysis, special studies 0.8 0.6

Operations reliability, Interchange Distribution Calculator (IDC) tool 0.5 0.6

Total Run‐Time Services $2.6 $2.2

Outside Services by Function
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The majority of the outside services budget is related to engineering studies, IT initiatives, legal 

counsel and board compensation. IT utilizes outside services for a variety of functions including 

hosted services, data storage, consulting for key projects and initiatives, etc.  

 

   

2020 Forecast 2021 Budget

Software‐as‐a‐Service

Operations, OATI service fees (reflected in IT department) $1.5 $1.6

Cybersecurity 3rd party subscriptions (incident response, CRISP, CIS, etc) 0.3 0.3

Human resources (new system) 0.0 0.2

Human resources / corporate training 0.2 0.2

Project management, customer service, misc other 0.1 0.4

Total Software‐as‐a‐Service $2.1 $2.7

Contract Services

WEIS (SOC audit/weather forecasting) $0.8 $0.1

RC West (ECC/WIT subscriptions) 0.3 0.2

Total Contract Services $1.0 $0.3

Total Outside Services $16.9 $19.0

Outside Services by Function

2020 Budget 2020 Forecast 2021 Budget Prior 2021

Engineering $3.6 $3.6 $5.1 $2.0

Information Technology 4.4 4.2 4.1 4.6

Regulatory, Legal & RSC 4.4 2.5 3.7 4.0

Finance & Corporate Services 2.2 1.7 2.0 1.8

Officer & Administrative 1.8 1.5 1.5 1.6

Operations 0.9 1.3 0.9 0.8

Process Integrity 0.9 0.8 0.9 0.9

Contract Services 1.4 1.0 0.3 0.2

Market Monitoring 0.2 0.2 0.2 0.2

Corporate Comm. & Gov't Affairs 0.1 0.0 0.1 0.1

Total $19.7 $16.8 $19.0 $16.3

Outside Services and Consulting by Division ($ millions)
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The overall increase in outside services from the 2020 forecast is the result of 

various offsetting factors. 

 

Engineering  

The engineering organization engages consultants primarily for planning and tariff services 

processes associated with 1) SPP tariff or NERC required engineering studies, 2) support of 

reliability and economic planning processes during peak periods associated with the ITP 

process, and 3) administering the detailed project proposal (DPP) process and transmission 

project cost estimation related to FERC Order 1000. Engineering also engages consultants to 

assess new approaches and tools to refine performance objectives that align with future 

planning needs.  

 
 

The largest component of consulting in engineering is largely attributed to work on generation 

interconnection studies, which is passed to study participants and offset by income. 

Growth of renewable generation in the SPP footprint continues to drive increases in generator 

interconnection (GI) study requests. Engineering engages contractors to assist with completing 

these studies. SPP bills contractor costs as well as costs for SPP staff time to the study 

participants as part of overall study charges.  

($ millions) Fav/(Unfav)

Engineering studies (offset by revenue) ($1.5)

Order 1000 IEP (offset by revenue) (0.5)

Regional State Committee (0.4)

Legal zonal placement litigation (0.3)

New HR system (software‐as‐a‐service) (0.3)

WEIS implementation (no NRR impact) 0.7

Operations market studies in 2020 0.4

Immaterial other fav/unfav (0.3)

Total ($2.2)

Outside Services 2020 Forecast vs. 2021 Budget

Outside Services and Consulting ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Pass‐thru studies consulting $1.6 $1.9 $3.3 $0.7

Transmission planning 0.7 0.3 0.7 0.0

Wind and weather forecasting services 0.8 0.8 0.6 0.8

Engineering support (Order 1000/DPP) 0.4 0.3 0.3 0.3

Research and development 0.2 0.2 0.2 0.2

Engineering Outside Services and Consulting $3.6 $3.6 $5.1 $2.0
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Engineering continues efforts to reduce the backlog of generation interconnection studies, 

some of which have remained 

pending since 2015. As recent staff 

additions become more proficient, 

they will perform a majority of GI 

study activities so as to reduce 

reliance on outside consultants. 

Some consultants are still required 

as reducing the backlog remains a 

priority. 

Of the $9.5 million studies revenue in the 2021 budget, $3.3 million is for pass‐through 

contractor costs and $6.2 million is for SPP engineering staff time. 

 

The increase in the transmission planning budget is due to delaying the PROMOD replacement 

implementation from 2020 to 2021. PROMOD is the software utilized to simulate the electricity 

grid by using production cost modeling technology. The decision to delay the project schedule 

was the result of additional analysis by staff, stakeholders and the vendor to determine the best 

product and implementation process. Since the most recent PROMOD software version is only 

available as an externally hosted, software as a service (SaaS) offering, SPP will not own the 

software and therefore no future capital investment is anticipated. The SaaS costs will be 

equivalent to $0.1 million annually over the period used as compared to $1.0 million in capital 

expenditures in 2021. The remaining $0.3 million includes re‐development of processes and 

automation, training staff and implementation of the new software. 

 

Although the majority of consulting is associated with GI studies and transmission planning, the 

operations engineering support division utilizes various wind and weather forecasting services 

which remain relatively consistent year‐over‐year. The 2020 forecast and budget included 

additional costs of $0.1 million associated with planning and analysis for HITT 

recommendations, which is not assumed in the 2021 budget.  

Net Studies Income/(Expense) ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Engineering staff time income $5.1 $4.9 $6.2 $6.2

Pass‐thru consulting income 1.6 1.9 3.3 0.7

Pass‐thru consulting expense (1.6) (1.9) (3.3) (0.7)

Net Studies Income/(Expense) $5.1 $4.9 $6.2 $6.2

Outside Services and Consulting ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Engineering Transmission planning $0.7 $0.3 $0.7 $0.0

The increase over the 2020 forecast is 

primarily comprised of $1.4 million for 

GI studies staff augmentation, which is 

offset by pass‐through revenues and 

has no impact to the NRR. 
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Information Technology (IT)  

The largest component of the IT budget consists of ongoing services that continue 

year to year.  

 

The primary IT initiatives are centered on CIP security, automation and infrastructure 

consolidation activities. IT 

management continually analyzes 

options and seeks opportunities to 

leverage existing staff, but in many 

cases, the utilization of external 

entities is more cost‐efficient based 

on the required skill sets or 

longevity of the project. 

As illustrated in the table below, approximately 70% of the budget is related to ongoing services 

that continue from year to year (hosted services, security subscriptions, off‐site data center, 

etc.) The remainder of the budget is comprised of short‐term project engagements and staff 

augmentation assistance that vary in scope from year to year. 

 

Ongoing and existing initiatives are primarily related to cybersecurity and short‐term projects. 

The decrease from the 2020 forecast is based on	reduced external consulting requirements for 

previous projects (IAM, Settlements) and fewer new IT/PRPC projects requiring additional 

external consulting resources. 

Outside Services and Consulting ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Engineering Operations Support $0.8 $0.8 $0.6 $0.8

Outside Services and Consulting ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Information Technology $4.4 $4.2 $4.1 $4.6

Ongoing/existing services 2020 Forecast 2021 Budget

(OATI, CRISP, CICS, 3rd DC, DDOS, security assessments) $3.0 $3.0

Consulting services for keeping‐the‐lights‐on upgrades and projects

(hosted services, remote data storage, etc.) 0.7 0.5

Staff augmentation

(MRTS, reliability activities) 0.5 0.6

Total $4.2 $4.1

IT Outside Services and Consulting Expense ($ millions)

The primary IT initiatives are 

centered on security, CIP, 

automation and infrastructure 

consolidation activities. 
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Legal, Regulatory and Regional State Committee (RSC)  

SPP employs outside legal counsel for various litigation matters throughout the year. These 

services provide unique legal expertise on specific FERC matters and allows SPP to leverage the 

counsel’s experience with FERC, while utilizing their knowledge of RTO‐specific issues.  

 

The largest driver of outside services legal costs is related to FERC litigation associated with the 

zonal placement process. The 2020 budget was estimated based on the known zonal placement 

activity that began in 2019 and was scheduled to occur in 2020. FERC litigation related to the 

zonal placement process was 

scheduled to proceed in the 

spring of 2020 but was delayed 

by FERC to September due to the 

pandemic. The 2021 budget is 

based on the 2020 forecast with 

the expectation of a slight 

increase due to delays carried 

over from 2020 associated with 

the pandemic. 

The 2021 regulatory department budget includes costs for an industry expert panel (IEP) to 

oversee the bidding process of two competitive projects in 2021 for FERC Order 1000. These 

costs are offset by revenue to be collected from the competitive process participants with no 

impact to the NRR. 

 

The Regional State Committee (RSC) provides collective state regulatory agency input on 

matters of regional importance related to the development and operation of bulk electric 

transmission. The budget is created and submitted to SPP by the RSC each year and includes all 

costs associated with RSC travel, meetings and consulting. The 2021 budget assumes the 

Outside Services and Consulting ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Legal $2.6 $1.7 $2.0 $2.3

Regulatory (FERC Order 1000, IEP) 1.2 0.7 1.2 1.2

Regional State Committee 0.5 0.1 0.5 0.5

Regulatory, Legal & RSC $4.4 $2.5 $3.7 $4.0

Outside Services and Consulting ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Regulatory (FERC Order 1000, IEP) $1.2 $0.7 $1.2 $1.2

IEP Revenue from participants ($1.2) ($0.7) ($1.2) ($1.2)

The increase over the 2020 forecast in 

regulatory is related to higher IEP fees 

for Order 1000 activity, which is offset 

by pass‐through revenues and has no 

impact to the NRR. 
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committee will resume to normal activities and therefore represents an increase over the 2020 

forecast which reflects limited activities due to the pandemic. 

 

ADMINISTRATIVE EXPENSES  

Overall administrative expenses are expected to remain relatively consistent with 

the 2020 forecast, with increases noted in utilities and office expense which are 

anticipated for a full‐year on campus for staff in 2021. 

The largest component of administrative expenses is related to insurance costs, but also 

includes items such as small equipment purchases, property taxes, professional dues, charitable 

donations and utility and office expenses.  

 

Outside Services and Consulting ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Regional State Committee $0.5 $0.1 $0.5 $0.5
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Insurance Expense 

SPP’s corporate insurance policies allow for the transfer of certain financial and operational 

risks from the corporation to third‐party insurers.   

Commercial liability policies provide additional indemnification from claims arising from SPP’s 

administration of its OATT and other contractual arrangements. Included within this 

classification is a policy specific to cyber‐related liabilities and events. 

 

As a plan sponsor, SPP pays annual premiums to the Pension Benefit Guaranty Corporation 

(PBGC) based on its assessment rate and the discount rates used to measure the unfunded 

vested benefits. The 2020 budget projection reflected a significant premium increase due to an 

increase in the PBGC assessment rate in addition to a decrease in the discount rates. The actual 

premium in 2020 is somewhat lower than the initial budget projection mainly as a result of 

better‐than‐expected investment returns in 2019 and 43 terminated, vested participants taking 

cash distributions offered during 2019. The 2021 budget is based on the 2020 actual premium, 

as no significant changes are expected.  

D&O liability policies provide additional indemnification to SPP’s independent directors, 

management and employees from claims arising from certain actions taken in oversight of the 

corporation. Both commercial and D&O policies include the insurer’s obligation to pay for legal 

costs for claims made, which could be extensive depending on actual claims made. 

Administrative ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Insurance $1.7 $1.6 $1.7 $1.7

Dues and donations 1.0 0.9 1.0 1.0

Equipment 0.7 0.6 0.7 0.7

Property tax 0.8 0.7 0.7 0.8

Office 0.7 0.7 0.7 0.7

Utilities 0.7 0.6 0.7 0.7

Total Administrative $5.5 $5.1 $5.4 $5.5

Insurance Expense ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Commercial excess liability         $0.8 $0.8 $0.8 $0.8

Pension insurance 0.7 0.5 0.5 0.7

General liability 0.1 0.1 0.1 0.1

Directors & Officers (D&O) liability            0.1 0.1 0.1 0.1

Workers compensation     0.1 0.1 0.1 0.1

Total $1.7 $1.6 $1.6 $1.7
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Dues and Donations 

Dues are budgeted for professional and technical licenses and memberships in professional 

organizations that are related to employment by SPP, required to maintain professional 

standing for employees or otherwise beneficial to SPP.  

 

The majority of the dues budget resides in the engineering organization and is designated for 

Electric Power Research Institute (EPRI) membership ($0.4 million) which allows access to 

research related to the electric power industry. EPRI funding primarily supports projects in 

three general programs: P39 Grid 

Operations, P40 Grid Planning and 

P173 Renewables Integration. SPP’s 

long‐standing relationship and 

engagement with EPRI enables 

efficient and effective participation in 

programs related to grid operations, 

planning and renewable integration 

and high voltage direct current (HVDC) 

ties applications. This agreement includes support for new markets initiatives, new tools to 

enable additional and more efficient NERC transmission planning compliance activities and 

operational needs such as tools for system restoration. The agreement also includes support for 

a long‐term global pandemic response study as it pertains to Transmission Operators and 

ISO/RTOs. SPP’s staff engagement at EPRI provides value through development of new tools 

and analytics such as case studies using SPP data to address ramping, frequency, and inertia 

needs for wind, solar, and energy storage integration studies.  

The remaining dues and donatations budget consist of engineering research and development 

partnerships with specific universities, SPP corporate donations and contributions, professional 

and technical license and memberships for staff and advertising/public relations associated 

costs.  

Administrative Dues & Donations ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Administrative, dues                                $0.7 $0.7 $0.7 $0.7

Administrative, donations/contributions             0.2 0.1 0.2 0.2

Administrative, advertising/public relations 0.1 0.1 0.1 0.0

Administrative, licenses and permits                0.0 0.0 0.0 0.0

Total $1.0 $0.9 $1.0 $1.0

Administrative

The administrative dues budget 

includes membership in Electric Power

Research Institute (EPRI) for access to 

industry‐related research. 
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The engineering organization’s involvement with university research and development 

programs keeps SPP engineers up‐to‐date with processes and ideas coming out of respected 

engineering institutions. The major university projects include Power Systems Engineering 

Research Center (PSERC), Grid Advanced Power Electronics Systems (GRAPES) and the 

Cybersecurity Center for Secured Evolving Energy Delivery Systems (SEEDS). These relationships 

foster collaboration between SPP and regional university programs, which in turn attracts 

talented job candidates. 

SPP establishes a budget for community relations and charitable donations as a means to give 

back and invest in the community and region. SPP believes in serving the community to make it 

a better place for employees and all citizens to live and work. The company and its employees 

take great pride in working with many worthwhile nonprofit organizations to build stronger 

families and a vibrant community. This involvement in the community increases awareness of 

SPP and serves as a recruitment tool in attracting career employees who share SPP’s culture.  

Other Administrative Expenses 

Small equipment purchases, property taxes, utilities and general office expenses make up the 

remainder of the administrative expenses and remain reasonably consistent year‐over‐year. 

Small equipment purchases are items less than $5,000 in value (expensed rather than 

capitalized) and include purchases such as personal computers and related equipment, member 

routers and local area network access points and furniture and fixtures.  

TRAVEL AND MEETINGS 

Travel and meetings were essentially eliminated beginning in March 2020 as a 

result of proactive measures related to the pandemic. SPP assumes new practices 

will continue to be in place to conduct fewer face‐to‐face meetings in 2021. The 

baseline for the 2021 travel and meetings budget is equal to 50 percent 2019 

actual costs.  

 

Travel & Meetings ($ millions) 2020 Budget 2020 Forecast 2021 Budget Prior 2021

Travel expenses $2.0 $0.4 $1.0 $2.1

Board and committee meetings 0.3 0.1 0.2 0.3

Working group meetings 0.2 0.0 0.1 0.2

Other meetings 0.3 0.1 0.2 0.3

Total $2.9 $0.6 $1.4 $3.0
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SPP will continue to encourage the use of corporate or member facilities when planning future 

face‐to‐face meetings including consideration of Little Rock in order to maintain lower travel 

and meeting expenses.  
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VIII. WESTERN CONTRACT SERVICES 

SPP provides services to several utility customers in the western region under 

stand‐alone contracts separate from the SPP regional tariff. 

WESTERN INTERCONNECTION UNSCHEDULED FLOW 
MITIGATION PLAN (WIUFMP) 

SPP administers the WIUFMP on behalf of SPP members (or affiliates of members) 

Northwestern Energy, Tri‐State Generation and Transmission, and Western Area Power 

Administration as well as three entities unaffiliated with SPP which are California Independent 

System Operator, NV Energy and PacifiCorp. 

SPP’s role as administrator is the collection of 

fees from users of phase‐shifting 

transformers and other qualified devices on 

particular transmission lines in the western 

interconnection and distribution of those 

collections to the WIUFMP device owners.  

The contract began in 2018 and automatically renews for one year terms on December 31 

unless terminated by either SPP or the device owners. The contract specifies a fixed charge for 

this service which is recovered from collections prior to distributions to WIUFMP device 

owners. 

WESTERN RELIABILITY COORDINATION (RC WEST) SERVICE  

SPP serves as the 

reliability coordinator for 

18 entities operating in 

the western 

interconnection, including 

the following SPP 

members (or affiliates of 

members):  Western Area 

Power Administration‐

DSW, Western Area 

Power Administration‐

RMR, Tri‐State Generation 

and Transmission and 
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Basin Electric Power Cooperative. Services under the contract began in December 2019, and the 

contract’s initial term ends in 2024.  

WESTERN ENERGY IMBALANCE SERVICE  

SPP is scheduled to begin operation of the western energy imbalance service market on 

February 1, 2021. The market will be provided to those entities who executed the western joint 

dispatch agreement, including the following SPP members (or affiliates of members):  Western 

Area Power Administration‐UGP, Western Area Power Administration‐RMR, Municipal Energy 

Agency of Nebraska, Tri‐State Generation and Transmission and Basin Electric Power 

Cooperative. The initial four year term of the contract term runs through 2024. Annual 

payments under the contract are due from WEIS market participants in advance of the service 

year. 

The rate for the initial term of the contract is fixed at 22¢/MWh of NEL. Thereafter the rate will 

adjust based on costs of service, true up from prior years, changes in NEL, etc. 

SUMMARY OF WESTERN CONTRACT SERVICES IMPACT ON 
2021 NRR 

The contracts are administered to provide recovery of all direct costs incurred by SPP under the 

contracts as well as an allocation of shared overhead. It is this shared overhead that serves to 

reduce the NRR for SPP, Inc. The contracts are expected to generate revenues of $9.9 million in 

2021. The budget assumes $2.2 million for shared overhead recovery under the contracts which 

translate 1 for 1 in reducing SPP’s NRR in 2021. The reduction in the 2021 NRR related to 

western contract services shared overhead is comprised of $1.8 million of overhead related to 

operational activities for both RC West and WEIS and $0.4 million of overhead incurred during 

WEIS implementation. 
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IX. DEBT SERVICE 

SPP’s capital spending is financed through financial institutions and investors at 

competitive terms.  

SPP’s capital projects are funded from borrowings under medium and long‐term credit 

agreements, primarily with institutional investors. SPP generally aims to match the duration of 

these borrowings to the useful life of the acquired assets. The capital project costs are not 

included in the NRR calculation; however annual principal and interest payments for 

borrowings (net of capitalized interest) are included. SPP’s outstanding borrowings are 

projected to equal $190.2 million as of Jan. 1, 2021, with principal payments of $28.9 million, 

$32.3 million and $35.7 million in 2021, 2022 and 2023, respectively. Principal payments 

associated with contract services are excluded from the NRR calculation, as those costs are 

recovered through funding outlined in the respective contracts. 

SPP utilizes an unsecured five‐year $80.0 million revolving line of credit to fund capital 

expenditures. SPP began drawing funds under this facility during 2019. Lenders convert 

advances from the credit line to four‐year term notes at the end of each year. The following 

chart illustrates SPP’s principal and interest payment obligations including projected new 

borrowings through 2030. 
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The schedule below shows the principal amounts outstanding for each borrowing at the 

beginning and end of the 2021‐2023 budget periods and annual principal payments (excluding 

principal payments associated with contract services). 

 

Western Services 

SPP utilizes its unsecured revolving line of credit to fund implementation costs for western 

contract services. Total draws are converted into four‐year term notes at the end of 

implementation. Principal and interest obligations are then recovered from contract customers 

as part of annual contract billing during the initial term of each contract. Implementation draws 

during 2019 of $4.7 million were converted into term notes for reliability coordination services 

contract with western customers. The term note conversion for implementation of western 

energy market services is expected to take place early 2021 and projected to be approximately 

$9.5 million. 
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Issue Date

Issue 
Amount Due Date

Balance 
1/1/2021

2021 Prin. 
Pmts.

2022 Prin. 
Pmts.

2023 Prin. 
Pmts.

Balance 
12/31/2023

2.88% term note due 2024 4/1/2020 $4.7 Mar‐2024 $3.9 ($1.1) ($1.2) ($1.2) $0.4

New term note due 2024 1/1/2021 $9.5 Dec‐2024 $9.5 ($2.3) ($2.3) ($2.4) $2.5

Total $14.2 $13.4 ($3.4) ($3.5) ($3.6) $2.8

Future Debt Repayments ‐ Western Contract Services ($ millions)
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X. SUPPLEMENTAL ANALYSIS AND SCHEDULES  

INCOME STATEMENT 2020‐2021 COMPARISON 

 

   

 

   

2020 2020 2021

($ millions) Budget Forecast Budget

Income

Tariff Administration Service $172.3 $171.6 $155.3

Fees & Assessments 23.7 25.6 23.1

Contract Services Revenue 5.6 6.2 10.2

Miscellaneous Income 9.3 9.3 11.5

Total Income $210.9 $212.7 $200.2

Expense

Salary & Benefits $104.6 $107.6 $107.8

Employee Travel 2.0 0.4 1.0

Administrative 5.5 5.1 5.4

Assessments & Fees 22.4 22.3 22.5

Meetings 0.9 0.2 0.4

Communications 4.9 4.9 4.9

Maintenance 19.3 17.6 17.9

Services 19.2 16.7 18.5

Regional State Committee 0.5 0.1 0.5

Depreciation 19.5 18.8 18.1

Interest Expense 8.8 8.2 7.9

Other (Income) / Expense 1.4 (4.9) 0.0

Total Expense $209.1 $197.0 $204.9

Net Income (Loss) $1.9 $15.7 ($4.7)

Debt Repayment $25.6 $25.4 $32.3

Net Revenue Requirement $172.3 $155.0 $155.3

Capital Expense $15.7 $16.6 $16.5

Headcount 656              656              653             
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INCOME STATEMENT 2021‐2023 

 

  

 

 

 

2021 2022 2023

($ millions) Budget Forecast Forecast

Income

Tariff Administration Service $155.3 $179.0 $184.4

Fees & Assessments 23.1 23.6 24.1

Contract Services Revenue 10.2 10.4 10.5

Miscellaneous Income 11.5 11.2 11.1

Total Income $200.2 $224.2 $230.2

Expense

Salary & Benefits $107.8 $111.0 $114.3

Employee Travel 1.0 1.8 1.9

Administrative 5.4 5.5 5.6

Assessments & Fees 22.5 22.9 23.4

Meetings 0.4 0.6 0.6

Communications 4.9 5.1 5.2

Maintenance 17.9 18.3 18.8

Services 18.5 17.9 17.4

Regional State Committee 0.5 0.5 0.5

Depreciation 18.1 18.5 17.4

Interest Expense 7.9 7.1 6.0

Total Expense $204.9 $209.2 $211.1

Net Income (Loss) ($4.7) $14.9 $19.1

Debt Repayment $32.3 $35.9 $39.3

Net Revenue Requirement $155.3 $179.0 $184.4

Capital Expense $16.5 $12.2 $11.0

Headcount 653              659              661             
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2021 CONSOLIDATING INCOME STATEMENT 

 

  

   

($ millions) SPP RTO West Contract Total SPP

Income

Tariff Administration Service $155.3 $0.0 $155.3

Fees & Assessments 23.1 0.0 23.1

Contract Services Revenue 0.3 9.9 10.2

Miscellaneous Income 11.5 0.0 11.5

Total Income $190.2 $9.9 $200.2

Expense

Salary & Benefits $103.5 $4.3 $107.8

Employee Travel 0.9 0.0 1.0

Administrative 5.4 0.0 5.4

Assessments & Fees 22.5 0.0 22.5

Meetings 0.4 0.0 0.4

Communications 4.4 0.5 4.9

Maintenance 17.5 0.4 17.9

Services 18.2 0.3 18.5

Regional State Committee 0.5 0.0 0.5

Depreciation 16.8 1.3 18.1

Interest Expense 7.6 0.3 7.9

Total Expense $197.6 $7.2 $204.9

Net Income (Loss) ($7.4) $2.7 ($4.7)

Debt Repayment $28.9 $3.4 $32.3

Capital Expense $16.0 $0.5 $16.5

Headcount 620              33                     653             
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FINANCIAL STATEMENT RECONCILIATION TO NRR 

 

 

 

 

 

 

 

 

($ millions)

2021 

Budget

Total expense per Income Statement $204.9

Less FERC fees & assesments (22.5)

Less depreciation (18.1)

Less interest expense (7.9)

Total expense excluding deprec, FERC & int exp $156.4

Less western services operating expenses ($5.6)

Total expense excluding western contract services $150.8

RTO Debt service ‐ principal & interest 36.3

RTO Capital expenditure reserve (1) 3.2

Western contract services shared overhead (2.2)

Gross revenue requirement $188.1

NRR adjustments (non‐cash pension adjustment, PY over‐recovery) (2) (20.2)

Other RTO revenues (engineering studies, membership dues, etc) (12.6)

Net Revenue Requirement $155.3

1) Capital expenditure reserve is equal to 20% of total RTO capital expenditures.

2) NRR Adjustments:

2020 Projected over‐recovery ($16.6)

Pension expense (non‐cash) (3.7)

Total NRR adjustments ($20.2)
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BALANCE SHEET 

 

 

 

 

   

($ millions) 12/31/2020 12/31/2021

ASSETS

    Current Assets

        Cash & Equivalents $60.4 $26.7

        Restricted Cash Deposits 448.3 515.6

        Accounts Receivable (net) 73.7 73.7

        Other Current Assets 14.1 14.1

    Total Current Assets 596.6 630.2

    Total Fixed Assets 70.7 68.6

    Total Other Assets 7.0 8.2

    Investments 29.0 29.0

TOTAL ASSETS $703.3 $736.0

LIABILITIES & EQUITY

    Liabilities

        Current Liabilities

            Accounts Payable (net) $77.1 $59.5

            Customer Deposits 448.3 515.6

            Current Maturities of LT Debt 27.2 32.9

            Other Current Liabilities 62.4 62.7

            Line of Credit 16.3 11.9

            Deferred Revenue 5.8 0.1

        Total Current Liabilities 637.2 682.7

        Long Term Liabilities

            Long‐Term Debt 154.1 137.1

            Other Long Term Liabilities 40.1 49.0

        Total Long Term Liabilities 194.2 186.1

            Net Income 15.7 (4.7)

            Members' Equity (143.8) (128.1)

        Total Members' Equity (128.1) (132.8)

TOTAL LIABILITIES & EQUITY $703.3 $736.0
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CASH FLOW FORECAST  

 

 

 

 

 

 

 

($ millions)

 2021 

Budget 

 2022 

Forecast 

 2023 

Forecast 

Operating Activities

Net income/(loss) ($4.7) $14.7 $18.9

Less: Depreciation 18.1        18.5         17.4       

Changes in current assets and liabilities (1.3)         ‐           ‐         

Net cash provided by operating activities 12.1        33.2         36.3       

Investing activities

Acquisition of property and equipment (16.5)       (12.1)        (11.0)      

Net cash used in investing activities (16.5)       (12.1)       (11.0)      

Financing activities

Repayments of long‐term debt (32.3)       (35.9)        (39.3)      

Issuance of long‐term debt 21.0        12.6         9.4          

Net cash provided/(used) in financing activities (11.3)       (23.3)       (29.9)      

Increase/(Decrease) in Cash and Cash Equivalents (15.7)       (2.2)          (4.6)        

Cash and Cash Equivalents, Beginning of Year * 17.4        1.7           (0.5)        

Cash and Cash Equivalents, End of Year * $1.7 ($0.5) ($5.1)

* Operating account only.
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CAPITAL PROJECTS LIST 

 

   

 Prior 

Year(s)

2021 

Budget

2022 

Forecast

2023 

Forecast

Total 

Capital

Capital Projects

EMS Upgrade 0.2$              1.8$              1.2$              ‐$              3.2$             

Markets & Reliability Training Simulator (formerly DTS) 1.3                0.9                ‐                    ‐                    2.2               

Ramp Product 0.3                0.5                ‐                    ‐                    0.8               

Identity Access Management Deployment (IAM) 0.2                0.3                ‐                    ‐                    0.5               

FERC Order 841: Electric Storage 0.2                0.2                ‐                    ‐                    0.4               

Tagit/Scert Rewrite 0.1                0.2                ‐                    ‐                    0.3               

Freeze Date Replacement ‐                    0.2                ‐                    ‐                    0.2               

Fast‐Start Resource Compliance ‐                    0.2                ‐                    ‐                    0.2               

Interface Pricing & Pseudo Tie Modeling ‐                    0.2                ‐                    ‐                    0.2               

Total Capital Projects 2.3$              4.5$              1.2$              ‐$              7.9$             

Foundation

Information Technology 7.6$              7.9$              8.1$              23.6$           

Operations 2.9                2.3                2.3                7.4               

Engineering Department 1.0                0.4                0.4                1.8               

Facilities 0.1                0.1                0.1                0.2               

Total Foundation * 11.5$            10.7$            10.8$            33.0$           

Total Capital Budget Before Contract Services 2.3$             16.0$           11.8$           10.8$           40.9$          

Contract Services

RC West ‐ EMS Upgrade 0.0$              0.2$              0.1$              ‐$              0.4$             

RC West ‐ PMU ‐                    0.1                ‐                    ‐                    0.1               

WEIS Implementation & Ongoing Market Enhancements 3.2                0.2                0.2                0.2                3.8               

Total Contract Services (funded thru contract revenues) 3.3$             0.5$             0.3$             0.2$             4.3$            

2021 ‐ 2023 Capital Budget 16.4$           12.2$           11.0$           45.1$          

* Foundation projects are reforecast during each budget cycle and do not include any carry‐over funds.
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NRR VARIANCE HISTORY 

 

 

 

 

 

 

 

 

 

 

 

2010 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020*

Actual NRR $63.5 $80.8 $84.8 $123.3 $137.0 $142.6 $151.6 $159.6 $153.9 $155.9 $155.0

Budget NRR $68.4 $78.6 $89.6 $121.8 $132.5 $141.2 $150.5 $160.5 $164.0 $157.5 $172.3

Over/(Under) Budget ($4.9) $2.2 ($4.8) $1.5 $4.5 $1.4 $1.1 ($0.9) ($10.1) ($1.6) ($17.3)

(7%) 3% (5%) 1% 3% 1% 1% (1%) (6%) (1%) (10%)

The graph and table above highlight the range of variance between SPP's actual and budgeted Net Revenue Requirement (NRR)

by year. 

* The 2020 NRR represents the forecast as of July 31, 2020.
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SCHEDULE 1A RATES 

(Internal Note: Rate schedule still under review, numbers below remain preliminary at this time) 

Rates  are  calculated  based  on  amounts  presented  in  this  budget  document  and  are  not 

considered final until published in the formula rate template.  

 

Schedule 1A Rate Allocation 

  

 

NRR MWh Rate/MWh

1‐A1 Transmission Service 61.01$      392.2 0.156$     

1‐A2 TCR Service 4.80$        731.7 0.007$     

1‐A3 IM Clearing 15.76$      595.7 0.026$     

1‐A4 IM Facilitation  73.77$      550.2 0.134$     

Note:  NRR and MWh represented in millions

Rate Schedule
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XI. SPP OPERATING PLAN 
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SPP OVERVIEW 
Southwest Power Pool’s (SPP) mission is “Helping our members work together to keep the lights 
on... today and in the future.” SPP provides services independently on a regional basis, focused 
on electric reliability, cost effectiveness and bringing value to SPP members and their customers. 
SPP is mandated by the Federal Energy Regulatory Commission (FERC) to ensure reliable 
supplies of power, adequate transmission infrastructure and a competitive wholesale electricity 
marketplace. SPP’s primary services are: 

• Facilitation  

• Reliability coordination 

• Tariff administration 

• Transmission planning 

• Market operations 

• Compliance 

• Training 

FERC directly regulates SPP. FERC must approve all changes to SPP’s Open Access Transmission 
Tariff (tariff) before implementation. The tariff defines SPP’s process for non-discriminatory 
access to transmission. SPP is required to report any failure to comply with tariff provisions or 
FERC directives and may be subject to penalties and fines for noncompliance. 

GOVERNING DOCUMENTS 

TARIFF  
The tariff defines the majority of the required workload for SPP’s operations and engineering 
departments. The Market Operations Policy Committee (MOPC) has oversight over the majority 
of changes to the tariff. Significant duties defined by the tariff include, but are not limited, to: 

• Administering the tariff, including scheduling 

• Providing ancillary services 

• Operating the market 

• Operating the Balancing Authority (BA) 

• Settling all transactions under the tariff 
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• Administering credit services for tariff customers 

• Completing system impact studies 

• Completing the annual SPP transmission expansion plan  

• Studying generation interconnection requests 

• Evaluating long-term transmission service requests 

• Administering the competitive process for transmission expansion 

• Administering the Southwestern Power Administration transmission system beyond their 
tariff 

• Monitoring activities in SPP’s energy markets and exercise plans to mitigate market 
power 

MEMBERSHIP AGREEMENT  
The membership agreement is an agreement between SPP and each of its members that 
obligates SPP to perform outlined services, including those in the tariff. Changes to the scope of 
responsibilities are primarily within the purview of the MOPC and Board of Directors and 
Members Committee. The agreement describes other significant duties, which include, but are 
not limited, to: 

• Acting as the reliability coordinator for the bulk electric system (BES) 

• Developing regional reliability plans and emergency procedures 

• Reviewing and approving all planned BES maintenance 

• Coordinating generation unit maintenance 

• Administering an open access same-time information system 

BYLAWS 
The bylaws describe SPP’s organizational operation, specifically outlining duties of the board 
and its advisory committees. Changes to the bylaws are under the oversight of the Corporate 
Governance Committee and board. SPP has a responsibility to facilitate meetings of every 
organizational group: 

• Board of Directors and Members Committee (1) 
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• Regional State Committee (1) 

• Board-level committees (6) 

• Working groups (18) 

• Task forces, subcommittees, strike teams (35+) 

PROTOCOLS AND BUSINESS PRACTICES 
SPP has well-documented business practices detailing the administrative practices SPP follows in 
administering the tariff, including coordinating the sale of transmission service. SPP also has 
well-documented market protocols detailing how market participants and SPP are to interact. 
These documents are developed, monitored and amended through SPP’s stakeholder process. 

ORGANIZATIONAL STRUCTURE 
SPP operates via two distinct organizational structures. The governance structure (Appendix A), 
begins with the board and is composed of other board-level committees and working groups. 
This organizational structure is populated largely with representatives from SPP’s member 
companies. These groups provide directives on the work SPP is expected to accomplish.  

The internal staff structure (Appendix B) defines reporting relationships between employees. The 
staff structure begins with the SPP president and cascades into vice presidents, departmental 
directors/managers, etc. The staff structure is based on functional responsibilities. The 
governance structure provides directives to staff. 

FUNDING 
SPP funds its ongoing operating costs through charges to transmission customers under the 
tariff and customers of specific non-tariff services. SPP’s operating costs include scheduled 
principal and interest payments on its outstanding debt but exclude depreciation and 
amortization expenses incurred. SPP is able to collect up to 100% of its operating costs from 
charges to transmission customers up to a cap of 43¢/megawatt-hour (MWh). SPP is charging 
customers 43.0¢/MWh for service in 2020. 

SPP will move to an unbundled rate design effective Jan. 1, 2021, subject to the same overall cap 
described above. Generally, under the FERC filed and approved formula rate design, 
transmission customers will be charged for system dispatch and control costs, auction revenue 
rights and transmission congestion rights holders will be charged for costs to operate the 
congestion rights markets, generation, load, and financial-only participants will be charged the 
common costs to administer the energy markets, and generation and load will be charged the 
costs to operate the physical energy markets.  
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SPP’s funds its capital expenditures with borrowings from periodic debt issuances and with 20% 
equity allocation included in the annual net revenue requirement. SPP’s debt issuances are 
generally unsecured. They have a one-to-two year, interest-only payment period and then fully 
amortize by the maturity of the notes. SPP is required to obtain regulatory approvals before 
issuing new debt.  

SPP carries an A rating from Fitch Ratings that was last affirmed in November 2019. SPP issued 
new notes in August 2018 to fund capital expenditures incurred through 2023. 

SPP achieves short-term liquidity by managing its cash float. SPP has a committed $30 million 
revolving credit facility with a commercial bank to provide additional liquidity support. 

415 of 1082



2021 EXPECTED BUSINESS 
ENVIRONMENT 
SPP’s business environment is constantly changing. The organization utilizes an evolutionary, 
rather than revolutionary, approach to managing change. Some of the opportunities and 
challenges affecting SPP are related to continued electrification, changing generation mix, 
transmission planning and cost allocation, evolving energy markets, expansion to the west, 
regulatory issues and cybersecurity risks. The full impact of the COVID-19 pandemic on SPP and 
its members is unknown but considered in SPP’s 2021 budget.  

ELECTRIFICATION 
While many projections show U.S. energy consumption will continue to decline, overall 
electricity use is expected to increase with technologies such as electric cars and heat pumps. 
SPP anticipates continued growth in its members’ demand response and energy efficiency 
programs. Over time, these changes will likely cause lower summer peaks, higher winter peaks 
and a flattening of load shapes due to an annual normalization of electricity use. Consumers will 
have more choices about how they use energy and interact with the electric grid. While major 
changes may not materialize over the next year, SPP is incorporating more of these evolving 
assumptions in its engineering models. 

While load in the SPP region has been flat overall for the last several years, there are pockets of 
load growth. Commercial and industrial customers seeking low-cost, renewable service options 
are increasingly attracted to the SPP region. Companies such as Google, T-Mobile USA and 
Facebook have contracted with renewable generators to power their data centers or meet 
carbon-emission-reduction goals.  

CHANGING GENERATION MIX 
The generation fleet at SPP’s disposal — more than 750 generators participating in its markets 
across a 14-state region — has changed dramatically over the last 10 years. SPP’s current 
generation fuel mix is primarily coal, wind and gas. On average, these fuel types made up 35%, 
27% and 26% of energy production generation. Coal has been on a continual decline in 
production and capacity since 2014. SPP members are planning no new coal generation, and 
older plants are being retired or projected to be retired.  

The SPP region has seen a massive increase in renewable energy. In 2008, wind energy made up 
just 3% and solar a fraction of a percent of SPP’s annual energy production. In 2019, wind 
comprised 27.4% and solar 0.2%. At a given moment, SPP has reliably met as much as 73% of its 
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load with wind. SPP’s primary operational challenge is maintaining grid reliability as it becomes 
increasingly dependent on energy delivered from intermittent resources. The generator 
interconnection (GI) queue represents new generators “waiting in line” to be analyzed and 
connected to the transmission system. There are 54,000 MW of wind in the planning queue. SPP 
needs to develop economic and cost recovery strategies to use excess wind and identify 
upgrades across independent system operator/regional transmission organization (ISO/RTO) 
boundaries to move wind energy into other markets. 

There is only a small amount of solar energy installed in SPP in 2020, but solar and battery 
storage are growing. There are 32,982 MW of solar and 7,069 MW of storage in SPP’s generation 
interconnection queue. SPP expects these emerging technologies to continue to evolve and 
become more prevalent, presenting as utility-scale resources or transmission assets when 
connected to the transmission system and as reduced load when connected to the distribution 
system. 

SPP has identified physical needs of the bulk power system that conventional generation 
inherently provide or has been designed to provide to maintain the reliability of the bulk electric 
system. New resources, such as wind, solar, and battery rely on inverter-based provision of AC 
power and thus do not inherently or physically provide those responses and physical need of 
the power system, including stored potential energy to respond. 

TRANSMISSION PLANNING AND COST ALLOCATION 
SPP works with its members annually to determine what new transmission is needed in the 
region. These projects benefit the region by connecting new generators and demand sources to 
the transmission system, ensuring utilities can deliver low-cost electricity to consumers, and 
solving power grid issues that, if not addressed, could impact the reliable delivery of electricity 
or cause power outages.  

The determination of who should pay for transmission upgrades is a highly debated public 
policy issue. SPP works continuously to better align its transmission planning processes, 
Integrated Marketplace and transmission cost allocation methodologies. It is important to 
address the cost responsibility of loads and generators as well as cost allocation among loads.  

SPP predicts additional challenges based on a changing generation mix. One challenge is 
determining how to both use storage for transmission reliability and provide economic benefits 
through the markets. As load also starts to respond to either reliability needs or economic 
benefits through the markets, planning will increase in complexity because load will no longer 
just be a forecast demand. 
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EVOLVING ENERGY MARKETS 
Natural gas prices have been low, and wind has zero fuel cost and enjoys significant federal tax 
incentives. This is enabling an economic dispatch of SPP’s changing generating fleet, reducing 
wholesale energy prices and shifting the region away from traditional generation. This economic 
dispatch is feasible due to both SPP’s robust transmission system investment and Integrated 
Marketplace. The Integrated Marketplace has provided more than $3.5 billion in savings to 
participants since it launched in 2014.  

In 2019, SPP’s spot wholesale energy prices remained the lowest of any organized market. SPP’s 
primary financial challenge is to ensure that, despite declining wholesale energy prices, 
resources that provide reliability are appropriately compensated and incentivized to offer and 
deliver these services to the grid. SPP continuously works with stakeholders to enhance the 
Integrated Marketplace’s ability to cost-effectively utilize its diverse generation mix, manage 
grid congestion and reliably respond to changes in load and generation. 

WESTERN ENERGY SERVICES 
SPP began operating in the Western Interconnection as a North American Electric Reliability 
Corporation (NERC)-certified reliability coordinator in December 2019. SPP works with 
customers to keep the lights on and mitigate operational contingencies that threaten reliability. 
In February 2021, SPP plans to launch a Western Energy Imbalance Service (WEIS) market and 
administer it on a contract basis. The market will centrally dispatch energy from participating 
resources every five minutes, enhancing reliability and affordability for western consumers. 
These partnerships with new customers will benefit SPP’s existing customers through economies 
of scale and cost savings.  

FEDERAL AND STATE ENERGY POLICIES 
SPP regularly monitors and analyzes proposed federal and state legislative actions and 
determines the potential impact on SPP and its members and stakeholders. At the federal level, 
SPP has observed broad energy policy trends toward increased renewables, storage 
development, cybersecurity, grid security and modernization, and specific reforms for FERC. 
Historically, comprehensive federal energy legislation has been slow to become law. The pace at 
which regulatory rulemakings have been issued appears to have slowed, with finalized actions 
often facing lengthy court challenges. 

At the state level, legislative changes happen more quickly. Hundreds of energy-related bills 
become law each year across the country. These state-level changes both reflect and drive 
energy development and investment trends. SPP has seen state energy policy trends similar to 
federal trends, as well as continued interest in renewable portfolio standards, retail choice, RTO 
participation and right of first refusal laws. 
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Federal and state energy policy trends toward increased renewables, storage development, 
cybersecurity, and grid security and modernization are likely to continue in the coming years. As 
states continue to increase their renewable energy goals and reduce their greenhouse gas 
emissions, interest in advanced transmission systems, RTOs and retail choice could continue to 
grow. Consumers, utilities and large private corporations are also likely to advance policy 
through independent actions. 

REGULATORY 
Directives from FERC impact SPP’s business and operations.  

FERC’s Order 841 directed RTOs and ISOs to revise the rules of their organized markets to allow 
energy storage resources to participate. SPP worked with stakeholders to refine market 
participation practices to accommodate storage. In late 2019, FERC found that SPP’s initial filings 
generally satisfied the directive but required SPP to submit another filing to incorporate 
minimum runtime rules and practices for all resource types. In February 2020, FERC granted an 
SPP request to delay implementation of storage market participation due to delays in the 
development of a new market and transmission settlement system and software changes 
associated with Order 841 reforms. FERC set Aug. 5, 2021 as the new effective date for SPP’s 
tariff changes related to Order 841. 

In February 2020, FERC denied SPP’s request for a rehearing regarding Attachment Z2 of the SPP 
tariff, which defines how transmission customers are compensated for upgrades other entities 
subsequently use. FERC affirmed that refunds are the appropriate remedy, and any interest 
owed on the refunds should be collected from entities that received settlement payments from 
SPP. In April, SPP’s board approved a modification to its tariff that eliminates Attachment Z2 
revenue credits prospectively for certain network upgrades. SPP filed the revision with FERC the 
following day, asking for an effective date of July 1, 2020. 

In 2019, FERC directed SPP to eliminate its exit fee for non-transmission owning (NTO) 
members, and rejected SPP’s proposal to instate a lower, standard exit fee for all members. 
However, the Commission specified that SPP could submit a new proposal with “adequate 
explanation” for why NTOs should pay an exit fee, and ensure NTOs pay a smaller exit fee than 
transmission owners. In March 2020, FERC clarified that NTO members of SPP are still subject to 
a $50,000 membership deposit, rejecting a complaint that the deposit constitutes a barrier to 
membership. In April 2020. SPP filed board-approved revisions to its bylaws and membership 
agreement for FERC’s review. The revisions define and differentiate exit fees for transmission 
owning and NTO members. 

CYBERSECURITY RISKS 
The threat of cyberattacks continues to be a major risk to SPP and the electric utility industry. 
SPP must remain involved in developing NERC standards that are flexible enough to meet 
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security challenges while allowing the provision of reliable and affordable electricity. Evolving 
threats and emerging technologies surface more quickly than NERC has been able to revise 
implement related standards.  

SPP remains committed to addressing the changing cybersecurity landscape. SPP will identify 
actions to address known and emerging issues, as well as post-event actions to mitigate the 
financial consequences of a cyber event. 
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CORPORATE AND DEPARTMENTAL 2021 
OBJECTIVES 
SPP’s officers met in June 2020 to discuss corporate and departmental objectives for 2021. That 
discussion informed the 2021 operating plan and 2021-2023 budget. 

CORPORATE OBJECTIVES 
1. Holistic Integrated Tariff Team (HITT) recommendations implementation: The SPP 

board of directors approved a comprehensive slate of 21 recommendations from the 
HITT at its July 2019 meeting. The approved implementation plan includes completion of 
tariff changes or study work for the following in 2021: 

a. January 2021: 

i. Study offer requirements for variable resources 

ii. Study mitigation of unduly low offers 

b. April 2021: Implement ERS/ORS compensation model 

The majority of the HITT recommendations are scheduled for completion of tariff 
changes or study work prior to 2021 but will either be awaiting FERC approval or in 
process of operational implementation. Recommendation R5 (Study additional 
operational tools) is ongoing, and recommendation T4 (Study three-phase GI process 
effectiveness) is dependent on implementation of the process. 

2. Reduce GI study backlog: SPP entered 2020 with generation interconnection studies 
pending since 2015. Additional full-time personnel were approved in 3Q’19 to reduce 
the backlog to an acceptable level. SPP has now completed all 2015 studies and expects 
to complete all 2016 studies by the end of 2020. In 2021, SPP plans to complete all 2017-
2019 studies.  

3. Z2: Legacy Z2 resettlement: Legacy Z2 resettlement is on appeal to the D.C. Circuit Court 
of Appeals. SPP’s objective is to participate in the legal process and drive towards a 
resolution that complies with court and FERC orders.  

4. New strategic planning process: SPP launched a comprehensive strategic planning 
effort in 2020 to help determine strategic initiatives critical to SPP’s members and 
stakeholders. This work will culminate with presentation of a new strategic plan to the 
board of directors in April 2021. 
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5. Relationship-building: Barbara Sugg and Lanny Nickell are leading efforts to further 
build relationships across SPP. Throughout 2021 they will lead outreach efforts to 
representatives of each SPP member and engage with neighboring systems, regulators, 
legislators, policymakers, non-governmental organizations and other groups critical to 
SPP’s ongoing success.  

6. Improve operating efficiency: SPP’s cost of operations is the lowest of all U.S. 
ISO/RTOs. SPP will continue to search for and drive improvement in its cost of 
operations. The Customer Savings Innovation (CSI) program piloted in June 2020 is 
expected to uncover ideas for continuous improvement. SPP remains committed to 
implementing ideas that achieve savings without sacrificing quality or service levels. SPP 
intends to utilize virtual meeting technology to lower future meeting and travel costs.  

7. Design comprehensive transmission planning process: Continuous improvement of 
the SPP transmission planning and services processes remains a subject of focus for 
2021. SPP will develop a framework to combine planning and services processes where 
appropriate to develop a more comprehensive process that adds value for SPP’s 
members and customers. Transmission planning and services processes should be 
enhanced to emphasize improving utilization of the existing transmission network and 
adding data analysis and risk management approaches to the assessment of 
transmission needs. 

8. Value and Affordability Task Force (VATF) Recommendations: In 2019, the board 
created the VATF to seek opportunities to increase SPP’s value and improve affordability 
while maintaining and protecting its mission. The VATF made 13 recommendations in 
the broad areas of 1) value of SPP and transmission, 2) stakeholder groups and services, 
and 3) internal processes. Two recommendations were targeted to be implemented in 
2021: 

a. A study to determine the value of transmission expansion in SPP. The VATF 
recommended that SPP staff work with the Strategic Planning Committee to 
develop a study scope by the end of 2020 and perform the study in 2021.  

b. MOPC re-organization. The VATF recommended the MOPC continue to improve 
its organizational groups, minimizing meeting costs where possible and 
identifying other efficiency and effectiveness improvements, with a goal of 
implementation by April 2021.  

9. Western Energy Imbalance Services (WEIS): SPP contracted to implement and 
administer an energy imbalance market for contract participants operating in the 
western interconnection. Development has been underway throughout 2020 and 
implementation is scheduled for February 1, 2021. The WEIS will initially include eight 
utilities, six of which are affiliated with existing SPP members. This development closely 
follows the implementation of western reliability coordination services. 
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10. Mature and expand contract services: The provision of contract services reduces the 
net revenue requirement (NRR) collected from tariff customers. SPP is currently 
administering several contracts and plans to implement its WEIS contract in February 
2021. SPP will expand its business development efforts in 2021 to offer additional 
services that reduce its NRR. The SPP board of directors will closely oversee and monitor 
efforts to achieve this objective. 
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DEPARTMENTAL OBJECTIVES 

OPERATIONS 
Summary of key initiatives: 

• Refine existing reliability tools and processes for improved efficiency without the need 
for additional investment. These include TSAT, VSAT, PMU, GAP and RTOP. 

• Expand and improve market functionality with products for ramp capability, uncertainty 
and fast start resources. 

ENHANCED RELIABILITY CAPABILITIES 

SPP must maintain reliability excellence in the context of the bulk electric system's changing 
landscape. The industry continues to integrate more inverter-based technologies, mostly 
renewable energy generation. In the previous eight years, the amount of SPP load served by 
coal decreased from 63% to 35%, while the amount served by wind increased from 6% to 27%. 
The generation interconnection queue includes approximately 45 GW wind, 31 GW solar, 6.7 GW 
battery storage, and 390 MW traditional fuels.  

Large transfers of variable energy continue to increase across the SPP footprint. Wind farms are 
often located in remote areas with little to no load density. Some traditional fossil generation 
that directly supports load centers is being retired. Fuel-mix dispatch changes and new 
generation technologies are creating new operational challenges, such as voltage and transient 
instability. Other areas that require closer real-time and sometimes multi-day-ahead monitoring 
are inter-area oscillations, inertia, primary frequency response and uncertainties in load and 
wind forecasting. The increased complexity of the bulk electric system’s behavior will require SPP 
to further enhance processes, technologies and software to meet these challenges and present 
results comprehensively to system operators. To this end, operational efforts focus on these 
initiatives: 

INTEGRATING NEW PROCESSES 

SPP will continue to enhance several new processes throughout 2020. 

The generation assessment process (GAP) was implemented in August 2019 and has been 
endorsed by the operating reliability working group. The GAP assesses submitted generation 
outages for capacity adequacy to ensure the SPP BA will have sufficient generation capacity for 
all possible scenarios of high load, low wind and high forced outage levels. For conflicts, 
generation operators are coordinating with SPP to re-schedule planned outages when there is 
maintenance margin available. The Generation Outage Task Force was formed to investigate if 
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further policy changes are needed in this area. SPP staff intends to continue to evolve and learn 
from this process as it adjusts to balance necessary outages and grid reliability. 

The Uncertainty Response Team (URT) formed in July 2018 to mitigate increased exposure to 
error in wind and load forecast models. Weather models that forecast wind speed are highly 
dependent on accurate low pressure system forecasting. In general, wind-forecast error rates 
have improved over time, but the SPP footprint has experienced several stalled low pressure 
systems and complex interactions in the upper atmosphere that resulted in a sudden drop of 
wind generation not forecasted by weather models. It is the responsibility of the URT to review 
results of weather forecast models and determine if there is sufficient conventional capacity to 
respond to deviations in load and wind forecast over varying time horizons. Responsibilities 
generally include looking several days in the future and recommending actions for system 
operators such as extending existing commitments or committing new generation. SPP staff will 
continue to evolve and improve processes that can help determine uncertainty levels that 
require consideration in real-time operations.  

MISO and SPP’s transmission system seam stretches from Canada into Texas. Each BA’s intra-
market dispatch use the other’s transmission system as a parallel path. Flows between MISO 
North and MISO South have a particularly high impact on the SPP transmission system, and 
MISO and SPP developed a regional transfer operations procedure (RTOP) to mitigate the 
impacts and specify early communication and actions. During their inquiry into the January 2018 
cold weather event, FERC and NERC recognized several needs. They include ongoing monitoring 
of the impact of the regional transfer flows, performance of periodic impact studies, early 
communication between MISO and SPP RC, conducting capacity and energy emergency drills, 
and changes to the RTOP to address how to return regional transfer flows to their limits. SPP 
and MISO are working to improve processes and procedures and to provide increased visibility 
of the impact of regional transfer flows to system operators.  

INTEGRATING NEW TOOLS 

The voltage security assessment tool (VSAT) is part of the dynamic security assessment (DSA) 
suite of tools that has been in production since May 2018. VSAT provides shift engineers, 
operators and other support staff an analysis, complimentary to real-time contingency analysis, 
that considers real-time conditions and calculates the additional margin that could flow across 
an interface that is limited due to voltage constraints. The tool assists staff in protecting grid 
reliability for large system transfers in real time. VSAT results have been incorporated into 
custom displays that operators use to monitor the transmission system. SPP will continue to 
evaluate the effectiveness of the VSAT. Based on future transmission system conditions, new 
VSAT scenarios will be added as necessary. 

The transient security assessment tool (TSAT) has been in production since August 2019 in a 
pilot phase. Validation of results is ongoing to ensure accurate and concise results that can be 
trusted for real-time decision making. TSAT provides operators time-domain analysis to 
determine the impacts of a fault on the transmission grid. The tool assists staff in protecting grid 
reliability from transient instability. SPP will continue to evaluate the accuracy and effectiveness 
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of the TSAT. Based on future transmission system conditions, new TSAT scenarios will be added 
as necessary.  

In 2017, SPP deployed a suite of tools to receive, store, and analyze members’ phasor 
measurement unit (PMU) data. The primary goal of SPP’s PMU software is to detect and identify 
forced and inter-area oscillations. When the initial project concluded in 2017, most of the PMU 
data originated from a single member, but two additional members have begun voluntarily 
sending PMU data to SPP. Other members continue work on their own PMU deployments with 
plans to send data to SPP. As of November 2019, all new generators greater than 50 MW must 
include a PMU device and stream the data to the transmission operator and SPP. SPP is also 
working with other RCs and RTOs in the eastern interconnection to exchange data. This growth 
in available PMU data is allowing us to better study oscillations in the eastern interconnection. 
SPP is also working with a PMU software vendor to add source location to existing oscillation 
detection capabilities. This may enable SPP to determine if the source of an inter-area oscillation 
is in our footprint and take steps to mitigate it. 

In 2016, SPP launched a multiyear project to upgrade its dispatcher training simulator (DTS). SPP 
is working with an external software developer to create a full training and testing simulated 
environment that performs more closely to real-time production systems. The first two phases 
are complete. The DTS upgrade will continue through 2020 to integrate dedicated market 
system and situational awareness displays. The DTS will provide realistic simulation training 
using market systems critical to SPP operators’ readiness and increased reliability. This will 
improve operator training and greatly enhance support of reliability coordination, balancing 
authority and market operations. 

EXPAND AND IMPROVE MARKET FUNCTIONALITY 

UNCERTAINY  

As SPP’s generation fleet includes increasingly more renewable resources, the majority of many 
days’ planned operating capacity comes from a forecastable resource. Due to changes in 
temperature, humidity, cloud cover and human behavior, these resource forecasts are not 
always accurate. This can lead SPP to rely on capacity that cannot actually supply energy when 
needed to meet demand.  

SPP is developing an uncertainty product that accounts for uncertainty in energy production 
from available capacity to ensure there is enough available during these events. A time horizon 
for this product has not been determined. Other markets have addressed this issue with 
products in the 30-minute time horizon. SPP’s analyses indicate promise for one or more 
products in time ranges of up to four hours. SPP working groups are analyzing the results of 
SPP’s uncertainty study and developing this product to ensure it meets the needs of SPP and the 
membership. 
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RAMPING CAPABILITY 

SPP is creating a ramping capability product to ensure there is enough ramping capability to 
address potential wind forecast errors and concerns that SPP’s real-time prices are overly volatile 
due to scarcity pricing. Resources’ ramping capability is an essential component of efficiently 
and economically meeting the energy needs of SPP’s market participants. A resource’s asset age 
and technology impacts its ability to ramp.  

SPP’s market does not directly value the ability to perform ramping functions. This could result 
in new technology ignoring ramp as a valued product and older assets not optimizing their 
offers or maintenance to produce enough ramping capability to meet the region’s needs. With 
the continuing development of forecastable resources, the ability to procure and value excess 
ramping capability to handle potential errors in renewable forecasts will help ensure a stable, 
reliable and economic grid. SPP filed Revision Request 361 (Ramping Capability) with FERC on 
April 21, 2020 and is awaiting the response to begin implementation planning.  

FAST-START RESOURCES 

A third area of focus to improve and expand market functionality is on fast-start resources, which 
are essential to the reliable provision of energy. These resources typically have short startup 
times, low minimum run-time requirements and faster-than-average ramp rates, characteristics 
that provide needed flexibility for managing SPP’s operational challenges.  

Although the need for fast-start resources could decrease with the implementation of ramping 
capability market products, SPP anticipates continuing to encounter unforeseen circumstances 
requiring a fast-start market product or service. While SPP currently has a participation model 
for fast-start resources, many market participants believe the model’s compensation principles 
are lacking and do not adequately incent participation of fast-start resources. FERC and some 
stakeholders are concerned about the inclusion of start-up and no-load costs into the locational 
marginal price (LMP) calculation.  

SPP and its stakeholders have initiated fast-start market product enhancements in the form of 
RR375 (FERC Order on Fast-Start Pricing) and RR402 (HITT R3: Fast-Start Resources, Enhanced 
Intra-Day Reliability Unit Commitment). SPP has filed RR375 at FERC and is awaiting response. 
The Market Working Group has approved RR402, and SPP will implement these changes after 
gaining approval from FERC.  
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INFORMATION TECHNOLOGY 
IT’s foremost responsibility is maintaining the currency and availability of existing systems to 
fulfill SPP’s core mission of keeping the lights on. To satisfy this obligation, a large percentage of 
IT’s daily work is associated with efforts that support reliability. 

IT plays a key role in the successful implementation of approved corporate capital projects 
included elsewhere in this document. An estimated 55,150 hours of IT resources are required to 
implement projects proposed in the 2021 capital projects budget. Additionally, IT provides 
support and refreshes for all capital assets throughout their useful life.  

Beyond these critical responsibilities, IT is focusing on the following areas. 

CRITICAL INFRASTRUCTURE PROTECTION STANDARDS (CIP) AND SECURITY  

SPP is enhancing security efforts in accordance with a cyber strategic plan that is monitored by 
the oversight committee. This work includes: 

• Modifying software development processes to include secure coding practices by design 
and default. These modifications will enable SPP to address security vulnerabilities 
upstream during development. 

• Automating the monitoring and provision of logical access to information systems, 
including implementing an identity and access management system. Role-based access 
control limits user access to only the data necessary for their job. Creating patterns of 
risk mitigation through architecture or roles enables rapid risk reduction through 
common approved structures. Roles are one example of how security architecture can 
reduce burden while increasing security and lowering risk. 

• Applying a corporate risk management process. 

• Updating business continuity plans. 

• Strengthening the information management program by establishing a data governance 
program. One of the first priorities will be to agree on enhanced classifications and labels 
of sensitive data, a precursor to implementing data-loss prevention and tracing the flow 
of sensitive information through SPP’s infrastructure. 

SPP is also reducing manual work associated with assessing and administering security patches 
issued by third-party software providers, most of which are driven by CIP requirements. IT 
resources are devoted to the daily care and upkeep of hardware and software. We manage a 
continuous stream of patches and updates across all installed hardware and software. SPP 
processes security patches for over 5,300 unique pieces of software installed on critical cyber 
assets, resulting in tens of thousands of patch assessments that must be conducted by staff and 
approximately 1,100 security patches deployed annually across 1,400 assets. In addition, SPP 
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processes and deploys security patches across its lower environment stack and non-CIP 
classified assets. IT is developing automated solutions and working with an outside vendor to 
conduct security and non-security patch assessments. Automating this solution reduces the 
opportunity for human error and related compliance and security risks. 

Finally, in accordance with NERC standard CIP-013-1 (Supply Chain Risk Management), SPP is 
automating and refining supply chain processes to streamline intra- and interdepartmental 
efforts. 

INCREASE OPERATIONAL EFFICIENCY 

IT receives continuously more requests and resulting work that reinforces the need for ongoing 
process improvement and automation to gain efficiencies.  

Efforts to identify and prioritize process optimization opportunities are ongoing. IT continues to 
focus on highly manual, repeatable administrative activities that carry a high risk of manual 
errors. 

Another goal for minimizing risk is to identify and prioritize opportunities for automation, 
maintain a clearinghouse for automation activities, determine the cost/benefit of automation 
proposals, and develop a cohesive automation implementation plan. The automation framework 
has been established, and multiple automation initiatives are in flight and in the queue. Relevant 
efforts include automating and managing passwords to reduce overhead and ensure 
compliance and automating application deployments, server builds and decommissions, and the 
CIP supply chain process. 

SPP has an extensive software portfolio including tools that provide similar functionality in 
source-code versioning, issue tracking, application build processes and information sharing. IT is 
standardizing platforms that will reduce SPP’s software stack and costs associated with licensing, 
support and maintenance. The procurement process is being examined to clarify and 
consolidate the paths by which hardware and software are acquired, ensuring adequate 
architectural and security oversight, and auditable compliance with CIP-010-1 and CIP-013. 

Finally, IT is working with stakeholders across the business to create and implement 
collaborative solutions with individual departments.  

EVALUATE AND LEVERAGE EMERGING TECHNOLOGIES 

IT continues to evaluate and implement technologies that increase and optimize SPP’s 
functionality. The technology landscape continually changes, so it is prudent for IT to stay aware 
of evolving technologies with an eye toward integrating systems that support SPP's strategic 
initiative of enhancing member value and affordability. 

For the vast majority of business applications, IT utilizes on-site infrastructure to run application 
systems and store critical business data. While there are advantages to this approach, there are 
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less-critical systems and data for which off-site cloud implementation may be appropriate. IT is 
evaluating on-site cloud solutions to enable more flexibility and efficiency while reducing 
equipment purchases. IT is developing cloud strategies, cloud usage and services policies, and 
associated processes and procedures. Cloud solutions increase efficiency by delegating 
responsibility for certain parts of the infrastructure to a third party that has economies of scale 
to manage it more efficiently. By separating infrastructure layers, we can eliminate dedicated, 
uniquely configured infrastructure to support each application in favor of a common 
infrastructure service. This is easier to support and more efficient to leverage, even if we choose 
an on-premise solution.  

The amount of data required to support end-users continues to increase significantly, requiring 
additional investment in storage technology. Data must be appropriately available to end-users, 
perform satisfactorily and be backed up to secondary and/or offsite locations as required. In 
some cases, SPP applications must have data in multiple environments (test, development, 
member testing, quality assurance, and production) that may necessitate short-term and/or 
permanent retention periods, all of which require administrative oversight. A data governance 
program has begun that will define updated data classifications and label policies for SPP’s 
major information systems. 

MAINTAIN AND REPLACE ASSETS  

Every system and tool SPP uses to perform its tariff, markets and reliability functions relies on 
technology. Physical technology assets (servers, hosts, storage devices and networking 
equipment) comprise approximately $40 million of capital inventory. Importantly, these physical 
assets must be replaced periodically due to exposure to increased failure rates, discontinued or 
unaffordable vendor support, operating system incompatibility and the need for improved 
application performance and connectivity requirements.  

An asset inventory management program is being implemented to accurately inventory SPP’s 
hardware and software and integrate across IT to ensure license compliance, support status, 
cyber compliance, and reduce overlapped vendor solutions. Savings will come through reduced 
exposure to contractual non-compliance fines, reduced risk of purchasing multiple overlapping 
technologies, reduced risk of infrastructure getting to end of support, and expense reduction of 
automating what is today a manual, incomplete, and error-prone task. 
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FINANCE 

CREDIT POLICY 

SPP’s Integrated Marketplace creates both opportunity and risk for market participants. Risk is 
manifested in the potential for credit default and subsequent socialization of that loss among all 
participants. SPP’s credit group and its stakeholders have undertaken a robust review of TCR-
related credit risk and have proposed three initial enhancements to strengthen the credit policy 
and associated processes.  

While the group proceeds with approval and implementation of these enhancements in 2020, 
they are forming additional recommendations to address other areas of risk within the policy. 
This second phase of recommendations will focus on forward-looking risk metrics and potential 
enhancements to auction processes, both of which could improve visibility into portfolio risk 
valuation.  

The groups’ goals are to achieve consensus on second-phase enhancements by early 2021, then 
seek stakeholder and FERC approval. Implementation of the recommendations would occur in 
late 2021 for production in early 2022. 
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ENGINEERING 

GENERATION INTERCONNECTION PROCESS  

In 2020, SPP will implement its new FERC-approved, three-phase GI study process in DISIS 2017-
001 and DISIS 2017-002. SPP staff and consultants will concentrate on clearing the backlog of 
almost 200 requests from 2017 (more than 36 GW).  

The requirements of FERC Order 845 are resulting in requests for surplus interconnection service 
requests which will complicate GI processes and require new approaches to address customer 
needs. The self-build option resulting from Order 845 is expected to result in conflict between 
transmission owners and customers that will likely impact the generator interconnection 
agreement negotiation process and thus require more GI staff facilitation.  

The new generation interconnection user group is being established to both educate 
stakeholders and identify process improvements to help clear the GI queue backlog. Hybrid 
requests are becoming more prevalent that will require procedures and policies to address the 
hybrid facilities’ unique characteristics.  

The approval of Wolf Creek – Blackberry in the latest ITP, eliminating the need for the Wolf 
Creek – Emporia solution identified in GI studies, will likely result in significant push by 
transmission owners to force interconnection customers to share costs of approved network 
upgrades. HITT recommendations should address this need for cost allocation changes.  

RESOURCE ADEQUACY PROCESS 

In 2018, FERC approved new tariff provisions that SPP will implement in 2020. Foremost among 
these are a new enforcement process and enhanced data collection and monitoring provisions 
to ensure load responsible entities plan sufficient resource capacity.  

The Supply Adequacy Working Group recognizes a gap in SPP policies related to capacity 
accreditation for storage as a capacity resource. Staff is working to finalize a scope of work to 
evaluate capacity accreditation improvements for storage using the Effective Load Carrying 
Capability (ELCC) methodology. These efforts, with HITT initiatives and Engineering’s PRPC ESR 
project, are expected to close technical and policy gaps related to storage capacity accreditation 
while rolling into the existing attachment AA high level requirements 
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PROCESS INTEGRITY 

COMPLIANCE TOOLS AND AUDITS 

Compliance and reliability standards staff will work to formalize a controls program that will: 

• Capture the slate of existing controls in governance risk and compliance (GRC) tool for 
NERC compliance. 

• Collaborate with the internal audit department to document controls foundation (control 
objectives, design, and effectiveness testing). 

• Strive to expand GRC usage to other departments and controls uses (e.g., EMBC, risk 
management, internal audit). 

• Develop and capture high-risk controls in GRC tool for NERC compliance. 

The enhancements to the controls program will help SPP compliance staff in its oversight role 
and should assist in managing SPP’s compliance with NERC reliability standards. In addition to 
responding to and mitigating potential non-compliance issues, compliance staff will continue 
strengthening its relationship with NERC, the Midwest Reliability Organization (MRO) and the 
Western Electricity Coordinating Council (WECC). 

CUSTOMER TRAINING 

Due to the spread of COVID-19, customer training took steps to safeguard the health and safety 
of SPP stakeholders while continuing to provide credential maintenance hours for NERC-
certified system operators. With the health and safety of stakeholders still in mind, the 2021 
customer training calendar will prioritize virtual training for the first half of 2021 and plan 
instructor-led training events in the last half of the year. 

PERFORMANCE EXCELLENCE (PEX) RE-TOOLED 

Beginning in 2020, SPP assessed prior years’ PEX efforts. We recognized and acknowledged 
success towards the program’s goals: 

• Bridge staff ideas and leadership prioritization 

• Provide a mechanism to: 

o Engage SPP Staff and leadership to improve processes. 

o Report to stakeholders the efforts and benefits of these improvements. 

SPP also reaffirmed our commitment to the success of PEX by taking the following actions in 
2020 and 2021: 
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• Shift from centralized facilitation to department ownership of PEX. 

• Hold officers and directors responsible for their respective organization’s improvements. 

• Capitalize on the framework of successful PEX teams to enable continued success. 

The PEX leadership team will identify opportunities for improvement of PEX efforts based on 
stakeholder feedback received from the annual stakeholder satisfaction survey. 
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2021 PROJECTS 
SPP directors on the Project Review and Prioritization Committee (PRPC) reviewed enterprise 
project requests and approved those that align with SPP’s foundational strategies and are 
justified by a business case. For the 2021-2023 budget planning cycle, the PRPC recommended a 
portfolio of 14 projects to the SPP executive team for their approval. 

This 2021 recommendation is notable for at least two reasons: 1) it is the first time the PRPC  
submitted projects as a portfolio of projects in various stages of implementation and 
corresponding with the project pipeline and portfolio management principles adopted by the 
PRPC; and, 2) there were no new projects presented as part of the recommendation. The 14 
projects are identified below with the following five projects highlighted because of significant 
schedule or budget revisions. 

PROJECTS REVIEWED PREVIOUSLY, BUT NOT BUDGETED 

• The fast-start resource compliance project was noted in last year’s recommendation, 
and was prioritized in the portfolio, but the project has been on hold. This 
recommendation highlights the project because the PRPC prepares to stage the project 
in the current year. 

• The freeze-date replacement project will update the data used in market interchanges. 
It was approved last year. The implementation has been postponed. 

• The interface pricing and pseudo-tie modeling project was also in last year’s 
recommendation and prioritized in the portfolio. The project has been on hold pending 
FERC directive and is being resubmitted as a 2022 project. 

PROJECTS REVIEWED PREVIOUSLY WITH UPDATED BUSINESS CASE JUSTIFICATION 

• The energy management system (EMS), centralized modeling tool (CMT) and markets 
upgrade projects will upgrade legacy EMS, CMT and markets software. This project was 
submitted in 2019 with an executive summary and is now represented with a full 
business case. 

PROJECT WITH SIGNIFICANT INCREASE IN BUDGET 

• The ramp product project was previously approved in 2019 with a total budget of 
$200,000. After consultation with the vendor, a statement of work was recently received 
for this effort for a total cost of $645,000. A revised three-year budget is presented in 
the documentation for this project. 
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Together, this portfolio of projects will address stakeholder requests and regulatory directives. 

PRIORITY PROJECT TOTAL 
COST ($M) 

STAFF 
HOURS 

1 FERC Order 841 $0.4 22,118 

2 HITT Program $0.0 Not 
Estimated 

3 Ramp Product $0.7 7,850 

4 Fast-start Resource Compliance $0.2 4,421 

5 WEIS Market Program $6.2 75,295 

6 Energy Storage Resource (Engineering) $0.1 5,140 

7 IAM Deployment $0.5 3,910 

8 Z2 FERC Remand Order (On Hold) $0.0 Not 
Estimated 

9 EMS, CMT & Markets Upgrade* $3.5 8,880 

10 Freeze Date Replacement $0.4 6,019 

11 Interface Pricing and Pseudo Tie Modeling (On Hold) $0.2 3,827 

12 TAGIT/SCERT Rewrite $0.3 4,360 

13 Uncertainty Product $0.0 8,050 

N/A Market & Reliability Training Simulator (Formerly 
DTS Phase 2B)** $2.5 6,160 
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TOTAL COSTS OF PROJECTS FOR 2020 THROUGH 2023 

TOTAL PROJECT COSTS (2020 – 2023) ($M) 

 2020 2021 2022 2023 TOTALS 

Project Capital $5.4 $3.8 $1.3 $0 $10.5 

IT Capital $1.1 $0.1 $0 $0 $1.2 

Dept. Operating $2.2 $0.2 $0 $0 $2.4 

IT Operating $0.5 $0.2 $0.1 $0.1 $0.9 

Total Cost $9.2 $4.3 $1.4 

 

 

 

 

$0.1 $15.0 

 

STAKEHOLDER INITATIVES  

STRATEGIC MARKET ROADMAP 
In 2019, the SPP market design department completed the development of the strategic market 
roadmap process with the goal of reaching approval in June 2020. The process enhances current 
efforts in this area by adding a formalized structure and creating consistency in the prioritizing 
of market-related initiatives and efforts. 

The SPP director team approved the process in early June noting the following benefits to all 
stakeholders: 

• Increase transparency and collaboration. 

• Balance of diverse interests. 

• Ensure alignment with SPP’s strategic plan, budgeting and portfolio management. 

• Ensure focus on greatest areas of need. 

• Enhance internal coordination and support. 

The initiative has been a joint effort of the Market Working Group and affected stakeholders 
and, upon approval by the SPC and MOPC in July 2020, will be reviewed and monitored on a 
monthly basis by the CPRG. 
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The diagram below illustrates the proposed process: 
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APPENDIX 1: SPP WORKING GROUPS 
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APPENDIX 2: SPP STAFF ORGANIZATION 
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SouthwestPowerPool SPPorg southwest-power-poolHelping our members work together to keep 

the lights on... today and in the future.

MOPC REPORT TO THE 
BOARD OF DIRECTORS
HOLLY CARIAS

MOPC CHAIR
OCTOBER 27, 2020
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2

REVISION REQUESTS APPROVED IN OCTOBER

Approval Implications
• Estimated Vendor Cost for submitted RRs is $0

Tariff

Business 

Practices

Planning 

Criteria

ITP 

Manual

Market 

Protocols

RR 

Process

Vendor 

Cost

Staff 

Hours

ESWG RR403 - Change to ITP Operational Model Development X None None

MWG RR420 - Fast-Start Order Compliance X X None None

MWG

RR421 - Compliance Order Docket ER19-460-005: Order 841(RR323 Energy 

Storage Compliance) X None None

MWG RR425 - Order 841 ESR Settlements Correction X X None None

PCWG RR415 - BP7060 Clean-up X None None

RTWG RR422 - HITT C2 (Byway Facility Cost Allocation Review Process) X X None None

RTWG RR423 - Revision to Attachment W X None None

SAWG RR412 - Design Output for Capacity Upgrades on Existing Generating Units X None None

TWG/ESWG RR427 - Detailed Project Proposal Reuirements Reduction X None None

STAFF RR416 - Revision Request Process Updates X None None

Primary 

Working 

Group Title

Impacted Document Estimated Cost
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NOTABLE MOPC ACTIONS

• Approved four HITT recommendations

• M4: Study economic evaluations of reliability

• T3: Implement new load addition modifications

• T1: Implement modifications to NRIS and ERIS

• C2: Evaluate a byway facility cost allocation review process

• Approved 2020 Integrated Transmission Plan (ITP) & Assessment

• Approved five electric storage recommendations

• Discussed 2022 ITP and 20-Year Assessment ITP futures

• Received education on HITT

• M1: Implement congestion hedging improvements

• R4: Implement uncertainty market product

• M2: Study offer requirements for variable energy resources 
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SEEKING BOARD ACTION

• Per discussion at yesterday‘s joint board/RSC meeting

• MOPC recommends that the board of directors accept the 

cost estimate deviation for Multi-Gentleman-Cherry Co.-Holt 

Co. 345 kV as reasonable and acceptable and reset the 

baseline used to evaluate future cost estimate deviations.

Group Date Consensus

PCWG 09/30/20 Approved

MOPC 10/13/20 Approved
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SEEKING BOARD ACTION
Per discussion at yesterday‘s joint board/RSC meeting

• MOPC recommends the board of directors approve the “2020 ITP Assessment 
Report” as documentation of completion of the ITP planning process specified in 
SPP OATT Attachment O Section III

• MOPC recommends the board of directors approve the 2020 ITP Assessment, as 
modified by SPP staff recommendation to defer action on the Butler-Tioga 138 kV 
project due to the need for further refinement

• This includes recommended issuance, modification, and withdrawal of NTCs for 
projects within the four-year financial commitment window and NTC-Cs for projects 
that are >100 kV and >$20M for a refined cost estimate

Group Date Consensus

ESWG 10/6/20 Both recommendations approved

TWG 10/6/20 Both recommendations approved

MOPC 10/13/20 Both recommendations approved
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POST-MOPC SURVEY
CONTINUOUS IMPROVEMENT

• Of 53 respondents, 94% found meeting effective or very effective

• Received helpful feedback and improvement ideas re:

• Facilitation

• Content
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MOPC IN 2021

• Reorganization is effective January

• Meetings will be Monday afternoon and all day Tuesday

• Two virtual and two in-person
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HOLLY CARIAS
MOPC Chair
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APPENDIX
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PCWG REVIEW PROCESS

• Outlined in Business Practice 7060

• Projects subject to PCWG review (Applicable Projects)

• Regionally funded (nominal operating voltage > 100 kV)

• Current or previous cost estimate >= $20 million

• Baseline cost estimates established after NTC issuance

• PCWG reviews projects when updated cost estimates exceed ±20% 
bandwidth of established baseline cost estimate

• All estimates provided in current year dollars

• Baseline cost estimates escalated annually at rate assumed in source 
study
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PROJECT OVERVIEW
Upgrade ID Owner Upgrade Scope

50442 NPPD
Build new 110-mile 345 kV line from Gerald Gentleman Station 

substation to new Cherry County substation. 

50444 NPPD
Build new Cherry County 345 kV substation and install necessary 

terminal equipment. 

50445 NPPD
Build new 117-mile 345 kV line from new Cherry County substation to 

new Holt County substation. 

50446 NPPD

Build new Holt County 345 kV substation tap on the Grand Island -

Fort Thompson 345 kV line owned by WAPA.  Install necessary 

terminal equipment at new substation. 

Upgrade ID Owner
Baseline Cost Estimate

(Adj. for Inflation)
Latest Variance Var. %

50442 NPPD $165,334,824 $204,236,579 $38,901,755 23.5%

50444 NPPD $14,141,061 $13,692,681 -$448,380 -3.2%

50445 NPPD $173,625,385 $232,903,698 $59,278,313 34.1%

50446 NPPD $19,405,057 $12,543,756 -$6,861,301 -35.4%

Total $372,506,327 $463,376,714 $90,870,387 24.4%

NTC-C

Issuance 

4/9/2012

NTC 

Issuance

3/11/2013

In-Service

Date 4/1/2024

Future Projection 

(Confidence Level)

Low

<50% 

chance

Medium

50-80% 

chance

High

>80% 

chance

Estimate the probability that 

final cost will be within +/- 20% 

of updated cost estimate

X
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EXPENDITURES, COMMITMENT & RISK

Upgrade ID Owner Expenditures to Date

Materials ordered and 

services contracted, but not 

included in  Expenditures 

50442 NPPD $37,406,968 $122,964,516 

50444 NPPD $3,745,853 $0

50445 NPPD $56,659,362 $135,453,476 

50446 NPPD $7,033,359 $0

Total $104,845,542 $258,417,992 

Potential Risks for Transmission Lines Financial Mitigation Plans

• Labor and material cost escalation greater 
then estimated during the delay
• Delay period is greater than two years
• Design changes could be required to 
resolve permitting issues
• Alternate construction methods could be 
required to resolve permitting issues

• Expediting permit resolution to the extent possible
• Demobilizing all non-necessary personnel during 
the delay period
• Negotiating reduced equipment rates for the delay 
duration
• Reduce work scope of contractors
• Delay the purchase of some materials

Potential Risks for Substations Financial Mitigation Plans
•Additional delays will add more interest to 
construction costs

•None
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ACTION TAKEN

On 9/30/2020 PCWG approved a motion to recommend that MOPC and Board accept 

the cost estimate deviation as reasonable and acceptable and reestablish the baseline 

used to evaluate future cost estimate deviations*.

• Voting result: Yea – 8, Nay – 2, Abstained – 3

On 10/13/2020 MOPC approved a motion to recommend that the Board accept the 

cost estimate deviation as reasonable and acceptable and reestablish the baseline used 

to evaluate future cost estimate deviations*.

• Voting result: Yea – 49, Nay – 8, Abstained -1

*Language from Business Practice 7060 454 of 1082
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RECOMMENDATION

Project Name Owner Recommendation

Multi - Gentleman - Cherry 

Co. - Holt Co. 345 kV
NPPD

MOPC recommends that the Board accept the cost estimate 

deviation for Multi - Gentleman - Cherry Co. - Holt Co. 345 kV as 

reasonable and acceptable and reset the baseline used to evaluate 

future cost estimate deviations.

Action Requested: Approve Recommendation
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OCTOBER 26, 2020
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KEY ANALYSIS CONSIDERATIONS

Fossil fuel retirements

Solar growth

Targeted load growth

Wind growth outpacing past forecasts
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Year 2

Reference Case Emerging 

Technologies

Year 5 Year 10 Year 5 Year 10

Current projections Current projections Increase due to EVs

Current forecast
Coal 56, Gas 50+

subject to Generator Owner 

Review

Coal 56, Gas 50+
Subject to repowering or 

emissions upgrades

None
20% of projected

solar

35% of projected 

solar

.023 4 7 5 9

21.7 26 28 30 33

Energy Storage

FUTURES ASSUMPTIONS 

Energy growth

Fossil fuel

retirements

Wind (GW)

Utility Solar (GW) 
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Registered Capacity

26,657 MW

as of 9/1/2020

Generating Capacity 

22,216 MW 

as of 9/1/2020

Expected to be 

in service by 2021

29,667 MW 

Pending GIA or

Executed GIA on Schedule

as of 9/22/2020

2020 ITP Future 2 33 GW

2020 ITP Future 1  28 GW

0

5000

10000

15000

20000

25000

30000

35000

40000

PROJECTED VS. ACTUAL WIND

Wind development continues to 

outpace study assumptions
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2020 ITP OVERVIEW
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THIS PORTFOLIO WILL…

 Maintain reliability excellence 

 Increase resource deliverability

 Allow flexibility under varying forecasts

 Address real-time congestion in the market

 Capitalize on significant renewable investment

 Reduce regional wholesale energy costs

 Levelize LMPs across the region

 Prevent future frequently constrained areas
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ADDRESSING CONGESTION

Lower

prices

Higher

prices

Consolidated portfolio will reduce regional LMP 

price separation, create more reliable transfer 

capability, & deliver lower cost energy to load
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ADDRESSING CONGESTION

Lower

prices

Higher

prices

Consolidated portfolio will reduce regional LMP 

price separation, create more reliable transfer 

capability, & deliver lower cost energy to load
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$1,800

$1,831

$1,730

$1,745

$1,305

$1,932

$1,750

$2,523 

$2,512

$2,513

$2,880

$2,972

$3,104 

$3,765

$794 

$509

0 500 1000 1500 2000 2500 3000 3500 4000

Full Portfolio Cost

Economic Portfolio

Cost

Expected APC Benefit

Battery Sensitivity

Solar Sensitivity

Demand Sensitivity

NG Sensitivity

Retirements

Sensitivity

Wind Sensitivity

$ Millions

40 Year APC Benefit and Cost Ranges

Benefit Range Decrease Expected APC Benefit Range Benefit Range Increase Cost Range Portfolio Cost

High Wind F2Low Wind F2

High Retirements F1 High Retirements F2

High Demand F2

High NG F2

High Solar F2

High Battery F2

Low NG F1

Low Demand F1

Low Solar F1

High Battery F1

Across a wide range of sensitivities 

expected benefits outweigh costs
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PORTFOLIO BREAKEVEN AND PAYBACK

Portfolio will pay for itself in <20 years and begin 

providing net savings to ratepayers in <2 years

All projects assumed in service 1/1/2025; APC benefit only

Future 2 Payback Year

2040

Future 1 Payback Year

2044

F1 Breakeven Year 2026

F2 Breakeven Year 2025

 $-

 $2,000

 $4,000

 $6,000

 $8,000

 $10,000

 $12,000

 $14,000

2025 2028 2031 2034 2037 2040 2043 2046 2049 2052 2055 2058 2061 2064

M
il
li
o

n
s

F2 Portfolio Cumulative Benefit F1 Portfolio Cumulative Benefit Cumulative ATRR

Breakeven
One-Year Benefits ≥ One Year ATRR Cost

Payback 
Cumulative One-Year Benefits ≥ Total 40 Year NPV ATRR Costs
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FUTURE 1 RATE IMPACTS (BY ZONE)
(ESTIMATED)

Future 1 2030 retail residential 

rate impacts by zone (2020$)

Negative value= 

rate reduction

Positive value= 

rate increase

Average 

regional 

savings of 16¢ 

on residential 

utility bill  
Zone

One-Year 

ATRR Costs

One-Year 

Benefit

Rate Impact-

Cost

Rate Impact 

Benefit Net Impact

AEPW $7,896 $17,468 $0.15 $0.34 ($0.19)

EMDE $719 $2,859 $0.14 $0.56 ($0.42)

GMO $1,156 $950 $0.12 $0.10 $0.02

GRDA $581 $10,114 $0.06 $1.05 ($0.99)

KCBPU $283 $496 $0.10 $0.18 ($0.08)

KCPL $2,688 $2,940 $0.18 $0.20 ($0.02)

LES $443 $230 $0.13 $0.07 $0.06

MIDW $227 ($1,145) $0.10 ($0.50) $0.60

NPPD $1,854 $577 $0.11 $0.03 $0.07

OKGE $5,184 $44,561 $0.16 $1.33 ($1.18)

OPPD $1,417 ($281) $0.10 ($0.02) $0.12

SPRM $408 $509 $0.14 $0.18 ($0.04)

SPS $7,336 ($63) $0.25 $0.00 $0.25

SUNC $910 ($3,729) $0.14 ($0.56) $0.70

SWPA $235 $583 $0.43 $1.07 ($0.64)

UMZ $5,297 $7,186 $0.17 $0.23 ($0.06)

WERE $13,179 $4,675 $0.49 $0.17 $0.31

WFEC $2,521 $8,817 $0.16 $0.56 $0.40

Total: $52,334 $96,748 $0.19 $0.35 ($0.16)

466 of 1082



27

Zone

One-Year 

ATRR Costs

One-Year 

Benefit

Rate Impact-

Cost

Rate Impact 

Benefit Net Impact

AEPW $7,896 $29,423 $0.15 $0.57 ($0.42)

EMDE $719 $4,016 $0.14 $0.79 ($0.65)

GMO $1,156 $2,901 $0.12 $0.31 ($0.19)

GRDA $581 $8,221 $0.06 $0.86 ($0.80)

KCBPU $283 $1,665 $0.10 $0.60 ($0.50)

KCPL $2,688 $1,269 $0.18 $0.09 $0.10

LES $443 $1,230 $0.12 $0.35 ($0.22)

MIDW $227 ($1,009) $0.10 ($0.44) $0.54

NPPD $1,854 $732 $0.11 $0.04 $0.06

OKGE $5,184 $50,551 $0.15 $1.51 ($1.35)

OPPD $1,417 $1,110 $0.10 $0.08 $0.02

SPRM $408 $327 $0.14 $0.11 $0.03

SPS $7,336 $1,530 $0.25 $0.05 $0.20

SUNC $910 ($3,052) $0.14 ($0.46) $0.60

SWPA $235 $1,853 $0.43 $3.41 ($2.98)

UMZ $5,297 $18,039 $0.17 $0.08 ($0.40)

WERE $13,179 $3,594 $0.49 $0.13 $0.35

WFEC $2,521 $12,985 $0.16 $0.82 $0.60

Total: $52,334 $135,386 $0.19 $0.49 ($0.30)

FUTURE 2 RATE IMPACTS (BY ZONE)
(ESTIMATED)

Future 2 2030 retail residential 

rate impacts by zone (2020$)

Negative value= 

rate reduction

Positive value= 

rate increase

Average 

regional 

savings of 30¢ 

on residential 

utility bill  
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FUTURE 1 RATE IMPACTS (BY STATE)
(ESTIMATED)

Future 1 2030 retail residential 

rate impacts by zone (2020$)

State level numbers are 

representative of load and 

generation in the SPP region, 

not the entire state

Negative value= 

rate reduction

Positive value= 

rate increase

Average 

regional 

savings of 16¢ 

on residential 

utility bill  
State*

One-Year 

ATRR Costs

One-Year 

Benefit

Rate 

Impact-Cost

Rate Impact 

Benefit Net Impact

Arkansas $1,972 $4,773 $0.15 $0.36 ($0.21)

Iowa $84 $1,415 $0.06 $1.08 ($1.02)

Kansas $18,815 $9,380 $0.17 $0.09 $0.09

Louisiana $1,155 $2,556 $0.15 $0.34 ($0.19)

Minnesota $16 $278 $0.06 $1.09 ($1.02)

Missouri $8,148 $46,549 $0.14 $0.81 ($0.67)

Montana $9 $151 $0.06 $1.09 ($1.02)

Nebraska $8,234 $11,123 $0.20 $0.26 ($0.07)

New Mexico $411 $338 $0.50 $0.41 $0.09

North Dakota $257 $4,481 $0.06 $1.09 ($1.02)

Oklahoma $10,488 $7,735 $0.39 $0.29 $0.10 

South Dakota $195 $3,276 $0.06 $1.08 ($1.01)

Texas $2,545 $4,616 $0.19 $0.35 ($0.16)

Wyoming $4 $77 $0.06 $1.09 ($1.02)

Total: $52,334 $96,748 $0.19 $0.35 ($0.16)

*State level results are based on load allocations by zone, by state. For example, 4.2% of 

Upper Missouri Zone (UMZ) load is in Nebraska, so 11% of UMZ benefits are attributed to 

Nebraska.
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State

One-Year 

ATRR Costs

One-Year 

Benefit

Rate 

Impact-Cost

Rate Impact 

Benefit Net Impact

Arkansas $1,972 $7,700 $0.15 $0.59 ($0.44)

Iowa $84 $1,164 $0.06 $0.89 ($0.83)

Kansas $18,815 $13,928 $0.17 $0.13 $0.05

Louisiana $1,155 $4,305 $0.15 $0.57 ($0.42)

Minnesota $16 $226 $0.06 $0.88 ($0.82)

Missouri $8,148 $56,385 $0.14 $0.98 ($0.84)

Montana $9 $123 $0.06 $0.88 ($0.82)

Nebraska $8,234 $21,487 $0.20 $0.51 ($0.31)

New Mexico $411 $1,031 $0.50 $1.26 ($0.76)

North Dakota $257 $3,642 $0.06 $0.88 ($0.82)

Oklahoma $10,488 $14,078 $0.39 $0.52 ($0.13)

South Dakota $195 $2,660 $0.06 $0.88 ($0.81)

Texas $2,545 $8,596 $0.19 $0.64 ($0.45)

Wyoming $4 $62 $0.06 $0.88 ($0.82)

Total: $52,334 $135,386 $0.19 $0.49 ($0.30)

FUTURE 2 RATE IMPACTS (BY STATE)
(ESTIMATED)

Negative value= 

rate reduction

Positive value= 

rate increase

Average 

regional 

savings of 30¢ 

on residential 

utility bill  

*State level results are based on load allocations by zone, by state. For example, 4.2% of 

Upper Missouri Zone (UMZ) load is in Nebraska, so 11% of UMZ benefits are attributed to 

Nebraska.

Future 2 2030 retail residential 

rate impacts by zone (2020$)

State level numbers are 

representative of load and 

generation in the SPP region, 

not the entire state
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SHORT CIRCUIT - NOTIFICATIONS TO CONSTRUCT 

Project Description

Need 

Date

Lead Time

(months)

Approved for 

Construction*+

Replace four breakers at Anadarko 138 kV 6/1/2022 18 Yes

Replace three breakers at Northeast 161 kV 6/1/2022 18 Yes

Replace 1 breaker at Stilwell 161 kV 6/1/2022 18 Yes

Replace 1 breaker at Leeds 161 kV 6/1/2022 18 Yes

Replace 1 breaker at Shawnee Mission 161 kV 6/1/2022 18 Yes

Replace 1 breaker at Southtown 161 kV 6/1/2022 18 Yes

Replace 2 breakers at Lake Road 161 kV 6/1/2022 18 Yes

Replace 2 breakers at Craig 161 kV 6/1/2022 18 Yes

*NTCs required to be issued within 15 business days of Board approval

+All short circuit projects based on year two summer model, thus needed within two years; recommend NTCs for all short circuit 

projects
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RELIABILITY - NOTIFICATIONS TO CONSTRUCT

Project Description

Need 

Date

Lead Time

(months)

Approved for 

Construction*

Watford 230/115 kV transformer circuit 1 terminal equipment, circuit 2  

replacement
6/1/2022 24 Yes

Circleville-Goff 115 kV circuit 1 rebuild 6/1/2025 24 Yes

Goff-Kelly 115 kV rebuild 6/1/2025 24 Yes

South Shreveport-Wallace Lake 138 kV rebuild 6/1/2024 24 Yes

Grady 138 kV capacitor bank 12/1/2022 24 Yes

Deaf Smith #6-Hereford 115 kV rebuild 4/1/2022 24 Yes

Deaf Smith #6-Friona 115 kV rebuild 4/1/2022 24 Yes

Richmond 115 kV substation, Richmond 115/69 kV transformer, Richmond-

Aberdeen 115 kV line
12/1/2022 36 Yes

Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV rebuild 6/1/2023 24 Yes

Bushland-Deaf Smith 230 kV terminal equipment 4/1/2022 18 Yes

Newhart-Potter County 230 kV terminal equipment 4/1/2022 18 Yes

Carlisle-Murphy 115 kV rebuild 6/1/2022 24 Yes

Roswell 115/69 kV replace transformer #1 6/1/2022 24 Yes

S3456-S3458 345 kV terminal equipment 6/1/2029 18 No

Meadowlark-Tower 33 115 kV rebuild 6/1/2023 36 Yes

*NTCs required to be issued within 15 business days of Board approval
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RELIABILITY - NOTIFICATIONS TO CONSTRUCT (CONT.)

Project Description

Need 

Date

Lead Time

(months)

Approved for 

Construction*

Jones-Lubbock South 230 kV terminal equipment circuit 1 6/1/2028 18 No

Jones-Lubbock South 230 kV terminal equipment circuit 2 6/1/2028 18 No

Deaf Smith-Plant X 230 kV terminal equipment 4/1/2022 18 Yes

Newhart-Plant X 230 kV terminal equipment 4/1/2022 18 Yes

Lubbock South-Wolfforth 230 kV terminal equipment and clearance increase 6/1/2022 18 Yes

Allen-Lubbock South 115 kV rebuild 6/1/2022 24 Yes

Allen-Quaker 115 kV rebuild 6/1/2022 24 Yes

Eddy County-North Loving 345 kV new line 6/1/2028 48 No

Bismarck 115 kV reactors 4/1/2022 24 Yes

Moorehead 230 kV reactor 4/1/2022 24 Yes

Russell 115 kV capacitor bank 6/1/2022 24 Yes

Maljamar 115 kV capacitor bank 6/1/2028 24 No

Devil's Lake 115 kV reactor 4/1/2022 24 Yes

Agate 115 kV reactor 4/1/2022 24 Yes

Nixa-Nixa Espy 69 kV terminal equipment** 6/1/2022 18 No

*NTCs required to be issued within 15 business days of Board approval

**Terminal equipment owned by SWPA
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RELIABILITY - NOTIFICATIONS TO CONSTRUCT (CONT.)

Project Description

Need 

Date

Lead Time

(months)

Approved for 

Construction*

Cargill-Friona 115 kV rebuild 4/1/2022 24 Yes

Cargill-Deaf Smith #24 115 kV rebuild 4/1/2022 24 Yes

Parmer-Deaf Smith #24 115 kV rebuild 4/1/2022 24 Yes

Parmer-Deaf Smith #20 115 kV rebuild 4/1/2022 24 Yes

Curry-Deaf Smith #20 115 kV rebuild 4/1/2022 24 No

*NTCs required to be issued within 15 business days of Board approval
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ECONOMIC - NOTIFICATIONS TO CONSTRUCT 

Project Description

Need 

Date

Lead Time

(months)

Approved for 

Construction*

Gracemont-Anadarko 138 kV rebuild as double-circuit 1/1/2023 36 Yes

Russett-South Brown 138 kV rebuild 1/1/2022 30 Yes

Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 138 kV 1/1/2024 36 No+

GRDA 1 345/161 kV circuit 1 and circuit 2 terminal equipment 1/1/2022 18 Yes

Columbus East 230/115 kV transformer replacement 1/1/2039 24 No

Franks-South Crocker-Lebanon 161 kV terminal equipment 1/1/2028 18 No

Tap Woodward-Border 345 kV, Chisholm-Tap 345 kV new line 1/1/2022 48 Yes

Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 138 kV terminal equipment 1/1/2022 18 Yes

Pleasant Valley 345/138 kV Station, Minco-Pleasant Valley-Draper 345 kV new line, 

Franklin-Midwest 138 kV terminal equipment, Cimarron-Draper 345 kV terminal 

equipment and Pleasant Valley cut-in

1/1/2025 48 Yes

Split Rock 345/115 kV circuit 10 & 11 terminal equipment 1/1/2025 18 No

Oahe-Sully Buttes-Whitlock 230 kV terminal equipment 1/1/2028 18 No**

*NTCs required to be issued within 15 business days of Board approval

**This upgrade was approved for an NTC by the TWG/ESWG based on an incomplete cost estimate.  After consideration of 

the corrected estimate, the need date extends beyond the 4 year financial commitment window, therefore is no longer 

recommended for an NTC.
+Approved for Construction designation changed since MOPC endorsement; see slide 27 for further information
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WORKING GROUP CONSENSUS
Group Date Action Abstained Opposed

TWG 10/6/2020 Approval N/A OKGE

ESWG 10/6/2020 Approval N/A OKGE

Motion:  Endorse the 2020 ITP Report as documentation of 

completion of the ITP process specified in Attachment O
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WORKING GROUP CONSENSUS
Group Date Action Abstained Opposed

TWG 10/6/2020 Approval SUNC OKGE

ESWG 10/6/2020 Approval OKGE, GSEC

Motion:  Endorse the 2020 ITP recommended plan including issuance 

of NTCs and NTC-Cs

• Transmission investment too risky, Cost Effective portfolio carries 

less risk and higher B/C ratio
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MOPC CONSENSUS
Category Date Action Abstained Opposed

TO 10/13/2020 Approval MIDW, OKGE, Liberty SUNC, WFEC

TU 10/13/2020 Approval HCPD, KMEA GSEC, NWE, OKGE, OMPA, TCEC

Recommendations: Endorse the “2020 ITP Assessment Report” as documentation of 

completion of the ITP planning process specified in SPP OATT Attachment O Section 

III; and endorse the 2020 ITP Assessment. This includes recommended issuance, 

modification, and withdrawal of NTCs for projects within the four-year financial 

commitment window and NTC-Cs for projects that are >100 kV and >$20M for a 

refined cost estimate

• Transmission investment too risky, Cost Effective portfolio carries less risk and 

higher B/C ratio
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STAFF RECOMMENDATION - BUTLER-TIOGA 138 KV

• Staff recommends the Board of Directors defer action on the Butler-

Tioga 138 kV project due to the need for further refinement

• More time is needed to finalize scope and study estimates due to the 

unique nature of new versus partial wreck-out/rebuild

• Once the scope and study estimates are finalized, SPP can make the 

upgrade determination in accordance with Section I, Attachment Y

• Questions were raised following MOPC about whether a portion of 

this project should be designated as a Competitive Upgrade

• Will provide an update to the Board of Directors in January 2021
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RECOMMENDATIONS

• MOPC recommends the Board of Directors approve the “2020 ITP 

Assessment Report” as documentation of completion of the ITP 

planning process specified in SPP OATT Attachment O Section III

• MOPC recommends the SPP Board of Directors approve the 2020 ITP 

Assessment, as modified by SPP staff recommendation to defer action 

on the Butler-Tioga 138 kV project due to the need for further 

refinement

• This includes recommended issuance, modification, and withdrawal of 

NTCs for projects within the four-year financial commitment window and 

NTC-Cs for projects that are >100 kV and >$20M for a refined cost 

estimate
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ANTOINE LUCAS
Vice President, Engineering

Phone: (501) 614-3382

Email: alucas@spp.orgNeed Photo
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SOUTHWEST POWER POOL, INC. 

Market Operations and Policy Committee 

 

RECOMMENDATION TO THE SPP BOARD OF DIRECTORS 

October 27, 2020 

PCWG Recommendation: Multi - Gentleman - Cherry Co. - Holt Co. 345 kV 

ORGANIZATIONAL ROSTER 

The following persons are members of the Project Cost Working Group: 

 Tom Hestermann, Sunflower, TO, 

Chair  

 Brian Johnson, AEP, TO, Vice-

Chair 

 Jerry  Bradshaw, CUS, TU 

 Scott Brunnert, OG&E, TO 

 James Ging, KPP, TU 

 Jamie Hajek NWE, TU 

 Travis Hill, NPPD, TO 

 Teddy Hutchinson, OPPD, TO 

 Brenda Jessop, Evergy 

Companies, TO 

 Jonah Martin, Tri-State G&T, TU 

 Todd Meyers, WAPA, TO 

 Curtis Miller, WFEC, TO 

 Matthew Mohr, EREC, TU 

 Kenny Munsell, SPS, TO 

 Boyd Trester, Basin Electric, TO 

 Harika Basaran, CAWG Liaison, 

Public Utility Commission of 

Texas

BACKGROUND 

MULTI - GENTLEMAN - CHERRY CO. - HOLT CO. 345 KV 

On January 31, 2012, the SPP Board of Directors approved the Network Upgrade(s) listed below 

to be constructed as part of the 2012 Integrated Transmission Planning 10-Year ("ITP10"). On 

April 9, 2012, SPP issued NPPD the Notification to Construct with Conditions ("NTC-C") No. 

200186. 

 

On February 19, 2013, SPP received NPPD’s NTC-C Project Estimate(s) ("CPE") for the 

Network Upgrade(s) specified in the NTC-C No. 200186. SPP approved the CPE(s) as meeting 

requirements of Condition No. 1 of the NTC-C.  SPP issued NTC 200220 on March 11, 2013. 

 

Nebraska Public Power District (NPPD) informed PCWG at their meeting on September 2, 2020, 

that this project was expected to be out of bandwidth in the near term. Although the reporting 

was complete, PCWG agreed to review the out of bandwidth cost at the next meeting in order 

to allow NPPD to address the cost change at the October 2020 Markets and Operations Policy 

Committee.  
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On September 16, 2020, NPPD submitted an updated project cost estimate of $463,376,714. 

Compared to the escalated baseline estimate of $372,506,326, project cost variance is 

$90,870,388 or 24.4%.   

 

This project is expected to be placed in service on April 1, 2024. 

 

Upgrade ID Owner Upgrade Scope 

50442 NPPD 

Build new 110-mile 345 kV line from Gerald Gentleman Station 

substation to new Cherry County substation. This upgrade is 

contingent upon approval from Western Area Power Administration 

("WAPA") to tap the Grand Island - Fort Thompson 345 kV line. 

50444 NPPD 

Build new Cherry County 345 kV substation and install necessary 

terminal equipment. This upgrade is contingent upon approval from 

WAPA to tap the Grand Island - Fort Thompson 345 kV line. 

50445 NPPD 

Build new 117-mile 345 kV line from new Cherry County substation 

to new Holt County substation. This upgrade is contingent upon 

approval from WAPA to tap the Grand Island - Fort Thompson 345 

kV line. 

50446 NPPD 

Build new Holt County 345 kV substation tap on the Grand Island - 

Fort Thompson 345 kV line owned by WAPA.  Install necessary 

terminal equipment at new substation.  This upgrade is contingent 

upon approval from WAPA to tap the Grand Island - Fort Thompson 

345 kV line. 

 

Upgrade ID Owner 

Baseline Cost 

Estimate 

(Adj. for Inflation) 

Latest Variance Var. % 

50442 NPPD $165,334,824 $204,236,579 $38,901,755 23.5% 

50444 NPPD $14,141,061 $13,692,681 -$448,380 -3.2% 

50445 NPPD $173,625,385 $232,903,698 $59,278,313 34.1% 

50446 NPPD $19,405,057 $12,543,756 -$6,861,301 -35.4% 

 Total $372,506,327 $463,376,714 $90,870,387 24.4% 
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ANALYSIS 

PCWG reviewed information provided by NPPD for this project.  The following summary was 

included with justification for cost increases.  

The original estimate provided was developed from similar, recently completed projects.  That 

estimate resulted in the environmental tasks being significantly underestimated since 

environmental costs included with the original project estimate were based on typical 

environmental tasks on previous projects, and not tasks associated with an Environmental Impact 

Statement and the associated compliance and restoration efforts. For these reasons, the project 

schedule has been extended and additional cost have been incurred.         

The initial schedule planned for a 2-year process to complete the environmental permitting 

process.  The District based the solicitation of a construction contract, and the ultimate award of 

that contract, to coincide with issuance of the permit.  As a result, for almost 2 years, the District 

has managed the construction contract under a Limited Notice to Proceed (LNTP) as a result of the 

environmental permitting delay and the subsequent legal challenge. 

The District has made project decisions based on the best available information at the time. 

The District has also managed project costs through the LNTP that has included;   

• Limiting field and support personnel 

• Limiting mobilization of equipment 

• Delaying material orders 

The District has a high confidence level in the updated cost estimate due to; 

• Engineering being complete 

• Flexible contracts with construction and support personnel 

• A greater understanding of the environmental requirements and restoration efforts  

RECOMMENDATION 

PCWG recommends that MOPC and Board accept the cost estimate deviation MULTI - 

GENTLEMAN - CHERRY CO. - HOLT CO. 345 KV as reasonable and acceptable and reset the 

baseline used to evaluate future cost estimate deviations. 

Approved: Project Cost Working Group 9/30/2020 

 Approved: 8 – Yea, 2 – Nay, 3 – Abstained 

Scott Brunnert, OGE, voted ‘nay’ because he believes $90M variance 

should require SPP to restudy the project to see if it still justifies total 

project cost. 
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Kenny Munsell, SPS, voted ‘nay’ for the following reasons: 

 The very high cost of this project warrants it receiving more 

scrutiny than most projects reviewed by the PCWG 

 The environmental impacts should have been better vetted 

during the original estimate development.   I don’t think the 

overrun due to the environmental impact is reasonable when 

taken in context of the original estimate 

 It seems to be generally accepted that the need for the project 

will be reevaluated by SPP.  In that case, it would be more 

appropriate for the PCWG to recommend suspension of the NTC 

while the restudy is completed 

 

Markets Operations and Policy Committee        10/13/2020 

Approved: Yea - 49, Nay – 8, Abstained - 1 

 

Action Requested: Approve Recommendation 
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REVISION HISTORY 

DATE OR 

VERSION 

NUMBER AUTHOR CHANGE DESCRIPTION COMMENTS 

9/11/2020 v0.1 SPP Staff Initial Draft Report-Partial Posted for stakeholder review 

9/29/2020 v0.2 SPP Staff Final Draft Report Posted for ESWG/TWG approval 

10/6/2020 v0.3 SPP Staff Final Draft Report  Updated with stakeholder feedback 

and approved by ESWG/TWG 

10/6/2020 v0.4 SPP Staff Final Draft Report Posted for MOPC 

10/6/2020 v0.4 SPP Staff Final Draft Report - Updated Updated with stakeholder feedback 

given during the October 6, 2020 

ESWG/TWG working group; posted 

for MOPC 

10/15/2020 v0.5 SPP Staff Final Draft Report – Updated Redlined version: Updated table 6.15 

to correct 40-year and net benefit 

calculations; tables 8.10-8.13 to 

correct some benefit numbers; 

changed NTC to NTC-C where 

appropriate based on MOPC 

participant feedback; and added 

footnotes to tables 8.12, 8.13, 8.16 

and 8.17 to clarify state level 

numbers; adding “- APC benefit 

only” to figures 0.2 and 6.10 and 

table 6.15. 

10/19/2020 v0.5 SPP Staff Final Draft Report Posted for SPP Board of Directors 
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EXECUTIVE SUMMARY 

 

  

The 2020 Integrated Transmission Plan (ITP) looks ahead 10 years to ensure the SPP region can deliver 

energy reliably and economically, facilitate public policy objectives, seek solutions with neighboring 

regions and maximize benefits to end-use customers. Over 27 months, SPP and its member organizations 

worked together to forecast and analyze the regional transmission system’s economic, reliability, 

operational and public policy needs.  

SPP evaluated more than 2,200 solutions. The analysis resulted in the recommendation to approve 54 

transmission projects, including 91.8 miles of new extra-high-voltage (EHV) transmission and 140.91 miles 

of rebuilt high-voltage infrastructure.  

1 This mileage number assumes the partial rebuild and new mileage of the Butler-Tioga 138 kV new line. This line is 
expected to follow the existing Butler-Altoona 138 kV right-of-way and break away towards Tioga at a point that that 
would minimize transmission costs for the project. 
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This portfolio contains reliability and economic projects that will mitigate 163 system issues. Reliability 

projects allow the region to meet compliance requirements and keep the lights on through loading relief, 

voltage support and system protection.  

There are several primary drivers of the economic projects. Many of the projects enable delivery of low-

cost renewable resources and reduce price separation in the SPP marketplace caused by congestion. 

Continued rapid renewable expansion has caused increasing pricing disparity between the western and 

eastern portions of the SPP system. These disparities have created higher average costs for eastern load 

centers because of congestion and lack of access to less expensive generation. Price differences have only 

been marginally delayed by new interconnections seeking opportunity in the east. The recommended 

economic projects will reduce separation between generator and load locational marginal prices across the 

region and create reliable transfer capability that will allow the system to realize benefits from low-cost 

generation. 

Previous ITP assessments have been conservative in forecasting the amount of renewable generation 

expected to interconnect to the grid. When the studies were completed, installed amounts had nearly 

surpassed 10-year forecasts. Overly conservative forecasts can lead to delayed transmission investment, 

contributing to persistent congestion. For example, the 2020 consolidated portfolio is expected to address 

eight congested flowgates identified over the last four quarterly SPP corporate metric updates. For the 

2020 ITP assessment, SPP expanded on the 2019 assessment’s analysis to better forecast renewables 

development, which will allow the region to proactively build the infrastructure needed to alleviate 

congestion and provide access to less expensive energy. 

The SPP region has areas of increased load growth due to oil and gas exploration in North Dakota and New 

Mexico. Some of these areas could experience voltage collapse. Additional transmission capacity is needed 

to serve this new load. SPP developed projects to address this load growth; some are recommended for 

construction while others need continued analysis. 

Three distinct scenarios were considered to account for variations in system conditions over 10 years. 

These scenarios consider requirements to support firm deliverability of capacity for reliability (base 

reliability) while exploring rapidly evolving technology that may influence the transmission system and 

energy industry (Future 1/Future 2). The scenarios included varied wind projections, utility-scale and 

distributed solar, energy storage resources, generation retirements and electric vehicles. 

The final project portfolio was tested against a wide range of sensitivities, including natural gas prices, 

generator retirements, renewables development, battery storage and demand. The analysis determined 

that adjusted production cost savings across all sensitivities had a benefit-to-cost ratio greater than 1.0. 

When considering all eight benefit metrics, including adjusted production cost savings, the consolidated 

portfolio is expected to provide a 40-year benefit-to-cost ratio ranging from 4.0 for Future 1 to 5.2 for 

Future 2. The net impact to ratepayers is a savings of $0.16 to $0.30 on the average retail residential 

monthly bill. See Section 8.3 Sensitivity Analysis for more information. 
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Figure 0.1: 40-Year APC Benefit and Cost Ranges 

SPP assumes a 40-year lifespan for new transmission investments. Within 20 years, the SPP region is 

expected to receive more benefits from the projects than their total investment costs. The projects will 

begin providing net savings to ratepayers within the first year of being in-service. 

 
Figure 0.2: Portfolio Breakeven and Payback – APC benefit only 
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The 2020 ITP Assessment includes the following projects: 

Project Area Type Project Cost 

(2020$) 

Miles NTC/ 

NTC-C 

Watford 230/115 kV transformer circuit 1 terminal 

equipment, circuit 2 replacement 

BEPC R $3,562,780 - NTC 

Anadarko-Gracemont 138 kV rebuild as double-

circuit 

WFEC/ 

OKGE 

E $8,297,502 14.4 NTC 

Modification 

Russett-South Brown 138 kV rebuild WFEC/ 

SWPA 

E $10,067,432  18.62 NTC 

Butler-Tioga 138 kV new line; wreck-out Butler-

Altoona 138 kV 

WERE E $135,720,424 91.2 NTC-C 

GRDA 1 345/161 kV circuit 1 and circuit 2 terminal 

equipment 

GRDA E $1,410,000  - NTC 

Columbus East 230/115 kV transformer replacement NPPD E $4,600,000  - No 

Franks-South Crocker-Lebanon 161 kV terminal 

equipment 

AECI E $5,721,430 - No 

Tap Woodward-Border 345 kV, Chisholm-Tap 345 

kV new line 

AEPW/ 

OKGE 

E $31,686,685 0.84 NTC-C 

Dover Switch-Okeene 138 kV and Aspen-Mooreland-

Pic 138 kV terminal equipment 

WFEC E $1,617,500 - NTC 

Pleasant Valley 345/138 kV Station, Minco-Pleasant 

Valley-Draper 345 kV new line, Franklin-Midwest 

138 kV terminal equipment, Cimarron-Draper 345 

kV terminal equipment and Pleasant Valley cut-in 

OKGE/ 

WFEC 

E $113,620,907 48 NTC-C 

Split Rock 345/115 kV Circuit 10 and 11 terminal 

equipment 

NSPP E $4,577,336 - No 

Oahe-Sully Buttes-Whitlock 230 kV terminal 

equipment 

EREC/ 

WAPA

/BEPC 

E $1,528,7222 - No 

Circleville-Goff 115 kV circuit 1 rebuild WERE R  $12,114,772  14.56 NTC 

Goff-Kelly 115 kV rebuild WERE R  $7,108,395  10.11 NTC 

South Shreveport-Wallace Lake 138 kV rebuild AEPW R  $23,622,577  11.18 NTC-C 

Grady 138 kV capacitor bank AEPW R  $688,781  - NTC 

Richmond 115 kV substation, Richmond 115/69 kV 

transformer, Richmond-Aberdeen 115 kV line 

EREC/ 

NWE 

R  $11,394,000  14.4 NTC 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV 

rebuild 

OKGE R  $5,362,799  5.9 NTC 

Bushland-Deaf Smith 230 kV terminal equipment SPS R  $923,938  - NTC 

Newhart-Potter County 230 kV terminal equipment SPS R  $731,282  - NTC 

Carlisle-Murphy 115 kV rebuild SPS R  $4,746,175  4.0 NTC 

2 The cost estimate was adjusted late in the study process to be $3,748,722 due to a gap in the Study Estimate requests 

sent to stakeholders. This updated cost estimate is only considered in Table 9.1 and the NTC recommendations of this 

executive summary. See additional information in section 7.3.11. 
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Project Area Type Project Cost 

(2020$) 

Miles NTC/ 

NTC-C 

Roswell 115/69 kV replace transformer #1 SPS R  $2,777,743  - NTC 

S3456-S3458 345 kV terminal equipment OPPD R  $678,865  - No 

Meadowlark-Tower 33 115 kV rebuild WERE R  $1,342,588  0.93 NTC 

Jones-Lubbock South 230 kV terminal equipment 

circuit 1 

SPS R  $666,728  - No 

Jones-Lubbock South 230 kV terminal equipment 

circuit 2 

SPS R  $397,668  - No 

Deaf Smith-Plant X 230 kV terminal equipment SPS R  $2,100,196  - NTC 

Newhart-Plant X 230 kV terminal equipment SPS R  $2,024,293  - NTC 

Lubbock South-Wolfforth 230 kV terminal 

equipment and clearance increase 

SPS R  $872,391  - NTC 

Allen-Lubbock South 115 kV rebuild SPS R  $6,817,226  6.0 NTC 

Allen-Quaker 115 kV rebuild SPS R  $4,732,267  3.6 NTC 

Russell 115 kV capacitor bank SEPC R  $2,841,951  - NTC 

Eddy County-North Loving 345 kV new line SPS R  $64,422,600  42.96 No 

Maljamar 115 kV capacitor bank SPS R  $685,440  - No 

Devil's Lake 115 kV reactor WAPA R  $1,190,000  - NTC 

Bismarck 115 kV reactors WAPA R  $2,380,700  - NTC 

Moorehead 230 kV reactor MRES R  $1,515,440  - NTC 

Agate 115 kV reactor WAPA R  $571,200  - NTC 

Replace four breakers at Anadarko 138 kV WFEC R  $850,000  - NTC 

Replace three breakers at Northeast 161 kV KCPL R  $887,479  - NTC 

Replace one breaker at Stilwell 161 kV  KCPL R  $566,485  - NTC 

Replace one breaker at Leeds 161 kV  KCPL R  $566,485  - NTC 

Replace one breaker at Shawnee Mission 161 kV  KCPL R  $566,485  - NTC 

Replace one breaker at Southtown 161 kV KCPL R  $566,485  - NTC 

Replace two breakers at Lake Road 161 kV KCPL R  $1,132,970  - NTC 

Replace two breakers at Craig 161 kV KCPL R  $1,132,970  - NTC 

Nixa-Nixa Espy 69 kV terminal equipment GLHP R  $91,147  - No 

Deaf Smith #6-Hereford 115 kV rebuild SPS R  $6,660,556  2.33 NTC 

Deaf Smith #6-Friona 115 kV rebuild SPS R  $12,626,190  18.9 NTC 

Cargill-Friona 115 kV rebuild SPS R  $817,466  1.15 NTC 

Cargill-Deaf Smith #24 115 kV rebuild SPS R  $5,501,901  7.74 NTC 

Deaf Smith #24-Parmer 115 kV rebuild SPS R  $824,574  1.16 NTC 

Deaf Smith #20-Parmer 115 kV rebuild SPS R  $5,402,384  7.6 NTC 

Curry-Deaf Smith #20 115 kV rebuild SPS R  $9,048,993  12.73 No 

   Total $532,363,3043   

Table 0.1: 2020 ITP Consolidated Portfolio  

3 These costs represent engineering and construction cost provided during the study by SPP stakeholders or its third-
party cost estimator.  
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This map depicts the 2020 ITP Assessment thermal/voltage reliability projects:  

 
Figure 0.3: 2020 ITP Thermal and Voltage Reliability Projects 

This map depicts the 2020 ITP Assessment short circuit reliability projects: 

 
Figure 0.4: 2020 ITP Short Circuit Reliability Projects 
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This map depicts the 2020 ITP Assessment economic projects: 

 
Figure 0.5: 2020 ITP Portfolio-Economic 

SPP staff makes Notification to Construct (NTC) recommendations for projects included in the consolidated 

portfolio based on results from the staging process and SPP Business Practice 7060. If financial expenditure 

is required within four years from board approval, the project is recommended for an NTC or NTC-C 

(Notification to Construct with Conditions). 
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1 INTRODUCTION 

1.1 THE ITP ASSESSMENT  

The SPP Integrated Transmission Planning (ITP) process promotes transmission investment to meet near- 

and long-term reliability, economic, public policy and operational transmission needs. The ITP process 

coordinates solutions with ongoing compliance, local 

planning, interregional planning and tariff service 

processes. The goal is to develop a 10-year regional 

transmission plan that provides reliable and economic 

energy delivery and achieves public policy objectives, while 

maximizing benefits to the end-use customers.  

The 2020 ITP assessment is guided by requirements defined 

in Attachment O to the SPP Open Access Transmission Tariff 

(Tariff), the ITP Manual, and the 2020 ITP Scope. Previous 

improvements to the ITP process were designed by the 

Transmission Planning Improvement Task Force and 

implemented beginning in the 2019 ITP. 

The ITP process is open and transparent, allowing for 

stakeholder input throughout the assessment. Study results are coordinated with other entities, including 

those embedded within the SPP footprint and neighboring first-tier entities. 

The objectives of the ITP are to: 

 Resolve reliability criteria violations. 
 Improve access to markets. 
 Improve interconnections with SPP neighbors. 
 Meet expected load-growth demands. 
 Facilitate or respond to expected facility retirements. 
 Synergize with the Generator Interconnection (GI), Aggregate Transmission Service Studies (ATSS), 

and Attachment AQ processes. 
 Address persistent operational issues as defined in the scope. 
 Facilitate continuity in the overall transmission expansion plan. 
 Facilitate a cost-effective, responsive, and flexible transmission network. 

 

1.2 REPORT STRUCTURE  

This report describes the ITP assessment of the SPP transmission system for a 10-year horizon, focusing on 

years 2022, 2025 and 2030. These years were evaluated with a baseline reliability scenario and two future 

market scenarios (futures). The Model Development and Benchmarking sections summarize modeling 

inputs and address the concepts behind this study’s approach, key procedural steps in analysis 

development, and overarching study assumptions. The Needs Assessment through Project 
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TWG
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MDWG

ORWG

CAWG

PCWG

MOPC

SPC

RSC

BOD
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Recommendations sections address specific results, describe projects that merit consideration, and contain 

portfolio recommendations, benefits and costs. 

Within this study, any reference to the SPP footprint refers to the Balancing Authority Area, as defined in 

the Tariff, whose transmission facilities are under the functional control of the SPP regional transmission 

organization (RTO), unless otherwise noted. 

The study was guided by the 2020 ITP Scope and SPP ITP Manual.4 All reports and documents referenced in 

this report are available on the SPP website.5  

SPP staff and its stakeholders frequently exchange proprietary information in the course of any study, and 

such information is used extensively for ITP assessments. This report does not contain confidential 

marketing data, pricing information, marketing strategies, or other data considered not acceptable for 

release into the public domain. This report does disclose planning and operational matters, including the 

outcome of certain contingencies, operating transfer capabilities, and plans for new facilities that are 

considered non-sensitive data. 

1.3 STAKEHOLDER COLLABORATION  

Stakeholders developed the 2020 ITP assessment assumptions and procedures in meetings throughout 

2018, 2019, and 2020. Members, liaison members, industry specialists and consultants discussed the 

assumptions and facilitated a thorough evaluation. 

The following SPP organizational groups were involved:  

 Transmission Working Group (TWG) 
 Economic Studies Working Group (ESWG) 
 Model Development Working Group (MDWG) 
 Cost Allocation Working Group (CAWG) 
 Project Cost Working Group (PCWG) 
 Markets and Operations Policy Committee (MOPC) 
 Strategic Planning Committee (SPC) 
 Regional State Committee (RSC) 
 Board of Directors (Board) 

 
SPP staff served as facilitators for these groups and worked closely with each working group’s chairperson 

to ensure all views were heard and considered consistent with the SPP value proposition.  

These working groups tendered policy-level considerations to the appropriate organizational groups, 

including the MOPC and SPC. Stakeholder feedback was instrumental in the refinement of the 2020 ITP. 

4 https://www.spp.org/Documents/60911/itp%20manual%20version%202.7.docx; the ITP assessment follows the 
current ITP Manual and versions may differ throughout the study process. The version that was current at the time of 
the study was used. 
5 https://spp.org/ 
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1.3.1 PLANNING SUMMITS 

In addition to the standard working group meetings and in accordance with Attachment O of the Tariff, SPP 

held multiple transmission planning summits to elicit further input and provide stakeholders with 

additional opportunities to participate in the process of discussing and addressing planning topics.6 

  

6 2020 Engineering Planning Summit was held on Wednesday, July 8, 2020 
(https://www.spp.org/Documents/62539/Engineering%20Planning%20Summit%20Agenda%20&%20Background%20M
aterials%2020200708.zip) 
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2 MODEL DEVELOPMENT 

2.1 BASE RELIABILITY MODELS 

2.1.1 GENERATION AND LOAD 

Generation and load data in the 2020 ITP base reliability models was incorporated based on specifications 

documented in the ITP Manual. For items not specified in the ITP Manual, SPP followed the SPP Model 

Development Working Group (MDWG) Procedure Manual.7 Renewable dispatch amounts are based on 

historical averages for resources with long-term firm transmission service for the summer and winter 

seasons. For the light load models, all wind resources with long-term firm transmission service were 

dispatched to the lesser of the full long-term firm transmission service amount or nameplate amount, with 

remaining generation coming from conventional resources. In these base reliability models, all entities are 

required to meet their non-coincident peak demand with firm resources.  

The Powerflow Model benchmarking section details the generation dispatch and load in the base reliability 

models. 

 

2.1.2 TOPOLOGY 

Topology data in the 2020 ITP base reliability models was incorporated in accordance with the ITP Manual. 

For items not specified in the ITP Manual, SPP followed the MDWG Model Development Procedure Manual. 

The topology for areas external to SPP was consistent with the 2018 Eastern Interconnection Reliability 

Assessment Group Multi-regional Modeling Working Group (MMWG) model series.  

2.1.3 SHORT-CIRCUIT MODEL 

A short-circuit model representative of the year-two, summer peak, was developed for short-circuit 

analysis. This short-circuit model has all modeled generation and transmission equipment in service to 

simulate the maximum available fault current, excluding exceptions such as normally open lines or retired 

generation. This model was analyzed in consideration of the North American Electric Reliability 

Corporation (NERC) TPL-001 standard. 

2.2 MARKET ECONOMIC MODEL 

2.2.1 MODEL ASSUMPTIONS AND DATA 

2.2.1.1 Futures Development 

Stakeholders determined that the best option was to carry forward the 2019 ITP reference case and 

emerging technologies framework, while allowing adjustments to specific drivers. SPP staff provided 

stakeholders with a survey to identify the policy drivers which required adjustments for the 2020 ITP. The 

drivers considered for adjustment were:  

7 Model Development Working Group (MDWG) Procedure Manual; the MDWG Procedure Manual may differ 
throughout the study process. The version that was current at the time of the study was used.  
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 Wind and solar capacity additions 

 Energy growth rates 

 Natural gas prices 

 Age-based retirement assumptions 

 Energy storage8 

 Carbon adder 

 

2.2.1.1.1 Future 1: Reference Case 
The reference case future will reflect the continuation of current industry trends and environmental 

regulations. For years five and 10, coal generators over the age of 56 will be retired, while gas fired and oil 

generators over the age of 50 years will be retired subject to review from generator owners. Exceptions 

will be allowed based on stakeholder review. Long-term industry forecasts will be used for natural gas and 

coal prices. Solar and wind additions will exceed current renewable portfolio standards due to economics, 

public appeal, and the anticipation of potential policy changes, as reflected in historical renewable 

installations. Battery energy storage resources will also be included relative to the approved solar amounts. 

2.2.1.1.2 Future 2: Emerging Technologies  
The emerging technologies future will be driven primarily by the assumption that electrical vehicles, 

distributed generation, demand response, and energy efficiency will impact energy growth rates. Coal 

generators over the age of 56 will be retired, while gas-fired and oil generators over the age of 50 will be 

retired. Exceptions will be allowed for repowering (life extension) or emissions upgrades if approved by 

the ESWG. As in the reference case future, current environmental regulations will be assumed and natural 

gas and coal prices will use long-term industry forecasts. This future assumes higher solar, wind, and 

energy storage resource additions than the reference case due to advances in technology that decrease 

capital costs and increase energy conversion efficiency. 

Table 2.1 summarizes the drivers and how they were considered in each future.  

 

 Drivers 

 

Key Assumptions 

 

Year 2 

 

Reference Case 

Year 5         Year 10 

Emerging Technologies 

Year 5            Year 10 

Peak Demand Growth 

Rates 

As submitted in load 

forecast 

As submitted in load 

forecast 

As submitted in load 

forecast 

Energy Demand 

Growth Rates 

As submitted in load 

forecast 

As submitted in load 

forecast 

Increase due to electric 

vehicle growth 

Natural Gas Prices 
Current industry 

forecast 
Current industry forecast Current industry forecast 

Coal Prices 
Current industry 

forecast 
Current industry forecast Current industry forecast 

8 Energy storage is specific to batteries. 
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 Drivers 

 

Key Assumptions 

 

Year 2 

 

Reference Case 

Year 5         Year 10 

Emerging Technologies 

Year 5            Year 10 

Emissions Prices 
Current industry 

forecast 
Current industry forecast Current industry forecast 

Fossil Fuel Retirements Current forecast 

Coal age-based 56+, 

Gas/Oil age-based 50+, 

subject to generator owner 

review 

Coal age-based 56+, 

Gas/Oil age-based 50+, 

subject to repowering or 

emissions upgrades 

Environmental 

Regulations 
Current regulations Current regulations Current regulations 

Demand Response9 
As submitted in load 

forecast 

As submitted in load 

forecast 

As submitted in load 

forecast 

Distributed Generation 

(Solar) 

As submitted in load 

forecast 

As submitted in load 

forecast 
+300MW       +500MW 

Energy Efficiency 
As submitted in load 

forecast 

As submitted in load 

forecast 

As submitted in load 

forecast 

Storage None 20% of projected solar 35% of projected solar 

Total Renewable Capacity 

Solar (GW) 

Wind (GW) 

Existing + RARs 

Existing + RARs 

4                     7 

26                   28 

5                       9 

30                    33 

Table 2.1 Future Drivers 

2.2.1.2 Load and Energy Forecasts 

The 2020 ITP load review focused on load data through 2030. The load data was derived from the base 
reliability model set, and stakeholders were asked to identify/update the following parameters: 
 

 Assignment of loads to companies 
 Forecasted system peak load (MW)  
 Loss factors  
 Load factors  
 Load demand group assignments 
 Monthly peak and energy allocations 
 Station service loads 
 Resource planning peak loads and load factors 

 
The ESWG- and TWG-approved load review was used to update the load information in the market 

economic models. Figure 2.1 shows the total coincident peak load for all study years. Figure 2.2 shows the 

monthly energy per future for all study years (2022, 2025, and 2030).  

9 As defined in the MDWG Model Development Procedure Manual: Model Development Working Group (MDWG) 
Procedure Manual 
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Figure 2.1: Coincident Peak Load 

 
Figure 2.2: 2020 ITP Annual Energy 

2.2.1.3 Renewable Policy Review  

Renewable policy requirements enacted by state laws, public power initiatives and courts are the only 

public policy initiatives considered in this ITP via the renewable policy review. These requirements are 

defined as percentages and outlined in the ITP manual. The 2020 ITP renewable policy review focused on 

renewable requirements through 2030.  
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2.2.1.4 Generation Resources 

Existing generation data originated from the ABB Simulation Ready Data Fall 2017 Reference Case and was 

supplemented with SPP stakeholder information provided through the SPP Model on Demand tool and the 

generation review. 

Figure 2.3 and Figure 2.4 detail the annual nameplate capacity and energy by unit/fuel type, respectively 

for 2022, 2025 and 2030 for Future 1, and 2025 and 2030 for Future 2. 

In addition to resources accepted in the base reliability models, stakeholders were given the chance to 

request additional generation resources in the ITP models through the Resource Addition Request (RAR) 

process. As a result of the RAR process, 1.5 GW of wind generation was added to the market economic 

models, all of which was included in the year-two model.  

Generator operating characteristics, such as operating and maintenance (O&M) costs, heat rates, and 

energy limits were also provided for stakeholders to review. 

 
Figure 2.3: Capacity by Fuel Type (MW) 
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Figure 2.4: Energy by Fuel Type (TWh) 

Figure 2.5 identifies the amount of retired conventional generation compared to retirements identified in 

the base reliability models. The figure reflects the final set of retirements based on the approved futures 

assumptions. 

 

 
Figure 2.5: Conventional Generation Retirements 

2.2.1.5 Fuel Prices 

The ABB Simulation Ready Data Fall 2017 Reference Case and ABB fundamental forecast (for long-term 

natural gas price projections) were utilized for the fuel price forecasts. Figure 2.6 shows the annual average 
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natural gas and coal prices for the study horizon. Between 2021 and 2030, these prices increase from $3.17 

to $5.21 (~5.1 percent compound average escalation) and $2.30 to $2.87 (~2.5 compound average 

escalation) for natural gas and coal, respectively. 

 
Figure 2.6: ABB Fuel Annual Average Fuel Price Forecast 

2.2.2 RESOURCE PLAN 

In order to evaluate transmission for a 10-year horizon, a key component begins with identifying the 

resource outlook for each future. The SPP generation portfolio will not be the same in 10 years, due to the 

changing load forecasts, resource retirements and fast-changing mix of resource additions. SPP staff 

developed resource expansion plans to meet renewable portfolio standards, resource reserve margin 

requirements, and future specific renewable and emerging technology projections.  

2.2.2.1 Renewable Resource Expansion Plan 

Each utility was analyzed to determine if the assumed renewable mandates and goals identified by the 

renewable policy review could be met with existing generation and initial resource projections for 2025 

and 2030. If a utility was projected to be unable to meet requirements, additional resources were assigned 

to the utilities from the total projected renewable amounts to meet renewable portfolio standards. For 

states with a standard that could be met by either wind or solar generation, a ratio of 80 percent wind 

additions to 20 percent solar additions was utilized. This split was representative of the active GI queue 

requests for wind and solar resources. 

The incremental renewables assigned to meet renewable mandates and goals in the SPP footprint by 2030 

were 289.4 MW in Future 1 and 289.9 MW in Future 2. 
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Figure 2.7: SPP Renewable Generation Assignments to meet Mandates and Goals 

After ensuring renewable portfolio standards were met by assigning renewables, SPP staff accredited the 

remaining projected renewable capacity to each pricing zone. 

Projected solar additions were assigned based on the load-ratio share for each pricing zone. Projected wind 

additions were accredited to deficient zones to maximize the available accreditation of renewables for each 

zone, up to the 12 percent zonal renewable cap defined in the study scope. Resources were accredited in 

the following order: 

 Existing generation 
 Policy wind and solar additions 
 Projected solar additions 
 Projected storage additions 
 Projected wind additions 
 Conventional additions 

 

2.2.2.2 Conventional Resource Expansion Plan  

The renewable resource expansion plan for each future was utilized as an input to the corresponding 

conventional resource expansion plan to ensure appropriate resource adequacy within the SPP footprint. 

ABB Strategist® software was used to develop the conventional resource expansion plan for each future, 

assessing a 20-year horizon.  
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Utilities that did not meet the 12 percent planning reserve margin requirement set by SPP Planning 

Criteria10 also received capacity from the conventional resource plan. Projected reserve margins were 

calculated for each pricing zone using existing generation, projected renewable generation, fleet power 

purchase agreements, and load projections through 2040. Each zone that was not yet meeting its minimum 

reserve requirement was assigned conventional resources in 2025 and 2030 of both futures. 

Nameplate conventional generation capacity assigned to pricing zones were counted toward each zone’s 

capacity margin requirement. Existing wind and solar capacity, being intermittent resources, were included 

at a percentage of nameplate capacity, in accordance with the calculations in SPP Planning Criteria 7.1.5.3. 

SPP stakeholders were surveyed for feedback on accreditation percentages for existing renewable capacity.  

In the analysis of future conventional capacity needs, available resource options were combined cycle (CC) 

units, fast-start combustion turbine (CT) units, and reciprocating engines. Generic resource prototypes 

from the U.S. Energy Information Administration’s (EIA) Annual Energy Outlook 201811 were utilized. 

These resource prototypes define operating parameters of specific generation technologies to determine 

the optimal generation mix to add to the region. 

CTs were the only technology selected in Futures 1 and 2 to meet capacity requirements. ESWG approved 

replacing three CTs with one CC located in the Southwestern Public Service Company (SPS) area for each 

future.  

While both futures represent normal load growth, more resource additions are needed in Future 2 due 

primarily to the additional unit retirements. 

Table 2.2 shows the total nameplate generation additions by future and study year to meet futures 

definitions and resource adequacy requirements. Figure 2.8 shows the nameplate generation additions by 

future, study year, and capacity type for the SPP region.  

 
Future 1 Future 2 

2025 10.5 GW 23.0 GW 

2030 11.6 GW 33.1 GW 

Table 2.2: Total Nameplate Generation Additions by Future and Study Year 

10 SPP Planning Criteria  
11 EIA Annual Energy Outlook 2018 Report 
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Figure 2.8: SPP Nameplate Capacity Additions by Technology (GW) 

Table 2.3 shows the total accredited generation additions by future and study year. Figure 2.9 shows 

accredited generation additions by future, study year, and technology for the SPP region. 

 
Future 1 Future 2 

2025 5.9 GW 12.7 GW 

2030 10.2 GW 16.5 GW 

Table 2.3: Total Accredited Generation Additions by Future and Study Year 
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Figure 2.9: Accredited Capacity Additions by Technology 

2.2.2.3 Siting Plan  

SPP sited projected renewable and conventional resources according to various site attributes for each 

technology in accordance with the ITP Resource Siting Manual.12 

Distributed solar generation, an assumption in Future 2 only, was allocated to the top 10 percent of load 

buses for each load area on a pro rata basis utilizing load review data. SPP stakeholder feedback was 

considered in the selection of sites for this technology. Figure 2.10 and Figure 2.11 show the selected sites 

and allocation of distributed solar capacity across the SPP footprint in megawatts. 

12 Documented in the ITP Resource Siting Manual 
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Figure 2.10: 2025 Future 2 Distributed Solar Siting Plan 

 
Figure 2.11: 2030 Future 2 Distributed Solar Siting Plan 
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Utility-scale solar was sited according to: 
 

 Ownership by zone or by state 
 Data Source (given preference in the following order) 

o SPP and Integrated System (IS) GI queue requests 
o Stakeholder submitted sites 
o Previous ITP sites 
o Other National Renewable Energy Laboratory (NREL) conceptual sites 

 Capacity factor 
 Generator transfer capability of the potential sites 

 
Following the implementation of this ranking criteria, stakeholders could request exceptions to the results, 

which were reviewed for potential inclusion in the siting plan. Figure 2.12 through Figure 2.15 show the 

selected sited and allocation of utility solar capacity across the SPP footprint in megawatts. 

 
Figure 2.12: 2025 Future 1 Utility-Scale Solar Siting Plan 
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Figure 2.13: 2030 Future 1 Utility-Scale Solar Siting Plan 

 
Figure 2.14: 2025 Future 2 Utility-Scale Solar Siting Plan 
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Figure 2.15: 2030 Future 2 Utility-Scale Solar Siting Plan 

Wind sites were selected from GI queue requests that required the lowest total interconnection cost13 per 

megawatt of capacity requested, taking into consideration the following: 

 
 Potentially directly-assigned upgrade needed 

 Unknown third-party system impacts 

 Required generator outlet facilities (GOF) 

 Generator Interconnection Agreement (GIA) suspension status 

 
GI queue requests that did not have costs assigned were also considered with respect to their generator 

outlet capability, scope of related GOFs needed, and relation to recurring issues within the GI grouping. 

Following implementation of this ranking criteria, stakeholders could request exceptions to these results, 

which were reviewed for potential inclusion in the siting plan. Figure 2.16 through Figure 2.19 show the 

selected siting and allocation of wind capacity across the SPP footprint in megawatts. 

13 The total interconnection costs includes the total costs assigned for all interconnection related upgrades and 
network upgrade. 
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Figure 2.16: 2025 Future 1 Wind Siting Plan 

 
Figure 2.17: 2030 Future 1 Wind Siting Plan 
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Figure 2.18: 2025 Future 2 Wind Siting Plan 

 
Figure 2.19: 2030 Future 2 Wind Siting Plan 
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Conventional generation was sited according to the zone of majority ownership, stakeholder preferences, 

generator outlet capability, scope of GOFs needed, and preference for existing and assumed retirement 

sites over previous ITP sites. Total conventional capacity at a given site (including existing) was limited to 

1,500 MW. Following implementation of this ranking criteria, stakeholders could request exceptions to 

these results, which were reviewed for potential inclusion in the siting plan. Figure 2.20 through Figure 

2.23 show the selected sites for conventional generation across the SPP footprint.  

  
Figure 2.20: 2025 Future 1 Conventional Siting Plan 
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Figure 2.21: 2030 Future 1 Conventional Siting Plan 

 
Figure 2.22: 2025 Future 2 Conventional Siting Plan 
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Figure 2.23: 2030 Future 2 Conventional Siting Plan 

Battery sites were based on battery storage GI queue requests, the assumption that battery storage will 

largely be co-located with wind and solar, and transfer capability at available sites with consideration of 

the solar and wind siting plans. The siting of resources related to battery requests in the GI queue was 

limited to two-thirds of projected capacity due to the infancy of the technology in the industry. Two-thirds 

of projected battery capacity was associated with solar sites; one-third was associated with wind sites. For 

sites associated with battery requests, sited battery amounts were capped at the queue request amounts or 

siting availability. For sites not associated with existing battery GI requests, battery amounts were placed 

at wind and solar sites in increments of 20 megawatts and capped at siting availability. Following 

implementation of this ranking criteria, stakeholders could request exceptions to these results, which were 

reviewed for potential inclusion in the siting plan. Figure 2.24 through Figure 2.27 show the selected sites 

for battery generation across the SPP footprint. 
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Figure 2.24: 2025 Future 1 Energy Storage Siting Plan 

 
Figure 2.25: 2030 Future 1 Energy Storage Siting Plan 
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Figure 2.26: 2025 Future 2 Energy Storage Siting Plan 

 
Figure 2.27: 2030 Future 2 Energy Storage Siting Plan 
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2.2.2.4 Generator Outlet Facilities (GOF) 

To incorporate the siting plan into the market models, generator outlet facilities (GOFs) were necessary. 

GOFs are required such that overloads on the system were not identified due to the sited generation. The 

GOF selection process was intended as a proxy for the GI process. For sites with upgrades identified in a GI 

study, the associated upgrades were evaluated and potentially recommended as a GOF. In other instances, 

the site-specific results of the transfer analysis were assessed to determine if a site was capable of reliably 

allowing a resource to dispatch to the SPP system (siting availability). The results of the GOF analysis 

determined the upgrades shown in Table 2.4. 

 

GOF Description Site MW Sited 

GOF 

Source 

Cleo Corner-Cleo Tap 138 kV terminal 

upgrades 

Badger 345 kV 

Mooreland-Knob Hill 138 kV 

Hitchland 345 kV 

376 MW 

(F1,Y10 & F2,Y5) 

624 MW 

(F2, Y10) 

GI Queue 

Arbuckle 138 kV circuit 2 new tap 
Blue River 138 kV 

Arbuckle-Blue River 138 kV 

323 MW 

(F2, Y10) 
GI Queue 

Dover-Hennessey 138 kV terminal 

upgrades 
Dover Switchyard 138 kV 

288 MW 

(F2, Y5&Y10) 
GI Queue 

Tolk 345/230 kV second transformer 

Crossroads 345 kV 522 MW 
Siting 

Availability Tolk-Crossroads-Eddy County 345 kV 

terminal upgrades 

Neset 345/230 kV replace transformer 

Tande 345 kV 

300 MW 

(F1, Y5&Y10), 

374 MW 

(F2, Y5&Y10) 

Siting 

Availability 
Neset-Tande 230 kV rebuild 

Greenwood-Lee’s Summit 161 kV 

rebuild 
Greenwood 161 kV 237 MW 

Siting 

Availability Pleasant Hill-Lake Winnabago 161 kV 

terminal upgrades 

Hobbs-Andrews 230 kV voltage 

conversion Sidewinder 345 kV 702 MW 
Siting 

Availability 
Andrews-Roadrunner 345 kV new line 

Table 2.4: Generator Outlet Facilities *Sited amount for all futures/years unless otherwise noted 

2.2.2.5 External Regions  

When developing renewable resource plans, SPP did not directly consider renewable policy requirements 

for external regions. However, the Midcontinent Independent System Operator (MISO) and Tennessee 

Valley Authority (TVA) renewable resource expansion and siting plans were based on the 2019 MISO 

Transmission Expansion Planning (MTEP19) continued fleet change (CFC) and accelerated fleet change 

(AFC) futures. Associated Electric Cooperative Inc. (AECI) renewable resource expansion plans were based 

on the SPP resource plan assumptions and feedback from the ESWG and AECI. 
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Conventional resource plans were incorporated for external regions included in the market simulations. 
Each region was surveyed for load and generation and assessed to determine the capacity shortfall. The 
MISO and TVA resource expansion and siting plans were based on the MTEP19 CFC and AFC futures, while 
AECI resource expansion and siting plans were based on the SPP resource plan assumptions and feedback 
from the ESWG and AECI. Figure 2.28 and Figure 2.29 show the cumulative capacity additions in 2030 by 
unit type of these external regions for Futures 1 and 2.  
 

 
Figure 2.28: Capacity Additions by Unit Type-Future 1 

 
Figure 2.29: Capacity Additions by Unit Type-Future 2 

2.2.3 CONSTRAINT ASSESSMENT 

SPP considers transmission constraints when reliably managing the flow of energy across physical 

bottlenecks on the transmission system in the least-costly manner. Developing these study-specific 

constraints plays a critical part in determining transmission needs, as the constraint assessment identifies 

future bottlenecks and fine-tunes the market economic models. 

0

2

4

6

8

10

12

14

16

18

CC CT Gas Solar PV Wind CC CT Gas Solar PV Wind CC CT Gas Solar PV

AECI MISO TVA

C
ap

ac
it

y 
(G

W
)

Unit Type

Future One External Resource Plan Additions

Sum of 2025

Sum of 2030

0

5

10

15

20

25

30

35

Battery
Storage

CT Gas Solar PV Wind CC CT Gas Solar PV Wind CC CT Gas Solar PV Wind

AECI MISO TVA

C
ap

ac
it

y 
(G

W
)

Unit Type

Future Two External Resource Plan Additions

Sum of 2025

Sum of 2030

528 of 1082



SPP conducted an assessment to develop the list of transmission constraints used in the security-

constrained unit commitment (SCUC) and security-constrained economic dispatch (SCED) analysis for all 

futures and study years. The TWG reviewed and approved elements identified in this assessment as 

limiting the incremental transfer of power throughout the transmission system, both under system intact 

and contingency situations. SPP staff defined the initial list of constraints leveraging the SPP permanent 

flowgate list,14 which consists of NERC-defined flowgates that are impactful to modeled regions and recent 

temporary flowgates identified by SPP in real-time. 

MTEP19 constraints were used to help evaluate and validate constraints identified within MISO and other 

neighboring areas. Constraints identified in neighboring areas were considered for inclusion as a part of 

the ITP study constraint list. 

 
Figure 2.30: Constraint Assessment Process 

2.3 MARKET POWERFLOW MODEL 

The economic dispatch from each market economic model was used to develop market powerflow model 

snapshots representing stressed conditions on the SPP transmission system. Table 2.5 shows the peak and 

off-peak reliability hours as defined in the ITP Manual from each future and year of the market economic 

model simulations chosen for the market powerflow models. 

 
Off-Peak Hour 

Wind 

Penetration15 Peak Hour 

SPP Load 

(MW) 

Future 1 2022 April 3 at 4:00 AM 92.3% August 27 at 6:00 PM 51,639 

Future 1 2025 April 5 at 1:00 AM 103.2% July 23 at 6:00 PM 52,534 

Future 1 2030 April 1 at 1:00 AM 110.7% July 24 at 6:00 PM 53,216 

Future 2 2025 April 5 at 1:00 AM 113.9% July 23 at 6:00 PM 52,433 

Future 2 2030 April 1at 2:00 AM 133.5% July 24 at 6:00 PM 53,210 

Table 2.5: Reliability Hour Details  

14 Posted on SPP OASIS 
15 Wind Penetration = Potential Delivered Energy / Load 

SPP Permanent 
Flowgate workbook

Future Constraints

ITP Constraints
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3 BENCHMARKING 

3.1 POWERFLOW MODEL  

SPP staff performed two benchmarks related to the 2020 ITP base reliability powerflow models. The first 

benchmark was a load and generation value comparison between the 2019 ITP and 2020 ITP base 

reliability powerflow models. The second benchmark was a load and generation value comparison between 

the 2020 ITP base reliability powerflow models and real-time operational data. Model comparisons were 

conducted to verify the accuracy of the powerflow model data, including:  

 Comparison of the summer and winter peak base reliability model load totals (2019 ITP versus 

2020 ITP), as shown in Figure 3.1 and Figure 3.2. 

 Comparison of the summer and winter peak base reliability model generation dispatch totals for 

years two, five and 10 (2019 ITP versus 2020 ITP), as shown in Figure 3.3 and Figure 3.4.  

 Additionally, the year-10 summer and winter peak generator retirements in the 2020 ITP base 

reliability powerflow models are shown in Figure 3.5. 

 

 
Figure 3.1: Summer Peak Year-Two Load Totals Comparison 
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Figure 3.2: Winter Peak Year-Two Load Totals Comparison 

 
Figure 3.3: Summer Peak Years two, five and 10 Generation Dispatch Comparison 
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Figure 3.4: Winter Peak Years two, five and 10 Generation Dispatch Comparison 

 
Figure 3.5: 2020 ITP Summer and Winter Year 10 Retirement 

Operational model benchmarking for this assessment compared the 2020 summer and winter peak base 

reliability powerflow models against the real-time operational data for the 2019-2020 winter and 2020 

summer timeframe. Model comparisons were conducted to verify the accuracy of the powerflow model 

data, including:  

• Comparison of the 2020 summer and winter load totals (base reliability model versus real-time 

operational data), as shown in Figure 3.6 and Figure 3.7 

0

10000

20000

30000

40000

50000

60000
Winter Peak Generation Dispatch

Gas Coal Hydro Nuclear Renewable Other

0

20

40

60

80

100

120

140

2020 ITP Summer and Winter Year 10 Retirement

Summer

Winter

532 of 1082



• Comparison of the 2020 summer and winter generation dispatch totals (base reliability model vs 

real-time operational data), as shown in Figure 3.8 

 

 
Figure 3.6: 2020 Summer Actual versus Planning Model Peak Load Totals 

 
Figure 3.7: 2020 Winter Actual versus Planning Model Peak Load Totals 
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Figure 3.8: 2020 Actual versus Planning Model Generation Dispatch Comparison 

 

3.2 MARKET ECONOMIC MODEL 

Benchmarking for this study was performed on the year-two Future 1 market economic model. For the 

benchmarking process to provide the most value, it was important to compare the current study model 

against previous ITP modeling outputs and historical SPP real-time data. Numerous benchmarks were 

conducted to ensure the accuracy of the market economic modeling data, including:  

 Comparing generation capacity factors with EIA data comparing simulated maintenance outages to 

SPP real-time data, and ensuring operating and spinning reserve capacities meet SPP Criteria 

 Comparing generation capacity factors, generating unit average cost, renewable generation profiles, 

system locational marginal prices (LMP), adjusted production cost (APC), and interchange between 

the 2020 ITP and the 2019 ITP. 

 

3.2.1 GENERATOR OPERATIONS  

3.2.1.1 Capacity Factor by Unit Type 

Comparing capacity factors is a method for measuring the similarity in planning simulations and historical 

operations. This benchmark provides a quality control check of differences in modeled outages and 

assumptions regarding renewable, intermittent resources. 

When compared with capacity factors reported to the EIA for 2018 and resulting from the 2020 ITP study, 

the capacity factors for conventional generation units fell near the expected values. The difference in 

capacity factors between the datasets were attributed to differences in fuel and load forecasts as well as 

changes in the generation mix. 
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Average Capacity Factor 

   2019 ITP 2020 ITP 

Unit Type 2018 EIA 
Future 1 

2021 

Future 1 

2022 

Nuclear 93% 93% 90% 

Combined Cycle 57% 41% 42% 

CT Gas 12% 3% 4% 

Coal 54% 61% 67% 

ST Gas 14% 3% 4% 

Wind 37% 46% 46% 

Solar 26% 23% 24% 

Table 3.1: Generation Capacity Factor Comparison 

3.2.1.2 Average Energy Cost 

Examining the average cost per MWh by unit type gives insight into what units will be dispatched first 

(without considering transmission constraints). Overall, the average costs per MWh were lower in the 

2020 ITP than in the 2019 ITP due to the fuel and load forecasts and the difference in generation mix. 

 

 

Unit Type 

Average Energy Cost ($/MWh) 

2019 ITP 2020 ITP 

Future 1 2021 Future 1 2022 

Nuclear $15 $16 

Combined Cycle $31 $31 

CT Gas $44 $43 

Coal $24 $24 

ST Gas $41 $42 

Table 3.2: Average Energy Cost Comparison 

3.2.1.3 Generator Maintenance Outages 

Generator maintenance outages in the simulations were compared to SPP real-time data. These outages 

have a direct impact on flowgate congestion, system flows and the economics of serving load.  

The operations data includes certain outage types that cannot be replicated in these planning models. The 

difference in magnitude between the real-time data and the market economic simulated outages is due to 

the additional operational outages beyond those required by annual maintenance or driven by forced 

(unplanned) conditions. Although the market economic model simulation outages do not have as high a 

magnitude as the historical outages provided by SPP operations, the outage rates in the 2020 ITP are very 

similar to previous ITP assessments. The curves from the historical data and the market economic model 

simulations complemented each other very well in shape.  
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Figure 3.9: Historical Outages v. PROMOD Simulated Outages 

3.2.1.4 Operating and Spinning Reserve Adequacy 

Operating reserve is an important reliability requirement that is modeled to account for capacity that might 

be needed in the event of unplanned unit outages. According to SPP Criteria, operating reserves should 

meet a capacity requirement equal to the sum of the capacity of largest unit in SPP and half of the capacity 

of the next largest unit in SPP. At least half of this requirement must be fulfilled by spinning reserve.  

The operating reserve capacity requirement was modeled at 1,675 MW and spinning reserve capacity 

requirement was modeled at 823 MW. The reserve requirements were met in the market economic models. 
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Figure 3.10: 2020 ITP Future 1 2022 Operating and Spinning Reserves 

3.2.1.5 Renewable Generation 

Wind and solar energy output is higher in the 2020 ITP than in the 2019 ITP because of additions identified 

during the generation review milestone. Wind output is noticeably greater due to the amount of installed 

capacity and approved RARs in 2020 ITP. 

 
Figure 3.11: Wind Energy Output Comparison 
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Figure 3.12: Solar Energy Output Comparison 

 

3.2.2 SYSTEM LOCATIONAL MARGINAL PRICE (LMP)  

Simulated LMPs were benchmarked against simulated LMPs from the 2019 ITP. This data was compared 

on an average monthly value-by-area basis. Figure 3.13 portrays the results of the benchmarking model for 

the SPP system. The decrease in LMPs in the 2020 ITP is due to a slight decrease in natural gas price fuel 

forecasts and additional renewable energy.  

 
Figure 3.13: System LMP Comparison 
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3.2.3 ADJUSTED PRODUCTION COST (APC) 

Examining the APC provides insight to which entities generally purchase generation to serve their load and 

which entities generally sell their excess generation. APC results for SPP zones were overall slightly lower 

in the 2020 ITP than in the 2019 ITP due to the change in fuel and renewable forecasts.  

The APC on a zonal level both increases and decreases depending on the characteristics of the zone, 

including level of renewable increase, retirements and zonal load forecast changes. See Figure 3.14 and 

Figure 3.15 for a summary of regional and zonal APC results. 
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Figure 3.14: Regional APC Comparison 

 
Figure 3.15: SPP Zonal APC Comparison16 

 

16 Any reference to the Integrated System (IS) legacy system is currently being assessed and is equivalent to the UMZ. 
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3.2.4 INTERCHANGE  

The 2020 ITP model interchange was validated against the 2019 ITP and current SPP operations data. The 

2020 ITP model is similar in shape and magnitude while overall exports are higher in the 2020 ITP than in 

the 2019 ITP. 

 

 
Figure 3.16: Interchange data comparison 

 

 

 

  

-6

-4

-2

0

2

4

6

8

10

To
ta

l F
lo

w
 (

G
W

)

SPP-External Interchange Duration Curve

2019 ITP

2020 ITP

2018 SPP Real-Time

Note: Exports are positive

541 of 1082



4 NEEDS ASSESSMENT 

SPP and its member organizations worked together to forecast and analyze the regional transmission 

system’s economic, reliability, operational and public policy needs.  

4.1 ECONOMIC NEEDS 

SPP determines economic needs based on the congestion score associated with a constraint (monitored 

element/contingent element pair). The congestion score is calculated by multiplying the number of hours a 

constraint is congested in the model by the average shadow price of that constraint. Constraints with a 

calculated congestion score greater than 50k are considered an economic need. Additional constraints 

were identified that did not meet the 50k score, because they were related to the SPP-MISO Coordinated 

System Plan (CSP). The economic needs identified per future are shown in Figure 4.1 and Figure 4.2, and 

Table 4.1 and Table 4.2. 

 
Figure 4.1: Future 1 Economic Needs  
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Constraint 

2022 

Congestion 

Score 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

Butler-Altoona 138 kV for the loss of Caney River-Neosho 

345 kV 
471,640 742,822 1,104,558 

Dover-Okeene 138 kV for the loss of Watonga Switch-

Okeene 138 kV 
249,849 273,418 878,571 

Watford 230/115 kV transformer circuit 1 for the loss of 

Watford 230/115 kV circuit 2 
129,827 160,785 368,343 

SPSNMTIES 258,996 139,555 499,965 

Neosho-Riverton 161 kV for the loss of Blackberry-Jasper 

345 kV 
2,112 2,362 204,967  

Russett-South Brown 138 kV for the loss of Caney Creek-

Little City 138 kV 
- 73 198,136 

Hugo-Valliant 138 kV for the loss of Valliant-Hugo 345 kV 24,557 50,251 188,163 

Shamrock 115/69 kV transformer for the loss of 

Sweetwater-Chisholm 230 kV 
44,005 93,937 179,494 

Tecumseh Hill-Stull 115 kV for the loss of Lawrence Hill-

Swissvale 230 kV 
- 770 161,808 

Ogallala (NPPD)-Ogallala (Tri-State)115 kV for the loss of 

Ogallala-Grant 115 kV 
48,838 73,245 113,456 

Kress-Hale 115 kV for the loss of Swisher-Tuco 230 kV 78,368 79,027 100,584 

Hoxie-Beach 115 kV for the loss of Mingo-Setab 345 kV - 49,405 98,913 

Webb City Tap-Osage 138 kV for the loss of Sooner-

Cleveland 345 kV 
279,083 190,546 98,374 

Fort Peck 230/115 kV transformer for the loss of Fort Peck-

Dawson County 230 kV 
75,115 81,231 95,612 

Franks-South Crocker 161 kV for the loss of Huben-Franks 

345 kV 
15,925 5,743 89,487 

Cimarron 345/138 kV transformer circuit 1 for the loss of 

Cimarron 345/138 kV transformer circuit 2 
12,499 47,521 86,676 

Kerr-Maid 161 kV circuit 2 for the loss of Kerr-Maid 161 kV 

circuit 1 
64,087 67,792 74,697 

Southwestern Station-Anadarko 138 kV for the loss of 

Anadarko-Gracemont 138 kV 
417 17,625 57,225 

Scottsbluff-Victory Hill 115 kV for the loss of Stegall-Stegall 

230 kV 
20,544 29,628 50,647 
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Constraint 

2022 

Congestion 

Score 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

GRDA 161/115 kV transformer circuit 2 for the loss of GRDA 

345/161 kV transformer 
10,033 19,668 50,109 

Columbus East 230/115 kV transformer for the loss of 

Columbus East-Shell Creek 345 kV 
2,288 34,138 49,182 

Oahe-Sully Buttes 115 kV for the loss of Fort Thompson-

Leland Olds 345 kV 
- 35,036 48,119 

Granite Falls-Marshall Tap 115 kV for the loss of Lyon Co. 

345/115 kV transformer 
24,845 29,070 47,526 

Czech Hall-Cimarron 138 kV for the loss of Cimarron-

Draper 345 kV 
482 8,752 37,737 

Sioux City-Twin Church 230 kV for the loss of Raun-Hoskins 

345 kV  
991 43,452 33,843 

Kelly 161/115 kV for the loss of Kelly-Tecumseh Hill 161 kV 14,818 11,047 33,503 

Skyline-Quail Creek 138 kV for the loss of Northwest-

Arcadia 
- - 33,144 

Warrensburg-Warrensburg Air Force Base 161 kV for the 

loss of Overton-Sibley 345 kV 
9,803 9,806 29,644 

MISO RDT 3,419 11,044 22,016 

Cleveland AECI-Cleveland GRDA 138 kV for the loss of 

Cleveland-Tulsa North 345 kV 
221,537 588,917 15,434 

Webster-Wright 161 kV for the loss of Ledyard-Colby 345 

kV 
818 3,635 11,789 

Kelly 161/115 kV for the loss of Tecumseh Hill 161/115 kV 

transformer 
39 24 6,927 

Fulton-Patmos 115 kV for the loss of Sarepta-Longwood 

345 kV 
10 383 5,752 

Webster-Wright 161 kV for the loss of Grimes-Beaver Creek 

345 kV 
383 3,575 4,340 

Raun-Tekamah 161 kV for the loss of Raun-S3451 345 kV 324 4,622 2,733 

Split Rock 345/115 kV transformer circuit 10 for the loss of 

Split Rock 345/115 kV transformer circuit 11 
81 620 2,712 

Raun-S3451 115 kV for the loss of Grimes-Beaver Creek 345 

kV 
- 1,616 2,112 

Fulton-Patmos 115 kV for the loss of Grimes-Crockett 345 

kV 
- - 549 
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Constraint 

2022 

Congestion 

Score 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

Webster 161/115 kV transformer for the loss of Grimes-

Beaver Creek 345 kV 
- 26 324 

Wolf Creek 345/69 kV transformer for the loss of Waverly-

La Cygne 345 kV 
71,873 125,031 - 

Maryville (AECI)-Maryville 161 kV for the loss of Maryville-

Nodway 161 kV 
- - - 

Fairbilt-Winn County 161 kV (Base Case) - - - 

Maryville (AECI)-Maryville 161 kV for the loss of Maryville-

Creston 161 kV 
- - - 

Neosho-Riverton 161 kV for the loss of Blackberry-

Blackberry North 345 kV 
67,781 55,853 - 

Blue River-Parkland 138 kV for the loss of Arbuckle-

Arbuckle Blue River Tap 138 kV 
- - - 

Jameston-Valley 115 kV for the loss of Hankson-Wahpeton 

230 kV 
- - - 

Maryville (AECI)-Maryville 161 kV for the loss of Gentry-

Fairport 161 kV 
- - - 

Fairbilt-Winn County 161 kV for the loss of Huntley-Fairbilt 

161 kV 
- - - 

Table 4.1: Future 1 Economic Needs  
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Figure 4.2: Future 2 Economic Needs  

 

Constraint 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

Butler-Altoona 138 kV for the loss of Caney River-Neosho 345 kV 1,037,096 985,274 

Russett-South Brown 138 kV for the loss of Caney Creek-Little City 138 kV 224,826 522,446 

Watford 230/115 kV transformer circuit 1 for the loss of Watford 230/115 kV 

circuit 2 
188,501 356,741 

SPSNMTIES 288,984 342,683 

Dover-Okeene 138 kV for the loss of Watonga Switch-Okeene 138 kV 161,396 330,812 

Neosho-Riverton 161 kV for the loss of Blackberry-Jasper 345 kV 5,406 294,608 

Hugo-Valliant 138 kV for the loss of Valliant-Hugo 345 kV 134,545 274,983 

Maryville (AECI)-Maryville 161 kV for the loss of Gentry-Fairport 161 kV 50,470 264,789 

Fairbilt-Winn County 161 kV for the loss of Huntley-Fairbilt 161 kV 132,080 248,553 

Webb City Tap-Osage 138 kV for the loss of Sooner-Cleveland 345 kV 292,945 165,336 

Shamrock 115/69 kV transformer for the loss of Sweetwater-Chisholm 230 kV 101,372 163,207 

Raun-Tekamah 161 kV for the loss of Raun-S3451 345 kV 54,763 159,429 
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Constraint 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

Kress-Hale 115 kV for the loss of Swisher-Tuco 230 kV 69,276 146,036 

Cimarron 345/138 kV transformer circuit 1 for the loss of Cimarron 345/138 

kV transformer circuit 2 
44,947 127,108 

Oahe-Sully Buttes 115 kV for the loss of Fort Thompson-Leland Olds 345 kV 47,974 122,616 

Kerr-Maid 161 kV circuit 2 for the loss of Kerr-Maid 161 kV circuit 1 71,445 115,865 

Split Rock 345/115 kV transformer circuit 10 for the loss of Split Rock 345/115 

kV transformer circuit 11 
21,941 104,407 

Fort Peck 230/115 kV transformer for the loss of Fort Peck-Dawson County 

230 kV 
89,072 100,302 

Czech Hall-Cimarron 138 kV for the loss of Cimarron-Draper 345 kV 20,066 91,094 

Webster 161/115 kV transformer for the loss of Grimes-Beaver Creek 345 kV 64,431 87,329 

Skyline-Quail Creek 138 kV for the loss of Northwest-Arcadia 181 86,046 

Fairbilt-Winn County 161 kV (Base Case) - 84,745 

Tecumseh Hill-Stull 115 kV for the loss of Lawrence Hill-Swissvale 230 kV 8,535 80,935 

Ogallala (NPPD)-Ogallala(Tri-State) 115 kV for the loss of Ogallala-Grant 115 

kV 
66,234 80,857 

Hoxie-Beach 115 kV for the loss of Mingo-Setab 345 kV 35,723 76,020 

Kelly 161/115 kV for the loss of Kelly-Tecumseh Hill 161 kV 39,759 73,301 

Columbus East 230/115 kV transformer for the loss of Columbus East-Shell 

Creek 345 kV 
41,254 71,847 

MISO RDT 24,878 59,271 

Blue River-Parkland 138 kV for the loss of Arbuckle-Arbuckle Blue River Tap 

138 kV 
- 58,860 

Jameston-Valley 115 kV for the loss of Hankson-Wahpeton 230 kV 33,770 54,312 

Maryville (AECI)-Maryville 161 kV for the loss of Maryville-Creston 161 kV 77,169 41,543 

Franks-South Crocker 161 kV for the loss of Huben-Franks 345 kV 9,668 36,399 

Scottsbluff-Victory Hill 115 kV for the loss of Stegall-Stegall 230 kV 17,080 34,387 

Kelly 161/115 kV for the loss of Tecumseh Hill 161/115 kV transformer 227 25,582 

Warrensburg-Warrensburg Air Force Base 161 kV for the loss of Overton-

Sibley 345 kV 
23,062 24,216 

Webster-Wright 161 kV for the loss of Grimes-Beaver Creek 345 kV 13,979 20,086 
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Constraint 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

GRDA 161/115 kV transformer circuit 2 for the loss of GRDA 345/161 kV 

transformer 
4,379 19,759 

Southwestern Station-Anadarko 138 kV for the loss of Anadarko-Gracemont 

138 kV 
7,316 18,179 

Granite Falls-Marshall Tap 115 kV for the loss of Lyon Co 345/115 kV 

transformer 
17,005 17,400 

Fulton-Patmos 115 kV for the loss of Sarepta-Longwood 345 kV 818 15,641 

Cleveland AECI-Cleveland GRDA 138 kV for the loss of Cleveland-Tulsa North 

345 kV 
675,138 14,257 

Sioux City-Twin Church 230 kV for the loss of Raun-Hoskins 345 kV  39,084 8,143 

Webster-Wright 161 kV for the loss of Ledyard-Colby 345 kV 3,040 6,567 

Fulton-Patmos 115 kV for the loss of Grimes-Crockett 345 kV 29 3,015 

Raun-S3451 115 kV for the loss of Grimes-Beaver Creek 345 kV 6,005 2,192 

Wolf Creek 345/69 kV transformer for the loss of Waverly-La Cygne 345 kV 162,158 - 

Maryville (AECI)-Maryville 161 kV for the loss of Maryville-Nodway 161 kV 146,469 - 

Neosho-Riverton 161 kV for the loss of Blackberry-Blackberry North 345 kV 73,449 - 

Table 4.2: Future 2 Economic Needs  

4.1.1 TARGET AREA 

As part of the economic needs assessment, one target area was identified for the assessment to focus 

analysis efforts of SPP staff and stakeholders. After posting of the needs assessment, the need for additional 

analysis in another area of the system was identified by SPP staff. Drivers for these areas included: 

• Unresolved transmission limits identified in previous ITP assessments  
• Operational evaluation(s) 
• Historical and projected congested flowgates in area 
• Steady-state reliability violations 
• Parallel and in-series relationships between flowgates/transmission corridors 
• Impacted heavily by critical EHV contingencies 
• Transient stability concerns for existing generators 

 

4.1.1.1 MISO Regional Directional Transfer Target Area 

The MISO Regional Directional Transfer (RDT) Target Area for the 2020 ITP aided SPP in regionally 

coordinated efforts to identify and evaluate potential transmission upgrades needed to mitigate impacts to 

the SPP transmission system due to transfers between the MISO Midwest and MISO South regions. SPP has 

historically seen congestion in the SPP footprint related to north-to-south flows within MISO. The flowgates 

that were identified as having the potential to meet these goals are shown in Figure 4.3 and listed in Table 

548 of 1082



4.3. SPP transmission facilities impacted by the exchange of power between MISO regions were evaluated 

as a target area with the potential for additional analysis in the 2020 ITP.  

 
Figure 4.3: 2020 CSP Flowgates 

CSP Target Flowgates 

Raun-Tekamah 161 kV 

Patmos-Fulton 115 kV 

Chub Lake 345/115 kV transformer 

Webster 345/115 kV transformer 

Hugo-Valliant 138 kV 

Kelly 161/115 kV transformer 

Kerr-Maid 161 kV #2 

Marshall-Granite Falls 115 kV 

Neosho-Riverton 161 kV 

Warrensburg-Whiteman AFB 161 kV 

Table 4.3: MISO North CSP Interface Target Area Flowgates 
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4.1.2 SPS-NEW MEXICO TIES INTERFACE 

The increased power flows into eastern New Mexico in SPS due to growing load and projected retirements 

has resulted in an increase in contingencies causing thermal and low voltage criteria and voltage collapse 

conditions in the initial and final base reliability and market power flow needs assessments. The SPS New 

Mexico Interface was added to the Market Economic Model post-constraint assessment to limit economic 

transfers and address voltage collapse observed in the development of the market economic model. This 

resulted in the SPSNMTIES interface being identified as a top congested economic need limiting economic 

transfer of energy into the area.  

The interface limits imports into southeastern New Mexico in SPP market operations via the Crossroads-

Eddy 345 kV, Yoakum-Hobbs 345 kV, San Juan-Chaves 230 kV, and Ink Basin-Hobbs 230 kV. The intent of 

the interface is maintain transmission system voltage stability in southeastern New Mexico under system 

intact and N-1 conditions. For the purposes of the assessment, the interface was limited (into southeastern 

New Mexico) to 765 MW for summer and winter seasons to proxy the power transfer limits that maintain 

pre- and post-contingent voltage limits on the transmission system in southeastern New Mexico and 

surrounding transmission system for both system intact and loss of critical generation and 230 kV and 345 

kV lines. SPS has three interfaces in the area to proxy non-thermal system limits and limit power transfer 

limits listed in Table 4.4 The interface congestion was identified as being related to: 

 Base reliability powerflow models low voltage and voltage collapse needs in year-10 summer peak 

 Market powerflow models Future 1 low voltage needs and voltage collapse needs in year-10 

summer peak 

 Market powerflow models Future 2 low voltage needs and voltage collapse needs in year-five 

summer peak 

Supplemental information was posted with the needs assessment explaining the SPSNMTIES interface and 

outlined solution evaluation and additional analysis needed to aid stakeholders with their solution 

submittals. The New Mexico Ties Interface Guidelines and Study Scope included a rigorous AC Power 

transfer thermal and voltage analysis and results with 0.02 per unit voltage safety margin applied to low 

voltage monitoring criteria. The study analysis and deliverables were required to support new SPSNMTIES 

interface ratings for economic solution evaluation. 
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Figure 4.4: 2020 SPS New Mexico Ties Flowgates 

Flowgate Interface Limitation 

Name Definition MW Flow Directionality  

SPSNMTIES 

San Juan Tap-Chaves County 230 kV 

765 North-to-South 
Crossroads-Eddy County 345 kV 

Ink Basin-Hobbs 230 kV 

Yoakum-Hobbs 345 kV 

SPPSPSTIES 

Border-Tuco 345 kV 

1345 East-to-West 

Beaver County-Hitchland circuit 1&2 345 kV 

Carpenter-Hitchland 345 kV 

Jericho-Kirby 115 kV 

E-Liberman-Texas Panhandle 115 kV 

Oklaunion-Tuco 345 kV 

Sham-McLean 115 kV 

Sweetwater-Wheeler 230 kV 

SPSNORTH_STH 

Amarillo South-Swisher 230 kV 

1645 North-to-South 

Bushland-Deaf Smith 230 kV 

Newhart-Potter County 230 kV 

Randall-Canyon E Tap 115 kV 

Randall-Palo Duro 115 kV 
Table 4.4: SPSNMTIES Interface Area Flowgates 
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4.2 RELIABILITY NEEDS 

4.2.1 BASE RELIABILITY ASSESSMENT 

Contingency analysis for the base reliability models consisted of analyzing P0, P1 and P2.1 planning events 

from Table 1 in the NERC TPL-001-4 standard, as well as remaining events that do not allow for non-

consequential load loss or the interruption of firm transmission service. 

During the needs assessment, potential violations were solved or marked invalid through methods such as 

reactive device setting adjustments, model updates, and identification of invalid contingencies, non-load-

serving buses and facilities not under SPP’s functional control. Figure 4.5 and Figure 4.6 summarize the 

number of remaining thermal and voltage needs17 that were unable to be mitigated during the screening 

process.  

 
Figure 4.5: Unique Base Reliability Needs 

17 Figures summarize unique monitored elements. 
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Figure 4.6: Unique Base Reliability Voltage Needs 

 
Figure 4.7: Base Reliability Needs 

4.2.2 MARKET POWERFLOW ASSESSMENT 

Contingency analysis for the market powerflow models was performed in accordance with the ITP Manual. 
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Figure 4.8 summarizes the number of remaining voltage needs18 that were unable to be mitigated during 
the screening process. There were no thermal market powerflow model needs that were considered during 
the 2020 ITP.  

 
Figure 4.8: 2020 Market Powerflow Voltage Needs by Season 

 
Figure 4.9: Future 1 Reliability Needs 

18 The figure summarizes the unique monitored elements per season. 
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Figure 4.10: Future 2 Reliability Needs 

4.2.3 NON-CONVERGED CONTINGENCIES 

SPP used engineering judgment to resolve non-converged cases from the contingency analysis. Some non-

converged cases could not be solved due to the contingency taken. Relative violations were identified as 

voltage collapse reliability needs in the applicable model and are listed in Table 4.5.  

Model Monitored Element Contingent Element 

Reliability 

Need 

Base Reliability 2030 Summer Peak Phantom 115 kV Hobbs-Kiowa 345 kV Voltage 

Base Reliability 2030 Summer Peak Phantom 115 kV P53:345:SPS:EDDY-AT-FNC+ Voltage 

Base Reliability 2030 Summer Peak Phantom 115 kV 
P42:345:SPS:KIOWA:J20####

_SLG 
Voltage 

Future 2 2025 Summer Peak Gaines 345 kV Gaines Generator Voltage 

Future 1 2030 Summer Peak Gaines 345 kV Gaines Generator Voltage 

Future 2 2030 Summer Peak Gaines 345 kV Gaines Generator Voltage 

Table 4.5: Reliability Needs Resulting from Non-Converged Contingencies 

4.2.4 SHORT-CIRCUIT ASSESSMENT 

SPP provided the total bus fault current study results for single-line-to-ground (SLG) and three-phase faults 

to the Transmission Planners (TPs) for review.  
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The TPs were required to evaluate the results and indicate if any fault-interrupting equipment would have 

its duty ratings exceeded by the maximum available fault current. For equipment that would have its duty 

ratings exceeded, the TP provided the applicable duty rating of the equipment and the violation was 

identified as a short-circuit need.  

The TPs can perform their own short-circuit analysis to meet the requirements of TPL-001. However, any 

corrective action plans that result in the recommended issuance of a NTC are based on the SPP short-circuit 

analysis.  

The two TPs identifying short-circuit needs were Evergy and Western Farmers Electric Cooperative 

(WFEC). The needs are depicted in Figure 4.11. 

  
Figure 4.11: Short-Circuit Needs 

4.3 PUBLIC POLICY NEEDS 

Policy needs were analyzed based on the curtailment of renewable energy such that an energy-based 

renewable portfolio standard is not able to be met. Each zone with an energy mandate or goal was analyzed 

on a utility-by-state level for renewable curtailments to determine if they met their mandate or goal. Policy 

needs are the result of an inability to dispatch renewable generation due to congestion, and any utility-by-

state not meeting its renewable mandate or goal. 

All utilities met their overall renewable mandates and goals, thus no policy needs were identified.  
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4.4 PERSISTENT OPERATIONAL NEEDS  

4.4.1 ECONOMIC OPERATIONAL NEEDS 

The economic operational needs identified for the 2020 ITP assessment in Table 4.6 through Table 4.8 

were posted for informational purposes only.  

Constraint Monitored Element Contingent Element 

Congestion 

Cost 

TMP421_24095 XF Cimarron 345/138 kV XF Cimarron 345/138 kV $52,090,959 

FRAMIDCANCED LN Midwest-Franklin 138 kV LN Cedar Lane-Canadian 138 kV $42,896,115 

CHAWATCHAPAT 

TMP269_23661 
LN Charlie Creek-Watford 230 kV 

LN Charlie Creek-Patent Gate 345 

kV 
$24,968,600 

SMOSUMMULCIR LN Smoky Hills-Summit 230 kV LN Great Bend-Circle 230 kV $21,897,392 

SCOVICSTESTG 

TMP127_23359 
LN Scottsbluff-Victory Hill 115 kV XF Stegall 345/230 kV $18,063,559 

TMP159_24149 LN Russett-South Brown 138 kV LN Little City-Brown Tap 138 kV $11,522,032 

Table 4.6: Economic Operational Needs 

The constraints in Table 4.7 had associated future upgrades which are expected to reduce some or all 

congestion associated with the constraint. 

Constraint Monitored Element Contingent Element 

Congestion 

Cost Notes 

TMP142_25323 

TMP39_23235 

LN Waverly-La Cygne 

345 kV 

LN Caney River-Neosho 

345 kV 

$80,306,731  2019 ITP approved 

Wolf Creek-

Blackberry 345 kV 

TMP270_23432 Cleveland 138 kV GRDA-

AECI Bus Tie 

LN Cleveland-Tulsa 

North 345 kV 

$53,229,005  ITP approved 

Sooner-Wekiwa 

345 kV 
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Constraint Monitored Element Contingent Element 

Congestion 

Cost Notes 

GGS LN Gentleman-Red 

Willow 345 kV 

LN Gentleman-

Sweetwater 345 kV 

circuit 1 

LN Gentleman-

Sweetwater 345 kV 

circuit 2 

LN Gentleman-North 

Platte 230 kV circuit 1 

LN Gentleman-North 

Platte 230 kV circuit 2 

LN Gentleman-North 

Platte 230 kV circuit 3 

System Intact $34,002,078  NTC for 

Gentleman- 

Cherry Co.-Holt 

345 kV (2012 

ITP10) 

TMP109_22593 LN Stonewall-Tupelo 

138 kV 

LN Seminole-Pittsburg 

345 kV 

$31,746,284  NTC for Tupelo 

138 kV terminal 

upgrades (July 

2021, 2017 ITP10) 

NEORIVNEOBLC LN Neosho-Riverton 161 

kV 

LN Neosho-Blackberry 

345 kV 

$18,063,262  Neosho-Riverton 

161kV rebuild 

(October 2023, 

ATSS SPP-2019-

AG1-AFS-2) 

TMP226_24352 LN Mathewson-

Northwest 345 kV 

LN Mathewson-

Cimarron 345 kV 

$14,806,741  2019 ITP approved 

terminal upgrades 

TEMP89_22229 LN Anadarko-Gracemont 

138 kV 

LN Washita-

Southwestern 138 kV 

$14,786,648  2019 ITP approved 

Anadarko-

Gracemont 138 kV 

circuit 1 Rebuild 

WICXF2WICXF1 XF Wichita 345/138 kV 

circuit 2 

XF Wichita 345/138 kV 

circuit 1 

$13,212,822  2014 ITP Near-

Term, Viola-

Sumner County 

138 kV 

TEMP72_22893 LN Wolf Creek-Waverly 

345 kV 

XF Wolf Creek 345/69 kV $11,353,483  2019 ITP approved 

Wolf Creek-

Blackberry 345 kV 

Table 4.7: Economic Operational Needs 
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The constraints in Table 4.8 had associated upgrades in place which have reduced or eliminated loading of 

the associated constraint.  

Constraint 

Monitored 

Element 

Contingent 

Element 

Congestion 

Cost Notes 

SUNAMOTOLYOA LN Sundown-

Amoco 230 kV 

LN Tolk-Yoakum 

230 kV 

$28,915,221 Terminal equipment 

upgrades (2016 ITPNT), has 

not loaded since ratings 

update on 12/19/19 

VINHAYPOSKNO LN Vine Tap-North 

Hays 115 kV 

LN Postrock-Knoll 

230 kV 

$15,194,807 Parallel Postrock-Knoll 230 

kV (2017 ITP10), has not 

loaded since completion of 

project Q4 2018 

TMP151_23193 LN Oakland North-

Atlas Junction 161 

kV 

LN Asbury-Purcell 

161 kV 

$13,426,140 Upgrade (Non-Public) 

Table 4.8: Economic Operational Needs 

4.4.2 RELIABILITY OPERATIONAL NEEDS 

There were no reliability operational needs identified during the 2020 ITP assessment.  

4.5 NEED OVERLAP 

Relationships identified among the various need types aid in development of the most valuable regional 

solutions. SPP staff identified relationships among the economic needs to both the base reliability needs 

and informational economic operational needs. 
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Figure 4.12: Base Reliability and Economic Need Overlap 

Overlapping Reliability and Economic Needs 

Cleveland AECI-Cleveland GRDA 138 kV for the loss of Cleveland-Tulsa North 345 kV 

Watford 230/115 kV transformer 1 for the loss of Watford 230/115 kV transformer 2 

Webb City Tap-Osage 138 kV for the loss of Sooner-Cleveland 345 kV 

GRDA 345/161 kV transformer 1 for the loss of GRDA 345/161 kV transformer 2 

Table 4.9: Overlapping Reliability and Economic Needs 

Overlapping Informational Operational and Economic Needs 

Cimarron 345/138 kV transformer 1 for the loss of Cimarron 345/138 kV transformer 2 

Scotts Bluff-Victory Hill 115 kV for the loss of Stegall 345/230 kV transformer 

Russett-South Brown 138 kV for the loss of Little City-Brown Tap 138 kV 

Neosho-Riverton 161 kV for the loss of Blackberry-Neosho 345 kV 

Cleveland AECI-Cleveland GRDA 138 kV for the loss of Cleveland-Tulsa North 345 kV 

Table 4.10: Overlapping Informational Operational and Economic Needs 

4.6 ADDITIONAL ASSESSMENTS 

Additional assessments were performed to satisfy SPP tariff requirements involving parts of the 

transmission system that were not included in the approved model sets. 
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4.6.1 GRIDLIANCE HIGH PLAINS 

GridLiance High Plains (GLHP) performed its local planning process assessment in 2019 and identified two 

new transmission upgrades required to meet local planning process needs. To satisfy its own NERC and 

tariff requirements, GLHP requested SPP to exercise the requirements under FAC-002 and Attachment O, 

Section II.1(e), of the tariff to perform a no-harm analysis on the proposed upgrades and coordinate the 

upgrades with the potential solutions of the 2020 ITP assessment. 

An analysis was performed to satisfy these obligations by determining the impact of including the proposed 

local planning process upgrades in the 2020 ITP base reliability and market powerflow model sets. After 

performing the no-harm study on the projects, two overload violations were identified as resultant of one 

the GLHP local planning projects. GridLiance then identified discrepancies between SPP’s models and their 

internal models which had higher MVA capacity on the violated lines. The project in question was 

resubmitted with additional rating corrections and no further violations were discovered. Therefore, no 

new transmission needs or violations were identified on the existing system due to the proposed local 

planning process upgrades. 

Upgrades 

Cost Est. 

(millions) Location 

Proposed 

ISD 

Goodwell-Red Devil 115 kV line, Red Devil substation 

expansion, and Goodwell-Y-Road115 kV terminal equipment 

16 Oklahoma 

Panhandle 

2023 

Winfield Tie 69 kV new substation,14.4 MVAR capacitor 

bank 

8 Southern 

Kansas 

2022 

Table 4.11: Upgrades identified in GridLiance local planning assessment in 2019 
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5 SOLUTION DEVELOPMENT AND 

EVALUATION 

Solutions were evaluated in each applicable scenario and modeled to determine their effectiveness in 

mitigating the needs identified in the needs assessment. The project solutions assessed included the 

Federal Energy Regulatory Commission (FERC) Order 1000 and Order 890 solutions submitted by 

stakeholders, SPP staff, projects submitted in previous planning studies, and model adjustments/ 

corrections. MISO staff also provided a subset of solutions identified in the MTEP20 for evaluation in SPP 

models. SPP staff analyzed 1,577 Detailed Project Proposals (DPP) solutions received from stakeholders 

and approximately 626 SPP staff solutions (including those provided by MISO as well as additional 

solutions developed during portfolio development). SPP staff members developed a standardized 

conceptual cost template to calculate a conceptual cost estimate for each project to utilize during screening.  

5.1 RELIABILITY PROJECT SCREENING 

Solutions were tested in each powerflow model to determine their ability to mitigate reliability criteria 

violations in the study horizon. To be considered effective, a solution must have been able to address the 

needs such that the identified facilities were within acceptable limits defined in the SPP Criteria and 

members’ more stringent local planning criteria. Figure 5.1 illustrates the reliability project screening 

process. 

Reliability metrics developed by SPP staff and stakeholders and approved by the TWG were calculated for 

each project and used as a tool to aid in developing a portfolio of projects to address all reliability needs. 

The first metric is cost per loading relief (CLR) score, which relates the amount of thermal loading relief a 

solution provides to its engineering and construction (E&C) cost. The second metric is cost per voltage 

relief (CVR) score, which relates the amount of voltage support a solution provides to its E&C cost. 
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Figure 5.1: Reliability Screening Process 

 

5.2 ECONOMIC PROJECT SCREENING 

All solutions were evaluated for their economic performance to determine their effectiveness in mitigating 

transmission congestion in the study horizon. A one-year benefit-to-cost (B/C) ratio and a 40-year net 

present value (NPV) B/C ratio were calculated for each project based on its projected APC savings in each 

future and study year.  

The annual change in APC for all SPP pricing zones is considered the one-year benefit to the SPP region for 

each study year. The one-year benefit is divided by the one-year cost of the project to develop a B/C ratio 

for each project. The one-year cost, or projected annual transmission revenue requirement (ATRR), is 

calculated using a historical SPP average net plant carrying charge (NPCC) multiplied by the project 

conceptual cost. The NPCC used for this assessment was 16.38 percent. The 40-year project cost is 

calculated using this NPCC, an eight percent discount rate and a 2.5 percent inflation rate. 

The correlation of congestion in different areas of the system was identified and accounted for during the 

economic screening process. Where appropriate, this included adding new flowgates to screening 

simulations to ensure potential congestion created by projects would be captured, as well as pairing certain 

projects to ensure correlated congestion would be resolved by a more comprehensive solution set. These 

adjustments ensure the projected benefits of projects are not over- or under-stated. 

Process DPPs and 
develop SPP staff 

solutions

Test all solutions 
against all needs

Assign cost to 
each project

CLR/CVR for each 
solution/need 
combination
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5.3 SHORT-CIRCUIT PROJECT SCREENING 

Solutions submitted to address overdutied breakers were reviewed to ensure the updated breaker ratings 

submitted were greater than the maximum available fault current identified in the short-circuit needs 

assessment.  

5.4 PUBLIC POLICY PROJECT SCREENING 

No public policy needs were identified in the 2020 ITP; therefore, no projects were analyzed during the 

public policy project screening. 

5.5 PERSISTENT OPERATIONAL PROJECT SCREENING 

In October 2019, the MOPC approved a waiver of the requirement to evaluate solutions against the 

economic operational needs associated with flowgates in the 2020 ITP assessment due to identified 

software limitations. Due to this approved waiver, no projects were analyzed during persistent operational 

project screening.  
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6 PORTFOLIO DEVELOPMENT 

6.1 PORTFOLIO DEVELOPMENT PROCESS 

Figure 6.1 shows a high-level overview of the portfolio development process. The process starts with the 
utilization of project metric results in project grouping and continues through the development of a 
consolidated portfolio that comprehensively addresses the system’s needs.  
 

 
Figure 6.1: Portfolio Development Process 

 

6.2 PROJECT SELECTION AND GROUPING 

Once all solutions were screened, draft groupings were developed in parallel to address the different need 

types across the system. SPP used Study Estimates and stakeholder feedback from regularly-scheduled 

working group meetings, the July 2020 SPP transmission planning summit, and SPP’s Request Management 

System.  

6.2.1 STUDY ESTIMATES 

Solutions that performed well using the screening assessments described in section 5, Solution 

Development and Evaluation were sent out for the development of Study Estimates (final project cost 

within ±30 percent). In cases where the cost estimate was not received before the July 2020 SPP 

transmission planning summit, conceptual cost estimates were utilized. Individual project upgrades with 
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the potential to be deemed competitive were sent to a third-party cost estimator. Remaining project 

upgrades were sent to the incumbent transmission owner(s). Once the study estimates were received, that 

cost was used for the remainder of the portfolio development process.  

6.2.2 RELIABILITY GROUPING 

A programmatic method was used to compare the metric results for the extensive number of solutions to 

be evaluated. Using this solution selection software, a subset of solutions was generated by considering the 

metrics described in section 5.1. During this process, SPP staff applied engineering judgment to develop a 

draft list of selected and high-performing alternate solutions. This analysis was performed for each of the 

base reliability, Future 1, and Future 2 reliability needs.  

The list of reliability solutions was continually refined through stakeholder feedback. Figure 6.2 below 

shows the final reliability grouping selected to address the valid list of reliability needs in the 2020 ITP.  

Project Area Cost Scenario19 

Grady 138 kV capacitor bank AEPW $688,781 22S / BR 

South Shreveport-Wallace Lake 138 kV rebuild AEPW $23,622,577 25S / BR 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV rebuild OKGE $5,362,799 25S / BR 

S3456-S3458 345 kV terminal equipment OPPD $678,865 30S / BR 

Allen-Lubbock South 115 kV rebuild SPS $6,817,226 22S / BR 

Allen-Quaker 115 kV rebuild SPS $4,732,267 22S / BR 

Bushland-Deaf Smith 230 kV terminal equipment SPS $923,938 22L / BR 

Carlisle-Murphy 115 kV rebuild SPS $4,746,175 22S / BR 

Deaf Smith-Plant X 230 kV terminal equipment SPS $2,100,196 22L / BR 

Deaf Smith #6-Friona 115 kV rebuild SPS $12,626,190 22L / BR 

Deaf Smith #6-Hereford 115 kV rebuild SPS $6,660,556 22L / BR 

Eddy County-North Loving 345 kV new line SPS $64,422,600 30S / BR 

Jones-Lubbock South 230 kV terminal equipment circuit 1 SPS $666,728 30S / BR 

Jones-Lubbock South 230 kV terminal equipment circuit 2 SPS $397,668 30S / BR 

Lubbock South-Wolfforth 230 kV terminal equipment and 

clearance increase 
SPS $872,391 22S / BR 

Maljamar 115 kV capacitor bank SPS $685,440 30S / F1 

Newhart-Plant X 230 kV terminal equipment SPS $2,024,293 22L / BR 

Newhart-Potter County 230 kV terminal equipment SPS $731,282 22L / BR 

Replace Roswell 115/69 kV transformer #1 SPS $2,777,743 22S / BR 

19 This is the earliest season. 
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Project Area Cost Scenario19 

Russell 115 kV capacitor bank SUNC $2,841,951 22S / F1,F2 

Nixa-Nixa Espy 69 kV terminal equipment SWPA $91,147 25S / BR 

Agate 115 kV reactor WAPA $571,200 22L / F1,F2 

Bismarck 115 kV reactors WAPA $2,380,700 22L / BR,F2 

Devil's Lake 115 kV reactor WAPA $1,190,000 22L / F1,F2 

Moorehead 230 kV reactor WAPA $1,515,440 22S / F1,F2 

Richmond 115 kV substation, Richmond 115/69 kV 

transformer, Richmond-Aberdeen 115 kV line 
WAPA $11,394,000 22L / BR 

Watford 230/115 kV transformer circuit 1 terminal equipment, 

circuit 2 replacement 
WAPA $3,562,780 22L / BR 

Circleville-Goff 115 kV circuit 1 rebuild WERE $12,114,772 25S / BR 

Goff-Kelly 115 kV rebuild WERE $7,108,395 25S / BR 

Meadowlark-Tower 33 115 kV rebuild WERE $1,342,588 30S / BR 

Table 6.1: Reliability Project Grouping 

 

 
Figure 6.2: Reliability Project Grouping 
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6.2.3 SHORT-CIRCUIT GROUPING 

The solutions submitted to address overdutied breakers identified in the short-circuit needs assessment 

were grouped together as a set of solutions to address the short-circuit needs. No testing was required for 

these solutions because the submitted breaker upgrades only need to be rated higher than the maximum 

fault current identified in the needs assessment. Table 6.2 summarizes the final short-circuit grouping, 

while Figure 6.3 shows the approximate location of identified projects within the SPP footprint. 

Reliability Project Area Cost Scenario 

Replace three breakers at Northeast 161 kV KCPL $887,479 22S / BR 

Replace one breaker at Stilwell 161 kV  KCPL $566,485 22S / BR 

Replace one breaker at Leeds 161 kV  KCPL $566,485 22S / BR 

Replace one breaker at Shawnee Mission 161 kV  KCPL $566,485 22S / BR 

Replace one breaker at Southtown 161 kV  KCPL $566,485 22S / BR 

Replace two breakers at Lake Road 161 kV  KCPL $1,132,970 22S / BR 

Replace two breakers at Craig 161 kV  KCPL $1,132,970 22S / BR 

Replace four breakers at Anadarko 138 kV WFEC $850,000 22S / BR 

Table 6.2: Short-Circuit Project Grouping 

 
Figure 6.3: Short-Circuit Project Grouping 
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6.2.4 ECONOMIC GROUPING 

All projects with a one-year B/C ratio of at least 0.5 or a 40-year NPV B/C ratio of at least 1.0 during the 

project screening phase were further evaluated while developing project groupings. Projects were 

evaluated and grouped based on one-year project cost, one-year APC benefit, 40-year project cost, 40-year 

NPV B/C ratio, and congestion relief for the economic needs. 

Three economic project groupings were developed for each future, resulting in six total groupings: 

1. Cost-Effective (CE): Projects with the lowest cost per congestion cost relief for a single economic 
need 

2. Highest Net APC Benefit (HN): Projects with the highest APC benefit minus project cost, with 
consideration of overlap if multiple projects mitigate congestion on the same economic needs 

3. Multi-variable (MV): Projects selected using data from the two other groupings; including the 
flexibility to use additional considerations 

The following factors were considered when developing and analyzing project groupings per future: 

 One-year project cost, APC benefit, and B/C ratio 
 40-year NPV cost, APC benefit, and the B/C ratio 
 Congestion relief a project provides for the economic needs of that future and year 
 Project overlap, or when two or more projects that relieve the same congestion are in a single 

portfolio 
 Potential for a project to mitigate multiple economic needs 
 Any potential routing or environmental concerns with projects 
 Any long-term concerns about the viability of projects 
 Seams and non-seams project overlap 
 Relief of downstream and/or upstream issues, tested by event file modification 
 Potential for a project to mitigate reliability, operational or public policy needs, which covers 

current market congestion 
 Potential for a project to address non-thermal issues 
 Need for new infrastructure versus leveraging existing infrastructure 
 Larger-scale solutions that provide more robustness and additional qualitative benefits 

 

Table 6.3 identifies a comprehensive list of economic projects included in the four initial groupings. Some 

projects appeared in multiple groupings.  

Project Description 

F1 F2 

CE HN CE HN 

Fort Peck 230/115 kV transformer replacement X X X X 

Watford 230/115 kV transformer circuit 1 terminal equipment and circuit 2 

replacement 
X X X X 

Lyon 345/115 kV transformer replacement X X X X 

Blue River-Parklane 138 kV terminal equipment - - X X 

Russett-South Brown 138 kV rebuild X X X X 

Kelly 161/115 kV terminal equipment X X X X 

Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 138 kV X X X X 
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Project Description 

F1 F2 

CE HN CE HN 

Airport 115/69 kV substation and transformer, Airport-Sioux City 115 kV new line - - X X 

Anadarko-Southwest Station 138 kV terminal equipment X X - - 

GRDA 1 345/161 kV circuit 1 and circuit 2 terminal equipment X X - - 

Ogallala-Ogallala 115 kV terminal equipment X X X X 

Hugo-Valliant 138 kV terminal equipment X X X X 

Atwood-Colby 115 kV terminal equipment, Hoxie-Beach-Redline 115 kV terminal 

equipment 
X X - - 

Columbus East 230/115 kV transformer replacement X X X X 

Sioux City-Twin Church 230 kV terminal equipment X X - - 

Franks-South Crocker-Lebanon 161 kV terminal equipment X X X X 

Pleasant Valley 345/138 kV station, Pleasant Valley-Minco 345 kV new line - X - X 

Cimarron South 345/138 kV station, Cimarron South-Minco 345 kV new line, Quail 

Creek-Skyline 138 kV rebuild, re-terminate nearby 345 and 138 kV lines into new 

station 

X - X - 

Oahe-Sully Buttes-Whitlock-Glenham 230 kV terminal equipment X X X X 

Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 138 kV terminal upgrades X X X X 

Victory Hill-Scottsbluff 115 kV and Alliance-Snake Creek 115 kV rebuild X - - - 

Second Stegall 345/230 kV transformer, Stegall-Stegall 230 kV new line, Alliance-

Snake Creek 115 kV rebuild 
- X - - 

Tecumseh Hill-Stull-Mockingbird 115 kV rebuild X X X X 

Table 6.3: Economic Project Grouping 

6.2.4.1 Project Subtraction Evaluation 

Draft groupings were developed using project screening results, which tests projects by incrementally 

adding changes to the base market economic models. When assessing a group of economic solutions, it is 

necessary to re-evaluate project performance within the grouping to ensure the projected APC benefit of 

each project in the grouping remains supportive of the required B/C ratio thresholds. “Subtraction 

evaluation” is used to identify when multiple projects can provide congestion relief to a constraint or 

projects that are dependent on each other to relieve overall system congestion. New sets of “base cases” 

were created by adding the solutions included in each grouping along with relevant model adjustments, 

corrections, and market powerflow model projects required to meet the future’s needs. All economic 

projects were then removed from the models individually to determine each project’s APC impact 

compared to the new base case. Projects that did not meet a 1.0 B/C ratio from the subtraction evaluation 

were removed from the grouping. This subtraction evaluation was repeated for each grouping until all 

remaining projects maintained a minimum B/C ratio of 1.0 over 40 years. 

6.2.4.2 Final Economic Groupings 

The selected grouping for each future was the grouping that provided the highest net benefit to the SPP 

region when comparing APC savings to the cost of the projects. The cost-effective grouping was selected for 

Future 1, while the highest net grouping was selected for Future 2. Table 6.4 shows the final list of projects 

included in each grouping. 
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Description 

F1 F2 

CE HN CE HN 

Arbuckle-Blue River 138 kV terminal equipment - - X - 

Fort Peck 230/115 kV transformer replacement - X - - 

Watford 230/115 kV transformer circuit 1 terminal equipment, circuit 2 replacement X X X X 

Blue River-Parklane 138 kV terminal equipment - - X - 

Anadarko-Gracemont 138 kV rebuild as double-circuit X X X - 

Russett-South Brown 138 kV rebuild X X X X 

Kelly 161/115 kV terminal equipment - - X - 

Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 138 kV X X X X 

GRDA 1 345/161 kV circuit 1 & circuit 2 terminal equipment X X X - 

Hugo-Valliant 138 kV terminal equipment - - X - 

Columbus East 230/115 kV transformer replacement - X X - 

Split Rock 345/115 kV circuit 10 and 11 terminal equipment - - X X 

Franks-South Crocker-Lebanon 161 kV terminal equipment X X - - 

Tap Woodward-Border 345 kV, Chisholm-Tap 345 kV new line X X - X 

Oahe-Sully Buttes-Whitlock 230 kV terminal equipment - - - X 

Oahe-Sully Buttes-Whitlock-Glenham-Campbell 230 kV terminal equipment - X X - 

Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 138 kV terminal upgrades X X X X 

Cimarron 345/138 kV circuit 3 Transformer, Cimarron-Czech Hall 138 kV terminal 

equipment, Cimarron-Draper 345 kV terminal equipment 

X - X - 

Pleasant Valley 345/138 kV Station, Minco-Pleasant Valley-Draper 345 kV new line, 

Franklin-Midwest 138 kV terminal equipment, Cimarron-Draper 345 kV terminal 

equipment and Pleasant Valley cut-in 

- X - X 

Anadarko-Gracemont 138 kV rebuild; Anadarko-Southwest Station 138 kV terminal 

equipment 

- - - X 

Table 6.4:  Final Economic Project Grouping 

Figure 6.4 and Figure 6.5 show the approximate location of identified projects within the SPP footprint. 

 

571 of 1082



 
Figure 6.4: Final Project Groupings-Future 1-Highest Net 

 
Figure 6.5: Final Groupings-Future 2-Highest Net APC 
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Table 6.5 shows a summary of benefits, costs, net APC benefit, and B/C ratios. Based on the net APC 

benefits detailed below, the grouping with the highest net APC benefit in each future was selected as the 

future’s final portfolio. 

Grouping 

Y5 

Benefit 

($M) 

Y10 

Benefit 

($M) 

40-Year 

Benefit 

($M) 

40-Year 

NPV 

Cost 

($M) 

40-Year 

Net 

Benefit 

($M) 

Y5 

B/C 

Y10 

B/C 

40-Year 

B/C 

Selected 

Portfolio 

F1 CE $55.7 $82.6 $1,528 $352.3 $1,176 1.50 2.22 4.34  

F1 HN $63.4 $97.8 $1,821 $514.7 $1,306 1.17 1.80 3.54 X 

F2 CE $60.7 $106.2 $2,012 $316.1 $1,696 1.82 3.19 6.36  

F2 HN $83.5 $131.8 $2,462 $474.3 $1,987 1.67 2.64 5.19 X 

Table 6.5: Final Groupings-Benefit Cost, Net Benefits, and B/C Ratios 

Figure 6.6 shows a 40-year B/C comparison of all the final groupings.20 

 
Figure 6.6: Final Groupings-Benefits and Costs Comparison 

6.2.5 MISO RDT TARGET AREA 

In order to mitigate impacts to the SPP transmission system due to transfers between the MISO Midwest 

and MISO South regions, a number of projects were considered. The flowgate that showed the greatest 

potential benefit to both MISO and SPP was the Raun-Tekamah 161 kV. Three of the foremost projects 

20 The 40-year costs represented in this figure are based upon the final net plant carrying charge. 
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during the analysis period were a new Raun-Council Bluffs 345 kV line, a new Raun-S3452 345 kV line, and 

a new Raun-S3451 345 kV line. These projects would create a strong corridor to alleviate constraints on 

the Raun-Tekamah flowgate. Figure 6.7 shows the approximate locations of identified projects. 

 
Figure 6.7: Potential SPP-MISO CSP Solutions 

For a summary of SPP project cost, MISO and SPP benefits, and interregional cost sharing, see the 

information presented at the September 25, 2020 MISO-SPP IPSAC net conference.21  

Due to differing methodologies between MISO and SPP when calculating benefits and project costs, the two 

RTOs decided not to pursue any projects in this area as part of the 2020 ITP. SPP is further investigating the 

differences in cost estimation, but did not have the time remaining in the schedule to address these 

differences in the 2020 ITP. These projects will continue to be investigated in future studies. 

6.2.6 SPS-NEW MEXICO TIES INTERFACE 

It was understood by SPP staff and communicated to stakeholders that the SPSNMTIES Interface would 

require a comprehensive solution to increase import capability into eastern New Mexico and sufficiently 

address system low voltage and voltage stability limits to support increased transfers of economic energy. 

Additional portfolio development considerations should also be given to the significant 702 MW combined 

21 CSP results for Raun-Council Bluffs and Raun-S3451 were presented at 09/25/2020 MISO-SPP IPSAC Net Conference 
(https://www.spp.org/Documents/63046/SPP-MISO%20IPSAC%20Meeting%20Materials%2020200925.zip) 
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cycle conventional resource plan unit and associated generator outlet facility22  assumed in the eastern 

New Mexico area.  

The transmission solutions screened included numerous combinations of existing reactive setting and 

configuration adjustments, new static and dynamic reactive devices, and additional HV and EHV facilities 

extending beyond the Eastern New Mexico area. Reliability project screening on AC power transfer models, 

results from the New Mexico Ties Interface Guidelines, and the study scope were used to identify top 

ranked solutions needing further review. Preliminary ranking results produced high-cost projects ranging 

from greater than $100 million to greater than $700 million to address system criteria violations for seven 

incremental transfer levels tested and resulting new interface ratings. Before further review of these 

preliminary results and additional solution evaluation, a relaxation run was performed on the SPSNMTIES 

interface by removing the constraint to determine potential APC Savings benefit and potential minimum 

project cost that would result in a 40-year NPV B/C ratio of at least 1.0.  

 

Y5 Benefit 

($M) 

Y10 Benefit 

($M) 

40-Year 

Benefit ($M) 40-Year B/C 

Project Cost 

($M) 

F1 $57.6 $82.7 $1,317 1.00 $749.0 

F2 $188.0 $120.9 $1,481 1.00 $842.7 

Table 6.6: Potential APC Savings Benefit and Project Cost ($2025 Dollars) 

The potential APC savings indicated that the high cost projects identified in the preliminary ranking results 

may prove to be economically justified and support further solution evaluation efforts. However, given ITP 

schedule, resource constraints and the complex nature of the solution evaluation needed by SPP staff and 

stakeholders to address the interface congestion, it was determined to delay any action on the congested 

interface to future ITP cycles and focus efforts on resolving the base reliability and market powerflow 

model reliability needs in eastern New Mexico.  

Ultimately, no firm project selection was made for the economic issues. 

6.3 OPTIMIZATION 

The projects included in the reliability groupings were selected based on their ability to be cost-effective, 

maintain reliability, and meet the system’s compliance needs. The economic projects were selected for 

their ability to provide ratepayer benefits from lower-cost energy by mitigating system congestion and 

improving markets for both buyers and sellers. The project groupings discussed previously were 

developed based on criteria specific to their need and model type. Reliability groupings specific to each 

future were evaluated to determine their impact on each economic grouping. Once those comprehensive 

future specific portfolios were developed, the impact of the base reliability portfolio was assessed. 

22 The generator outlet facility identified for the 702 MW combined cycle conventional resource plan unit sited at the 
Sidewinder site can be found in Table 2.4. Both resource plan unit and generator outlet facility have load serving and 
economic energy delivery qualities and would be part of a comprehensive solution unless a transmission only solution 
proved overwhelmingly cost-beneficial without the combined cycle conventional resource plan unit assumed in the 
Eastern New Mexico Area. 
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One project, the upgrades of both Watford 230/115 kV transformers, was identified in both the reliability 

and economic portfolios. Additional economic project subtraction analysis performed to determine the 

impact of the base reliability portfolio identified the removal of the Fort Peck 230/115 kV transformer 

replacement from the Future 1 portfolio. No impact to the reliability portfolio was identified. 

 

6.4 PORTFOLIO CONSOLIDATION 

Stakeholders determined the two futures assessed in the 2020 ITP would be treated equally to determine 

the consolidated portfolio. When determining whether projects should move forward into the consolidated 

portfolio, three scenarios could occur: 

 

1. The same project was identified in each future, 

2. Two projects were competing against each other, or  

3. A single project was identified in only one future.  

 

If the same project was identified in both futures, that project would move forward into the consolidated 

portfolio. For the remaining scenarios, an independent method was necessary to assess each project and 

determine which, or if, those projects should move forward in the process.  

To evaluate these scenarios, SPP and its stakeholders developed a comprehensive scoring rubric 

considering both quantitative and qualitative metrics. Quantitative metrics included APC and the 

percentage of congestion relieved. Qualitative metrics included giving credit to projects able to address 

operational congestion or non-thermal issues. Table 6.7 details the scoring rubric as well as some of the 

minimum criteria projects had to meet to receive points. SPP staff and stakeholders agreed that although 

this scoring methodology is a good way to measure a project’s effectiveness, it should not be the only input 

to project selection. Stakeholders and SPP staff agreed a project narrative might be necessary when a 

preferred project is recommended against the results of the consolidation process. 

All short-circuit and reliability projects were included in the consolidated portfolio; therefore, 

consolidation considerations in this assessment applied to economic projects only. A detailed description of 

the consolidation methodology and scoring rubric can be found in the 2020 ITP Scope. 

No. Consideration 
Possible 

Points 
Project 
Score 

1 

40-year (1-year) APC B/C ratio in selected future 

50 

1.0 (0.9) 
40-year (1-year) APC B/C ratio in opposite future 0.8 (0.7) 
40-year (1-year) APC net benefit in selected future ($M) N/A 
40-year (1-year) APC net benefit in opposite future ($M) N/A 

2 
Congestion relieved in selected future (by need(s), all years) 10 N/A 
Congestion relieved in opposite future (by need(s), all years) 10 N/A 

3 
Operational congestion costs or reconfiguration ($M/year or 
hours/year) 

10 >0 

4 New EHV 7.5 Y/N 
5 Mitigate non-thermal issues 7.5 Y/N 

6 
Long-term viability (e.g., 2013 ITP20) or improved Auction Revenue 
Right (ARR) feasibility 

5 Y/N 

Total Points Possible: 100 
 

Table 6.7: Consolidated Portfolio Scoring Consolidation Scenario One 
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Six economic projects were included in both the Future 1 and Future 2 final portfolios; they were also 

included in the consolidated portfolio. These projects are: 

 Russett-South Brown 138 kV rebuild 
 Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 138 kV 
 Franks-South Crocker-Lebanon 161 kV terminal equipment 
 Tap Woodward-Border 345 kV, Chisholm-Tap 345 kV new line 
 Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 138 kV terminal equipment 
 Pleasant Valley 345/138 kV Station, Minco-Pleasant Valley-Draper 345 kV new line, Franklin-

Midwest 138 kV terminal equipment, Cimarron-Draper 345 kV terminal equipment and Pleasant 
Valley cut-in 

6.4.1 CONSOLIDATION SCENARIO TWO 

Consolidation scenario two occurred when a different project was identified to solve the same or similar 

economic needs in each future. When this scenario occurred, it was clear a project was needed to address 

congestion in the models, but the consolidation methodology would be used to identify the better project. 

For this scenario, the scoring rubric identified in Table 6.7 was used to score the projects and determine 

which project should move forward into the consolidated portfolio.  

In the 2020 ITP, two instances of scenario two occurred. These instances and their scoring are detailed in 

Table 6.8 and Table 6.9. Winning projects based on the consolidation scoring are shown in bold.  

Project 

Driving 

Future 

APC 

Benefit 

Congestion 

Relieved 

Operational 

Congestion 

New 

EHV 

Non- 

Thermal 

Long-

term 

Viability Total 

Oahe-Sully Buttes-

Whitlock-Glenham-

Campbell 230 kV 

terminal equipment 

1 0 20 0 0 0 0 20 

Oahe-Sully Buttes-

Whitlock 230 kV 

terminal equipment 

2 50 20 0 0 0 0 70 

Table 6.8: Consolidation Scenario Two Scoring 

Project 

Driving 

Future 

APC 

Benefit 

Congestion 

Relieved 

Operational 

Congestion 

New 

EHV 

Non 

Thermal 

Long-

term 

Viability Total 

Anadarko-Gracemont 

138 kV rebuild as 

double-circuit 

1 46.2 20 10 0 0 0 76.2 

Anadarko-

Gracemont rebuild, 

Anadarko-

Southwest Station 

terminal equipment 

138 kV 

2 50 17.9 10 0 0 0 77.9 

Table 6.9: Consolidation Scenario Two Scoring 

Although the Gracemont-Anadarko rebuild and Southwest Station-Anadarko terminal equipment scored 

higher, SPP staff recommended moving forward with the Gracemont-Anadarko double-circuit instead of 
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the rebuild recommended by the scoring. The single circuit rebuild of Anadarko-Gracemont did not fully 

resolve the congestion in the area (hence the 17.9 vs. 20 score for that consideration), and SPP staff 

concluded that congestion in the area will continue to increase. The double circuit resolves the congestion 

fully, while also provides an additional path from the 345 kV hub at Gracemont. For these reasons, SPP staff 

recommended the double circuit instead. 

6.4.2 CONSOLIDATION SCENARIO THREE 

Consolidation scenario three occurred when a project was identified in only one of the two final future 

portfolios. When this situation occurred, the question remained whether a project driven by a single future 

should ultimately be recommended. For this scenario, the scoring rubric was used as a way to identify if a 

project should be included in the consolidated portfolio by achieving a minimum score of 70 points. 

Projects that did not meet the minimum scoring threshold but were recommended to be included have 

additional qualitative information justifying their inclusion. 

GRDA 345/161 kV Transformer 

The GRDA 345/161 kV transformer replacement originated from the Future 1 portfolio. The project 

performed well when compared to expected congestion in both futures, as well as resolved current 

operational needs. Therefore, the transformer replacement was added to the final portfolio. 

No. Consideration 

Possible 

Points 

Project 

Score 

1 
APC net benefit and B/C ratio in selected future 

50 50 
APC net benefit and B/C ratio in opposite future 

2 
Congestion relieved in selected future (by need(s), all years) 10 

19.9 
Congestion relieved in opposite future (by need(s), all years) 10 

3 Operational congestion costs or reconfiguration ($M/yr or hrs/yr) 10 10 

4 New EHV 7.5 0 

5 Mitigate non-thermal issues 7.5 0 

6 Long-term viability (e.g., 2013 ITP20) or improved ARR feasibility 5 0 

Total Score (minimum 70 threshold)  79.9 

Table 6.10: GRDA 345/161 kV transformer Consolidation Scoring 

Columbus East 230/115 kV transformer  
 
The Columbus East transformer replacement also originated from the Future 1 portfolio. This project did 

well in both futures while also addressing current operational congestion, ultimately resulting in inclusion 

in the final portfolio.  
 

No. Consideration 

Possible 

Points 

Project 

Score 

1 
APC net benefit and B/C ratio in selected future 

50 50 
APC net benefit and B/C ratio in opposite future 
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No. Consideration 

Possible 

Points 

Project 

Score 

2 
Congestion relieved in selected future (by need(s), all years) 10 

20 
Congestion relieved in opposite future (by need(s), all years) 10 

3 Operational congestion costs or reconfiguration ($M/yr or hrs/yr) 10 9 

4 New EHV 7.5 0 

5 Mitigate non-thermal issues 7.5 0 

6 Long-term viability (e.g., 2013 ITP20) or improved ARR feasibility 5 0 

Total Score (minimum 70 threshold)  79 

Table 6.11: Columbus East 230/115 kV transformer Consolidation Scoring 

Lebanon-Franks-Crocker 161 kV terminal equipment 
 
The Lebanon-Franks-Crocker 161 kV terminal equipment upgrade also originated from the Future 1 
portfolio. This project did well in both futures, but did not address any current operational needs. It also 
did not qualify for additional points via considerations 4 through 6. However, it did reach the minimum 
threshold of 70 points, resulting in final portfolio inclusion. 

 

No. Consideration 

Possible 

Points 

Project 

Score 

1 
APC net benefit and B/C ratio in selected future 

50 50 
APC net benefit and B/C ratio in opposite future 

2 
Congestion relieved in selected future (by need(s), all years) 10 

20 
Congestion relieved in opposite future (by need(s), all years) 10 

3 Operational congestion costs or reconfiguration ($M/yr or hrs/yr) 10 0 

4 New EHV 7.5 0 

5 Mitigate non-thermal issues 7.5 0 

6 Long-term viability (e.g., 2013 ITP20) or improved ARR feasibility 5 0 

Total Score (minimum 70 threshold)  70 

Table 6.12: Lebanon-Franks-Crocker 161 kV terminal equipment Consolidation Scoring 

Split Rock 345/115 kV Transformer 
 
The Split Rock 345/115 kV transformer originated from the Future 2 portfolio. This project did well in both 
futures. However, it did not qualify for any points from considerations 3 through 6 and did not reach the 70 
point threshold. It did not resolve any operational congestion within the two-year span (6/1/2018-
6/1/2020) considered for consolidation. However, the Split Rock transformer began experiencing 
congestion after that time period. Due to this fact, SPP staff chose to include that congestion in 
consideration 3. 

 

No. Consideration 

Possible 

Points 

Project 

Score 

1 APC net benefit and B/C ratio in selected future 50 50 
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No. Consideration 

Possible 

Points 

Project 

Score 

APC net benefit and B/C ratio in opposite future 

2 
Congestion relieved in selected future (by need(s), all years) 10 

19.9 
Congestion relieved in opposite future (by need(s), all years) 10 

3 Operational congestion costs or reconfiguration ($M/yr or hrs/yr) 10 0.1 

4 New EHV 7.5 0 

5 Mitigate non-thermal issues 7.5 0 

6 Long-term viability (e.g., 2013 ITP20) or improved ARR feasibility 5 0 

Total Score (minimum 70 threshold)  70 

Table 6.13: Lebanon-Franks-Crocker 161 kV terminal equipment Consolidation Scoring  

 

6.5 FINAL CONSOLIDATED PORTFOLIO 

The consolidated portfolio includes the reliability projects addressing both steady state and short-circuit 

needs, as well as the consolidated set of economic projects that met the consolidation criteria. The 

consolidated portfolio totals $500.2M and is projected to create $1B to $2B in APC savings under Future 1 

or Future 2 assumptions, respectively. Table 6.14 lists the projects included in the final consolidated 

portfolio along with their classifications and costs. Benefit data reported in this section includes only APC 

savings. 

Project Classification 

Project Cost 

(2020$) 

Watford 230/115 kV transformer circuit 1 terminal equipment, 

circuit 2 replacement 
Reliability $3,562,780 

Circleville-Goff 115 kV circuit 1 rebuild Reliability $12,114,772 

Goff-Kelly 115 kV rebuild Reliability $7,108,395 

South Shreveport-Wallace Lake 138 kV rebuild Reliability $23,622,577 

Grady 138 kV capacitor bank Reliability $688,781 

Deaf Smith #6-Hereford 115 kV rebuild Reliability $6,660,556 

Deaf Smith #6-Friona 115 kV rebuild Reliability $12,626,190 

Richmond 115 kV substation, Richmond 115/69 kV transformer, 

Richmond-Aberdeen 115 kV line 
Reliability $11,394,000 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV rebuild Reliability $5,362,799 

Bushland-Deaf Smith 230 kV terminal equipment Reliability $923,938 

Newhart-Potter County 230 kV terminal equipment Reliability $731,282 

Carlisle-Murphy 115 kV rebuild Reliability $4,746,175 

Replace Roswell 115/69 kV transformer Reliability $2,777,743 

S3456-S3458 345 kV terminal equipment Reliability $678,865 

Meadowlark-Tower 33 115 kV rebuild Reliability $1,342,588 

Jones-Lubbock South 230 kV terminal equipment circuit 1 Reliability $666,728 

Jones-Lubbock South 230 kV terminal equipment circuit 2 Reliability $397,668 

580 of 1082



Project Classification 

Project Cost 

(2020$) 

Deaf Smith-Plant X 230 kV terminal equipment Reliability $2,100,196 

Newhart-Plant X 230 kV terminal equipment Reliability $2,024,293 

Lubbock South-Wolfforth 230 kV terminal equipment and clearance 

increase 
Reliability $872,391 

Allen-Lubbock South 115 kV rebuild Reliability $6,817,226 

Allen-Quaker 115 kV rebuild Reliability $4,732,267 

Eddy County-North Loving 345 kV new line Reliability $64,422,600 

Bismarck 115 kV reactors Reliability $2,380,700 

Moorehead 230 kV reactor Reliability $1,515,440 

Russell 115 kV capacitor bank Reliability $2,841,951 

Maljamar 115 kV capacitor bank Reliability $685,440 

Devil's Lake 115 kV reactor Reliability $1,190,000 

Agate 115 kV reactor Reliability $571,200 

Replace four breakers at Anadarko 138 kV Short Circuit $850,000 

Replace three breakers at Northeast 161 kV Short Circuit $887,479 

Replace one breaker at Stilwell 161 kV Short Circuit $566,485 

Replace one breaker at Leeds 161 kV Short Circuit $566,485 

Replace one breaker at Shawnee Mission 161 kV Short Circuit $566,485 

Replace one breaker at Southtown 161 kV Short Circuit $566,485 

Replace two breakers at Lake Road 161 kV Short Circuit $1,132,970 

Replace two breakers at Craig 161 kV Short Circuit $1,132,970 

Anadarko-Gracemont 138 kV rebuild as double-circuit Economic $8,297,502 

Russett-South Brown 138 kV rebuild Economic $10,067,432 

Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 138 kV Economic $135,720,424 

GRDA 1 345/161 kV circuit 1 and circuit 2 terminal equipment Economic $1,410,000 

Columbus East 230/115 kV transformer replacement Economic $4,600,000 

Franks-South Crocker-Lebanon 161 kV terminal equipment Economic $5,721,430 

Tap Woodward-Border 345 kV, Chisholm-Tap 345 kV new line Economic    $31,686,685  

Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 138 kV 

terminal equipment 
Economic $1,617,500 

Pleasant Valley 345/138 kV Station, Minco-Pleasant Valley-Draper 

345 kV new line, Franklin-Midwest 138 kV terminal equipment, 

Cimarron-Draper 345 kV terminal equipment and Pleasant Valley 

cut-in 

Economic $113,620,907 

Split Rock 345/115 kV circuit 10 & 11 terminal equipment Economic $4,577,336 

Oahe-Sully Buttes-Whitlock 230 kV terminal equipment Economic $1,528,72223 

Table 6.14: Final Consolidated Portfolio 

23 Estimated cost does not include the entire cost for this project. 
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Project 

Project Cost 

(E&C) 

F1 Y5  

B/C 

F1 

Y10 

B/C 

F1 40-

year 

B/C 

F1 40-year 

Benefit 

F1 40-year 

Net Benefit 

F2 Y5 

B/C 

F2 

Y10 

B/C 

F2 40-

year 

B/C 

F2 40-year 

Benefit 

F2 40-year 

Net Benefit 

Anadarko-Gracemont 138 kV 

rebuild as Ckt 
$8,297,502  2.88 4.28 8.35 $107,624,325  $94,731,224  5.35 3.09 4.56 $58,831,889  $45,938,788  

Russett-South Brown 138 kV 

rebuild 
$10,067,432  0.00 1.50 3.38 $52,833,714  $37,190,402  7.56 12.23 24.16 $377,875,070  $362,231,757  

Butler-Tioga 138 kV new 

line; wreck-out Butler-

Altoona 138 kV 

$135,720,424  0.75 1.00 1.91 $403,001,375  $192,111,748  1.06 1.37 2.62 $552,029,756  $341,140,129  

GRDA 1 345/161 kV Ckt 1 

and Ckt 2 terminal 

equipment 

$1,410,000  13.98 20.09 38.98 $85,412,599  $83,221,666  7.15 5.38 8.90 $19,506,220  $17,315,287  

Columbus East 230/115 kV 

transformer replacement 
$4,600,000  0.20 0.50 1.05 $7,486,072  $338,347  2.02 3.27 6.46 $46,175,084  $39,027,359  

Franks-South Crocker-

Lebanon 161 kV terminal 

equipment 

$5,721,430  (0.31) 2.04 4.74 $42,160,359  $33,270,096  0.01 0.90 2.02 $17,981,132  $9,090,869  

Tap Woodward-Border 345 

kV, Chisholm-Tap 345 kV 

new line 

$31,686,685  1.32 1.63 3.07 $151,237,189  $102,000,729  2.16 1.99 3.52 $173,144,070  $123,907,610  

Dover Switch-Okeene 138 kV 

and Aspen-Mooreland-Pic 

138 kV terminal equipment 

$1,617,500  51.34 82.75 163.37 $410,605,871  $408,092,513  13.52 21.06 41.36 $103,963,767  $101,450,410  

Pleasant Valley 345/138 kV 

Station, Minco-Pleasant 

Valley-Draper 345 kV new 

line, Franklin-Midwest 138 

kV terminal equipment, 

Cimarron-Draper 345 kV 

terminal equipment, and 

Pleasant Valley cut-in 

$113,620,907  0.81 1.33 2.62 $462,634,382  $286,084,161  1.28 2.72 5.56 $980,999,837  $804,449,617  

Split Rock 345/115 kV Ckt 10 

and 11 terminal equipment 
$4,577,336  0.09 (0.06) (0.16) ($1,171,751) ($8,284,260) 1.72 8.83 19.12 $136,025,615  $128,913,106  

Oahe-Sully Buttes-Whitlock 

230 kV terminal equipment 
$1,528,722  2.01 2.19 4.04 $9,593,533  $8,166,644  2.09 2.71 5.17 $12,275,136  $11,200,631  

Table 6.15 shows the Future 1 and Future 2 40-year B/C ratio and net benefit of the economic projects in 

2020$ included in the consolidated portfolio using the same process described in the Section 6.2.4.1 for 

project subtraction evaluation.  
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Project 

Project Cost 

(E&C) 

F1 Y5  

B/C 

F1 

Y10 

B/C 

F1 40-

year 

B/C 

F1 40-year 

Benefit 

F1 40-year 

Net Benefit 

F2 Y5 

B/C 

F2 

Y10 

B/C 

F2 40-

year 

B/C 

F2 40-year 

Benefit 

F2 40-year 

Net Benefit 

Anadarko-Gracemont 138 kV 

rebuild as Ckt 
$8,297,502  2.88 4.28 8.35 $107,624,325  $94,731,224  5.35 3.09 4.56 $58,831,889  $45,938,788  

Russett-South Brown 138 kV 

rebuild 
$10,067,432  0.00 1.50 3.38 $52,833,714  $37,190,402  7.56 12.23 24.16 $377,875,070  $362,231,757  

Butler-Tioga 138 kV new 

line; wreck-out Butler-

Altoona 138 kV 

$135,720,424  0.75 1.00 1.91 $403,001,375  $192,111,748  1.06 1.37 2.62 $552,029,756  $341,140,129  

GRDA 1 345/161 kV Ckt 1 

and Ckt 2 terminal 

equipment 

$1,410,000  13.98 20.09 38.98 $85,412,599  $83,221,666  7.15 5.38 8.90 $19,506,220  $17,315,287  

Columbus East 230/115 kV 

transformer replacement 
$4,600,000  0.20 0.50 1.05 $7,486,072  $338,347  2.02 3.27 6.46 $46,175,084  $39,027,359  

Franks-South Crocker-

Lebanon 161 kV terminal 

equipment 

$5,721,430  (0.31) 2.04 4.74 $42,160,359  $33,270,096  0.01 0.90 2.02 $17,981,132  $9,090,869  

Tap Woodward-Border 345 

kV, Chisholm-Tap 345 kV 

new line 

$31,686,685  1.32 1.63 3.07 $151,237,189  $102,000,729  2.16 1.99 3.52 $173,144,070  $123,907,610  

Dover Switch-Okeene 138 kV 

and Aspen-Mooreland-Pic 

138 kV terminal equipment 

$1,617,500  51.34 82.75 163.37 $410,605,871  $408,092,513  13.52 21.06 41.36 $103,963,767  $101,450,410  

Pleasant Valley 345/138 kV 

Station, Minco-Pleasant 

Valley-Draper 345 kV new 

line, Franklin-Midwest 138 

kV terminal equipment, 

Cimarron-Draper 345 kV 

terminal equipment, and 

Pleasant Valley cut-in 

$113,620,907  0.81 1.33 2.62 $462,634,382  $286,084,161  1.28 2.72 5.56 $980,999,837  $804,449,617  

Split Rock 345/115 kV Ckt 10 

and 11 terminal equipment 
$4,577,336  0.09 (0.06) (0.16) ($1,171,751) ($8,284,260) 1.72 8.83 19.12 $136,025,615  $128,913,106  

Oahe-Sully Buttes-Whitlock 

230 kV terminal equipment 
$1,528,72224  2.01 2.19 4.04 $9,593,533  $8,166,644  2.09 2.71 5.17 $12,275,136  $11,200,631  

Table 6.15: Consolidated Portfolio – APC benefit only

24 Estimated cost does not include the entire cost for this project. 
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Table 6.16 below shows the change in flowgate congestion scores due to the consolidated portfolio for the 

economic needs targeted by the portfolio. 

 

Base Congestion Score 

(k$/MWh) 

Consolidated Portfolio 

Congestion Score 

(k$/MWh) 

Constraint 

Future 1 Future 2 Future 1 Future 2 

2022 2025 2030 2025 2030 2022 2025 2030 2025 2030 

Russett-South Brown 138 kV FLO Caney 

Creek-Little City 138 kV 
0 0 196 277 497 0 0 0 0 0 

GRDA 345/161 kV circuit 1 FLO GRDA 

345/161 kV circuit 2 
11 39 49 16 19 0 0 0 0 0 

Southwestern Station-Anadarko 138 kV 

FLO Gracemont-Anadarko 138 kV 
0 0 1 0 1 0 0 0 0 0 

Dover Switch-Okeene 138 kV FLO 

Watonga-Okeene 138 kV 
238 503 885 213 334 0 0 0 0 0 

Oahe-Sully Buttes 230 kV FLO Fort 

Thompson-Leland Olds 345 kV 
0 33 48 45 118 0 0 0 0 0 

Butler-Altoona 138 kV FLO Caney River-

Neosho 345 kV 
770 1,187 1,688 1,574 1,722 0 0 0 0 0 

Columbus East 230/115 kV FLO 

Columbus East-Shell Creek 345 kV 
2 41 50 51 79 0 0 0 0 0 

Watford 230/115 kV circuit 1 FLO 

Watford 230/115 kV circuit 2 
130 157 366 184 354 0 0 0 0 0 

Shamrock 115/69 kV FLO Sweetwater-

Chisholm 230 kV 
5 7 20 9 24 0 1 3 2 5 

Skyline-Quail Creek 138 kV FLO 

Northwest-Arcadia 345 kV 
0 5 28 12 82 0 0 6 0 59 

Czech Hall-Cimarron 138 kV FLO 

Cimarron-Draper 345 kV 
1 10 30 41 88 0 0 0 0 0 

Cimarron 345/138 kV circuit 1 FLO 

Cimarron 345/138 kV circuit 2 
11 33 85 36 125 0 3 11 3 29 

Franks-Crocker 161 kV FLO Huben-

Franks 345 kV 
18 5 99 8 41 0 0 0 0 0 

Split Rock 345/115 kV circuit 10 FLO 

Split Rock 345/115 kV circuit 11 
0 1 3 22 103 0 0 0 0 1 

Table 6.16: Change in flowgate congestion scores 

Figure 6.8 shows the B/C ratio of the economic portfolio of projects25 included in the consolidated portfolio. 

Figure 6.9 shows B/C ratio of the entire consolidated portfolio. As expected, the overall B/C ratio is reduced 

with the inclusion of the reliability projects, but the consolidated portfolio is still expected to produce 

benefits well over the cost of the projects.  

 

25 Includes projects driven by market powerflow models not already identified in the base reliability portfolio. 
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Figure 6.8: Economic Portfolio APC Benefits and Costs 

 
Figure 6.9: Final Consolidated Portfolio APC Benefits and Costs 

Figure 6.10 below shows the break-even and payback dates of the consolidated portfolio. The break-even 

year is reflective of the first year that the one-year APC benefits are expected to outweigh the portfolio ATRR. 

The payback year is reflective of the year that the cumulative APC benefits are expected to exceed the 40-
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year NPV costs of the portfolio. The consolidated portfolio is expected to breakeven within the first year of 

being placed in service and expected to pay back total investment within the first 20 years. 

  
Figure 6.10: Portfolio Breakeven and Payback – APC benefit only 

6.6 STAGING 

Staging is the process by which the need date and projected in-service date for each project is determined. 

The staging methodology can be found in the ITP Manual. 

6.6.1 ECONOMIC PROJECTS 

The results of staging for the economic projects are shown in Table 6.17 below. 

Economic Project Need Date 

Projected 

In-Service 

Date Model 

Watford 230/115 kV transformer circuit 1 terminal 

equipment, circuit 2 replacement 
1/1/2022 11/17/2022 F1/F2 

Anadarko-Gracemont 138 kV rebuild as double-circuit 1/1/2023 11/17/2023 F1 

Russett-South Brown 138 kV rebuild 1/1/2022 5/17/2023 F1/F2 

Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 

138 kV 
1/1/2024 1/1/2024 F1/F2 

GRDA 1 345/161 kV circuit 1 and circuit 2 terminal 

equipment 
1/1/2022 5/17/2022 F1 

Columbus East 230/115 kV transformer replacement 1/1/2039 1/1/2039 F1 

Franks-South Crocker-Lebanon 161 kV terminal 

equipment 
1/1/2028 1/1/2028 F1 
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Economic Project Need Date 

Projected 

In-Service 

Date Model 

Tap Woodward-Border 345 kV, Chisholm-Tap 345 kV 

new line 
1/1/2022 11/17/2024 F1/F2 

Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 

138 kV terminal equipment 
1/1/2022 5/17/2022 F1/F2 

Pleasant Valley 345/138 kV Station, Minco-Pleasant 

Valley-Draper 345 kV new line, Franklin-Midwest 138 

kV terminal equipment, Cimarron-Draper 345 kV 

terminal equipment and Pleasant Valley cut-in 

1/1/2025 1/1/2025 F1/F2 

Split Rock 345/115 kV circuit 10 & 11 terminal 

equipment 
1/1/2025 1/1/2025 F2 

Oahe-Sully Buttes-Whitlock 230 kV terminal 

equipment26 
1/1/2022 5/17/2022 F2 

Table 6.17: Project Staging Results-Economic 

6.6.2 POLICY PROJECTS 

There were no policy-driven projects in the 2020 ITP. 

6.6.3 RELIABILITY PROJECTS 

The results of staging for the reliability projects are shown in Table 6.18 below. The Watford transformer 

upgrade will have a need date of January 1, 2022 because the economic staging need date is earlier than the 

reliability staging need date. 

Reliability Project Need Date 

Projected 

In-Service 

Date Model 

Watford 230/115 kV transformer circuit 1 terminal 

equipment, circuit 2 replacement 
6/1/2022 11/17/2022 BR 

Circleville-Goff 115 kV circuit 1 rebuild 6/1/2025 6/1/2025 BR 

Goff-Kelly 115 kV rebuild 6/1/2025 6/1/2025 BR 

South Shreveport-Wallace Lake 138 kV rebuild 6/1/2024 6/1/2024 BR 

Grady 138 kV capacitor bank 12/1/2022 12/1/2022 LPC 

Deaf Smith #6-Hereford 115 kV rebuild 6/1/2022 5/17/2023 BR 

Deaf Smith #6-Friona 115 kV rebuild 4/1/2022 11/17/2022 BR 

Richmond 115 kV substation, Richmond 115/69 kV 

transformer, Richmond-Aberdeen 115 kV line 
12/1/2022 11/17/2023 BR 

26 The projected need date was calculated using an incomplete cost estimate. See Table 9.1 for accurate need and 
projected in-service dates. 
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Reliability Project Need Date 

Projected 

In-Service 

Date Model 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV 

rebuild 
6/1/2023 6/1/2023 BR 

Bushland-Deaf Smith 230 kV terminal equipment 4/1/2022 5/17/2022 BR 

Newhart-Potter County 230 kV terminal equipment 4/1/2022 5/17/2022 BR 

Carlisle-Murphy 115 kV rebuild 6/1/2022 11/17/2022 BR 

Replace Roswell 115/69 kV transformer 6/1/2022 11/17/2022 BR 

S3456-S3458 345 kV terminal equipment 6/1/2029 6/1/2029 BR 

Meadowlark-Tower 33 115 kV rebuild 6/1/2023 11/17/2023 BR 

Jones-Lubbock South 230 kV terminal equipment 

circuit 1 
6/1/2028 6/1/2028 BR 

Jones-Lubbock South 230 kV terminal equipment 

circuit 2 
6/1/2028 6/1/2028 BR 

Deaf Smith-Plant X 230 kV terminal equipment 4/1/2022 5/17/2022 BR 

Newhart-Plant X 230 kV terminal equipment 4/1/2022 5/17/2022 BR 

Lubbock South-Wolfforth 230 kV terminal equipment 

and clearance increase 
6/1/2022 6/1/2022 BR 

Allen-Lubbock South 115 kV rebuild 6/1/2022 11/17/2022 BR 

Allen-Quaker 115 kV rebuild 6/1/2022 11/17/2022 BR 

Eddy County-North Loving 345 kV new line 6/1/2028 6/1/2028 BR 

Bismarck 115 kV reactors 4/1/2022 11/17/2022 BR/MPM 

Moorehead 230 kV reactor 4/1/2022 11/17/2022 BR/MPM 

Russell 115 kV capacitor bank 6/1/2022 11/17/2022 MPM 

Maljamar 115 kV capacitor bank 6/1/2028 6/1/2028 MPM 

Devil's Lake 115 kV reactor 4/1/2022 11/17/2022 MPM 

Agate 115 kV reactor 4/1/2022 11/17/2022 MPM 

Nixa-Nixa Espy 69 kV terminal equipment 6/1/2022 6/1/2022 BR 

Table 6.18: Project Staging Results-Reliability 

6.6.4 SHORT-CIRCUIT PROJECTS 

The short-circuit projects were all staged with need dates and projected in-service dates of June 1, 2022. 

588 of 1082



7 PROJECT RECOMMENDATIONS 

7.1 RELIABILITY PROJECTS 

7.1.1 WATFORD 230/115 KV TRANSFORMERS 

 
Figure 7.1: Watford 230/115 kV Transformers 

In western North Dakota, the Watford City transformers that serve the 115 kV system experience both 

reliability violations and system congestion when one of the transformers is lost. The area around Watford 

has experienced expanded oil exploration and increasing load growth to support the shale play. Multiple 

solutions, including a new delivery point to support the increasing load, were analyzed but this area 

continues to grow and is expected to be of greater concern in future ITP assessments. The selected project is 

a no-regrets solution to strengthen the transformation at Watford by upgrading terminal equipment on one 

230/115 kV transformer and replacing the other transformer to increase the capacity in cases where one is 

lost. 
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7.1.2 AMARILLO NORTH-SOUTH 230 KV CORRIDOR TERMINAL EQUIPMENT AND LINE CLEARANCES 

 
Figure 7.2: Amarillo North-South 230 kV Corridor Terminal Equipment 

The Bushland-Deaf Smith 230 kV line and the Potter-Newhart-Plant X 230 kV line run parallel in a north-to-

south direction near the city of Amarillo, Texas. When one of these 230 kV paths is out of service, an overload 

is observed on the parallel path. During light load conditions paired with a high wind output, generation in 

the south is no longer needed. This combination results in large north-to-south flows coming out of Amarillo. 

Given that each of these lines are terminally limited and the conductor can handle the observed post-

contingency flows, the projects selected to mitigate these issues is to replace any terminal equipment that is 

limiting these three 230 kV line segments below their conductor rating, as well as increase the height of 

necessary structures to create appropriate line clearances. 
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7.1.3 HEREFORD-CURRY 115 KV CORRIDOR REBUILDS 

 
Figure 7.3: Hereford-Curry 115 kV Corridor Rebuild 

Southwest of Amarillo, in a series corridor between Amarillo, Texas, and Clovis, New Mexico, seven 115 kV 

line segments overload for the loss of the Deaf Smith-Plant X 230 kV line. Similar to other needs in the 

Amarillo area, high wind output and less conventional generation south of Amarillo causes flows on the 115 

kV corridor to overload upon loss of the 230 kV path. A rebuild of the Hereford-Deaf Smith #6-Friona-Cargill-

Deaf Smith #24-Parmer-Deaf Smith #20-Curry 115 kV corridor is needed to bring these lines up to the same 

design standards of surrounding upgraded 115 kV lines and mitigate these issues.  The Deaf Smith #20-

Curry 115 kV portion of this corridor was identified as having been previously approved via a separate 

planning process with an expected in-service date prior to the ITP need date.  Therefore, no NTC will be 

issued for this facility. 
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7.1.4 JONES-LUBBOCK SOUTH 230 KV TERMINAL EQUIPMENT 

 
Figure 7.4: Jones-Lubbock South 230 kV Terminal Equipment 

On the south end of Lubbock, Texas, in the Texas Panhandle, two parallel 230 kV circuits from Jones to 

Lubbock South each overload upon contingency of the other circuit. This 230 kV corridor is a common pass-

through to deliver energy to the SPS south area. In addition, the fact that the Lubbock South substation feeds 

a large portion of the Lubbock load center, combined with maximum output of the Jones plant, causes these 

circuits to overload in contingency conditions during the long-term summer peaks. Given that the ratings of 

these lines are driven by terminal equipment and the conductors can handle the post-contingency flows, the 

project selected to mitigate this issue is to upgrade the necessary terminal equipment at these substations 

and allow the conductors to become the most limiting element long each path. 
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7.1.5 LUBBOCK SOUTH-WOLFFORTH 230 KV TERMINAL EQUIPMENT AND LINE CLEARANCES 

 
Figure 7.5: Lubbock South-Wolfforth 230 kV Terminal Equipment and Line Clearances 

On the south end of Lubbock, Texas, in the Texas Panhandle, the Lubbock South-Wolfforth 230 kV line 

reaches near base-case overloads in the near-term winter peaks and the long-term summer peaks. The 

Lubbock South-Wolfforth line is a large feed to deliver energy in the SPS south area which contributes to this 

base-case flow. Since the flow is already approaching the line rating, many contingencies in the area can 

cause the line to overload. The project selected to mitigate this issue is to upgrade the terminal equipment 

limiting the line rating below the conductor rating, as well as increase the height of necessary structures to 

create appropriate line clearances. 
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7.1.6 CARLISLE-MURPHY 115 KV REBUILD 

 
Figure 7.6: Carlisle-Murphy 115 kV 

On the west side of Lubbock in the panhandle of Texas, the Carlisle-Murphy 115 kV line overloads for the 

loss of the Allen-Lubbock South 115 kV during the summer peaks. Loss of this 115 kV circuit forces flow to 

redirect around the city of Lubbock, overloading the Carlisle-Murphy 115 kV line which is serving radial load 

all the way through to Allen. A rebuild of the Carlisle-Murphy 115 kV line will mitigate the issue by 

increasing the transmission capability of that circuit. 
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7.1.7 EDDY COUNTY-NORTH LOVING 345 KV LINE 

 
Figure 7.7: Eddy County-North Loving 345 kV 

Southeast of Loving, New Mexico, the 115 kV system experiences low voltage for the loss of the Hobbs-Kiowa 

345 kV line, including voltage collapse at the Phantom 115 kV bus. Increasing load, combined with a 

generator retirement in the south SPS area, has made this area less able to maintain minimal voltage in the 

long-term summer peaks upon the loss of a 345 kV feed into the area which carries critical real and reactive 

power support. The project selected to mitigate this issue is to construct a new 345 kV line from Eddy 

County-North Loving to deliver more real and reactive power support to this area. 

Impactful out of scope NERC TPL-001-4 P3 planning events and SPSNMTIES interface violations in the base 

reliability model were identified late in the assessment and question the project’s long-term viability. The 

NERC TPL-001-4 P3 planning events with limited system adjustment options cause voltage collapse in 

eastern New Mexico area in 2030 summer peak. These system conditions are related to the SPSNMTIES 

interface as described in section 4.1.2 and these violations were inadvertently not identified as part of the 

reliability needs assessment. Without these crucial system limits accounted for in reliability project 

screening and grouping introduces uncertainty in the large-scale project selection that has a June 2028 

reliability need date. 

For these reasons and consistent with delaying any action on the congested SPSNMTIES interface to future 

ITP cycles as described in section 6.2.6, it is recommended to not move forward with construction of this 

planned reliability project at this time and use the 2021 ITP to reassess this portion of the SPP system which 
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allows for further stakeholder collaboration and opportunity to optimize base reliability solutions and 

potential economic solutions to identify a comprehensive solution in Eastern New Mexico area. 

7.1.8 ROSWELL INTERCHANGE 115/69 KV TRANSFORMER #1 REPLACEMENT 

 
Figure 7.8: Roswell Interchange 115/69 kV Transformer #1 

In the southeast corner of New Mexico in the city of Roswell, the 115/69 kV transformer #1 overloads for the 

loss of transformer #2. Summer peak loading conditions in Roswell, New Mexico, drives the load to levels 

that cannot be served through the single transformer after the contingency of transformer #2. Replacing 

transformer #1 with a transformer that meets the same standards as surrounding 115/69 kV transformers 

will mitigate this issue. 
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7.1.9 CUSHING TAP-SHELL CUSHING TAP-SHELL PIPELINE 69 KV REBUILD 

 
Figure 7.9: Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV 

Northeast of Oklahoma City, near the town of Cushing, Oklahoma, the Cushing Tap-Shell Cushing Tap-Shell 

Pipeline 69 kV series corridor overloads for the loss of the Highway 99 Tap-Cushing Oilfield 69 kV line. Loss 

of this feed places the load at Cushing Oilfield at a radial from the Cushing Tap substation, which overloads 

the Cushing Tap-Shell Cushing Tap 69 kV segment during the summer peaks and very nearly overloads the 

Shell Cushing Tap-Shell Pipeline segment. Rebuilding the Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV 

corridor will mitigate this issue by increasing the conductor ratings to tolerate the loss of the Highway 99 

Tap-Cushing Oilfield 69 kV line. 
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7.1.10 SOUTH SHREVEPORT-WALLACE LAKE 138 KV REBUILD 

 
Figure 7.10: South Shreveport-Wallace Lake 138 kV 

In northwest Louisiana in the city of Shreveport, the South Shreveport-Wallace Lake 138 kV line overloads 

for the loss of the Fort Humbug-Trichel 138 kV line. Loss of the 138 kV line which heads east out of the city 

causes the large amount of load across the Red River to be served out of South Shreveport. Rebuilding the 

South Shreveport-Wallace Lake 138 kV line will bring the facility up to the same design standards of 

surrounding upgraded 115 kV line and mitigate this issue. 
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7.1.11 GRADY 138 KV CAPACITOR BANK 

 
Figure 7.11: Grady 138 kV Capacitor Bank 

South of Oklahoma City near the town of Lindsay, Oklahoma, the Choctaw and Grady 138 kV bus voltages dip 

below AEPW’s minimum voltage criteria of 0.92pu for the loss of the Grady-Round Creek 138 kV line. Loss of 

this 138 kV feed places a large amount of load at Choctaw and Grady on a radial from the Cornville 

substation, bringing the voltage below acceptable levels during the summer peaks. The project selected to 

mitigate this issue is to place a capacitor bank capable of 23 MVAR at the Grady 138 kV substation. 
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7.1.12 NIXA-NIXA ESPY 69 KV TERMINAL EQUIPMENT 

 
Figure 7.12: Nixa-Nixa Espy 69 kV Terminal Equipment 

South of Springfield in the town of Nixa, Missouri, the Nixa-Nixa Espy 69 kV line overloads for the loss of the 

James River Power Station 161/69 kV transformer. Loss of the transformer causes energy to access the 69 

kV system at Nixa and make its way north to serve load at Seminole and Twin Oaks, overloading the Nixa-

Nixa Espy 69 kV circuit. The project selected to mitigate this issue is to upgrade the necessary 69 kV terminal 

equipment at Nixa and Nixa Espy which will increase the line rating up to the conductor capability. 
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7.1.13 MEADOWLARK-TOWER 33 115 KV REBUILD 

 
Figure 7.13: Meadowlark-Tower 33 115 kV 

In the northwest corner of Hutchinson, Kansas, circuit 1 of Meadowlark-Tower 33 115 kV overloads for loss 

of the Davis-Reno County 115 kV line. Loss of the Davis-Reno County line causes all the load at Davis and 

South Hutchinson to be served radially through parallel Meadowlark-Tower 33 115 kV circuits, overloading 

the first circuit in the long-term summer peaks. The project selected to mitigate this issue is to rebuild the 

first circuit of Meadowlark-Tower 33 115 kV to increase the capacity up to the same design standards of 

surrounding upgraded 115 kV lines. 
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7.1.14 SUB 3458-SUB 3456 345 KV TERMINAL EQUIPMENT 

 
Figure 7.14: S3458-S3456 Terminal Equipment 

Flowing south-to-north into the city of Omaha, Nebraska, the S3458-S3456 345 kV line overloads for the loss 

of the S3740-S3455 345 kV line. During the long-term summer peaks, Cass County and Nebraska City 

generating plants are operating at full output which overloads the northbound 345 kV line serving the city of 

Omaha when the parallel 345 kV line is lost. Upgrading the terminal equipment that is most limiting on the 

S3458-S3456 kV line will increase the rating of this line and mitigate this issue. 
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7.1.15 CIRCLEVILLE-GOFF-KELLY 115 KV REBUILD 

 
Figure 7.15: Circleville-Goff-Kelly 115 kV 

North of Topeka, near the city of Circleville, Kansas, the Circleville-Goff-Kelly 115 kV lines overload for the 

loss of the Hoyt-Stranger Creek 345 kV line during summer peak of the Kansas City load center. Loss of the 

345 kV line redirects flows down to the 115 kV system which then takes a northerly route through 

Circleville, east to Kelly, and back to the south again to reach Stranger Creek. The project selected to mitigate 

this issue is to rebuild the Circleville-Goff-Kelly 115 kV transmission lines which will bring those facilities up 

to the same design standards of surrounding upgraded 115 kV lines. 
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7.1.16 RICHMOND 115 KV SUBSTATION AND RICHMOND-ABERDEEN 115 KV 

 
Figure 7.16: Richmond 115 kV Substation and Richmond-Aberdeen 115 kV 

In the northeast corner of South Dakota near the town of Aberdeen, two parallel 115/69 kV transformers at 

Ordway overload, one for the loss of the other. Cold winters drive up energy consumption in North Dakota, 

which will overload each of these transformers if the parallel feed is lost. The project selected to mitigate this 

issue is to expand the Richmond substation to accommodate a 115 kV transmission line to Aberdeen as well 

as a 115/69 kV transformer. This will allow some of the 69 kV load west of Ordway to have an alternate 

source and take loading away from the Ordway transformers. Additionally, a capacitor needs to be installed 

at Richmond to provide voltage support in the area. 
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7.1.17 BISMARCK 115 KV REACTORS 

 
Figure 7.17: Bismarck 115 kV Reactors 

Across the Missouri River from the city of Bismarck, North Dakota, light-load conditions cause base-case high 

voltage conditions at the Mandan 230 kV substation and surrounding 115 kV system. With limited reactive 

resources in the area to bring down the over-voltage condition, reactive consumption is needed near the 230 

kV bus at Mandan. The project selected to mitigate this issue is to add 35 MVARs of reactive capability on two 

transformers at the Bismarck substation. 

605 of 1082



7.1.18 MOOREHEAD 230 KV REACTOR 

 
Figure 7.18: Moorehead 230 kV Reactor 

Southeast of Fargo, North Dakota, across the border into Minnesota, the Moorehead 230 kV bus experiences 

base-case high voltage during light-load conditions and the near-term summer peak in the market 

powerflow models. With no reactive adjustments in the area available to help alleviate the base-case voltage 

issue, reactive capability must be installed to bring the voltage down to acceptable levels. Installing an 80 

MVAR reactor bank at the Moorehead 230 kV bus will mitigate this issue. 
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7.2 SHORT-CIRCUIT PROJECTS 

7.2.1 SHORT-CIRCUIT PROJECT PORTFOLIO 

 
Figure 7.19: Short-Circuit Project portfolio 

All short-circuit projects identified in the 2020 ITP were upgrades of overdutied breakers. These upgrades 

ensure SPP’s members can meet short-circuit analysis requirements in the NERC TPL-001-4 standard. 

Short-Circuit Project Area Scenario* 

Replace three breakers at Northeast 161 kV  KCPL 22S / BR 

Replace one breaker at Stilwell 161 kV  KCPL 22S / BR 

Replace one breaker at Leeds 161 kV KCPL 22S / BR 

Replace one breaker at Shawnee Mission 161 kV  KCPL 22S / BR 

Replace one breaker at Southtown 161 kV  KCPL 22S / BR 

Replace two breakers at Lake Road 161 kV  KCPL 22S / BR 

Replace two breakers at Craig 161 kV  KCPL 22S / BR 

Replace four breakers at Anadarko 138 kV WFEC 22S / BR 

Table 7.1: Short-Circuit Projects 
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7.3 ECONOMIC PROJECTS 

7.3.1 BUTLER-TIOGA 138 KV 

 
Figure 7.20: Butler-Tioga 138 kV 

In southeast Kansas, the Butler-Altoona 138 kV line becomes congested for the loss of Caney River-Neosho 

345 kV. The Butler-Altoona 138 kV constraint was identified as a part of Target Area 1 of the 2019 ITP 

assessment but was not addressed due to concerns with the final selected project, installing a phase-shifting 

transformer (PST) at the Butler 138 kV station. This PST project was originally selected and paired with the 

Wolf Creek-Blackberry 345 kV line to address residual congestion on Butler-Altoona 138 kV. Concerns were 

raised about the long-term viability of leaving the Butler-Altoona 138 kV in-service and installing a PST to 

divert system flows, primarily due to the age and condition of the facility. As discussed in the 2019 ITP, the 

Butler-Altoona 138 kV is known for its high outage rates during periods of high wind output or storm 

conditions and is nearing the level of becoming a persistent operational need for system reconfiguration, as 

defined in the ITP manual. The congestion in the 2020 ITP increased such that addressing the Butler-Altoona 

138 kV directly was cost-beneficial to the SPP region. The preferred solution, given the benefit and the age 

and condition of the Butler-Altoona 138 kV line, is to wreck-out and rebuild a portion along existing right-of-

way between Butler and Altoona, and re-route the termination point to Tioga, with the objective of 

minimizing transmission costs. This solution will provide a stronger source to an area of larger load. 
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7.3.2 ANADARKO-GRACEMONT 138 KV REBUILD AS DOUBLE-CIRCUIT 

 
Figure 7.21: Anadarko-Gracemont 138 kV Rebuild as Double-Circuit 

In southwest Oklahoma, the Southwestern Station-Anadarko 138 kV line becomes congested for loss of the 

Anadarko-Gracemont 138 kV line. This area is impacted by west-to-east system flows and existing renewable 

generation on the 138 kV system. This area was analyzed as part of the 2019 ITP assessment and a project to 

rebuild the Anadarko-Gracemont line was selected to address congestion when the Washita-Southwestern 

Station line is out of service. The Anadarko-Gracemont and Washita-Southwestern Station lines form a 

parallel transmission path east from Washita. This area has been identified in multiple ITP assessments and 

currently experiences operational congestion. The initial solutions evaluated included upgrading the 

Southwestern Station-Anadarko line, but given that the congestion is expected to increase, further analysis 

was performed to determine if a modification of the existing NTC would be prudent to strengthen the area 

and leverage the work that will be underway. The project selected to mitigate this issue is to modify the 

existing NTC and rebuild the Anadarko-Gracemont 138 kV line as a double circuit. This modified solution will 

increase the ability of the system to facilitate west-to-east flows and protect against the single circuit 

contingency that causes additional congestion in real-time and for the foreseeable future. 
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7.3.3 RUSSETT-SOUTH BROWN 138 KV REBUILD 

 
Figure 7.22: Russett-South Brown 138 kV Rebuild 

In south-central Oklahoma, the Russett-South Brown 138 kV line becomes congested for the loss of the 

Caney Creek-Little City 138 kV line. This area is impacted by west-to-east system flows aggravated by 

existing and future renewable expansion. This flowgate was identified as a need in the 2019 ITP assessment 

but the project selected did not meet the consolidation criteria because it was identified in Future 2 and did 

not perform reasonably well in Future 1. With increasing bulk transfers in the area evaluated in the 2020 ITP 

assessment, congestion increased in both futures and a project became cost-beneficial to the region. The 

project selected to address the congestion is a rebuild of the Russett-South Brown 138 kV line, consistent 

with the top solution analyzed in the 2019 ITP. 
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7.3.4 GRDA 345/161 KV TRANSFORMERS 

 
Figure 7.23: GRDA 345/161 kV Transformers 

East of Tulsa, Oklahoma, at the GRDA plant substation, the second GRDA 345/161 kV transformer becomes 

congested for the loss of the first transformer. Both transformers are rated equally and are terminally 

limited, driving the need for the selected project to upgrade terminal equipment to increase the capacity of 

both transformers. 
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7.3.5 COLUMBUS EAST 230/115 KV TRANSFORMER 

 
Figure 7.24: Columbus East 230/115 kV Transformer 

Northwest of Omaha and Lincoln, Nebraska, the Columbus East 230/115 kV transformer becomes congested 

for the loss of the Columbus East-Shell Creek 345 kV line. This area experiences north-to-south system flows 

that are diverted with the loss of the 345 kV connection and has seen system congestion in real-time 

operations today. The project selected to address the congestion is to replace the Columbus East transformer 

in order to better utilize the HV system that feeds into Columbus, Lincoln, and Omaha, NE load centers. 
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7.3.6 FRANKS-SOUTH CROCKER-LEBANON 161 KV 

 
Figure 7.25: Franks-South Crocker-Lebanon 161 kV 

In south-central Missouri, northeast of Springfield, the Franks-Crocker 161 kV line becomes congested for 

the loss of the Huben-Franks 345 kV line. The 161 kV path parallels the 345 kV path and carries the power 

when the EHV line is out of service. The 161 kV path is terminally limited so upgrading the terminal 

equipment at the Franks, South Crocker, and Lebanon substations relieves the congestion by allowing for 

increased flows in the area. 
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7.3.7 CHISHOLM-WOODWARD/BORDER TAP 345 KV 

 
Figure 7.26: Chisholm-Woodward/Border Tap 345 kV 

In western Oklahoma, just east of the Texas border, the 345 kV system out of Gracemont to the west is built 

out but not connected. The top congested flowgate in the area is the Shamrock 115/69 kV transformer for 

the loss of the Sweetwater-Chisholm 230 kV line. The project selected for the area is to tap the Border-Tuco 

345 kV line and connect to the Chisholm 345 kV station less than a mile away. This project connects the 345 

kV radial from Gracemont to the rest of the 345 kV system and allows more bulk transfers across the east 

Texas/west Oklahoma system. The Sweetwater-Chisholm outage has also been identified as a limiting 

constraint in the assessment of resource adequacy. 

614 of 1082



7.3.8 DOVER SWITCH-OKEENE AND ASPEN-MOORELAND-PIC 138 KV 

 
Figure 7.27: Dover Switch-Okeene and Aspen-Mooreland-Pic 138 kV 

Northwest of Oklahoma City towards Woodward, the Dover-Okeene 138 kV line becomes congested for the 

loss of the Watonga-Okeene 138 kV line. The line to Watonga is a parallel 138 kV path to the south while the 

line to Dover is to the east out of the Okeene substation. This 138 kV network supports west-to-east bulk 

power transfers to bring low cost generation to the central and eastern load centers. The Dover-Okeene line 

is terminally limited, and when those limitations are eliminated, congestion increases on the 138 kV system 

to the north. The project selected to address the congestion is to upgrade terminal equipment on the Dover 

Switch-Okeene 138 kV line. To realize the benefits of increased transfers on the Dover-Okeene line, terminal 

equipment on the upstream elements of Aspen-Mooreland-Pic 138 kV must also be upgraded. 
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7.3.9 MINCO-PLEASANT VALLEY-DRAPER 345 KV 

 
Figure 7.28: Minco-Pleasant Valley-Draper 345 kV 

Several different needs were identified in and around the Oklahoma City (OKC) area. The first of two 

345/138 kV transformers at Cimarron experiences congestion for the loss of the second. Just south of the 

Cimarron station, the Czech Hall-Cimarron 138 kV line, which feeds the west side of the city, experiences 

congestion for the loss of the Cimarron-Draper 345 kV line. The Skyline-Quail Creek 138 kV line to the north 

of the city experiences congestion for the loss of the Northwest-Arcadia 345 kV line. These issues show the 

impact of west-to-east power flows across the EHV loop around OKC as well as the need for additional 

sources into OKC to serve local load.  

Multiple solutions to address congestion in the area were analyzed, from new EHV on both the north and 

south sides of OKC, to HV solutions attempting to address the congestion directly. The project selected is:  

 A new Minco-Pleasant Valley-Draper 345 kV line on the south side of OKC; 

 A tie-in of the existing Cimarron-Draper 345 kV line to the Pleasant Valley substation; 

 Terminal upgrades at Cimarron and Draper to increase the line rating to a 3.000 amp 

standard that the new facilities will be built at; and 

 Terminal upgrades on the Midwest-Franklin 138 kV line to address downstream congestion 

on the HV system that exists today. 
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7.3.10 SPLIT ROCK 345/115 KV TRANSFORMERS 

 
Figure 7.29: Split Rock 345/115 kV Transformers 

On the northeast side of Sioux Falls, South Dakota, the Split Rock substation helps to serve as a transmission 

hub for power transfers, mostly in support of north-to-south flows. The first Split Rock 345/115 kV 

transformer becomes congested for the loss of the second. This issue was also analyzed in the CSP study with 

MISO but did not produce a solution beneficial to both regions because SPP generation is largely 

redispatching to resolve the congestion. These transformers are terminally limited and by upgrading this 

equipment, the SPP region still sees benefit even though this facility is not under the SPP tariff, but rather a 

Northern States Power facility in MISO. The selected solution is to upgrade terminal equipment on both Split 

Rock 345/115 kV transformers. 

An upgrade of a Non-SPP facility in MISO would require additional coordination with Northern States Power 
(NSPP) and MISO, and a FERC filing to support SPP regional highway/byway cost allocation. The project 
benefits are primarily driven by Future 2 and marginally passed consolidation by including a small amount 
of real-time operational congestion. Additionally, there are stakeholder concerns around the benefits and 
staff concerns that the upgrade may reflect the need for a generator outlet facility for a MISO-projected 
resource and siting plan assumed in Future 2. 
 
For these reasons, there is not strong enough justification for SPP to pursue this upgrade at this time and is 
recommending to defer addressing this system limit to future ITP/CSP cycles. 
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7.3.11 OAHE-SULLY BUTTES-WHITLOCK 230 KV 

 
Figure 7.30: Oahe-Sully Buttes-Whitlock 230 kV 

To the north of Pierre, South Dakota, multiple transmission paths help to serve load centers to the north 

towards Bismarck, North Dakota. The Oahe-Sully Buttes 230 kV line becomes congested for the loss of the 

Fort Thompson-Leland Olds 345 kV line. The 230 kV segments from Oahe moving north are all terminally 

limited. Solutions were tested to determine the number of segments that would need to be upgraded to 

relieve congestion in a cost-beneficial manner on the full 230 kV path to the north. The optimal solution was 

to replace terminal equipment and increase line clearances for the Oahe-Sully Buttes-Whitlock 230 kV lines. 

However, estimated cost did not include additional expenses for transmission line clearance mitigations 

which, when considered, do not make this project cost beneficial enough to receive an NTC at this time. SPP 

recommends that this project be reconsidered in future ITP cycles. 
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7.3.12 MALJAMAR 115 KV CAPACITOR BANK 

 
Figure 7.31: Maljamar 115 kV Capacitor Bank 

West of Hobbs near the community of Maljamar, New Mexico, the Maljamar 115 kV bus experiences both 

base-case low voltage and low voltage for the loss of the PCA-Big Eddy 115 kV line. These low voltages are 

present only in the long-term summer peaks of the market powerflow models. The Maljamar bus serves load 

at the end of a radial feed, making it susceptible to lower voltages. The PCA-Big Eddy 115 kV line is a 

connector to the 230 kV bus at Potash Junction, which causes the Maljamar 115 kV bus to lose voltage 

support once the contingency occurs. Adding a capacitor capable of producing 14.4 MVAR at the Maljamar 

115 kV bus will mitigate this issue. 

619 of 1082



7.3.13 RUSSELL 115 KV CAPACITOR BANK 

 
Figure 7.32: Russell 115 kV Capacitor Bank 

West of Salina near the town of Russell, Kansas, the Russell substation experiences low voltage for the loss of 

the Ellsworth Tap-Russell 115 kV transmission line. Upon contingency, the Russell load is fed at the end of a 

long radial 115 kV line, which causes voltage drop below criteria when load is high in the summer in the 

market powerflow models. The project selected to mitigate this issue is to add a 24 MVAR capacitor at the 

Russell substation to bring the voltage back up to acceptable levels. 
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7.3.14 AGATE 115 KV REACTOR 

 
Figure 7.33: Agate 138 kV Reactor 

Northwest of Grand Forks, near the town of Rolla, North Dakota, light-load conditions in the market 

powerflow models cause the 69 kV system to experience base-case high voltages coming off the 115/69 kV 

transformers at Agate and Leeds. Tap adjustments on the Agate 115/69 kV transformer shift the over-

voltage to the high side of the transformer, making this an infeasible mitigation. With no other reactive 

resources in the area to bring down the over-voltage condition, reactive consumption needs to be installed 

near the 69 kV loads in this region. The project selected to mitigate this issue is to add a 12 MVAR reactor at 

the Agate 115 kV bus. 

621 of 1082



7.3.15 DEVIL’S LAKE 115 KV REACTOR 

 
Figure 7.34: Devil's Lake 115 kV Reactor 

West of Grand Forks, near the town of Devil’s Lake, North Dakota, the 115 kV bus at Devil’s Lake and 

surrounding area experiences high base-case voltages during light-load conditions in the market powerflow 

models. Without any reactive consumption devices or tap changing transformers nearby, no reactive 

adjustments are available to bring the voltage back to acceptable levels. The project selected to mitigate this 

issue is to install a 25 MVAR capable reactor bank at the Devil’s Lake 115 kV substation. 

7.4 POLICY PROJECTS 

No policy projects are required for the 2020 ITP assessment. 
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8 INFORMATIONAL PORTFOLIO ANALYSIS 

8.1 BENEFITS  

8.1.1 METHODOLOGY 

Benefit metrics were used to measure the value and economic impacts of the final portfolio. The Benefit 

Metrics Manual27 provides the definitions, concepts, calculations, and allocation methodologies for all 

approved metrics. The ESWG directed that the 2020 ITP B/C ratios be calculated for the final portfolio using 

the Future 1 and Future 2 models. The benefit analysis is performed on all reliability and economic projects 

in the final portfolio shown in Table 9.1 (regardless of NTC recommendation). The benefit structure shown 

in Table 8.1 illustrates the metrics calculated as the incremental benefit of the projects included in the 

portfolios. 

Metric Description 

APC Savings 

Savings Due to Lower Ancillary Service Needs and Production Costs 

Avoided or Delayed Reliability Projects 

Marginal Energy Losses 

Capacity Cost Savings Due to Reduced On-Peak Transmission Losses 

Reduction of Emissions Rates and Values 

Public Policy Benefits 

Assumed Benefit of Mandated Reliability Projects 

Mitigation of Transmission Outage Costs 

Increased Wheeling Through and Out Revenues 

Table 8.1: Benefit Metrics 

8.1.2 APC SAVINGS 

APC captures the monetary cost associated with fuel prices, run times, grid congestion, unit operating costs, 

energy purchases, energy sales and other factors that directly relate to energy production by generating 

resources in the SPP footprint. Additional transmission projects aim to relieve system congestion and reduce 

27 Benefit Metrics Manual 
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costs through a combination of a more economical generation dispatch, more economical purchases and 

optimal revenue from sales. 

To calculate benefits over the expected 40-year life of the projects28, two years were analyzed, 2025 and 

2030. APC savings were calculated accordingly for these years. The benefits are extrapolated to the fifteenth 

year based on the slope between the two points. After that, they are assumed to grow at an inflation rate of 

2.5 percent per year. Each year’s benefit was then discounted to 2025 using an eight percent discount rate, 

and a 2.5 percent inflation rate from 2025 back to 2020. The sum of all discounted benefits was presented as 

the NPV benefit. This calculation was performed for every zone. 

Figure 8.1 shows the regional APC savings for the recommended portfolio over 40 years. 

 
Figure 8.1: Regional APC Savings for the 40-Year Study Period 

Table 8.2 provides the zonal breakdown and the NPV estimates. Future 2 has higher congestion compared to 
Future 1. Therefore, the projects in the recommended portfolio provide more congestion relief in Future 2 
than in Future 1, resulting in larger APC savings. 
 

28 The SPP OATT requires that the portfolio be evaluated using a 40-year financial analysis. 

$0

$100

$200

$300

$400

$500

$600

2025 2030 2035 2040 2045 2050 2055 2060

N
o

m
in

al
 $

M
/y

r

Regional APC Savings over 40 Years

Future 1 Future 2

624 of 1082



Zone 

Reference Case (Future 1) Emerging Technologies (Future 2) 

2025 ($M) 2030 ($M) 

40-yr NPV 

($2020M) 2025 ($M) 2030 ($M) 

40-yr NPV 

($2020M) 

AEPW $9.2 $22.4 $350.0 $15.9 $37.7 $587.8 

EMDE $5.2 $3.7 $39.4 $8.3 $5.1 $50.2 

GMO $0.2 $1.2 $20.5 $1.8 $3.7 $56.7 

GRDA $8.7 $12.9 $186.3 $6.9 $10.5 $152.3 

KCBPU  ($0.1) $0.6 $11.5 $0.0 $2.1 $37.5 

KCPL $1.9 $3.8 $57.2 ($0.3) $1.6 $30.4 

LES $0.2 $0.3 $4.2 $0.3 $1.6 $26.2 

MIDW ($1.1) ($1.5) ($20.7) ($1.2) ($1.3) ($16.8) 

NPPD $0.2 $0.7 $12.1 ($0.1) $0.9 $16.8 

OKGE $31.4 $57.0 $854.4 $33.5 $64.7 $979.5 

OPPD $0.3 ($0.4) ($8.0) $0.8 $1.4 $21.0 

SPRM $1.1 $0.7 $5.9 $1.1 $0.4 $2.0 

SPS ($0.4) ($0.1) $0.7 $9.4 $2.0 ($11.7) 

SUNC ($3.5) ($4.8) ($67.1) ($3.4) ($3.9) ($52.2) 

SWPA $0.3 $0.7 $11.6 $1.6 $2.4 $34.2 

UMZ $5.8 $9.2 $134.1 $9.6 $23.1 $361.1 

WERE $4.6 $6.0 $83.1 $4.7 $4.6 $58.3 

WFEC $7.0 $11.3 $165.4 $9.3 $16.6 $248.0 

TOTAL: $71.2  $123.8  $1,840.4  $98.4  $173.3  $2,581.3  

Table 8.2: APC Savings by Zone 

 
Table 8.3 provides the zonal breakdown and the NPV estimates for the SPP “other” zone. This zone includes 

merchant generation (without contractual arrangements with load-serving entities) and additional 

renewable resource plan wind resources. The calculation for this zone is 100 percent production cost minus 

sales to other zones (revenue).  

  Reference Case (F1) Emerging Technologies (F2) 

Zone 

2025 

($M) 

2030 

($M) 

40-yr NPV 

($2020M) 

2025 

($M) 

2030 

($M) 

40-yr NPV 

($2020M) 

OTHSPP $38.8  $85.3  $1,317.2  $54.8  $69.6  $960.9  

Table 8.3: Other SPP APC Benefit 

8.1.3 REDUCTION OF EMISSION RATES AND VALUES 

Additional transmission may result in a lower fossil-fuel burn (for example, less coal-intensive generation), 

resulting in less SO2, NOX, and CO2 emissions. Such a reduction in emissions is a benefit that is already 
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monetized through the APC savings metric, based on the assumed allowance prices for these effluents. Note 

that neither ITP future assumes any allowance prices for CO2. 

8.1.4 SAVINGS DUE TO LOWER ANCILLARY SERVICE NEEDS AND PRODUCTION COSTS 

Ancillary services, such as spinning reserves, ramping (up/down), regulation, and 10-minute quick start are 

essential for the reliable operation of the electrical system. Additional transmission can decrease the 

ancillary services costs by: (a) reducing the ancillary services quantity needed, or (b) reducing the 

procurement costs for that quantity. 

The ancillary services needs in SPP are determined according to SPP’s market protocols and do not change 

based on transmission. Therefore, the savings associated with the “quantity” effect are assumed to be zero. 

The costs of providing ancillary services are captured in the APC metric. The production cost simulations set 

aside fixed levels of resources to provide regulation and spinning reserves. As a result, the benefits related to 

“procurement cost” effect are already included as a part of the APC savings presented in this report. 

8.1.5 AVOIDED OR DELAYED RELIABILITY PROJECTS 

Potential reliability needs are reviewed to determine if the upgrades proposed for economic or policy 

reasons defer or replace any reliability upgrades. The avoided or delayed reliability project benefit 

represents the costs associated with these additional reliability upgrades that would otherwise have to be 

pursued.  

To calculate the avoided or delayed reliability projects benefit for the recommended portfolio, the ability for 

economic projects to avoid or delay a base reliability project is analyzed and identified in the optimization 

milestone. No overlap was identified; therefore, no avoided or delayed reliability projects were identified, 

and the associated benefits are estimated to be zero.  

8.1.6 CAPACITY COST SAVINGS DUE TO REDUCED ON-PEAK TRANSMISSION LOSSES 

Transmission line losses result from the interaction of line materials with the energy flowing over the line. 

This constitutes an inefficiency inherent to all standard conductors. Line losses across the SPP system are 

directly related to system impedance. Transmission projects often reduce losses during peak load conditions, 

which lowers the costs associated with additional generation capacity needed to meet the capacity 

requirements. 

The capacity cost savings for the recommended portfolio are calculated based on the on-peak losses 

estimated in the base reliability powerflow model. The loss reductions are then multiplied by 112 percent to 

estimate the reduction in installed capacity requirements. The value of capacity savings is monetized by 

applying a net cost of new entry (CONE) of $85.61/kW-yr in 2018 dollars. The net CONE value was obtained 

from Attachment AA Resource Adequacy-Attachment AA Section 14 of the tariff. The net CONE was assumed 

to grow at an inflation rate of 2.5 percent for each study year, $2M for 2025, and $2.7M for 2030. Table 8.4 

displays the associated capacity savings for each zone in each study year and the 40-year NPV. 
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Base Reliability 

Zone 2025 ($M) 2030 ($M) 

40-yr NPV 

(2020$M) 

AEPW $0.08  $0.11  $1.46  

EMDE ($0.00) ($0.00) ($0.01) 

GMO $0.00  $0.00  $0.04  

GRDA $0.00  $0.00  $0.01  

KCBPU $0.00  $0.00  ($0.00) 

KCPL $0.01  $0.00  $0.03  

LES $0.00  $0.00  $0.03  

MIDW $0.00  $0.00  $0.02  

NPPD $0.02  $0.01  $0.08  

OKGE $0.38  $0.47  $6.46  

OPPD ($0.00) ($0.00) ($0.01) 

SPRM ($0.00) ($0.00) ($0.00) 

SPS $0.73  $1.20  $17.63  

SUNC $0.01  $0.01  $0.10  

SWPA $0.04  $0.04  $0.50  

UMZ $0.38  $0.52  $7.42  

WFEC $0.11  $0.11  $1.36  

WERE $0.22  $0.25  $3.36  

Total: $2.0  $2.7  $38.5  

Table 8.4: On-Peak Loss Reduction and Associated Capacity Cost Savings 

 
8.1.7 ASSUMED BENEFIT OF MANDATED RELIABILITY PROJECTS 

This metric monetizes the benefits of reliability projects built to meet compliance requirements and mitigate 

SPP Criteria violations. The regional benefits are assumed to be equal to the 40-year NPV of ATRRs of the 

projects, totaling $217 million in 2020 dollars. 

The system reconfiguration (SR) approach to allocate zonal benefits utilizes the powerflow models to 

measure incremental flows shifted onto the existing system during an outage of the proposed reliability 

upgrade. This is used as a proxy for how much each upgrade reduces flows on the existing transmission 

facilities in each zone. Results from the production cost simulations are used to determine hourly flow 

direction on the upgrades and applied as weighting factors for the powerflow results.  
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Table 8.5 summarize the SR analysis results, load-ratio shares (LRS), and the benefit allocation factors for 

different voltage levels. The table shows the overall zonal benefits calculated by applying these allocation 

factors. 

Mandated Reliability Benefits 

Base Reliability and Short-Circuit  

< 100 kV 100-300 kV > 300 kV All Projects 

SPP-

wide 

Benefit 

$22.86 $130 $64 $217 

Zone 

100% 67% 33% Wtd.  

Avg 

33% 67% Wtd.  

Avg Allocation 

Benefit  

2020$M SR SR LRS SR LRS 

AEPW 6.8% 10.4% 20.3% 13.7% 0.5% 20.3% 13.7% 13.0% $28.1  

EMDE 3.2% 1.5% 2.3% 1.8% 0.6% 2.3% 1.7% 1.9% $4.2  

GMO 2.9% 7.2% 3.7% 6.1% 24.9% 3.7% 10.8% 7.1% $15.5  

GRDA 1.1% 0.6% 1.6% 1.0% 0.4% 1.6% 1.2% 1.1% $2.3  

KCBPU 0.1% 1.9% 0.9% 1.5% 0.2% 0.9% 0.7% 1.1% $2.5  

KCPL 4.5% 7.0% 7.4% 7.2% 20.5% 7.4% 11.8% 8.2% $17.9  

LES 0.3% 0.2% 1.4% 0.6% 17.0% 1.4% 6.6% 2.4% $5.1  

MIDW 4.9% 2.8% 0.7% 2.1% 0.3% 0.7% 0.6% 2.0% $4.3  

NPPD 6.9% 4.0% 6.0% 4.7% 7.4% 6.0% 6.5% 5.4% $11.8  

OKGE 17.3% 13.0% 12.9% 13.0% 1.3% 12.9% 9.1% 12.3% $26.7  

OPPD 4.0% 2.5% 4.6% 3.2% 0.4% 4.6% 3.2% 3.3% $7.1  

SPRM 4.6% 3.2% 2.1% 2.9% 0.0% 2.1% 1.4% 2.6% $5.7  

SPS 3.2% 2.8% 0.7% 2.1% 0.3% 0.7% 0.6% 1.8% $3.9  

SUNC 7.3% 1.2% 1.3% 1.3% 0.3% 1.3% 1.0% 1.8% $3.9  

SWPA 23.2% 29.3% 11.4% 23.3% 23.0% 11.4% 15.3% 20.9% $45.4  

UMZ 4.4% 2.7% 9.4% 4.9% 0.0% 9.4% 6.3% 5.3% $11.5  

WERE 3.5% 5.3% 9.8% 6.8% 2.9% 9.8% 7.5% 6.7% $14.5  

WFEC 1.7% 4.1% 3.2% 3.8% 0.2% 3.2% 2.2% 3.1% $6.8  

Total: 100.0% 100.0% 100.0% 100.0% 100.0% 100.0% 100.0% 100.0% $216.9  

Table 8.5: Mandated Reliability Benefits 

 
8.1.8 BENEFIT FROM MEETING PUBLIC POLICY GOALS 

This metric represents the economic benefit provided by the transmission upgrades for facilitating public 

policy goals. In this study, the scope is limited to meeting public policy goals related to renewable energy. 

System-wide benefits are assumed to be equal to the cost of policy projects.  

Since no policy projects were identified as a part of the recommended portfolio, the associated benefits are 

assumed to be zero. 
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8.1.9 MITIGATION OF TRANSMISSION OUTAGE COSTS 

The standard production cost simulations used to estimate APC savings assume that transmission lines and 

facilities are available during all hours of the year, ignoring the added congestion-relief and production cost 

benefits of new transmission facilities during the planned and unplanned outages of existing transmission 

facilities. 

To estimate the incremental savings associated with the mitigation of transmission outage costs, the 

production cost simulations can be augmented for a realistic level of transmission outages. Due to the 

significant effort needed to develop these augmented models for each case, the findings from the RCAR II 

study were used to calculate this benefit metric for the consolidated portfolio as a part of this ITP 

assessment.  

In the RCAR analysis, adding a subset of historical transmission outage events to the production cost 

simulations increased the APC savings by 11.3 percent.29  Applying this ratio to the APC savings estimated for 

the recommended portfolio translates to a 40-year NPV benefit of $1,840 million for Future 1 and $2,581 

million for Future 2 in 2020 dollars. These benefits are allocated to zones based upon their LRS within the 

region. Table 8.6 shows the outage mitigation benefits allocated to each SPP zone. 

Zone 

Future 1 Future 2 

(2020$M) (2020$M) 

AEPW $43.2  $59.9  

EMDE $4.9  $6.8  

GMO $7.9  $11.0  

GRDA $3.5  $4.9  

KCBPU  $1.9  $2.7  

KCPL $15.8  $21.9  

LES $3.0  $4.2  

MIDW $1.6  $2.2  

NPPD $12.7  $17.6  

OKGE $27.5  $38.2  

OPPD $9.7  $13.5  

SPRM $2.8  $3.9  

SPS $24.3  $33.7  

SUNC $4.6  $6.3  

SWPA $1.5  $2.1  

29  SPP Regional Cost Allocation Review Report, October 8, 2013 (pp. 36-37) 
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Zone 

Future 1 Future 2 

(2020$M) (2020$M) 

UMZ $20.0  $27.8  

WERE $20.8  $28.9  

WFEC $6.9  $9.6  

Total:  $212.7  295.0  

Table 8.6: Transmission Outage Cost Mitigation Benefits by Zone 

8.1.10 INCREASED WHEELING THROUGH AND OUT REVENUES 

Increasing available transfer capacity (ATC) with a neighboring region improves import and export 

opportunities for the SPP footprint. Increased interregional transmission capacity that allows for increased 

through and out transactions will also increase SPP wheeling revenues. 

To estimate how increased ATC could affect the wheeling services sold, the historical long-term firm 

transmission service request (TSR) allowed by the historical NTC projects are analyzed and compared 

against the ATC increase in the 2014 powerflow models estimated based on a First-Contingency Incremental 

Transfer Capability (FCITC) analysis. As summarized in Table 8.7, the NTC projects that have been put in-

service under SPP’s highway/byway cost allocation methodology enabled 13 long-term TSRs to be sold 

between 2010 and 2014. The TSRs remain active for 2020. The amount of capacity granted for these TSRs 

add up to 1,402 MW. The associated wheeling revenues are estimated to be $50.4 million annually based on 

current SPP tariff rates. The results of the FCITC analysis are summarized in Table 8.8. The export ATC 

increase in the 2014 powerflow models is calculated to be 1,142 MW, which is comparable to the amount of 

firm capacity granted for the incremental TSRs sold historically for 2020.  

Point of 

Delivery 

Number of 

Firm PtP 

Service 

Requests 

MW 

Capacity 

Granted 

2014 Wheeling Revenues in $million 

Sch 7 

Zonal 

Sch 11 

Reg-Wide 

Sch 11  

Thru & 

Out Zonal TOTAL 

AECI 6 716 $8.3 $11.8 $5.4 $25.6 

KACY 1 100 $1.4 $1.7 $0.8 $3.9 

Entergy 6 586 $6.8 $9.7 $4.4 $20.9 

Total: 13 1,402 $16.5 $23.2 $10.6 $50.4 

Table 8.7: Estimated Wheeling Revenues from Incremental Long-Term TSRs Sold (2010-2014) 
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Export ATC in 2014 Base Case 1,630 MW 

Export ATC in 2014 Change Case 2,943 MW 

Increase in Export ATC due to NTCs 1,313 MW 

Incremental TSRs Sold due to NTCs 1,402 MW 

TSRs Sold as a Percent of Increase in Export ATC 107% 

Table 8.8: Historical Ratio of TSRs Sold against Increase in Export ATC 

The 2025 and 2030 base reliability powerflow models were utilized for the FCITC analysis on the final 

consolidated portfolio. The ratio of TSRs sold as a percent of increase in export ATC is capped at 100 percent, 

as incremental TSR sales would not be expected to exceed the amount of increase in export ATC. The 

recommended portfolio increased the export ATC by 104 MW in 2025 and 234 MW in 2030. Applying the 

historical ratio suggests the recommended portfolio could enable incremental TSRs by the same amount, 

generating additional wheeling revenues of $5-12 million annually.  

The 40-year NPV of benefits is estimated to be $226 million. These benefits are allocated based on the 

current revenue sharing method in the tariff. Figure 8.2 shows the distribution of wheeling revenue benefits 

in each SPP zone. 

 
Figure 8.2: Increased Wheeling Revenue Benefits by Zone (40-year NPV) 

8.1.11 MARGINAL ENERGY LOSSES BENEFIT 

The standard production cost simulations used to estimate APC do not reflect the impact of transmission 

upgrades on the MWh quantity of transmission losses. To make run-times more manageable, the load in the 

production cost simulations is “grossed up” for average transmission losses for each zone. These loss 

assumptions do not change with additional transmission. Therefore, the traditional APC metric does not 

capture the benefits from reduced MWh quantity of losses. 
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APC savings due to such energy loss reductions can be estimated by post-processing the marginal loss 

component (MLC) of the LMPs from simulation results and applying a methodology30 for marginal energy 

losses, which accounts for losses on generation and market imports. The 40-year NPV of benefits is 

estimated to be $10.97 million in Future 1 and $14.7 million in Future 2, as shown in Table 8.9. 

    Reference Case  (F1) Emerging Technologies (F2) 

Zone 
2025 

($M) 

2030 

($M) 

40-yr NPV  

(2020$M) 

2025 

($M) 

2030 

($M) 

40-yr NPV  

(2020$M) 

AEPW ($0.09) ($1.3) ($22.6) ($1.16) ($1.19) ($15.37) 

EMDE ($0.2) ($0.3) ($4.3) ($0.30) $0.01 $1.73 

GMO $0.34 $0.4 $5.9 $0.71 $0.22 $0.30 

GRDA ($0.3) ($0.5) ($7.3) ($0.30) ($0.27) ($3.37) 

KCBPU  $0.27 $0.4 $5.2 ($0.33) $0.14 $4.15 

KCPL $0.4 $0.5 $7.3 $0.25 $0.09 $0.30 

LES $0.03 $0.2 $2.7 $0.02 $0.07 $1.12 

MIDW ($0.0) ($0.1) ($1.1) ($0.02) ($0.02) ($0.34) 

NPPD $0.06 $0.5 $7.9 $0.22 $0.23 $2.95 

OKGE ($0.2) ($1.2) ($19.8) $0.44 $0.14 $0.31 

OPPD $0.15 $1.4 $23.5 $0.31 $0.18 $1.61 

SPRM $0.0 $0.1 $2.0 $0.24 $0.25 $3.19 

SPS $1.91 $2.0 $25.8 $1.61 $2.07 $28.69 

SUNC $0.1 $0.1 $1.8 $0.18 $0.02 ($0.59) 

SWPA ($0.03) ($0.0) ($0.3) ($0.03) $0.06 $1.26 

UMZ $0.2 $0.1 $1.3 $0.21 ($0.73) ($14.04) 

WERE $0.64 ($0.1) ($4.4) ($0.03) ($0.23) ($3.92) 

WFEC $0.2 ($0.6) ($12.5) ($4.93) ($0.99) $6.76 

Total: $3.56 $1.61 $10.97 ($2.89) $0.03 $14.75 
Table 8.9: Energy Losses Benefit by Zone 

8.1.12 SUMMARY 

Table 8.10 through Table 8.13 summarize the 40-year NPV of the estimated benefit metrics and costs and the 
resulting B/C ratios for each SPP zone.  

For the region, the B/C ratio is estimated to be 4.0 in Future 1 and 5.2 in Future 2. The higher B/C ratio in 
Future 2 is driven by the APC savings due to higher congestion relief. 

30 As described in the Benefit Metric Manual 
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Reference Case (Future 1) 

Present Value of 40-yr Benefits for the 2025-2065 Period (in 2020$M) Present Est. 

Zone 

APC 

Savings 

Avoided or 

Delayed 

Reliability 

Projects 

Capacity 

Savings from 

Reduced On-

peak Losses 

Assumed 

Benefit of 

Mandated 

Reliability 

Projects 

Benefit from 

Meeting 

Public Policy 

Goals 

Mitigation 

of Trans-

mission 

Outage 

Costs 

Increased 

Wheeling 

Through 

and Out 

Revenues 

Marginal 

Energy 

Losses 

Benefits 

Total 

Benefits 

Value of 

40-yr 

ATRRs 

(in 

2020$M) 

Benefit/ 

Cost 

Ratio 

AEPW $350 $0 $1 $28 $0 $43 $23 ($23) $423 $93 4.6 

EMDE $39 $0 ($0) $4 $0 $5 $2 ($4) $46 $8 5.5 

GMO $20 $0 $0 $15 $0 $8 $4 $6 $53 $13 4.0 

GRDA $186 $0 $0 $2 $0 $4 $2 ($7) $187 $7 27.1 

KCBPU $12 $0 ($0) $3 $0 $2 $0 $5 $22 $3 6.6 

KCPL $57 $0 $0 $18 $0 $16 $8 $7 $106 $32 3.3 

LES $4 $0 $0 $5 $0 $3 $1 $3 $16 $5 3.2 

MIDW ($21) $0 $0 $4 $0 $2 $1 ($1) ($15) $3 (5.8) 

NPPD $12 $0 $0 $12 $0 $13 $6 $8 $51 $25 2.0 

OKGE $854 $0 $6 $27 $0 $28 $12 ($20) $907 $61 14.9 

OPPD ($8) $0 ($0) $7 $0 $10 $4 $23 $36 $16 2.2 

SPRM $6 $0 ($0) $6 $0 $3 $2 $2 $18 $5 3.9 

SPS $1 $0 $1 $4 $0 $24 $18 $26 $73 $92 0.8 

SUNC ($67) $0 $0 $4 $0 $5 $2 $2 ($55) $11 (4.9) 

SWPA $12 $0 $18 $45 $0 $2 $1 ($0) $77 $3 27.9 

UMZ $134 $0 $7 $11 $0 $20 $16 $1 $190 $65 2.9 

WERE $83 $0 $1 $14 $0 $21 $30 ($4) $145 $159 0.9 

WFEC $165 $0 $3 $7 $0 $7 $5 ($12) $175 $31 5.6 

Total: $1,840 $0 $38 $217 $0 $213 $137 $11 $2,456 $634 3.9 

Table 8.10: Estimated 40-year NPV of Benefit Metrics and Costs-Zonal  
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Emerging Technologies (Future 2) 

Present Value of 40-yr Benefits for the 2025-2065 Period (in 2020$M) Present Est. 

Zone 

APC 

Savings 

Avoided 

or Delayed 

Reliability 

Projects 

Capacity 

Savings from 

Reduced On-

peak Losses 

Assumed 

Benefit of 

Mandated 

Reliability 

Projects 

Benefit from 

Meeting 

Public Policy 

Goals 

Mitigation 

of Trans-

mission 

Outage 

Costs 

Increased 

Wheeling 

Through 

and Out 

Revenues 

Marginal 

Energy 

Losses 

Benefits 

Total 

Benefits 

Value of 

40-yr 

ATRRs 

(in 

2020$M) 

Benefit/ 

Cost 

Ratio 

AEPW $588  $0 $1  $28  $0 $60  $23  ($15) $685  $93  7.4  

EMDE $50  $0 ($0) $4  $0 $7  $2  $2  $65  $8  7.8  

GMO $57  $0 $0  $15  $0 $11  $4  $0  $87  $13  6.5  

GRDA $152  $0 $0  $2  $0 $5  $2  ($3) $158  $7  22.9  

KCBPU $38  $0 ($0) $3  $0 $3  $0  $4  $47  $3  14.4  

KCPL $30  $0 $0  $18  $0 $22  $8  $0  $78  $32  2.4  

LES $26  $0 $0  $5  $0 $4  $1  $1  $38  $5  7.4  

MIDW ($17) $0 $0  $4  $0 $2  $1  ($0) ($10) $3  (3.8) 

NPPD $17  $0 $0  $12  $0 $18  $6  $3  $55  $25  2.2  

OKGE $980  $0 $6  $27  $0 $38  $12  $0  $1,063  $61  17.4  

OPPD $21  $0 ($0) $7  $0 $13  $4  $2  $47  $16  2.9  

SPRM $2  $0 ($0) $6  $0 $4  $2  $3  $17  $5  3.5  

SPS ($12) $0 $1  $4  $0 $34  $18  $29  $73  $92  0.8  

SUNC ($52) $0 $0  $4  $0 $6  $2  ($1) ($41) $11  (3.7) 

SWPA $34  $0 $18  $45  $0 $2  $1  $1  $102  $3  36.9  

UMZ $361  $0 $7  $11  $0 $28  $16  ($14) $410  $65  6.3  

WERE $58  $0 $1  $14  $0 $29  $30  ($4) $129  $159  0.8  

WFEC $248  $0 $3  $7  $0 $10  $5  $7  $280  $31  8.9  

Total: $2,581  $0 $38  $217  $0 $295  $137  $15  $3,283  $634  5.2  

Table 8.11: Estimated 40-year NPV of Benefit Metrics and Costs-Zonal 
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Reference Case (Future 1)31 

Present Value of 40-yr Benefits for the 2025-2065 Period (in 2020$M) Present Est. 

States 

APC 

Savings 

Avoided or 

Delayed 

Reliability 

Projects 

Capacity 

Savings 

from 

Reduced 

On-peak 

Losses 

Assumed 

Benefit of 

Mandated 

Reliability 

Projects 

Benefit 

from 

Meeting 

Public 

Policy 

Goals 

Mitigation 

of Trans-

mission 

Outage 

Costs 

Increased 

Wheeling 

Through 

and Out 

Revenues 

Marginal 

Energy 

Losses 

Benefits 

Total 

Benefits 

Value of 

40-yr 

ATRRs 

(in 

2020$M) 

Benefit/ 

Cost 

Ratio 

Arkansas $85  $0  $0  $12  $0  $13  $6  ($3) $114  $26  4.5 

Iowa $28  $0  $0  $0  $0  $1  $0  ($1) $28  $1  21.4 

Kansas $83  $0  $26  $75  $0  $59  $41  $41  $324 $185  1.7 

Louisiana $51  $0  $0  $4  $0  $6  $3  ($3) $62  $14  4.6 

Minnesota $5  $0  $0  $0  $0  $0  $0  ($0) $5  $0  27.1 

Missouri $923  $0  $7  $62  $0  $56  $26  $7  $1,079  $115  9.4 

Montana $3  $0  $0  $0  $0  $0  $0  ($0) $3  $0  27.1 

Oklahoma $193  $0  $1  $27  $0  $34  $17  ($6) $267  $70  3.8 

Nebraska $266  $0  $5  $24  $0  $30  $36  ($12) $348  $194  1.8 

New Mexico ($7) $0  $0  $2  $0  $1  $0  ($0) ($5) $1  (5.8) 

North 

Dakota 
$83  $0  $0  $1  $0  $2  $1  ($3) $83  $3  27.1 

South 

Dakota 
$60  $0  $0  $1  $0  $1  $1  ($2) $60  $2  27.0 

Texas $67  $0  $0  $9  $0  $11  $6  ($6) $88  $23  3.8 

Wyoming $1  $0  $0  $0  $0  $0  $0  ($0) $1  $0  27.1 

Total: $1,840  $0  $38  $217  $0  $213  $137  $11 $2,456  $634 3.9 

Table 8.12: Estimated 40-year NPV of Benefit Metrics and Costs-State 

 

31 State level numbers are representative of load and generation in the SPP region, not the entire state. 
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Emerging Technologies (Future 2)32 

Present Value of 40-yr Benefits for the 2025-2065 Period (in 2020$M) Present Est. 

States 

APC 

Savings 

Avoided or 

Delayed 

Reliability 

Projects 

Capacity 

Savings 

from 

Reduced 

On-peak 

Losses 

Assumed 

Benefit of 

Mandated 

Reliability 

Projects 

Benefit 

from 

Meeting 

Public 

Policy 

Goals 

Mitigation 

of Trans-

mission 

Outage 

Costs 

Increased 

Wheeling 

Through 

and Out 

Revenues 

Marginal 

Energy 

Losses 

Benefits 

Total 

Benefits 

Value of 

40-yr 

ATRRs 

(in 

2020$M) 

Benefit/ 

Cost 

Ratio 

Arkansas $150  $0  $0  $12  $0  $18  $6  ($3) $184  $26  7.2 

Iowa $24  $0  $0  $0  $0  $1  $0  ($0) $25  $1  19.2 

Kansas $346  $0  $26  $74  $0  $81  $41  $20  $587  $185  3.2 

Louisiana $86  $0  $0  $4  $0  $9  $3  ($2) $100  $14  7.4 

Minnesota $4  $0  $0  $0  $0  $0  $0  ($0) $4  $0  22.9 

(Missouri $1,078  $0  $7  $62  $0  $78  $26  $3  $1,252  $115  10.9 

Montana $2  $0  $0  $0  $0  $0  $0  ($0) $2  $0  22.9 

Oklahoma $307  $0  $1  $27  $0  $48  $17  ($2) $398  $70  5.7 

Nebraska $347  $0  $5  $24  $0  $41  $36  $7  $460  $194  2.4 

New Mexico ($6) $0  $0  $2  $0  $1  $0  ($0) ($4) $1  (3.8) 

North Dakota $67  $0  $0  $1  $0  $2  $1  ($1) $70  $3  22.9 

South Dakota $49  $0  $0  $1  $0  $2  $1  ($1) $51  $2  22.9 

Texas $125  $0  $0  $9  $0  $15  $6  ($4) $151  $23  6.6 

Wyoming $1  $0  $0  $0  $0  $0  $0  ($0) $1  $0  22.9 

Total: $2,581  $0  $38  $217  $0  $295  $137  $15  $3,283 $634 5.2 

Table 8.13: Estimated 40-year NPV of Benefit Metrics and Costs-State 

32 State level numbers are representative of load and generation in the SPP region, not the entire state. 
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8.2 RATE IMPACTS 

The rate impact to an average retail residential ratepayer in SPP was computed for the recommended 

portfolio. Rate impact costs and benefits33 are allocated to the average retail residential ratepayer based 

on an estimated residential consumption of 1,000 kWh per month. Benefits and costs for the 2030 study 

year were used to calculate rate impacts. All 2030 benefits and costs are shown in 2020 dollars, 

discounting at a 2.5 percent inflation rate.  

The retail residential rate impact benefit is subtracted from the retail residential rate impact cost to 

obtain a net rate impact cost by zone. If the net rate impact cost is negative, it indicates a net benefit to the 

zone. The rate impact costs and benefits are shown in Table 8.14 through Table 8.17. There is a monthly 

net benefit for the average SPP residential ratepayer of 16 cents for Future 1. There is a monthly net 

benefit for the average SPP residential ratepayer of 30 cents for Future 2. 

Zone 

One-Year 

ATRR 

Costs 

2030 

($thousands) 

One-Year 

Benefit 

2030 

($thousands) 

Rate 

Impact-

Cost 

Rate 

Impact 

Benefit 

Net Impact 

(2020$) 

AEPW $7,896 $17,468 $0.15 $0.34 ($0.19) 

EMDE $719 $2,859 $0.14 $0.56 ($0.42) 

GMO $1,156 $950 $0.12 $0.10 $0.02 

GRDA $581 $10,114 $0.06 $1.05 ($0.99) 

KCBPU $283 $496 $0.10 $0.18 ($0.08) 

KCPL $2,688 $2,940 $0.18 $0.20 ($0.02) 

LES $443 $230 $0.13 $0.07 $0.06 

MIDW $227 ($1,145) $0.10 ($0.50) $0.60 

NPPD $1,854 $577 $0.11 $0.03 $0.07 

OKGE $5,184 $44,561 $0.16 $1.33 ($1.18) 

OPPD $1,417 ($281) $0.10 ($0.02) $0.12 

SPRM $408 $509 $0.14 $0.18 ($0.04) 

SPS $7,336 ($63) $0.25 $0.00 $0.25 

SUNC $910 ($3,729) $0.14 ($0.56) $0.70 

SWPA $235 $583 $0.43 $1.07 ($0.64) 

UMZ $5,297 $7,186 $0.17 $0.23 ($0.06) 

WERE $13,179 $4,675 $0.49 $0.17 $0.31 

WFEC $2,521 $8,817 $0.16 $0.56 $0.40 

Total: $52,334 $96,748 $0.19 $0.35 ($0.16) 

Table 8.14: Future 1 2030 Retail Residential Rate Impacts by Zone (2020$) 

33 APC savings are the only benefit included in the rate impact calculations. 
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Zone 

One-Year 

ATRR Costs 

2030 

($thousands) 

One-Year 

Benefit 

2030 

($thousands) 

Rate 

Impact-

Cost 

Rate 

Impact 

Benefit 

Net Impact 

(2020$) 

AEPW $7,896 $29,423 $0.15 $0.57 ($0.42) 

EMDE $719 $4,016 $0.14 $0.79 ($0.65) 

GMO $1,156 $2,901 $0.12 $0.31 ($0.19) 

GRDA $581 $8,221 $0.06 $0.86 ($0.80) 

KCBPU $283 $1,665 $0.10 $0.60 ($0.50) 

KCPL $2,688 $1,269 $0.18 $0.09 $0.10 

LES $443 $1,230 $0.12 $0.35 ($0.22) 

MIDW $227 ($1,009) $0.10 ($0.44) $0.54 

NPPD $1,854 $732 $0.11 $0.04 $0.06 

OKGE $5,184 $50,551 $0.15 $1.51 ($1.35) 

OPPD $1,417 $1,110 $0.10 $0.08 $0.02 

SPRM $408 $327 $0.14 $0.11 $0.03 

SPS $7,336 $1,530 $0.25 $0.05 $0.20 

SUNC $910 ($3,052) $0.14 ($0.46) $0.60 

SWPA $235 $1,853 $0.43 $3.41 ($2.98) 

UMZ $5,297 $18,039 $0.17 $0.08 ($0.40) 

WERE $13,179 $3,594 $0.49 $0.13 $0.35 

WFEC $2,521 $12,985 $0.16 $0.82 $0.60 

Total: $52,334 $135,386 $0.19 $0.49 ($0.30) 

Table 8.15: Future 2 2030 Retail Residential Rate Impacts by Zone (2020$) 
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State34 

One-Year 

ATRR Costs 

2030 

($thousands) 

One-Year 

Benefit 

2030 

($thousands) 

Rate Impact-

Cost 

Rate Impact 

Benefit 

Net Impact35 

(2020$) 

Arkansas $1,972 $4,773 $0.15 $0.36 ($0.21) 

Iowa $84 $1,415 $0.06 $1.08 ($1.02) 

Kansas $18,815 $9,380 $0.17 $0.09 $0.09 

Louisiana $1,155 $2,556 $0.15 $0.34 ($0.19) 

Minnesota $16 $278 $0.06 $1.09 ($1.02) 

Missouri $8,148 $46,549 $0.14 $0.81 ($0.67) 

Montana $9 $151 $0.06 $1.09 ($1.02) 

Nebraska $8,234 $11,123 $0.20  $0.26  ($0.07) 

New Mexico $411 $338 $0.50  $0.41  $0.09 

North Dakota $257 $4,481 $0.06  $1.09  ($1.02) 

Oklahoma $10,488 $7,735  $0.39 $0.29 $0.10  

South Dakota $195 $3,276 $0.06  $1.08  ($1.01) 

Texas $2,545 $4,616 $0.19  $0.35  ($0.16) 

Wyoming $4 $77 $0.06  $1.09  ($1.02) 

Total: $52,334 $96,748 $0.19 $0.35 ($0.16) 

Table 8.16: Future 1 2030 Retail Residential Rate Impacts by State (2020$) 

34 State level numbers are representative of load and generation in the SPP region, not the entire state. 
35 State level results are based on load allocations by zone, by state. For example, 4.2 percent of Upper Missouri Zone 
(UMZ) load is in Nebraska, so 4.2 percent of UMZ benefits are attributed to Nebraska. 
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State36 

One-Year 

ATRR Costs 

2030 

($thousands) 

One-Year 

Benefit 

2030 

($thousands) 

Rate Impact-

Cost 

Rate Impact 

Benefit 

Net Impact37 

(2020$) 

Arkansas $1,972 $7,700 $0.15 $0.59 ($0.44) 

Iowa $84 $1,164 $0.06 $0.89 ($0.83) 

Kansas $18,815 $13,928 $0.17 $0.13 $0.05 

Louisiana $1,155 $4,305 $0.15 $0.57 ($0.42) 

Minnesota $16 $226 $0.06 $0.88 ($0.82) 

Missouri $8,148 $56,385 $0.14 $0.98 ($0.84) 

Montana $9 $123 $0.06 $0.88 ($0.82) 

Nebraska $8,234 $21,487 $0.20 $0.51 ($0.31) 

New Mexico $411 $1,031 $0.50 $1.26 ($0.76) 

North Dakota $257 $3,642 $0.06  $0.88 ($0.82) 

Oklahoma $10,488 $14,078 $0.39 $0.52 ($0.13) 

South Dakota $195 $2,660 $0.06 $0.88 ($0.81) 

Texas $2,545 $8,596 $0.19 $0.64 ($0.45) 

Wyoming $4 $62 $0.06 $0.88 ($0.82) 

Total: $52,334 $135,386 $0.19 $0.49 ($0.30) 

Table 8.17: Future 2 2030 Retail Residential Rate Impacts by State (2020$) 

8.3 SENSITIVITY ANALYSIS 

The recommended portfolio was tested under select sensitivities to understand the economic impacts 

associated with variations in certain model assumptions. These sensitivities were not used to develop 

transmission projects nor filter out projects, but rather to measure the flexibility of the final consolidated 

portfolio in both futures under different uncertainties. The demand and natural gas price sensitivities 

were included in the 2020 ITP Scope, however, SPP staff performed additional sensitivities to further 

explore the performance of the portfolio.  

The following sensitivities were conducted: 

 Scoped sensitivities 

 High/low natural gas price 

 High/low demand 

36 State level numbers are representative of load and generation in the SPP region, not the entire state. 
37 State level results are based on load allocations by zone, by state. For example, 4.2 percent of Upper Missouri Zone 
(UMZ) load is in Nebraska, so 4.2 percent of UMZ benefits are attributed to Nebraska. 
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 Supplemental sensitivities 

 High/low wind38 

 High/low solar 

 High/low energy storage 

 High/low unit retirements 

The consolidated portfolio was tested in both futures. The APC savings impacts of variations in the model 

inputs were calculated for the simulations. Figure 8.3 illustrates the expected range of APC savings benefit 

in comparison to the range of portfolio cost and the impacts of varying sensitivity assumptions on that 

range of benefits. The cost ranges represent the ±30 percent Study Estimate requirement. The dashed bar 

in subsequent figures represents the expected case B/C ratio for comparison to the sensitivity case B/C 

ratios. 

 
Figure 8.3: 40-Year APC Benefit and Cost Ranges 

8.3.1 PEAK DEMAND SENSITIVITY 

A single confidence interval for demand levels was developed from FERC Form No. 714. The demand 

sensitivities had a 67 percent confidence interval (1 standard deviation) in positive and negative 

directions.  

 
The change in peak demand and energy reflects the SPP regional average volatility based on historical 

data. The average deviation from the projected 2030 load forecasts developed by the MDWG and 

38 Low wind sensitivity was only assessed in Future 2. 
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reviewed by the ESWG results in a ±7.5 percent change. This change was implemented on the load at a 

company level. For companies without available data, the SPP regional average confidence interval was 

used. 

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Peak Demand (GW) 

Low 53 55 53 55 

Expected 58 59 58 59 

High 62 64 62 64 

Table 8.18: Peak Demand Sensitivity 

These high and low values were included as inputs to the base models of each future with and without the 

recommended portfolio. The results of the 40-year APC benefit for this sensitivity are reflected in Figure 

8.4. An increase in demand creates an increase in congestion on the SPP system, resulting in higher 

congestion costs for the portfolios to mitigate, thus increasing the benefit. The opposite is true for the low 

demand case, which decreases the opportunity for the portfolio to mitigate congestion.  

 
Figure 8.4: 40-Year Benefit Comparison (Peak Demand Sensitivity) 
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8.3.2 NATURAL GAS SENSITIVITY 

A single confidence interval for natural gas prices was developed from the ABB fundamental forecast. The 

natural gas sensitivity had a 95 percent confidence interval (1.96 standard deviations) in positive and 

negative directions. 

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Natural Gas (2020$) 

Low 2.72 2.95 2.72 2.95 

Expected 3.75 4.07 3.75 4.07 

High 4.79 5.19 4.79 5.19 

Table 8.19: Natural Gas Sensitivity 

A change in gas price is reflected by a corresponding change in the overall price of energy. The high 

natural gas sensitivity shows the portfolio’s ability to reduce overall energy costs by allowing for a more 

economical generation dispatch. The low natural gas sensitivity shows a reduced benefit caused by 

lessened economic opportunity of resources with similar energy costs. 

 
Figure 8.5: 40-Year Benefit Comparison (Natural Gas Sensitivity) 
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8.3.3 WIND CAPACITY SENSITIVITY 

A wind sensitivity was conducted to test the portfolio’s performance under alternative wind conditions. 

For this sensitivity, wind capacity and energy were scaled to the projected amounts shown in Table 8.20. 

For Future 1 only an increase in the wind capacity and energy was assessed due to the current growth of 

wind installation in real-time since scope development. For the high wind sensitivity, wind capacity and 

energy was added to existing and resource plan sites in the base case assumptions on a pro rata basis. For 

the low wind sensitivity, wind capacity and energy was reduced at only the resource plan sites.  

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Wind (GW) 

Low N/A N/A 25 28 

Expected 26 28 30 33 

High 34 38 38 44 

Table 8.20: Wind Capacity Sensitivity 

Testing the portfolio against increased wind showed an increase in APC benefit. This influx of additional 

energy increases congestion in the base cases, leaving more congestion to be addressed by the project 

portfolio. The increase in benefit for both portfolios confirms that additional renewables would be 

facilitated by these specific sets of projects. For the reduced wind Future 2 sensitivity, the opposite 

occurs. A reduction in wind capacity and energy reduces the benefits the portfolio can realize.  

644 of 1082



 
Figure 8.6: 40-Year Benefit Comparison (Wind Capacity Sensitivity) 

8.3.4 SOLAR CAPACITY SENSITIVITY 

Performance of the portfolio was assessed under varying solar capacity and energy assumptions. In this 

sensitivity, solar capacity and energy was scaled to the projected amounts shown in Table 8.21. 

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Solar (GW) 

Low 0 0 0 0 

Expected 4 7 5 9 

High 9 11 10 13 

Table 8.21: Solar Capacity Sensitivity 

Like the wind sensitivity, increased solar capacity and energy reduces the overall cost of energy available 

to the system. This leads to similar changes in portfolio performance as those seen in the wind sensitivity, 

except for the high solar sensitivity in Future 2. The increased solar capacity and energy is competing 
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with higher amounts of energy from wind resources with a lower cost of energy, which results in a 

negligible change due to the increase solar in Future 2. 

 
Figure 8.7: 40-Year Benefit Comparison (Solar Capacity Sensitivity) 

8.3.5 ENERGY STORAGE SENSITIVITY 

The 2020 ITP was the first study to incorporate the development of energy storage resources. To 

understand the impacts of energy storage on the portfolio a sensitivity was conducted. Energy storage 

amounts were scaled to the amounts shown in Table 8.22. 

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Energy Storage (GW) 

Low 0.0 0.0 0.0 0.0 

Expected 0.8 1.4 1.7 3.1 

High 1.5 2.7 3.3 6.1 

Table 8.22: Energy Storage Sensitivity 
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As illustrated in Figure 8.8 below, modifying the amounts of energy storage caused negligible effect on the 

benefits observed by the portfolio in an hourly simulation. More impacts would generally be expected in a 

sub-hourly simulation due to increased volatility.  

 
Figure 8.8: 40-Year Benefit Comparison (Energy Storage Sensitivity) 
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Retirement assumptions for the 2020 ITP resulted in additional capacity retirements compared to the 
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understand the effect of varying this assumption. Table 8.23 shows the change in the amount of 

retirements, in gigawatts, for the low, expected, and high retirement amounts. For the low retirement 

sensitivity, the conventional resource plan units were deactivated from the simulation and the previously 

retired units were placed back in service. The high retirements sensitivity targeted coal facilities from the 

2017 ITP10 with a lower than average capacity factor under emission restrictions, which were replaced 

by combustion turbines primarily at the same locations to maintain zonal reserve margins.  
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Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Unit Retirements (GW) 

Low 0 0 0 0 

Expected 6 11 13 17 

High 17 20 23 25 

Table 8.23: Unit Retirements Sensitivity 

All four scenarios of this sensitivity experienced increased congestion for the portfolio to address, which 

was somewhat unexpected. This can be explained by the wide range of variables as it relates to the SPP 

fleet. Locations of added/removed retirements, the large change in resource mix, and system congestion 

patterns all play a significant role in the APC of the system.  

 
Figure 8.9: 40-Year Benefit Comparison (Unit Retirements Sensitivity) 
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8.4 VOLTAGE STABILITY ASSESSMENT 

A voltage stability assessment was conducted with the recommended portfolio using Future 1 and 2 

market powerflow models to assess the transfer limit (GW) from renewables in SPP to conventional 

thermal generation in SPP, and from renewables in SPP to conventional thermal generation in external 

areas.39 The assessment was performed to determine whether the generation dispatch with the 

recommended portfolios adversely impacts system voltage stability. The assessment was intentionally 

scoped to determine how the planned system performs under high renewable dispatch, given the 

projected renewable amounts assumed for the 2020 ITP assessment. 

The planned system supports the future-specific renewable generation dispatches observed in the 

reliability hours after modeling the consolidated portfolio, reaching either minimum internal 

conventional thermal generation levels or thermal limits prior to reaching voltage stability limits. 

8.4.1 METHODOLOGY 

To determine the amount of generation transfer that could be accommodated by the planned system, 

generation in the source zone was increased and generation in the sink zone was decreased. Table 8.24 

identifies the transfer zones and boundaries. 

Transfer Zones Zone Boundaries 

SPP renewables SPP conventional thermal generation 

SPP renewables First-Tier and Second-Tier conventional thermal generation 

Table 8.24: Generation Zones 

Table 8.25 shows the transfers that were performed on the 2030 light load and 2030 summer models by 

scaling both on-line and off-line renewables from the source zone and scaling down the sink zone. Utility 

scale solar was not included in the source zone for the 2030 light for the 2029 light load model due to the 

reliability hour being identified as 4 a.m.  

39 See TWG 11/13/2018 meeting minutes and attachments for the TWG-approved 2020 ITP Voltage Stability Scope. 
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Model Source Zone Sink Zone 

2030 Light Load SPP renewables (Wind) 
SPP conventional thermal 

generation 

2030 Light Load SPP renewables (Wind) 
First-Tier and Second-Tier 

conventional thermal generation 

2030 Summer 
SPP renewables (Wind and Utility Scale 

Solar) 

First-Tier and Second-Tier 

conventional thermal generation 

2030 Summer 
SPP renewables (Wind and Utility Scale 

Solar) 

SPP conventional thermal 

generation 

Table 8.25: Transfers by Model 

Single contingencies (N-1) for all SPP branches, transformers, and ties greater than or equal to 345 kV 

were analyzed. SPP and first-tier 100 kV and above facilities were monitored for voltage and thermal 

violations. The initial condition for each model was the source zone sum of real power generation output 

(MW). The maximum source zone transfer capability was the real power maximum generation (Pmax). 

The transfers were performed on each model in 200 MW steps until voltage collapse occurred in the pre-

contingency and post-contingency (N-1, 345 kV and 500 kV facilities) conditions. Each future was 

evaluated for increasing generation transfer amounts to determine different voltage collapse points of the 

transmission system. Source and sink generation was scaled on a pro-rata basis to reach the pre-

contingency maximum power transfer limit, or the voltage stability limit (VSL). Multiple transfer limits 

were determined based on the worst N-1 contingency and independently evaluating the next worst 

contingency to determine the top five post-contingency VSL. 

8.4.2 SUMMARY 

Figure 8.2 shows a summary of the voltage stability assessment limits by future, model and transfer path. 

The table includes the transfer path, source and sink generation pre-transfer levels, critical contingency, 

post transfer level when VSL is reached, incremental transfer limit amount, and whether or not thermal 

overloads occur prior to voltage collapse. The table shows in all instances either minimum internal 

conventional thermal generation levels or when a thermal limit is reached prior to the VSL. 

 

 

Transfer 

Source 

-->Sink 

Initial 

Source 

(GW) 

Initial 

Sink 

(GW) Event 

VSL 

Source 

(GW) 

VSL 

Sink 

(GW) 

Transfer 

(GW) 

Thermal 

Overloads 

Prior to 

Voltage 

Collapse 

Future 1: 2030 Light Load 

Wind 

-->Internal 
  Reached Minimum Sink    N/A 

Wind 

-->External 

Thermal 

19.7 18.3 Blackberry-Wolf Creek 21.5 17.0 1.8 Yes 

" 19.7 18.3 Sooner-Wekiwa  21.5 17.0 1.8 Yes 
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Transfer 

Source 

-->Sink 

Initial 

Source 

(GW) 

Initial 

Sink 

(GW) Event 

VSL 

Source 

(GW) 

VSL 

Sink 

(GW) 

Transfer 

(GW) 

Thermal 

Overloads 

Prior to 

Voltage 

Collapse 

" 19.7 18.3 Terry Road-Sunnyside 21.5 17.0 1.8 Yes 

Future 1: 2030 Summer Peak 

Solar & 

Wind 

-->Internal 

21.1 28.7 Crossroad-Eddy County 26.2 23.8 5.2 Yes 

" 21.1 28.7 Holt-S3458 26.2 23.8 5.2 Yes 

Solar & 

Wind 

-->External 

21.1 72.1 Ketchem-Sibley  26.7 67.5 5.4 Yes 

" 21.1 72.1 La Cygne-Stillwell 26.6 67.5 5.4 Yes 

" 21.1 72.1 JEC-Hoyt 26.8 67.3 5.7 Yes 

Future 2: 2030 Light Load 

Wind 

-->Internal 
  Reached Minimum Sink    N/A 

Wind 

-->External 
18.8 17.9 Hugo-Sunnyside 21.0 16.1 1.8 Yes 

" 18.8 17.9 Blackberry-Wolf Creek 21.6 15.7 2.2 Yes 

" 18.8 17.9 Fort Smith-ANO 21.6 15.7 2.2 Yes 

Future 2: 2030 Summer Peak 

Solar & 

Wind 

-->Internal 

25.2 24.6 Crossroad-Eddy County 29.6 20.4 4.1 Yes 

" 25.2 24.6 Terry Road-Sunnyside 39.0 11.6 13.0 Yes 

" 25.2 24.6 Mathewson-Northwest 39.8 10.9 13.7 Yes 

Solar & 

Wind 

-->External 

25.2 70.5 Ketchem-Sibley 30.4 66.2 4.4 Yes 

" 25.2 70.5 La Cygne-Stilwell 30.6 66.0 4.5 Yes 

" 25.2 70.5 Blackberry-Wolf Creek 31.0 65.7 4.6 Yes 

Table 8.26: Post-Contingency Voltage Stability Transfer Limit Summary 

Table 8.27 shows a summary of the voltage stability assessment limits and thermal limits by future, 

model, and transfer path. The table includes the transfer path, total renewable capacity, post transfer 

level when thermal violations and VSLs are reached, and a comment summarizing either the minimum 

internal conventional thermal generation levels or when a thermal limit is reached prior to the VSL 
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Transfer 

Source-->Sink 

Total 

Renewable 

Capacity (GW) 

VSL 

Limit 

(GW) 

Thermal 

Limit 

(GW) Comment 

Future 1: 2030 Light Load 

Wind-->Internal 25.6 N/A N/A  

Wind-->External 26.9 21.5 20.2  

Future 1: 2030 Summer Peak 

Solar & Wind 

-->Internal 
33.1 26.2 23.4  

Solar & Wind 

-->External 
33.1 26.7 23.8  

Future 2: 2030 Light Load 

Wind-->Internal 30.1 N/A N/A  

Wind-->External 30.8 21.0 20.2  

Future 2: 2030 Summer Peak 

Solar & Wind 

-->Internal 
40.2 29.6 28.0  

Solar & Wind 

-->External 
41.2 30.4 28.2  

Table 8.27: Voltage Stability Results Summary 

8.4.3 CONCLUSION 

The analysis demonstrates the planned system does not reach a VSL prior to system thermal limits; 

therefore, the potential benefits attributed to the consolidated portfolio are validated. Voltage collapse 

occurs at renewable levels less than the projected renewable capacity amounts. However, thermal issues 

(i.e., causing renewable curtailments) occur prior to voltage collapse when thermal issues are captured in 

the market economic models as congestion. The APC benefit of the consolidated portfolio generally 

derives from relieving congestion on thermal issues. Voltage collapse occurs at aggregate renewable 

levels greater than what is observed in the reliability hours after modeling the consolidated portfolio. 

8.5 FINAL RELIABILITY ASSESSMENT 

8.5.1 METHODOLOGY 

Thermal and voltage violations were identified in the market powerflow portfolio rebuilt models 

following the same methods in the base reliability powerflow assessment. There were three thermal 

violations identified a result of the new market dispatch and portfolio additions, although they were 

reclassified and invalidated as reliability violations per section 4.2.5 of the ITP Manual. No additional 

voltage violations were observed and no supplementary solutions were developed to accommodate the 

market powerflow models. 

8.5.1.1 Short-Circuit Model 

A proxy automatic sequencing fault calculation (ASCC) short-circuit analysis was performed on the 2020 

ITP year-two summer maximum fault current model to find percent increases in fault currents in relation 

to the base case model on which the needs assessment was performed. All consolidated portfolio projects 

expected to alter or need zero sequence data were added to the model regardless of their in-service dates. 
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After performing this analysis, it was found that 113 of the 9,888 buses monitored experienced a 5 

percent increase in fault current. Only nine of the 113 buses appeared to exceed common breaker duty 

ratings of 20kA. The subsequent short-circuit analysis performed next cycle will confirm whether or not 

the duty ratings are exceeded given the latest modeling assumptions.  

8.5.2 SUMMARY 

8.5.2.1 Base Reliability Models 

The resulting thermal and voltage violations were solved or marked invalid through methods such as 

reactive device setting adjustments, model updates, identification of invalid contingencies, non-load-

serving buses, and facilities not under SPP’s functional control. Additional rebuilds were identified as 

needed for portfolio inclusion based on downstream overloads resulting from rebuilds already selected in 

the proposed portfolio. Due to the fact that these sections of the Deaf Smith 115kV corridor were not up 

to minimum design standard, they have all been identified as rebuild projects. Per the ITP manual, base 

reliability projects driving additional needs require portfolio project adjustment or additions in order to 

fully mitigate the resulting needs. The details of the additional rebuilds are listed below. 

Rebuild Projects Portfolio Need Identification 

Deaf Smith #6-Hereford 115 kV rebuild Base Reliability 

Deaf Smith #6-Friona 115 kV rebuild Base Reliability 

Cargill-Friona 115 kV rebuild Final Reliability Assessment 

Cargill-Deaf Smith #24 115 kV rebuild Final Reliability Assessment 

Parmer-Deaf Smith #24 115 kV rebuild Final Reliability Assessment 

Parmer-Deaf Smith #20 115 kV rebuild Final Reliability Assessment 

Curry-Deaf Smith #20 115 kV rebuild Final Reliability Assessment 

Table 8.28: Additional Identified Reliability Rebuilds 

8.5.2.2 Market Powerflow Models 

The resulting thermal and voltage violations identified in the market powerflow portfolio rebuilt models 

were generated using the same methods in the base reliability powerflow assessment. There were three 

thermal violations identified as resultant of the new market dispatch and portfolio additions, although 

they were reclassified and invalidated as reliability violations per Section 4.2.5 of the ITP Manual. Of the 

fifteen voltage violations identified, thirteen were related to local planning more stringent monitoring 

criteria and only two were low voltage per the SPP Planning Criteria. Per the ITP manual, no new 

solutions were developed for these identified violations, and the facilities will be monitored in the 2021 

ITP for any further issues. 

8.5.2.3 Short-Circuit Model 

The final reliability assessment for the short-circuit model did not show any new fault-interrupting 

equipment to have its duty ratings exceeded by the maximum available fault current (potential violation) 

due to the addition of the consolidated portfolio. 

8.5.3 CONCLUSION 

Overall, only the Base Reliability assessment yielded any additional needs which were addressed by 

portfolio project additions per the direction provided in the ITP Manual.  
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9 NTC RECOMMENDATIONS 

SPP staff makes NTC recommendations for projects included in the consolidated portfolio based on 

results from the staging process and SPP Business Practice 7060. If financial expenditure is required 

within four years from board approval, the project is generally recommended for an NTC or NTC-C. To 

determine the date when financial expenditure is required, the project’s lead time is subtracted from its 

need date. Expected lead times for transmission projects are determined using historical data on 

construction timelines from SPP’s project tracking process. NTC-Cs are issued for projects with an 

operating voltage greater than 100 kV and a Study Estimate greater than $20 million.  

Two exceptions to this process for the 2020 ITP are the Eddy County-North Loving 345 kV line identified 

as a reliability project with a June 2028 need date and the Split Rock 345/115 kV terminal equipment 

identified as an economic project with a January 2025 need date for the reasons discussed in section 7.1.7 

and 7.3.10, warranting additional analysis necessary in future planning studies before move forwarded 

with the planned projects. 

As discussed throughout the report the eastern New Mexico area is extremely complex. Both economic 

and reliability issues are present and a comprehensive solution is necessary to address the thermal 

loading, low voltage, and voltage collapse conditions. The Eddy County-North Loving 345 kV line does not 

address some of these conditions as it is not a comprehensive solution. Additionally, there are some out of 

scope compliance events NERC TPL 001-4 P3 planning events that are also known to cause concerns in 

the area. SPP Operations staff is also currently working to update interface ratings due to transmission 

topology being placed in service in the near future. SPP expects to continue studying this in the 2021 ITP 

assessment with the goal of utilizing information gathered in the 2020 ITP along with new analysis to 

provide a comprehensive solution to address the system conditions in the area.  

The terminal equipment that would require replacement to increase the rating of the Split Rock 345/115 

kV transformers, which is not an SPP tariff facility and would require FERC filings to support SPP 

regionally beneficial seams project cost allocation. The project was also identified and assessed during the 

2020 MISO-SPP CSP, but was not found to be jointly beneficial. Additionally, the project marginally passed 

SPP’s consolidation criteria.  

For the reasons listed above the Eddy County-North Loving 345 kV line and the Split Rock 345/115 kV 

terminal equipment upgrades are not recommended for an NTC. 

Table 9.1 below shows SPP’s NTC recommendations when considering staging results, expected lead 

times, and other qualitative information related to the recommended projects.  

Description Need Date 

Lead Time 

(months) 

Financial 

Expenditure 

Date NTC? 

Watford 230/115 kV transformer circuit 1 

terminal equipment, circuit 2 replacement 
6/1/2022 24 11/17/2020 NTC 
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Description Need Date 

Lead Time 

(months) 

Financial 

Expenditure 

Date NTC? 

Circleville-Goff 115 kV circuit 1 rebuild 6/1/2025 24 6/1/2023 NTC 

Goff-Kelly 115 kV rebuild 6/1/2025 24 6/1/2023 NTC 

South Shreveport-Wallace Lake 138 kV rebuild 6/1/2024 24 6/1/2022 NTC-C 

Grady 138 kV capacitor bank 12/1/2022 24 12/1/2020 NTC 

Richmond 115 kV substation, Richmond 115/69 

kV transformer, Richmond-Aberdeen 115 kV 

line 

12/1/2022 36 11/17/2020 NTC 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 

69 kV rebuild 
6/1/2023 24 6/1/2021 NTC 

Bushland-Deaf Smith 230 kV terminal 

equipment 
4/1/2022 18 11/17/2020 NTC 

Newhart-Potter County 230 kV terminal 

equipment 
4/1/2022 18 11/17/2020 NTC 

Carlisle-Murphy 115 kV rebuild 6/1/2022 24 11/17/2020 NTC 

Roswell 115/69 kV replace transformer #1 6/1/2022 24 11/17/2020 NTC 

S3456-S3458 345 kV terminal equipment 6/1/2029 18 12/1/2027 No 

Meadowlark-Tower 33 115 kV rebuild 6/1/2023 36 11/17/2020 NTC 

Jones-Lubbock South 230 kV terminal 

equipment circuit 1 
6/1/2028 18 12/1/2026 No 

Jones-Lubbock South 230 kV terminal 

equipment circuit 2 
6/1/2028 18 12/1/2026 No 

Deaf Smith-Plant X 230 kV terminal equipment 4/1/2022 18 11/17/2020 NTC 

Newhart-Plant X230 kV terminal equipment 4/1/2022 18 5/17/2022 NTC 

Lubbock South-Wolfforth 230 kV terminal 

equipment and clearance increase 
6/1/2022 18 12/1/2020 NTC 

Allen-Lubbock South 115 kV rebuild 6/1/2022 24 11/17/2020 NTC 

Allen-Quaker 115 kV rebuild 6/1/2022 24 11/17/2020 NTC 

Eddy County-North Loving 345 kV new line 6/1/2028 48 6/1/2024 No 

Bismarck 115 kV reactors 4/1/2022 24 11/17/2020 NTC 

Moorehead 230 kV reactor 4/1/2022 24 11/17/2020 NTC 

Russell 115 kV capacitor bank 6/1/2022 24 11/17/2020 NTC 

Maljamar 115 kV capacitor bank 6/1/2028 24 6/1/2026 No 

Devil's Lake 115 kV reactor  4/1/2022 24 11/17/2020 NTC 

Agate 115 kV reactor 4/1/2022 24 11/17/2020 NTC 

Nixa-Nixa Espy 69 kV terminal equipment 6/1/2022 18 12/1/2020 No 

Replace four breakers at Anadarko 138 kV 6/1/2022 18 12/1/2020 NTC 

Replace three breakers at Northeast 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace one breaker at Stilwell 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace one breaker at Leeds 161 kV 6/1/2022 18 12/1/2020 NTC 

655 of 1082



Description Need Date 

Lead Time 

(months) 

Financial 

Expenditure 

Date NTC? 

Replace one breaker at Shawnee Mission 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace one breaker at Southtown 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace two breakers at Lake Road 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace two breakers at Craig 161 kV 6/1/2022 18 12/1/2020 NTC 

Anadarko-Gracemont 138 kV rebuild as double-

circuit 
1/1/2023 36 11/17/2020 

NTC- 

Modify 

Russett-South Brown 138 kV rebuild 1/1/2022 30 11/17/2020 NTC 

Butler-Tioga 138 kV new line; wreck-out Butler-

Altoona 138 kV 
1/1/2024 36 1/1/2021 NTC-C 

GRDA 1 345/161 kV circuit 1 and circuit 2 

terminal equipment 
1/1/2022 18 11/17/2020 NTC 

Columbus East 230/115 kV transformer 

replacement 
1/1/2039 24 1/1/2037 No 

Franks-South Crocker-Lebanon 161 kV terminal 

equipment 
1/1/2028 18 7/1/2026 No 

Tap Woodward-Border 345 kV, Chisholm-Tap 

345 kV new line 
1/1/2022 48 11/17/2020 NTC-C 

Dover Switch-Okeene 138 kV and Aspen-

Mooreland-Pic 138 kV terminal equipment 
1/1/2022 18 11/17/2020 NTC 

Pleasant Valley 345/138 kV Station, Minco-

Pleasant Valley-Draper 345 kV new line, 

Franklin-Midwest 138 kV terminal equipment, 

Cimarron-Draper 345 kV terminal equipment 

and Pleasant Valley cut-in 

1/1/2025 48 1/1/2021 NTC-C 

Split Rock 345/115 kV circuit 10 and 11 

terminal equipment 
1/1/2025 18 7/1/2023 No 

Oahe-Sully Buttes-Whitlock 230 kV terminal 

equipment40 
1/1/2028 18 7/1/2026 No 

Deaf Smith #6-Hereford 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Deaf Smith #6-Friona 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Cargill-Friona 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Cargill-Deaf Smith #24 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Parmer-Deaf Smith #24 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Parmer-Deaf Smith #20 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Curry-Deaf Smith #20 115 kV rebuild 4/1/2022 24 11/17/2020 No 

Table 9.1: NTC Recommendations 

  

40 Information in this table includes considerations of the updated cost estimate. 
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10 GLOSSARY 

Acronym Name 

ABB ABB Group licenses the PROMOD enterprise software SPP uses for economic simulations 

APC Adjusted production cost = Production Cost $ + Purchases $-Sales $ 

ARR Auction Revenue Rights 

ATC Available transfer capacity 

BAA Balancing Authority Area 

BAU Business as usual 

B/C Benefit-to-Cost Ratio 

BES Bulk-Electric System 

CC Combined cycle 

CLR Cost per loading relief 

CT Combustion turbine 

CVR Cost per voltage relief 

DPP Detailed Project Proposal 

E&C Engineering and construction cost 

ERCOT Electric Reliability Council of Texas (ERCOT) 

EHV Extra-high voltage 

ESWG Economic Studies Working Group 

FCITC First contingency incremental transfer capacity 

FERC Federal Energy Regulatory Commission 

GI Generator Interconnection 

GIA Generator Interconnection Agreement 

GOF Generator outlet facilities 

GW Gigawatt 

GWh Gigawatt hour 

HV High voltage 

IFTS Interruption of firm transmission service 

IRP Integrated resource plan 
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Acronym Name 

IS 

Integrated System, which includes the Western Area Power Administration’s Upper Great 

Plains Region (Western-UGP), Basin Electric Power Cooperative, and the Heartland 

Consumers Power District 

ITP Integrated Transmission Planning 

ITP Manual Integrated Transmission Planning Manual  

kV Kilovolt  

LMP 

Locational Marginal Price = the market-clearing price for energy at a given Price Node 

equivalent to the marginal cost of serving demand at the Price Node, while meeting SPP 

Operating Reserve requirements 

MISO Midcontinent Independent System Operator 

MTEP19 2019 MISO Transmission Expansion Plan 

MTEP20 2020 MISO Transmission Expansion Plan 

MTEP MISO Transmission Expansion Plan 

MDWG Model Development Working Group 

MMWG Multi-regional Modeling Working Group 

MOPC Markets and Operations Policy Committee 

MW Megawatt 

NERC North American Electric Reliability Corporation 

NITSA Network Integration Transmission Service Agreement 

NPV Net present value 

NREL National Renewable Energy Laboratory 

NCLL Non-consequential load loss 

NTC Notification to Construct 

PPA Power Purchase Agreement 

PST Phase-shifting transformer 

RCAR Regional Cost Allocation Review 

RPS Renewable portfolio standards 

SASK Saskatchewan Power 

SPC Strategic Planning Committee 

SPP OATT SPP Open Access Transmission Tariff 

TO Transmission Owner 

TSR Transmission Service Request 
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Acronym Name 

TVA Tennessee Valley Authority 

TWG Transmission Working Group 

US EIA United States Energy Information Administration 

VSL Voltage stability limit 

Table 10.1: Glossary 
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EXECUTIVE SUMMARY 

 

  

The 2020 Integrated Transmission Plan (ITP) looks ahead 10 years to ensure the SPP region can deliver 

energy reliably and economically, facilitate public policy objectives, seek solutions with neighboring 

regions and maximize benefits to end-use customers. Over 27 months, SPP and its member organizations 

worked together to forecast and analyze the regional transmission system’s economic, reliability, 

operational and public policy needs.  

SPP evaluated more than 2,200 solutions. The analysis resulted in the recommendation to approve 54 

transmission projects, including 91.8 miles of new extra-high-voltage (EHV) transmission and 140.91 miles 

of rebuilt high-voltage infrastructure.  

1 This mileage number assumes the partial rebuild and new mileage of the Butler-Tioga 138 kV new line. This line is 
expected to follow the existing Butler-Altoona 138 kV right-of-way and break away towards Tioga at a point that that 
would minimize transmission costs for the project. 
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This portfolio contains reliability and economic projects that will mitigate 163 system issues. Reliability 

projects allow the region to meet compliance requirements and keep the lights on through loading relief, 

voltage support and system protection.  

There are several primary drivers of the economic projects. Many of the projects enable delivery of low-

cost renewable resources and reduce price separation in the SPP marketplace caused by congestion. 

Continued rapid renewable expansion has caused increasing pricing disparity between the western and 

eastern portions of the SPP system. These disparities have created higher average costs for eastern load 

centers because of congestion and lack of access to less expensive generation. Price differences have only 

been marginally delayed by new interconnections seeking opportunity in the east. The recommended 

economic projects will reduce separation between generator and load locational marginal prices across the 

region and create reliable transfer capability that will allow the system to realize benefits from low-cost 

generation. 

Previous ITP assessments have been conservative in forecasting the amount of renewable generation 

expected to interconnect to the grid. When the studies were completed, installed amounts had nearly 

surpassed 10-year forecasts. Overly conservative forecasts can lead to delayed transmission investment, 

contributing to persistent congestion. For example, the 2020 consolidated portfolio is expected to address 

eight congested flowgates identified over the last four quarterly SPP corporate metric updates. For the 

2020 ITP assessment, SPP expanded on the 2019 assessment’s analysis to better forecast renewables 

development, which will allow the region to proactively build the infrastructure needed to alleviate 

congestion and provide access to less expensive energy. 

The SPP region has areas of increased load growth due to oil and gas exploration in North Dakota and New 

Mexico. Some of these areas could experience voltage collapse. Additional transmission capacity is needed 

to serve this new load. SPP developed projects to address this load growth; some are recommended for 

construction while others need continued analysis. 

Three distinct scenarios were considered to account for variations in system conditions over 10 years. 

These scenarios consider requirements to support firm deliverability of capacity for reliability (base 

reliability) while exploring rapidly evolving technology that may influence the transmission system and 

energy industry (Future 1/Future 2). The scenarios included varied wind projections, utility-scale and 

distributed solar, energy storage resources, generation retirements and electric vehicles. 

The final project portfolio was tested against a wide range of sensitivities, including natural gas prices, 

generator retirements, renewables development, battery storage and demand. The analysis determined 

that adjusted production cost savings across all sensitivities had a benefit-to-cost ratio greater than 1.0. 

When considering all eight benefit metrics, including adjusted production cost savings, the consolidated 

portfolio is expected to provide a 40-year benefit-to-cost ratio ranging from 4.0 for Future 1 to 5.2 for 

Future 2. The net impact to ratepayers is a savings of $0.16 to $0.30 on the average retail residential 

monthly bill. See Section 8.3 Sensitivity Analysis for more information. 
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Figure 0.1: 40-Year APC Benefit and Cost Ranges 

SPP assumes a 40-year lifespan for new transmission investments. Within 20 years, the SPP region is 

expected to receive more benefits from the projects than their total investment costs. The projects will 

begin providing net savings to ratepayers within the first year of being in-service. 

 
Figure 0.2: Portfolio Breakeven and Payback – APC benefit only 
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The 2020 ITP Assessment includes the following projects: 

Project Area Type Project Cost 

(2020$) 

Miles NTC/ 

NTC-C 

Watford 230/115 kV transformer circuit 1 terminal 

equipment, circuit 2 replacement 

BEPC R $3,562,780 - NTC 

Anadarko-Gracemont 138 kV rebuild as double-

circuit 

WFEC/ 

OKGE 

E $8,297,502 14.4 NTC 

Modification 

Russett-South Brown 138 kV rebuild WFEC/ 

SWPA 

E $10,067,432  18.62 NTC 

Butler-Tioga 138 kV new line; wreck-out Butler-

Altoona 138 kV 

WERE E $135,720,424 91.2 NTC-C 

GRDA 1 345/161 kV circuit 1 and circuit 2 terminal 

equipment 

GRDA E $1,410,000  - NTC 

Columbus East 230/115 kV transformer replacement NPPD E $4,600,000  - No 

Franks-South Crocker-Lebanon 161 kV terminal 

equipment 

AECI E $5,721,430 - No 

Tap Woodward-Border 345 kV, Chisholm-Tap 345 

kV new line 

AEPW/ 

OKGE 

E $31,686,685 0.84 NTC-C 

Dover Switch-Okeene 138 kV and Aspen-Mooreland-

Pic 138 kV terminal equipment 

WFEC E $1,617,500 - NTC 

Pleasant Valley 345/138 kV Station, Minco-Pleasant 

Valley-Draper 345 kV new line, Franklin-Midwest 

138 kV terminal equipment, Cimarron-Draper 345 

kV terminal equipment and Pleasant Valley cut-in 

OKGE/ 

WFEC 

E $113,620,907 48 NTC-C 

Split Rock 345/115 kV Circuit 10 and 11 terminal 

equipment 

NSPP E $4,577,336 - No 

Oahe-Sully Buttes-Whitlock 230 kV terminal 

equipment 

EREC/ 

WAPA

/BEPC 

E $1,528,7222 - No 

Circleville-Goff 115 kV circuit 1 rebuild WERE R  $12,114,772  14.56 NTC 

Goff-Kelly 115 kV rebuild WERE R  $7,108,395  10.11 NTC 

South Shreveport-Wallace Lake 138 kV rebuild AEPW R  $23,622,577  11.18 NTC-C 

Grady 138 kV capacitor bank AEPW R  $688,781  - NTC 

Richmond 115 kV substation, Richmond 115/69 kV 

transformer, Richmond-Aberdeen 115 kV line 

EREC/ 

NWE 

R  $11,394,000  14.4 NTC 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV 

rebuild 

OKGE R  $5,362,799  5.9 NTC 

Bushland-Deaf Smith 230 kV terminal equipment SPS R  $923,938  - NTC 

Newhart-Potter County 230 kV terminal equipment SPS R  $731,282  - NTC 

Carlisle-Murphy 115 kV rebuild SPS R  $4,746,175  4.0 NTC 

2 The cost estimate was adjusted late in the study process to be $3,748,722 due to a gap in the Study Estimate requests 

sent to stakeholders. This updated cost estimate is only considered in Table 9.1 and the NTC recommendations of this 

executive summary. See additional information in section 7.3.11. 
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Project Area Type Project Cost 

(2020$) 

Miles NTC/ 

NTC-C 

Roswell 115/69 kV replace transformer #1 SPS R  $2,777,743  - NTC 

S3456-S3458 345 kV terminal equipment OPPD R  $678,865  - No 

Meadowlark-Tower 33 115 kV rebuild WERE R  $1,342,588  0.93 NTC 

Jones-Lubbock South 230 kV terminal equipment 

circuit 1 

SPS R  $666,728  - No 

Jones-Lubbock South 230 kV terminal equipment 

circuit 2 

SPS R  $397,668  - No 

Deaf Smith-Plant X 230 kV terminal equipment SPS R  $2,100,196  - NTC 

Newhart-Plant X 230 kV terminal equipment SPS R  $2,024,293  - NTC 

Lubbock South-Wolfforth 230 kV terminal 

equipment and clearance increase 

SPS R  $872,391  - NTC 

Allen-Lubbock South 115 kV rebuild SPS R  $6,817,226  6.0 NTC 

Allen-Quaker 115 kV rebuild SPS R  $4,732,267  3.6 NTC 

Russell 115 kV capacitor bank SEPC R  $2,841,951  - NTC 

Eddy County-North Loving 345 kV new line SPS R  $64,422,600  42.96 No 

Maljamar 115 kV capacitor bank SPS R  $685,440  - No 

Devil's Lake 115 kV reactor WAPA R  $1,190,000  - NTC 

Bismarck 115 kV reactors WAPA R  $2,380,700  - NTC 

Moorehead 230 kV reactor MRES R  $1,515,440  - NTC 

Agate 115 kV reactor WAPA R  $571,200  - NTC 

Replace four breakers at Anadarko 138 kV WFEC R  $850,000  - NTC 

Replace three breakers at Northeast 161 kV KCPL R  $887,479  - NTC 

Replace one breaker at Stilwell 161 kV  KCPL R  $566,485  - NTC 

Replace one breaker at Leeds 161 kV  KCPL R  $566,485  - NTC 

Replace one breaker at Shawnee Mission 161 kV  KCPL R  $566,485  - NTC 

Replace one breaker at Southtown 161 kV KCPL R  $566,485  - NTC 

Replace two breakers at Lake Road 161 kV KCPL R  $1,132,970  - NTC 

Replace two breakers at Craig 161 kV KCPL R  $1,132,970  - NTC 

Nixa-Nixa Espy 69 kV terminal equipment GLHP R  $91,147  - No 

Deaf Smith #6-Hereford 115 kV rebuild SPS R  $6,660,556  2.33 NTC 

Deaf Smith #6-Friona 115 kV rebuild SPS R  $12,626,190  18.9 NTC 

Cargill-Friona 115 kV rebuild SPS R  $817,466  1.15 NTC 

Cargill-Deaf Smith #24 115 kV rebuild SPS R  $5,501,901  7.74 NTC 

Deaf Smith #24-Parmer 115 kV rebuild SPS R  $824,574  1.16 NTC 

Deaf Smith #20-Parmer 115 kV rebuild SPS R  $5,402,384  7.6 NTC 

Curry-Deaf Smith #20 115 kV rebuild SPS R  $9,048,993  12.73 No 

   Total $532,363,3043   

Table 0.1: 2020 ITP Consolidated Portfolio  

3 These costs represent engineering and construction cost provided during the study by SPP stakeholders or its third-
party cost estimator.  
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This map depicts the 2020 ITP Assessment thermal/voltage reliability projects:  

 
Figure 0.3: 2020 ITP Thermal and Voltage Reliability Projects 

This map depicts the 2020 ITP Assessment short circuit reliability projects: 

 
Figure 0.4: 2020 ITP Short Circuit Reliability Projects 
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This map depicts the 2020 ITP Assessment economic projects: 

 
Figure 0.5: 2020 ITP Portfolio-Economic 

SPP staff makes Notification to Construct (NTC) recommendations for projects included in the consolidated 

portfolio based on results from the staging process and SPP Business Practice 7060. If financial expenditure 

is required within four years from board approval, the project is recommended for an NTC or NTC-C 

(Notification to Construct with Conditions). 
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1 INTRODUCTION 

1.1 THE ITP ASSESSMENT  

The SPP Integrated Transmission Planning (ITP) process promotes transmission investment to meet near- 

and long-term reliability, economic, public policy and operational transmission needs. The ITP process 

coordinates solutions with ongoing compliance, local 

planning, interregional planning and tariff service 

processes. The goal is to develop a 10-year regional 

transmission plan that provides reliable and economic 

energy delivery and achieves public policy objectives, while 

maximizing benefits to the end-use customers.  

The 2020 ITP assessment is guided by requirements defined 

in Attachment O to the SPP Open Access Transmission Tariff 

(Tariff), the ITP Manual, and the 2020 ITP Scope. Previous 

improvements to the ITP process were designed by the 

Transmission Planning Improvement Task Force and 

implemented beginning in the 2019 ITP. 

The ITP process is open and transparent, allowing for 

stakeholder input throughout the assessment. Study results are coordinated with other entities, including 

those embedded within the SPP footprint and neighboring first-tier entities. 

The objectives of the ITP are to: 

 Resolve reliability criteria violations. 
 Improve access to markets. 
 Improve interconnections with SPP neighbors. 
 Meet expected load-growth demands. 
 Facilitate or respond to expected facility retirements. 
 Synergize with the Generator Interconnection (GI), Aggregate Transmission Service Studies (ATSS), 

and Attachment AQ processes. 
 Address persistent operational issues as defined in the scope. 
 Facilitate continuity in the overall transmission expansion plan. 
 Facilitate a cost-effective, responsive, and flexible transmission network. 

 

1.2 REPORT STRUCTURE  

This report describes the ITP assessment of the SPP transmission system for a 10-year horizon, focusing on 

years 2022, 2025 and 2030. These years were evaluated with a baseline reliability scenario and two future 

market scenarios (futures). The Model Development and Benchmarking sections summarize modeling 

inputs and address the concepts behind this study’s approach, key procedural steps in analysis 

development, and overarching study assumptions. The Needs Assessment through Project 

Stakeholder 
Collaboration

TWG

ESWG

MDWG

ORWG

CAWG

PCWG

MOPC

SPC

RSC

BOD
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Recommendations sections address specific results, describe projects that merit consideration, and contain 

portfolio recommendations, benefits and costs. 

Within this study, any reference to the SPP footprint refers to the Balancing Authority Area, as defined in 

the Tariff, whose transmission facilities are under the functional control of the SPP regional transmission 

organization (RTO), unless otherwise noted. 

The study was guided by the 2020 ITP Scope and SPP ITP Manual.4 All reports and documents referenced in 

this report are available on the SPP website.5  

SPP staff and its stakeholders frequently exchange proprietary information in the course of any study, and 

such information is used extensively for ITP assessments. This report does not contain confidential 

marketing data, pricing information, marketing strategies, or other data considered not acceptable for 

release into the public domain. This report does disclose planning and operational matters, including the 

outcome of certain contingencies, operating transfer capabilities, and plans for new facilities that are 

considered non-sensitive data. 

1.3 STAKEHOLDER COLLABORATION  

Stakeholders developed the 2020 ITP assessment assumptions and procedures in meetings throughout 

2018, 2019, and 2020. Members, liaison members, industry specialists and consultants discussed the 

assumptions and facilitated a thorough evaluation. 

The following SPP organizational groups were involved:  

 Transmission Working Group (TWG) 
 Economic Studies Working Group (ESWG) 
 Model Development Working Group (MDWG) 
 Cost Allocation Working Group (CAWG) 
 Project Cost Working Group (PCWG) 
 Markets and Operations Policy Committee (MOPC) 
 Strategic Planning Committee (SPC) 
 Regional State Committee (RSC) 
 Board of Directors (Board) 

 
SPP staff served as facilitators for these groups and worked closely with each working group’s chairperson 

to ensure all views were heard and considered consistent with the SPP value proposition.  

These working groups tendered policy-level considerations to the appropriate organizational groups, 

including the MOPC and SPC. Stakeholder feedback was instrumental in the refinement of the 2020 ITP. 

4 https://www.spp.org/Documents/60911/itp%20manual%20version%202.7.docx; the ITP assessment follows the 
current ITP Manual and versions may differ throughout the study process. The version that was current at the time of 
the study was used. 
5 https://spp.org/ 
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1.3.1 PLANNING SUMMITS 

In addition to the standard working group meetings and in accordance with Attachment O of the Tariff, SPP 

held multiple transmission planning summits to elicit further input and provide stakeholders with 

additional opportunities to participate in the process of discussing and addressing planning topics.6 

  

6 2020 Engineering Planning Summit was held on Wednesday, July 8, 2020 
(https://www.spp.org/Documents/62539/Engineering%20Planning%20Summit%20Agenda%20&%20Background%20M
aterials%2020200708.zip) 
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2 MODEL DEVELOPMENT 

2.1 BASE RELIABILITY MODELS 

2.1.1 GENERATION AND LOAD 

Generation and load data in the 2020 ITP base reliability models was incorporated based on specifications 

documented in the ITP Manual. For items not specified in the ITP Manual, SPP followed the SPP Model 

Development Working Group (MDWG) Procedure Manual.7 Renewable dispatch amounts are based on 

historical averages for resources with long-term firm transmission service for the summer and winter 

seasons. For the light load models, all wind resources with long-term firm transmission service were 

dispatched to the lesser of the full long-term firm transmission service amount or nameplate amount, with 

remaining generation coming from conventional resources. In these base reliability models, all entities are 

required to meet their non-coincident peak demand with firm resources.  

The Powerflow Model benchmarking section details the generation dispatch and load in the base reliability 

models. 

 

2.1.2 TOPOLOGY 

Topology data in the 2020 ITP base reliability models was incorporated in accordance with the ITP Manual. 

For items not specified in the ITP Manual, SPP followed the MDWG Model Development Procedure Manual. 

The topology for areas external to SPP was consistent with the 2018 Eastern Interconnection Reliability 

Assessment Group Multi-regional Modeling Working Group (MMWG) model series.  

2.1.3 SHORT-CIRCUIT MODEL 

A short-circuit model representative of the year-two, summer peak, was developed for short-circuit 

analysis. This short-circuit model has all modeled generation and transmission equipment in service to 

simulate the maximum available fault current, excluding exceptions such as normally open lines or retired 

generation. This model was analyzed in consideration of the North American Electric Reliability 

Corporation (NERC) TPL-001 standard. 

2.2 MARKET ECONOMIC MODEL 

2.2.1 MODEL ASSUMPTIONS AND DATA 

2.2.1.1 Futures Development 

Stakeholders determined that the best option was to carry forward the 2019 ITP reference case and 

emerging technologies framework, while allowing adjustments to specific drivers. SPP staff provided 

stakeholders with a survey to identify the policy drivers which required adjustments for the 2020 ITP. The 

drivers considered for adjustment were:  

7 Model Development Working Group (MDWG) Procedure Manual; the MDWG Procedure Manual may differ 
throughout the study process. The version that was current at the time of the study was used.  
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 Wind and solar capacity additions 

 Energy growth rates 

 Natural gas prices 

 Age-based retirement assumptions 

 Energy storage8 

 Carbon adder 

 

2.2.1.1.1 Future 1: Reference Case 
The reference case future will reflect the continuation of current industry trends and environmental 

regulations. For years five and 10, coal generators over the age of 56 will be retired, while gas fired and oil 

generators over the age of 50 years will be retired subject to review from generator owners. Exceptions 

will be allowed based on stakeholder review. Long-term industry forecasts will be used for natural gas and 

coal prices. Solar and wind additions will exceed current renewable portfolio standards due to economics, 

public appeal, and the anticipation of potential policy changes, as reflected in historical renewable 

installations. Battery energy storage resources will also be included relative to the approved solar amounts. 

2.2.1.1.2 Future 2: Emerging Technologies  
The emerging technologies future will be driven primarily by the assumption that electrical vehicles, 

distributed generation, demand response, and energy efficiency will impact energy growth rates. Coal 

generators over the age of 56 will be retired, while gas-fired and oil generators over the age of 50 will be 

retired. Exceptions will be allowed for repowering (life extension) or emissions upgrades if approved by 

the ESWG. As in the reference case future, current environmental regulations will be assumed and natural 

gas and coal prices will use long-term industry forecasts. This future assumes higher solar, wind, and 

energy storage resource additions than the reference case due to advances in technology that decrease 

capital costs and increase energy conversion efficiency. 

Table 2.1 summarizes the drivers and how they were considered in each future.  

 

 Drivers 

 

Key Assumptions 

 

Year 2 

 

Reference Case 

Year 5         Year 10 

Emerging Technologies 

Year 5            Year 10 

Peak Demand Growth 

Rates 

As submitted in load 

forecast 

As submitted in load 

forecast 

As submitted in load 

forecast 

Energy Demand 

Growth Rates 

As submitted in load 

forecast 

As submitted in load 

forecast 

Increase due to electric 

vehicle growth 

Natural Gas Prices 
Current industry 

forecast 
Current industry forecast Current industry forecast 

Coal Prices 
Current industry 

forecast 
Current industry forecast Current industry forecast 

8 Energy storage is specific to batteries. 
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 Drivers 

 

Key Assumptions 

 

Year 2 

 

Reference Case 

Year 5         Year 10 

Emerging Technologies 

Year 5            Year 10 

Emissions Prices 
Current industry 

forecast 
Current industry forecast Current industry forecast 

Fossil Fuel Retirements Current forecast 

Coal age-based 56+, 

Gas/Oil age-based 50+, 

subject to generator owner 

review 

Coal age-based 56+, 

Gas/Oil age-based 50+, 

subject to repowering or 

emissions upgrades 

Environmental 

Regulations 
Current regulations Current regulations Current regulations 

Demand Response9 
As submitted in load 

forecast 

As submitted in load 

forecast 

As submitted in load 

forecast 

Distributed Generation 

(Solar) 

As submitted in load 

forecast 

As submitted in load 

forecast 
+300MW       +500MW 

Energy Efficiency 
As submitted in load 

forecast 

As submitted in load 

forecast 

As submitted in load 

forecast 

Storage None 20% of projected solar 35% of projected solar 

Total Renewable Capacity 

Solar (GW) 

Wind (GW) 

Existing + RARs 

Existing + RARs 

4                     7 

26                   28 

5                       9 

30                    33 

Table 2.1 Future Drivers 

2.2.1.2 Load and Energy Forecasts 

The 2020 ITP load review focused on load data through 2030. The load data was derived from the base 
reliability model set, and stakeholders were asked to identify/update the following parameters: 
 

 Assignment of loads to companies 
 Forecasted system peak load (MW)  
 Loss factors  
 Load factors  
 Load demand group assignments 
 Monthly peak and energy allocations 
 Station service loads 
 Resource planning peak loads and load factors 

 
The ESWG- and TWG-approved load review was used to update the load information in the market 

economic models. Figure 2.1 shows the total coincident peak load for all study years. Figure 2.2 shows the 

monthly energy per future for all study years (2022, 2025, and 2030).  

9 As defined in the MDWG Model Development Procedure Manual: Model Development Working Group (MDWG) 
Procedure Manual 
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Figure 2.1: Coincident Peak Load 

 
Figure 2.2: 2020 ITP Annual Energy 

2.2.1.3 Renewable Policy Review  

Renewable policy requirements enacted by state laws, public power initiatives and courts are the only 

public policy initiatives considered in this ITP via the renewable policy review. These requirements are 

defined as percentages and outlined in the ITP manual. The 2020 ITP renewable policy review focused on 

renewable requirements through 2030.  
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2.2.1.4 Generation Resources 

Existing generation data originated from the ABB Simulation Ready Data Fall 2017 Reference Case and was 

supplemented with SPP stakeholder information provided through the SPP Model on Demand tool and the 

generation review. 

Figure 2.3 and Figure 2.4 detail the annual nameplate capacity and energy by unit/fuel type, respectively 

for 2022, 2025 and 2030 for Future 1, and 2025 and 2030 for Future 2. 

In addition to resources accepted in the base reliability models, stakeholders were given the chance to 

request additional generation resources in the ITP models through the Resource Addition Request (RAR) 

process. As a result of the RAR process, 1.5 GW of wind generation was added to the market economic 

models, all of which was included in the year-two model.  

Generator operating characteristics, such as operating and maintenance (O&M) costs, heat rates, and 

energy limits were also provided for stakeholders to review. 

 
Figure 2.3: Capacity by Fuel Type (MW) 
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Figure 2.4: Energy by Fuel Type (TWh) 

Figure 2.5 identifies the amount of retired conventional generation compared to retirements identified in 

the base reliability models. The figure reflects the final set of retirements based on the approved futures 

assumptions. 

 

 
Figure 2.5: Conventional Generation Retirements 

2.2.1.5 Fuel Prices 

The ABB Simulation Ready Data Fall 2017 Reference Case and ABB fundamental forecast (for long-term 

natural gas price projections) were utilized for the fuel price forecasts. Figure 2.6 shows the annual average 
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natural gas and coal prices for the study horizon. Between 2021 and 2030, these prices increase from $3.17 

to $5.21 (~5.1 percent compound average escalation) and $2.30 to $2.87 (~2.5 compound average 

escalation) for natural gas and coal, respectively. 

 
Figure 2.6: ABB Fuel Annual Average Fuel Price Forecast 

2.2.2 RESOURCE PLAN 

In order to evaluate transmission for a 10-year horizon, a key component begins with identifying the 

resource outlook for each future. The SPP generation portfolio will not be the same in 10 years, due to the 

changing load forecasts, resource retirements and fast-changing mix of resource additions. SPP staff 

developed resource expansion plans to meet renewable portfolio standards, resource reserve margin 

requirements, and future specific renewable and emerging technology projections.  

2.2.2.1 Renewable Resource Expansion Plan 

Each utility was analyzed to determine if the assumed renewable mandates and goals identified by the 

renewable policy review could be met with existing generation and initial resource projections for 2025 

and 2030. If a utility was projected to be unable to meet requirements, additional resources were assigned 

to the utilities from the total projected renewable amounts to meet renewable portfolio standards. For 

states with a standard that could be met by either wind or solar generation, a ratio of 80 percent wind 

additions to 20 percent solar additions was utilized. This split was representative of the active GI queue 

requests for wind and solar resources. 

The incremental renewables assigned to meet renewable mandates and goals in the SPP footprint by 2030 

were 289.4 MW in Future 1 and 289.9 MW in Future 2. 
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Figure 2.7: SPP Renewable Generation Assignments to meet Mandates and Goals 

After ensuring renewable portfolio standards were met by assigning renewables, SPP staff accredited the 

remaining projected renewable capacity to each pricing zone. 

Projected solar additions were assigned based on the load-ratio share for each pricing zone. Projected wind 

additions were accredited to deficient zones to maximize the available accreditation of renewables for each 

zone, up to the 12 percent zonal renewable cap defined in the study scope. Resources were accredited in 

the following order: 

 Existing generation 
 Policy wind and solar additions 
 Projected solar additions 
 Projected storage additions 
 Projected wind additions 
 Conventional additions 

 

2.2.2.2 Conventional Resource Expansion Plan  

The renewable resource expansion plan for each future was utilized as an input to the corresponding 

conventional resource expansion plan to ensure appropriate resource adequacy within the SPP footprint. 

ABB Strategist® software was used to develop the conventional resource expansion plan for each future, 

assessing a 20-year horizon.  
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Utilities that did not meet the 12 percent planning reserve margin requirement set by SPP Planning 

Criteria10 also received capacity from the conventional resource plan. Projected reserve margins were 

calculated for each pricing zone using existing generation, projected renewable generation, fleet power 

purchase agreements, and load projections through 2040. Each zone that was not yet meeting its minimum 

reserve requirement was assigned conventional resources in 2025 and 2030 of both futures. 

Nameplate conventional generation capacity assigned to pricing zones were counted toward each zone’s 

capacity margin requirement. Existing wind and solar capacity, being intermittent resources, were included 

at a percentage of nameplate capacity, in accordance with the calculations in SPP Planning Criteria 7.1.5.3. 

SPP stakeholders were surveyed for feedback on accreditation percentages for existing renewable capacity.  

In the analysis of future conventional capacity needs, available resource options were combined cycle (CC) 

units, fast-start combustion turbine (CT) units, and reciprocating engines. Generic resource prototypes 

from the U.S. Energy Information Administration’s (EIA) Annual Energy Outlook 201811 were utilized. 

These resource prototypes define operating parameters of specific generation technologies to determine 

the optimal generation mix to add to the region. 

CTs were the only technology selected in Futures 1 and 2 to meet capacity requirements. ESWG approved 

replacing three CTs with one CC located in the Southwestern Public Service Company (SPS) area for each 

future.  

While both futures represent normal load growth, more resource additions are needed in Future 2 due 

primarily to the additional unit retirements. 

Table 2.2 shows the total nameplate generation additions by future and study year to meet futures 

definitions and resource adequacy requirements. Figure 2.8 shows the nameplate generation additions by 

future, study year, and capacity type for the SPP region.  

 
Future 1 Future 2 

2025 10.5 GW 23.0 GW 

2030 11.6 GW 33.1 GW 

Table 2.2: Total Nameplate Generation Additions by Future and Study Year 

10 SPP Planning Criteria  
11 EIA Annual Energy Outlook 2018 Report 
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Figure 2.8: SPP Nameplate Capacity Additions by Technology (GW) 

Table 2.3 shows the total accredited generation additions by future and study year. Figure 2.9 shows 

accredited generation additions by future, study year, and technology for the SPP region. 

 
Future 1 Future 2 

2025 5.9 GW 12.7 GW 

2030 10.2 GW 16.5 GW 

Table 2.3: Total Accredited Generation Additions by Future and Study Year 
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Figure 2.9: Accredited Capacity Additions by Technology 

2.2.2.3 Siting Plan  

SPP sited projected renewable and conventional resources according to various site attributes for each 

technology in accordance with the ITP Resource Siting Manual.12 

Distributed solar generation, an assumption in Future 2 only, was allocated to the top 10 percent of load 

buses for each load area on a pro rata basis utilizing load review data. SPP stakeholder feedback was 

considered in the selection of sites for this technology. Figure 2.10 and Figure 2.11 show the selected sites 

and allocation of distributed solar capacity across the SPP footprint in megawatts. 

12 Documented in the ITP Resource Siting Manual 
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Figure 2.10: 2025 Future 2 Distributed Solar Siting Plan 

 
Figure 2.11: 2030 Future 2 Distributed Solar Siting Plan 
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Utility-scale solar was sited according to: 
 

 Ownership by zone or by state 
 Data Source (given preference in the following order) 

o SPP and Integrated System (IS) GI queue requests 
o Stakeholder submitted sites 
o Previous ITP sites 
o Other National Renewable Energy Laboratory (NREL) conceptual sites 

 Capacity factor 
 Generator transfer capability of the potential sites 

 
Following the implementation of this ranking criteria, stakeholders could request exceptions to the results, 

which were reviewed for potential inclusion in the siting plan. Figure 2.12 through Figure 2.15 show the 

selected sited and allocation of utility solar capacity across the SPP footprint in megawatts. 

 
Figure 2.12: 2025 Future 1 Utility-Scale Solar Siting Plan 
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Figure 2.13: 2030 Future 1 Utility-Scale Solar Siting Plan 

 
Figure 2.14: 2025 Future 2 Utility-Scale Solar Siting Plan 
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Figure 2.15: 2030 Future 2 Utility-Scale Solar Siting Plan 

Wind sites were selected from GI queue requests that required the lowest total interconnection cost13 per 

megawatt of capacity requested, taking into consideration the following: 

 
 Potentially directly-assigned upgrade needed 

 Unknown third-party system impacts 

 Required generator outlet facilities (GOF) 

 Generator Interconnection Agreement (GIA) suspension status 

 
GI queue requests that did not have costs assigned were also considered with respect to their generator 

outlet capability, scope of related GOFs needed, and relation to recurring issues within the GI grouping. 

Following implementation of this ranking criteria, stakeholders could request exceptions to these results, 

which were reviewed for potential inclusion in the siting plan. Figure 2.16 through Figure 2.19 show the 

selected siting and allocation of wind capacity across the SPP footprint in megawatts. 

13 The total interconnection costs includes the total costs assigned for all interconnection related upgrades and 
network upgrade. 
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Figure 2.16: 2025 Future 1 Wind Siting Plan 

 
Figure 2.17: 2030 Future 1 Wind Siting Plan 
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Figure 2.18: 2025 Future 2 Wind Siting Plan 

 
Figure 2.19: 2030 Future 2 Wind Siting Plan 
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Conventional generation was sited according to the zone of majority ownership, stakeholder preferences, 

generator outlet capability, scope of GOFs needed, and preference for existing and assumed retirement 

sites over previous ITP sites. Total conventional capacity at a given site (including existing) was limited to 

1,500 MW. Following implementation of this ranking criteria, stakeholders could request exceptions to 

these results, which were reviewed for potential inclusion in the siting plan. Figure 2.20 through Figure 

2.23 show the selected sites for conventional generation across the SPP footprint.  

  
Figure 2.20: 2025 Future 1 Conventional Siting Plan 
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Figure 2.21: 2030 Future 1 Conventional Siting Plan 

 
Figure 2.22: 2025 Future 2 Conventional Siting Plan 
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Figure 2.23: 2030 Future 2 Conventional Siting Plan 

Battery sites were based on battery storage GI queue requests, the assumption that battery storage will 

largely be co-located with wind and solar, and transfer capability at available sites with consideration of 

the solar and wind siting plans. The siting of resources related to battery requests in the GI queue was 

limited to two-thirds of projected capacity due to the infancy of the technology in the industry. Two-thirds 

of projected battery capacity was associated with solar sites; one-third was associated with wind sites. For 

sites associated with battery requests, sited battery amounts were capped at the queue request amounts or 

siting availability. For sites not associated with existing battery GI requests, battery amounts were placed 

at wind and solar sites in increments of 20 megawatts and capped at siting availability. Following 

implementation of this ranking criteria, stakeholders could request exceptions to these results, which were 

reviewed for potential inclusion in the siting plan. Figure 2.24 through Figure 2.27 show the selected sites 

for battery generation across the SPP footprint. 
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Figure 2.24: 2025 Future 1 Energy Storage Siting Plan 

 
Figure 2.25: 2030 Future 1 Energy Storage Siting Plan 
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Figure 2.26: 2025 Future 2 Energy Storage Siting Plan 

 
Figure 2.27: 2030 Future 2 Energy Storage Siting Plan 
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2.2.2.4 Generator Outlet Facilities (GOF) 

To incorporate the siting plan into the market models, generator outlet facilities (GOFs) were necessary. 

GOFs are required such that overloads on the system were not identified due to the sited generation. The 

GOF selection process was intended as a proxy for the GI process. For sites with upgrades identified in a GI 

study, the associated upgrades were evaluated and potentially recommended as a GOF. In other instances, 

the site-specific results of the transfer analysis were assessed to determine if a site was capable of reliably 

allowing a resource to dispatch to the SPP system (siting availability). The results of the GOF analysis 

determined the upgrades shown in Table 2.4. 

 

GOF Description Site MW Sited 

GOF 

Source 

Cleo Corner-Cleo Tap 138 kV terminal 

upgrades 

Badger 345 kV 

Mooreland-Knob Hill 138 kV 

Hitchland 345 kV 

376 MW 

(F1,Y10 & F2,Y5) 

624 MW 

(F2, Y10) 

GI Queue 

Arbuckle 138 kV circuit 2 new tap 
Blue River 138 kV 

Arbuckle-Blue River 138 kV 

323 MW 

(F2, Y10) 
GI Queue 

Dover-Hennessey 138 kV terminal 

upgrades 
Dover Switchyard 138 kV 

288 MW 

(F2, Y5&Y10) 
GI Queue 

Tolk 345/230 kV second transformer 

Crossroads 345 kV 522 MW 
Siting 

Availability Tolk-Crossroads-Eddy County 345 kV 

terminal upgrades 

Neset 345/230 kV replace transformer 

Tande 345 kV 

300 MW 

(F1, Y5&Y10), 

374 MW 

(F2, Y5&Y10) 

Siting 

Availability 
Neset-Tande 230 kV rebuild 

Greenwood-Lee’s Summit 161 kV 

rebuild 
Greenwood 161 kV 237 MW 

Siting 

Availability Pleasant Hill-Lake Winnabago 161 kV 

terminal upgrades 

Hobbs-Andrews 230 kV voltage 

conversion Sidewinder 345 kV 702 MW 
Siting 

Availability 
Andrews-Roadrunner 345 kV new line 

Table 2.4: Generator Outlet Facilities *Sited amount for all futures/years unless otherwise noted 

2.2.2.5 External Regions  

When developing renewable resource plans, SPP did not directly consider renewable policy requirements 

for external regions. However, the Midcontinent Independent System Operator (MISO) and Tennessee 

Valley Authority (TVA) renewable resource expansion and siting plans were based on the 2019 MISO 

Transmission Expansion Planning (MTEP19) continued fleet change (CFC) and accelerated fleet change 

(AFC) futures. Associated Electric Cooperative Inc. (AECI) renewable resource expansion plans were based 

on the SPP resource plan assumptions and feedback from the ESWG and AECI. 
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Conventional resource plans were incorporated for external regions included in the market simulations. 
Each region was surveyed for load and generation and assessed to determine the capacity shortfall. The 
MISO and TVA resource expansion and siting plans were based on the MTEP19 CFC and AFC futures, while 
AECI resource expansion and siting plans were based on the SPP resource plan assumptions and feedback 
from the ESWG and AECI. Figure 2.28 and Figure 2.29 show the cumulative capacity additions in 2030 by 
unit type of these external regions for Futures 1 and 2.  
 

 
Figure 2.28: Capacity Additions by Unit Type-Future 1 

 
Figure 2.29: Capacity Additions by Unit Type-Future 2 

2.2.3 CONSTRAINT ASSESSMENT 

SPP considers transmission constraints when reliably managing the flow of energy across physical 

bottlenecks on the transmission system in the least-costly manner. Developing these study-specific 

constraints plays a critical part in determining transmission needs, as the constraint assessment identifies 

future bottlenecks and fine-tunes the market economic models. 
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SPP conducted an assessment to develop the list of transmission constraints used in the security-

constrained unit commitment (SCUC) and security-constrained economic dispatch (SCED) analysis for all 

futures and study years. The TWG reviewed and approved elements identified in this assessment as 

limiting the incremental transfer of power throughout the transmission system, both under system intact 

and contingency situations. SPP staff defined the initial list of constraints leveraging the SPP permanent 

flowgate list,14 which consists of NERC-defined flowgates that are impactful to modeled regions and recent 

temporary flowgates identified by SPP in real-time. 

MTEP19 constraints were used to help evaluate and validate constraints identified within MISO and other 

neighboring areas. Constraints identified in neighboring areas were considered for inclusion as a part of 

the ITP study constraint list. 

 
Figure 2.30: Constraint Assessment Process 

2.3 MARKET POWERFLOW MODEL 

The economic dispatch from each market economic model was used to develop market powerflow model 

snapshots representing stressed conditions on the SPP transmission system. Table 2.5 shows the peak and 

off-peak reliability hours as defined in the ITP Manual from each future and year of the market economic 

model simulations chosen for the market powerflow models. 

 
Off-Peak Hour 

Wind 

Penetration15 Peak Hour 

SPP Load 

(MW) 

Future 1 2022 April 3 at 4:00 AM 92.3% August 27 at 6:00 PM 51,639 

Future 1 2025 April 5 at 1:00 AM 103.2% July 23 at 6:00 PM 52,534 

Future 1 2030 April 1 at 1:00 AM 110.7% July 24 at 6:00 PM 53,216 

Future 2 2025 April 5 at 1:00 AM 113.9% July 23 at 6:00 PM 52,433 

Future 2 2030 April 1at 2:00 AM 133.5% July 24 at 6:00 PM 53,210 

Table 2.5: Reliability Hour Details  

14 Posted on SPP OASIS 
15 Wind Penetration = Potential Delivered Energy / Load 

SPP Permanent 
Flowgate workbook

Future Constraints

ITP Constraints
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3 BENCHMARKING 

3.1 POWERFLOW MODEL  

SPP staff performed two benchmarks related to the 2020 ITP base reliability powerflow models. The first 

benchmark was a load and generation value comparison between the 2019 ITP and 2020 ITP base 

reliability powerflow models. The second benchmark was a load and generation value comparison between 

the 2020 ITP base reliability powerflow models and real-time operational data. Model comparisons were 

conducted to verify the accuracy of the powerflow model data, including:  

 Comparison of the summer and winter peak base reliability model load totals (2019 ITP versus 

2020 ITP), as shown in Figure 3.1 and Figure 3.2. 

 Comparison of the summer and winter peak base reliability model generation dispatch totals for 

years two, five and 10 (2019 ITP versus 2020 ITP), as shown in Figure 3.3 and Figure 3.4.  

 Additionally, the year-10 summer and winter peak generator retirements in the 2020 ITP base 

reliability powerflow models are shown in Figure 3.5. 

 

 
Figure 3.1: Summer Peak Year-Two Load Totals Comparison 
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Figure 3.2: Winter Peak Year-Two Load Totals Comparison 

 
Figure 3.3: Summer Peak Years two, five and 10 Generation Dispatch Comparison 
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Figure 3.4: Winter Peak Years two, five and 10 Generation Dispatch Comparison 

 
Figure 3.5: 2020 ITP Summer and Winter Year 10 Retirement 

Operational model benchmarking for this assessment compared the 2020 summer and winter peak base 

reliability powerflow models against the real-time operational data for the 2019-2020 winter and 2020 

summer timeframe. Model comparisons were conducted to verify the accuracy of the powerflow model 

data, including:  

• Comparison of the 2020 summer and winter load totals (base reliability model versus real-time 

operational data), as shown in Figure 3.6 and Figure 3.7 
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• Comparison of the 2020 summer and winter generation dispatch totals (base reliability model vs 

real-time operational data), as shown in Figure 3.8 

 

 
Figure 3.6: 2020 Summer Actual versus Planning Model Peak Load Totals 

 
Figure 3.7: 2020 Winter Actual versus Planning Model Peak Load Totals 
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Figure 3.8: 2020 Actual versus Planning Model Generation Dispatch Comparison 

 

3.2 MARKET ECONOMIC MODEL 

Benchmarking for this study was performed on the year-two Future 1 market economic model. For the 

benchmarking process to provide the most value, it was important to compare the current study model 

against previous ITP modeling outputs and historical SPP real-time data. Numerous benchmarks were 

conducted to ensure the accuracy of the market economic modeling data, including:  

 Comparing generation capacity factors with EIA data comparing simulated maintenance outages to 

SPP real-time data, and ensuring operating and spinning reserve capacities meet SPP Criteria 

 Comparing generation capacity factors, generating unit average cost, renewable generation profiles, 

system locational marginal prices (LMP), adjusted production cost (APC), and interchange between 

the 2020 ITP and the 2019 ITP. 

 

3.2.1 GENERATOR OPERATIONS  

3.2.1.1 Capacity Factor by Unit Type 

Comparing capacity factors is a method for measuring the similarity in planning simulations and historical 

operations. This benchmark provides a quality control check of differences in modeled outages and 

assumptions regarding renewable, intermittent resources. 

When compared with capacity factors reported to the EIA for 2018 and resulting from the 2020 ITP study, 

the capacity factors for conventional generation units fell near the expected values. The difference in 

capacity factors between the datasets were attributed to differences in fuel and load forecasts as well as 

changes in the generation mix. 
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Average Capacity Factor 

   2019 ITP 2020 ITP 

Unit Type 2018 EIA 
Future 1 

2021 

Future 1 

2022 

Nuclear 93% 93% 90% 

Combined Cycle 57% 41% 42% 

CT Gas 12% 3% 4% 

Coal 54% 61% 67% 

ST Gas 14% 3% 4% 

Wind 37% 46% 46% 

Solar 26% 23% 24% 

Table 3.1: Generation Capacity Factor Comparison 

3.2.1.2 Average Energy Cost 

Examining the average cost per MWh by unit type gives insight into what units will be dispatched first 

(without considering transmission constraints). Overall, the average costs per MWh were lower in the 

2020 ITP than in the 2019 ITP due to the fuel and load forecasts and the difference in generation mix. 

 

 

Unit Type 

Average Energy Cost ($/MWh) 

2019 ITP 2020 ITP 

Future 1 2021 Future 1 2022 

Nuclear $15 $16 

Combined Cycle $31 $31 

CT Gas $44 $43 

Coal $24 $24 

ST Gas $41 $42 

Table 3.2: Average Energy Cost Comparison 

3.2.1.3 Generator Maintenance Outages 

Generator maintenance outages in the simulations were compared to SPP real-time data. These outages 

have a direct impact on flowgate congestion, system flows and the economics of serving load.  

The operations data includes certain outage types that cannot be replicated in these planning models. The 

difference in magnitude between the real-time data and the market economic simulated outages is due to 

the additional operational outages beyond those required by annual maintenance or driven by forced 

(unplanned) conditions. Although the market economic model simulation outages do not have as high a 

magnitude as the historical outages provided by SPP operations, the outage rates in the 2020 ITP are very 

similar to previous ITP assessments. The curves from the historical data and the market economic model 

simulations complemented each other very well in shape.  

710 of 1082



 
Figure 3.9: Historical Outages v. PROMOD Simulated Outages 

3.2.1.4 Operating and Spinning Reserve Adequacy 

Operating reserve is an important reliability requirement that is modeled to account for capacity that might 

be needed in the event of unplanned unit outages. According to SPP Criteria, operating reserves should 

meet a capacity requirement equal to the sum of the capacity of largest unit in SPP and half of the capacity 

of the next largest unit in SPP. At least half of this requirement must be fulfilled by spinning reserve.  

The operating reserve capacity requirement was modeled at 1,675 MW and spinning reserve capacity 

requirement was modeled at 823 MW. The reserve requirements were met in the market economic models. 
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Figure 3.10: 2020 ITP Future 1 2022 Operating and Spinning Reserves 

3.2.1.5 Renewable Generation 

Wind and solar energy output is higher in the 2020 ITP than in the 2019 ITP because of additions identified 

during the generation review milestone. Wind output is noticeably greater due to the amount of installed 

capacity and approved RARs in 2020 ITP. 

 
Figure 3.11: Wind Energy Output Comparison 
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Figure 3.12: Solar Energy Output Comparison 

 

3.2.2 SYSTEM LOCATIONAL MARGINAL PRICE (LMP)  

Simulated LMPs were benchmarked against simulated LMPs from the 2019 ITP. This data was compared 

on an average monthly value-by-area basis. Figure 3.13 portrays the results of the benchmarking model for 

the SPP system. The decrease in LMPs in the 2020 ITP is due to a slight decrease in natural gas price fuel 

forecasts and additional renewable energy.  

 
Figure 3.13: System LMP Comparison 
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3.2.3 ADJUSTED PRODUCTION COST (APC) 

Examining the APC provides insight to which entities generally purchase generation to serve their load and 

which entities generally sell their excess generation. APC results for SPP zones were overall slightly lower 

in the 2020 ITP than in the 2019 ITP due to the change in fuel and renewable forecasts.  

The APC on a zonal level both increases and decreases depending on the characteristics of the zone, 

including level of renewable increase, retirements and zonal load forecast changes. See Figure 3.14 and 

Figure 3.15 for a summary of regional and zonal APC results. 
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Figure 3.14: Regional APC Comparison 

 
Figure 3.15: SPP Zonal APC Comparison16 

 

16 Any reference to the Integrated System (IS) legacy system is currently being assessed and is equivalent to the UMZ. 
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3.2.4 INTERCHANGE  

The 2020 ITP model interchange was validated against the 2019 ITP and current SPP operations data. The 

2020 ITP model is similar in shape and magnitude while overall exports are higher in the 2020 ITP than in 

the 2019 ITP. 

 

 
Figure 3.16: Interchange data comparison 
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4 NEEDS ASSESSMENT 

SPP and its member organizations worked together to forecast and analyze the regional transmission 

system’s economic, reliability, operational and public policy needs.  

4.1 ECONOMIC NEEDS 

SPP determines economic needs based on the congestion score associated with a constraint (monitored 

element/contingent element pair). The congestion score is calculated by multiplying the number of hours a 

constraint is congested in the model by the average shadow price of that constraint. Constraints with a 

calculated congestion score greater than 50k are considered an economic need. Additional constraints 

were identified that did not meet the 50k score, because they were related to the SPP-MISO Coordinated 

System Plan (CSP). The economic needs identified per future are shown in Figure 4.1 and Figure 4.2, and 

Table 4.1 and Table 4.2. 

 
Figure 4.1: Future 1 Economic Needs  
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Constraint 

2022 

Congestion 

Score 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

Butler-Altoona 138 kV for the loss of Caney River-Neosho 

345 kV 
471,640 742,822 1,104,558 

Dover-Okeene 138 kV for the loss of Watonga Switch-

Okeene 138 kV 
249,849 273,418 878,571 

Watford 230/115 kV transformer circuit 1 for the loss of 

Watford 230/115 kV circuit 2 
129,827 160,785 368,343 

SPSNMTIES 258,996 139,555 499,965 

Neosho-Riverton 161 kV for the loss of Blackberry-Jasper 

345 kV 
2,112 2,362 204,967  

Russett-South Brown 138 kV for the loss of Caney Creek-

Little City 138 kV 
- 73 198,136 

Hugo-Valliant 138 kV for the loss of Valliant-Hugo 345 kV 24,557 50,251 188,163 

Shamrock 115/69 kV transformer for the loss of 

Sweetwater-Chisholm 230 kV 
44,005 93,937 179,494 

Tecumseh Hill-Stull 115 kV for the loss of Lawrence Hill-

Swissvale 230 kV 
- 770 161,808 

Ogallala (NPPD)-Ogallala (Tri-State)115 kV for the loss of 

Ogallala-Grant 115 kV 
48,838 73,245 113,456 

Kress-Hale 115 kV for the loss of Swisher-Tuco 230 kV 78,368 79,027 100,584 

Hoxie-Beach 115 kV for the loss of Mingo-Setab 345 kV - 49,405 98,913 

Webb City Tap-Osage 138 kV for the loss of Sooner-

Cleveland 345 kV 
279,083 190,546 98,374 

Fort Peck 230/115 kV transformer for the loss of Fort Peck-

Dawson County 230 kV 
75,115 81,231 95,612 

Franks-South Crocker 161 kV for the loss of Huben-Franks 

345 kV 
15,925 5,743 89,487 

Cimarron 345/138 kV transformer circuit 1 for the loss of 

Cimarron 345/138 kV transformer circuit 2 
12,499 47,521 86,676 

Kerr-Maid 161 kV circuit 2 for the loss of Kerr-Maid 161 kV 

circuit 1 
64,087 67,792 74,697 

Southwestern Station-Anadarko 138 kV for the loss of 

Anadarko-Gracemont 138 kV 
417 17,625 57,225 

Scottsbluff-Victory Hill 115 kV for the loss of Stegall-Stegall 

230 kV 
20,544 29,628 50,647 
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Constraint 

2022 

Congestion 

Score 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

GRDA 161/115 kV transformer circuit 2 for the loss of GRDA 

345/161 kV transformer 
10,033 19,668 50,109 

Columbus East 230/115 kV transformer for the loss of 

Columbus East-Shell Creek 345 kV 
2,288 34,138 49,182 

Oahe-Sully Buttes 115 kV for the loss of Fort Thompson-

Leland Olds 345 kV 
- 35,036 48,119 

Granite Falls-Marshall Tap 115 kV for the loss of Lyon Co. 

345/115 kV transformer 
24,845 29,070 47,526 

Czech Hall-Cimarron 138 kV for the loss of Cimarron-

Draper 345 kV 
482 8,752 37,737 

Sioux City-Twin Church 230 kV for the loss of Raun-Hoskins 

345 kV  
991 43,452 33,843 

Kelly 161/115 kV for the loss of Kelly-Tecumseh Hill 161 kV 14,818 11,047 33,503 

Skyline-Quail Creek 138 kV for the loss of Northwest-

Arcadia 
- - 33,144 

Warrensburg-Warrensburg Air Force Base 161 kV for the 

loss of Overton-Sibley 345 kV 
9,803 9,806 29,644 

MISO RDT 3,419 11,044 22,016 

Cleveland AECI-Cleveland GRDA 138 kV for the loss of 

Cleveland-Tulsa North 345 kV 
221,537 588,917 15,434 

Webster-Wright 161 kV for the loss of Ledyard-Colby 345 

kV 
818 3,635 11,789 

Kelly 161/115 kV for the loss of Tecumseh Hill 161/115 kV 

transformer 
39 24 6,927 

Fulton-Patmos 115 kV for the loss of Sarepta-Longwood 

345 kV 
10 383 5,752 

Webster-Wright 161 kV for the loss of Grimes-Beaver Creek 

345 kV 
383 3,575 4,340 

Raun-Tekamah 161 kV for the loss of Raun-S3451 345 kV 324 4,622 2,733 

Split Rock 345/115 kV transformer circuit 10 for the loss of 

Split Rock 345/115 kV transformer circuit 11 
81 620 2,712 

Raun-S3451 115 kV for the loss of Grimes-Beaver Creek 345 

kV 
- 1,616 2,112 

Fulton-Patmos 115 kV for the loss of Grimes-Crockett 345 

kV 
- - 549 
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Constraint 

2022 

Congestion 

Score 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

Webster 161/115 kV transformer for the loss of Grimes-

Beaver Creek 345 kV 
- 26 324 

Wolf Creek 345/69 kV transformer for the loss of Waverly-

La Cygne 345 kV 
71,873 125,031 - 

Maryville (AECI)-Maryville 161 kV for the loss of Maryville-

Nodway 161 kV 
- - - 

Fairbilt-Winn County 161 kV (Base Case) - - - 

Maryville (AECI)-Maryville 161 kV for the loss of Maryville-

Creston 161 kV 
- - - 

Neosho-Riverton 161 kV for the loss of Blackberry-

Blackberry North 345 kV 
67,781 55,853 - 

Blue River-Parkland 138 kV for the loss of Arbuckle-

Arbuckle Blue River Tap 138 kV 
- - - 

Jameston-Valley 115 kV for the loss of Hankson-Wahpeton 

230 kV 
- - - 

Maryville (AECI)-Maryville 161 kV for the loss of Gentry-

Fairport 161 kV 
- - - 

Fairbilt-Winn County 161 kV for the loss of Huntley-Fairbilt 

161 kV 
- - - 

Table 4.1: Future 1 Economic Needs  
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Figure 4.2: Future 2 Economic Needs  

 

Constraint 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

Butler-Altoona 138 kV for the loss of Caney River-Neosho 345 kV 1,037,096 985,274 

Russett-South Brown 138 kV for the loss of Caney Creek-Little City 138 kV 224,826 522,446 

Watford 230/115 kV transformer circuit 1 for the loss of Watford 230/115 kV 

circuit 2 
188,501 356,741 

SPSNMTIES 288,984 342,683 

Dover-Okeene 138 kV for the loss of Watonga Switch-Okeene 138 kV 161,396 330,812 

Neosho-Riverton 161 kV for the loss of Blackberry-Jasper 345 kV 5,406 294,608 

Hugo-Valliant 138 kV for the loss of Valliant-Hugo 345 kV 134,545 274,983 

Maryville (AECI)-Maryville 161 kV for the loss of Gentry-Fairport 161 kV 50,470 264,789 

Fairbilt-Winn County 161 kV for the loss of Huntley-Fairbilt 161 kV 132,080 248,553 

Webb City Tap-Osage 138 kV for the loss of Sooner-Cleveland 345 kV 292,945 165,336 

Shamrock 115/69 kV transformer for the loss of Sweetwater-Chisholm 230 kV 101,372 163,207 

Raun-Tekamah 161 kV for the loss of Raun-S3451 345 kV 54,763 159,429 
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Constraint 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

Kress-Hale 115 kV for the loss of Swisher-Tuco 230 kV 69,276 146,036 

Cimarron 345/138 kV transformer circuit 1 for the loss of Cimarron 345/138 

kV transformer circuit 2 
44,947 127,108 

Oahe-Sully Buttes 115 kV for the loss of Fort Thompson-Leland Olds 345 kV 47,974 122,616 

Kerr-Maid 161 kV circuit 2 for the loss of Kerr-Maid 161 kV circuit 1 71,445 115,865 

Split Rock 345/115 kV transformer circuit 10 for the loss of Split Rock 345/115 

kV transformer circuit 11 
21,941 104,407 

Fort Peck 230/115 kV transformer for the loss of Fort Peck-Dawson County 

230 kV 
89,072 100,302 

Czech Hall-Cimarron 138 kV for the loss of Cimarron-Draper 345 kV 20,066 91,094 

Webster 161/115 kV transformer for the loss of Grimes-Beaver Creek 345 kV 64,431 87,329 

Skyline-Quail Creek 138 kV for the loss of Northwest-Arcadia 181 86,046 

Fairbilt-Winn County 161 kV (Base Case) - 84,745 

Tecumseh Hill-Stull 115 kV for the loss of Lawrence Hill-Swissvale 230 kV 8,535 80,935 

Ogallala (NPPD)-Ogallala(Tri-State) 115 kV for the loss of Ogallala-Grant 115 

kV 
66,234 80,857 

Hoxie-Beach 115 kV for the loss of Mingo-Setab 345 kV 35,723 76,020 

Kelly 161/115 kV for the loss of Kelly-Tecumseh Hill 161 kV 39,759 73,301 

Columbus East 230/115 kV transformer for the loss of Columbus East-Shell 

Creek 345 kV 
41,254 71,847 

MISO RDT 24,878 59,271 

Blue River-Parkland 138 kV for the loss of Arbuckle-Arbuckle Blue River Tap 

138 kV 
- 58,860 

Jameston-Valley 115 kV for the loss of Hankson-Wahpeton 230 kV 33,770 54,312 

Maryville (AECI)-Maryville 161 kV for the loss of Maryville-Creston 161 kV 77,169 41,543 

Franks-South Crocker 161 kV for the loss of Huben-Franks 345 kV 9,668 36,399 

Scottsbluff-Victory Hill 115 kV for the loss of Stegall-Stegall 230 kV 17,080 34,387 

Kelly 161/115 kV for the loss of Tecumseh Hill 161/115 kV transformer 227 25,582 

Warrensburg-Warrensburg Air Force Base 161 kV for the loss of Overton-

Sibley 345 kV 
23,062 24,216 

Webster-Wright 161 kV for the loss of Grimes-Beaver Creek 345 kV 13,979 20,086 
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Constraint 

2025 

Congestion 

Score 

2030 

Congestion 

Score 

GRDA 161/115 kV transformer circuit 2 for the loss of GRDA 345/161 kV 

transformer 
4,379 19,759 

Southwestern Station-Anadarko 138 kV for the loss of Anadarko-Gracemont 

138 kV 
7,316 18,179 

Granite Falls-Marshall Tap 115 kV for the loss of Lyon Co 345/115 kV 

transformer 
17,005 17,400 

Fulton-Patmos 115 kV for the loss of Sarepta-Longwood 345 kV 818 15,641 

Cleveland AECI-Cleveland GRDA 138 kV for the loss of Cleveland-Tulsa North 

345 kV 
675,138 14,257 

Sioux City-Twin Church 230 kV for the loss of Raun-Hoskins 345 kV  39,084 8,143 

Webster-Wright 161 kV for the loss of Ledyard-Colby 345 kV 3,040 6,567 

Fulton-Patmos 115 kV for the loss of Grimes-Crockett 345 kV 29 3,015 

Raun-S3451 115 kV for the loss of Grimes-Beaver Creek 345 kV 6,005 2,192 

Wolf Creek 345/69 kV transformer for the loss of Waverly-La Cygne 345 kV 162,158 - 

Maryville (AECI)-Maryville 161 kV for the loss of Maryville-Nodway 161 kV 146,469 - 

Neosho-Riverton 161 kV for the loss of Blackberry-Blackberry North 345 kV 73,449 - 

Table 4.2: Future 2 Economic Needs  

4.1.1 TARGET AREA 

As part of the economic needs assessment, one target area was identified for the assessment to focus 

analysis efforts of SPP staff and stakeholders. After posting of the needs assessment, the need for additional 

analysis in another area of the system was identified by SPP staff. Drivers for these areas included: 

• Unresolved transmission limits identified in previous ITP assessments  
• Operational evaluation(s) 
• Historical and projected congested flowgates in area 
• Steady-state reliability violations 
• Parallel and in-series relationships between flowgates/transmission corridors 
• Impacted heavily by critical EHV contingencies 
• Transient stability concerns for existing generators 

 

4.1.1.1 MISO Regional Directional Transfer Target Area 

The MISO Regional Directional Transfer (RDT) Target Area for the 2020 ITP aided SPP in regionally 

coordinated efforts to identify and evaluate potential transmission upgrades needed to mitigate impacts to 

the SPP transmission system due to transfers between the MISO Midwest and MISO South regions. SPP has 

historically seen congestion in the SPP footprint related to north-to-south flows within MISO. The flowgates 

that were identified as having the potential to meet these goals are shown in Figure 4.3 and listed in Table 
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4.3. SPP transmission facilities impacted by the exchange of power between MISO regions were evaluated 

as a target area with the potential for additional analysis in the 2020 ITP.  

 
Figure 4.3: 2020 CSP Flowgates 

CSP Target Flowgates 

Raun-Tekamah 161 kV 

Patmos-Fulton 115 kV 

Chub Lake 345/115 kV transformer 

Webster 345/115 kV transformer 

Hugo-Valliant 138 kV 

Kelly 161/115 kV transformer 

Kerr-Maid 161 kV #2 

Marshall-Granite Falls 115 kV 

Neosho-Riverton 161 kV 

Warrensburg-Whiteman AFB 161 kV 

Table 4.3: MISO North CSP Interface Target Area Flowgates 
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4.1.2 SPS-NEW MEXICO TIES INTERFACE 

The increased power flows into eastern New Mexico in SPS due to growing load and projected retirements 

has resulted in an increase in contingencies causing thermal and low voltage criteria and voltage collapse 

conditions in the initial and final base reliability and market power flow needs assessments. The SPS New 

Mexico Interface was added to the Market Economic Model post-constraint assessment to limit economic 

transfers and address voltage collapse observed in the development of the market economic model. This 

resulted in the SPSNMTIES interface being identified as a top congested economic need limiting economic 

transfer of energy into the area.  

The interface limits imports into southeastern New Mexico in SPP market operations via the Crossroads-

Eddy 345 kV, Yoakum-Hobbs 345 kV, San Juan-Chaves 230 kV, and Ink Basin-Hobbs 230 kV. The intent of 

the interface is maintain transmission system voltage stability in southeastern New Mexico under system 

intact and N-1 conditions. For the purposes of the assessment, the interface was limited (into southeastern 

New Mexico) to 765 MW for summer and winter seasons to proxy the power transfer limits that maintain 

pre- and post-contingent voltage limits on the transmission system in southeastern New Mexico and 

surrounding transmission system for both system intact and loss of critical generation and 230 kV and 345 

kV lines. SPS has three interfaces in the area to proxy non-thermal system limits and limit power transfer 

limits listed in Table 4.4 The interface congestion was identified as being related to: 

 Base reliability powerflow models low voltage and voltage collapse needs in year-10 summer peak 

 Market powerflow models Future 1 low voltage needs and voltage collapse needs in year-10 

summer peak 

 Market powerflow models Future 2 low voltage needs and voltage collapse needs in year-five 

summer peak 

Supplemental information was posted with the needs assessment explaining the SPSNMTIES interface and 

outlined solution evaluation and additional analysis needed to aid stakeholders with their solution 

submittals. The New Mexico Ties Interface Guidelines and Study Scope included a rigorous AC Power 

transfer thermal and voltage analysis and results with 0.02 per unit voltage safety margin applied to low 

voltage monitoring criteria. The study analysis and deliverables were required to support new SPSNMTIES 

interface ratings for economic solution evaluation. 
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Figure 4.4: 2020 SPS New Mexico Ties Flowgates 

Flowgate Interface Limitation 

Name Definition MW Flow Directionality  

SPSNMTIES 

San Juan Tap-Chaves County 230 kV 

765 North-to-South 
Crossroads-Eddy County 345 kV 

Ink Basin-Hobbs 230 kV 

Yoakum-Hobbs 345 kV 

SPPSPSTIES 

Border-Tuco 345 kV 

1345 East-to-West 

Beaver County-Hitchland circuit 1&2 345 kV 

Carpenter-Hitchland 345 kV 

Jericho-Kirby 115 kV 

E-Liberman-Texas Panhandle 115 kV 

Oklaunion-Tuco 345 kV 

Sham-McLean 115 kV 

Sweetwater-Wheeler 230 kV 

SPSNORTH_STH 

Amarillo South-Swisher 230 kV 

1645 North-to-South 

Bushland-Deaf Smith 230 kV 

Newhart-Potter County 230 kV 

Randall-Canyon E Tap 115 kV 

Randall-Palo Duro 115 kV 
Table 4.4: SPSNMTIES Interface Area Flowgates 
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4.2 RELIABILITY NEEDS 

4.2.1 BASE RELIABILITY ASSESSMENT 

Contingency analysis for the base reliability models consisted of analyzing P0, P1 and P2.1 planning events 

from Table 1 in the NERC TPL-001-4 standard, as well as remaining events that do not allow for non-

consequential load loss or the interruption of firm transmission service. 

During the needs assessment, potential violations were solved or marked invalid through methods such as 

reactive device setting adjustments, model updates, and identification of invalid contingencies, non-load-

serving buses and facilities not under SPP’s functional control. Figure 4.5 and Figure 4.6 summarize the 

number of remaining thermal and voltage needs17 that were unable to be mitigated during the screening 

process.  

 
Figure 4.5: Unique Base Reliability Needs 

17 Figures summarize unique monitored elements. 
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Figure 4.6: Unique Base Reliability Voltage Needs 

 
Figure 4.7: Base Reliability Needs 

4.2.2 MARKET POWERFLOW ASSESSMENT 

Contingency analysis for the market powerflow models was performed in accordance with the ITP Manual. 
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Figure 4.8 summarizes the number of remaining voltage needs18 that were unable to be mitigated during 
the screening process. There were no thermal market powerflow model needs that were considered during 
the 2020 ITP.  

 
Figure 4.8: 2020 Market Powerflow Voltage Needs by Season 

 
Figure 4.9: Future 1 Reliability Needs 

18 The figure summarizes the unique monitored elements per season. 
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Figure 4.10: Future 2 Reliability Needs 

4.2.3 NON-CONVERGED CONTINGENCIES 

SPP used engineering judgment to resolve non-converged cases from the contingency analysis. Some non-

converged cases could not be solved due to the contingency taken. Relative violations were identified as 

voltage collapse reliability needs in the applicable model and are listed in Table 4.5.  

Model Monitored Element Contingent Element 

Reliability 

Need 

Base Reliability 2030 Summer Peak Phantom 115 kV Hobbs-Kiowa 345 kV Voltage 

Base Reliability 2030 Summer Peak Phantom 115 kV P53:345:SPS:EDDY-AT-FNC+ Voltage 

Base Reliability 2030 Summer Peak Phantom 115 kV 
P42:345:SPS:KIOWA:J20####

_SLG 
Voltage 

Future 2 2025 Summer Peak Gaines 345 kV Gaines Generator Voltage 

Future 1 2030 Summer Peak Gaines 345 kV Gaines Generator Voltage 

Future 2 2030 Summer Peak Gaines 345 kV Gaines Generator Voltage 

Table 4.5: Reliability Needs Resulting from Non-Converged Contingencies 

4.2.4 SHORT-CIRCUIT ASSESSMENT 

SPP provided the total bus fault current study results for single-line-to-ground (SLG) and three-phase faults 

to the Transmission Planners (TPs) for review.  
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The TPs were required to evaluate the results and indicate if any fault-interrupting equipment would have 

its duty ratings exceeded by the maximum available fault current. For equipment that would have its duty 

ratings exceeded, the TP provided the applicable duty rating of the equipment and the violation was 

identified as a short-circuit need.  

The TPs can perform their own short-circuit analysis to meet the requirements of TPL-001. However, any 

corrective action plans that result in the recommended issuance of a NTC are based on the SPP short-circuit 

analysis.  

The two TPs identifying short-circuit needs were Evergy and Western Farmers Electric Cooperative 

(WFEC). The needs are depicted in Figure 4.11. 

  
Figure 4.11: Short-Circuit Needs 

4.3 PUBLIC POLICY NEEDS 

Policy needs were analyzed based on the curtailment of renewable energy such that an energy-based 

renewable portfolio standard is not able to be met. Each zone with an energy mandate or goal was analyzed 

on a utility-by-state level for renewable curtailments to determine if they met their mandate or goal. Policy 

needs are the result of an inability to dispatch renewable generation due to congestion, and any utility-by-

state not meeting its renewable mandate or goal. 

All utilities met their overall renewable mandates and goals, thus no policy needs were identified.  
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4.4 PERSISTENT OPERATIONAL NEEDS  

4.4.1 ECONOMIC OPERATIONAL NEEDS 

The economic operational needs identified for the 2020 ITP assessment in Table 4.6 through Table 4.8 

were posted for informational purposes only.  

Constraint Monitored Element Contingent Element 

Congestion 

Cost 

TMP421_24095 XF Cimarron 345/138 kV XF Cimarron 345/138 kV $52,090,959 

FRAMIDCANCED LN Midwest-Franklin 138 kV LN Cedar Lane-Canadian 138 kV $42,896,115 

CHAWATCHAPAT 

TMP269_23661 
LN Charlie Creek-Watford 230 kV 

LN Charlie Creek-Patent Gate 345 

kV 
$24,968,600 

SMOSUMMULCIR LN Smoky Hills-Summit 230 kV LN Great Bend-Circle 230 kV $21,897,392 

SCOVICSTESTG 

TMP127_23359 
LN Scottsbluff-Victory Hill 115 kV XF Stegall 345/230 kV $18,063,559 

TMP159_24149 LN Russett-South Brown 138 kV LN Little City-Brown Tap 138 kV $11,522,032 

Table 4.6: Economic Operational Needs 

The constraints in Table 4.7 had associated future upgrades which are expected to reduce some or all 

congestion associated with the constraint. 

Constraint Monitored Element Contingent Element 

Congestion 

Cost Notes 

TMP142_25323 

TMP39_23235 

LN Waverly-La Cygne 

345 kV 

LN Caney River-Neosho 

345 kV 

$80,306,731  2019 ITP approved 

Wolf Creek-

Blackberry 345 kV 

TMP270_23432 Cleveland 138 kV GRDA-

AECI Bus Tie 

LN Cleveland-Tulsa 

North 345 kV 

$53,229,005  ITP approved 

Sooner-Wekiwa 

345 kV 
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Constraint Monitored Element Contingent Element 

Congestion 

Cost Notes 

GGS LN Gentleman-Red 

Willow 345 kV 

LN Gentleman-

Sweetwater 345 kV 

circuit 1 

LN Gentleman-

Sweetwater 345 kV 

circuit 2 

LN Gentleman-North 

Platte 230 kV circuit 1 

LN Gentleman-North 

Platte 230 kV circuit 2 

LN Gentleman-North 

Platte 230 kV circuit 3 

System Intact $34,002,078  NTC for 

Gentleman- 

Cherry Co.-Holt 

345 kV (2012 

ITP10) 

TMP109_22593 LN Stonewall-Tupelo 

138 kV 

LN Seminole-Pittsburg 

345 kV 

$31,746,284  NTC for Tupelo 

138 kV terminal 

upgrades (July 

2021, 2017 ITP10) 

NEORIVNEOBLC LN Neosho-Riverton 161 

kV 

LN Neosho-Blackberry 

345 kV 

$18,063,262  Neosho-Riverton 

161kV rebuild 

(October 2023, 

ATSS SPP-2019-

AG1-AFS-2) 

TMP226_24352 LN Mathewson-

Northwest 345 kV 

LN Mathewson-

Cimarron 345 kV 

$14,806,741  2019 ITP approved 

terminal upgrades 

TEMP89_22229 LN Anadarko-Gracemont 

138 kV 

LN Washita-

Southwestern 138 kV 

$14,786,648  2019 ITP approved 

Anadarko-

Gracemont 138 kV 

circuit 1 Rebuild 

WICXF2WICXF1 XF Wichita 345/138 kV 

circuit 2 

XF Wichita 345/138 kV 

circuit 1 

$13,212,822  2014 ITP Near-

Term, Viola-

Sumner County 

138 kV 

TEMP72_22893 LN Wolf Creek-Waverly 

345 kV 

XF Wolf Creek 345/69 kV $11,353,483  2019 ITP approved 

Wolf Creek-

Blackberry 345 kV 

Table 4.7: Economic Operational Needs 
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The constraints in Table 4.8 had associated upgrades in place which have reduced or eliminated loading of 

the associated constraint.  

Constraint 

Monitored 

Element 

Contingent 

Element 

Congestion 

Cost Notes 

SUNAMOTOLYOA LN Sundown-

Amoco 230 kV 

LN Tolk-Yoakum 

230 kV 

$28,915,221 Terminal equipment 

upgrades (2016 ITPNT), has 

not loaded since ratings 

update on 12/19/19 

VINHAYPOSKNO LN Vine Tap-North 

Hays 115 kV 

LN Postrock-Knoll 

230 kV 

$15,194,807 Parallel Postrock-Knoll 230 

kV (2017 ITP10), has not 

loaded since completion of 

project Q4 2018 

TMP151_23193 LN Oakland North-

Atlas Junction 161 

kV 

LN Asbury-Purcell 

161 kV 

$13,426,140 Upgrade (Non-Public) 

Table 4.8: Economic Operational Needs 

4.4.2 RELIABILITY OPERATIONAL NEEDS 

There were no reliability operational needs identified during the 2020 ITP assessment.  

4.5 NEED OVERLAP 

Relationships identified among the various need types aid in development of the most valuable regional 

solutions. SPP staff identified relationships among the economic needs to both the base reliability needs 

and informational economic operational needs. 
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Figure 4.12: Base Reliability and Economic Need Overlap 

Overlapping Reliability and Economic Needs 

Cleveland AECI-Cleveland GRDA 138 kV for the loss of Cleveland-Tulsa North 345 kV 

Watford 230/115 kV transformer 1 for the loss of Watford 230/115 kV transformer 2 

Webb City Tap-Osage 138 kV for the loss of Sooner-Cleveland 345 kV 

GRDA 345/161 kV transformer 1 for the loss of GRDA 345/161 kV transformer 2 

Table 4.9: Overlapping Reliability and Economic Needs 

Overlapping Informational Operational and Economic Needs 

Cimarron 345/138 kV transformer 1 for the loss of Cimarron 345/138 kV transformer 2 

Scotts Bluff-Victory Hill 115 kV for the loss of Stegall 345/230 kV transformer 

Russett-South Brown 138 kV for the loss of Little City-Brown Tap 138 kV 

Neosho-Riverton 161 kV for the loss of Blackberry-Neosho 345 kV 

Cleveland AECI-Cleveland GRDA 138 kV for the loss of Cleveland-Tulsa North 345 kV 

Table 4.10: Overlapping Informational Operational and Economic Needs 

4.6 ADDITIONAL ASSESSMENTS 

Additional assessments were performed to satisfy SPP tariff requirements involving parts of the 

transmission system that were not included in the approved model sets. 
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4.6.1 GRIDLIANCE HIGH PLAINS 

GridLiance High Plains (GLHP) performed its local planning process assessment in 2019 and identified two 

new transmission upgrades required to meet local planning process needs. To satisfy its own NERC and 

tariff requirements, GLHP requested SPP to exercise the requirements under FAC-002 and Attachment O, 

Section II.1(e), of the tariff to perform a no-harm analysis on the proposed upgrades and coordinate the 

upgrades with the potential solutions of the 2020 ITP assessment. 

An analysis was performed to satisfy these obligations by determining the impact of including the proposed 

local planning process upgrades in the 2020 ITP base reliability and market powerflow model sets. After 

performing the no-harm study on the projects, two overload violations were identified as resultant of one 

the GLHP local planning projects. GridLiance then identified discrepancies between SPP’s models and their 

internal models which had higher MVA capacity on the violated lines. The project in question was 

resubmitted with additional rating corrections and no further violations were discovered. Therefore, no 

new transmission needs or violations were identified on the existing system due to the proposed local 

planning process upgrades. 

Upgrades 

Cost Est. 

(millions) Location 

Proposed 

ISD 

Goodwell-Red Devil 115 kV line, Red Devil substation 

expansion, and Goodwell-Y-Road115 kV terminal equipment 

16 Oklahoma 

Panhandle 

2023 

Winfield Tie 69 kV new substation,14.4 MVAR capacitor 

bank 

8 Southern 

Kansas 

2022 

Table 4.11: Upgrades identified in GridLiance local planning assessment in 2019 
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5 SOLUTION DEVELOPMENT AND 

EVALUATION 

Solutions were evaluated in each applicable scenario and modeled to determine their effectiveness in 

mitigating the needs identified in the needs assessment. The project solutions assessed included the 

Federal Energy Regulatory Commission (FERC) Order 1000 and Order 890 solutions submitted by 

stakeholders, SPP staff, projects submitted in previous planning studies, and model adjustments/ 

corrections. MISO staff also provided a subset of solutions identified in the MTEP20 for evaluation in SPP 

models. SPP staff analyzed 1,577 Detailed Project Proposals (DPP) solutions received from stakeholders 

and approximately 626 SPP staff solutions (including those provided by MISO as well as additional 

solutions developed during portfolio development). SPP staff members developed a standardized 

conceptual cost template to calculate a conceptual cost estimate for each project to utilize during screening.  

5.1 RELIABILITY PROJECT SCREENING 

Solutions were tested in each powerflow model to determine their ability to mitigate reliability criteria 

violations in the study horizon. To be considered effective, a solution must have been able to address the 

needs such that the identified facilities were within acceptable limits defined in the SPP Criteria and 

members’ more stringent local planning criteria. Figure 5.1 illustrates the reliability project screening 

process. 

Reliability metrics developed by SPP staff and stakeholders and approved by the TWG were calculated for 

each project and used as a tool to aid in developing a portfolio of projects to address all reliability needs. 

The first metric is cost per loading relief (CLR) score, which relates the amount of thermal loading relief a 

solution provides to its engineering and construction (E&C) cost. The second metric is cost per voltage 

relief (CVR) score, which relates the amount of voltage support a solution provides to its E&C cost. 
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Figure 5.1: Reliability Screening Process 

 

5.2 ECONOMIC PROJECT SCREENING 

All solutions were evaluated for their economic performance to determine their effectiveness in mitigating 

transmission congestion in the study horizon. A one-year benefit-to-cost (B/C) ratio and a 40-year net 

present value (NPV) B/C ratio were calculated for each project based on its projected APC savings in each 

future and study year.  

The annual change in APC for all SPP pricing zones is considered the one-year benefit to the SPP region for 

each study year. The one-year benefit is divided by the one-year cost of the project to develop a B/C ratio 

for each project. The one-year cost, or projected annual transmission revenue requirement (ATRR), is 

calculated using a historical SPP average net plant carrying charge (NPCC) multiplied by the project 

conceptual cost. The NPCC used for this assessment was 16.38 percent. The 40-year project cost is 

calculated using this NPCC, an eight percent discount rate and a 2.5 percent inflation rate. 

The correlation of congestion in different areas of the system was identified and accounted for during the 

economic screening process. Where appropriate, this included adding new flowgates to screening 

simulations to ensure potential congestion created by projects would be captured, as well as pairing certain 

projects to ensure correlated congestion would be resolved by a more comprehensive solution set. These 

adjustments ensure the projected benefits of projects are not over- or under-stated. 

Process DPPs and 
develop SPP staff 

solutions

Test all solutions 
against all needs

Assign cost to 
each project

CLR/CVR for each 
solution/need 
combination
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5.3 SHORT-CIRCUIT PROJECT SCREENING 

Solutions submitted to address overdutied breakers were reviewed to ensure the updated breaker ratings 

submitted were greater than the maximum available fault current identified in the short-circuit needs 

assessment.  

5.4 PUBLIC POLICY PROJECT SCREENING 

No public policy needs were identified in the 2020 ITP; therefore, no projects were analyzed during the 

public policy project screening. 

5.5 PERSISTENT OPERATIONAL PROJECT SCREENING 

In October 2019, the MOPC approved a waiver of the requirement to evaluate solutions against the 

economic operational needs associated with flowgates in the 2020 ITP assessment due to identified 

software limitations. Due to this approved waiver, no projects were analyzed during persistent operational 

project screening.  
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6 PORTFOLIO DEVELOPMENT 

6.1 PORTFOLIO DEVELOPMENT PROCESS 

Figure 6.1 shows a high-level overview of the portfolio development process. The process starts with the 
utilization of project metric results in project grouping and continues through the development of a 
consolidated portfolio that comprehensively addresses the system’s needs.  
 

 
Figure 6.1: Portfolio Development Process 

 

6.2 PROJECT SELECTION AND GROUPING 

Once all solutions were screened, draft groupings were developed in parallel to address the different need 

types across the system. SPP used Study Estimates and stakeholder feedback from regularly-scheduled 

working group meetings, the July 2020 SPP transmission planning summit, and SPP’s Request Management 

System.  

6.2.1 STUDY ESTIMATES 

Solutions that performed well using the screening assessments described in section 5, Solution 

Development and Evaluation were sent out for the development of Study Estimates (final project cost 

within ±30 percent). In cases where the cost estimate was not received before the July 2020 SPP 

transmission planning summit, conceptual cost estimates were utilized. Individual project upgrades with 
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the potential to be deemed competitive were sent to a third-party cost estimator. Remaining project 

upgrades were sent to the incumbent transmission owner(s). Once the study estimates were received, that 

cost was used for the remainder of the portfolio development process.  

6.2.2 RELIABILITY GROUPING 

A programmatic method was used to compare the metric results for the extensive number of solutions to 

be evaluated. Using this solution selection software, a subset of solutions was generated by considering the 

metrics described in section 5.1. During this process, SPP staff applied engineering judgment to develop a 

draft list of selected and high-performing alternate solutions. This analysis was performed for each of the 

base reliability, Future 1, and Future 2 reliability needs.  

The list of reliability solutions was continually refined through stakeholder feedback. Figure 6.2 below 

shows the final reliability grouping selected to address the valid list of reliability needs in the 2020 ITP.  

Project Area Cost Scenario19 

Grady 138 kV capacitor bank AEPW $688,781 22S / BR 

South Shreveport-Wallace Lake 138 kV rebuild AEPW $23,622,577 25S / BR 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV rebuild OKGE $5,362,799 25S / BR 

S3456-S3458 345 kV terminal equipment OPPD $678,865 30S / BR 

Allen-Lubbock South 115 kV rebuild SPS $6,817,226 22S / BR 

Allen-Quaker 115 kV rebuild SPS $4,732,267 22S / BR 

Bushland-Deaf Smith 230 kV terminal equipment SPS $923,938 22L / BR 

Carlisle-Murphy 115 kV rebuild SPS $4,746,175 22S / BR 

Deaf Smith-Plant X 230 kV terminal equipment SPS $2,100,196 22L / BR 

Deaf Smith #6-Friona 115 kV rebuild SPS $12,626,190 22L / BR 

Deaf Smith #6-Hereford 115 kV rebuild SPS $6,660,556 22L / BR 

Eddy County-North Loving 345 kV new line SPS $64,422,600 30S / BR 

Jones-Lubbock South 230 kV terminal equipment circuit 1 SPS $666,728 30S / BR 

Jones-Lubbock South 230 kV terminal equipment circuit 2 SPS $397,668 30S / BR 

Lubbock South-Wolfforth 230 kV terminal equipment and 

clearance increase 
SPS $872,391 22S / BR 

Maljamar 115 kV capacitor bank SPS $685,440 30S / F1 

Newhart-Plant X 230 kV terminal equipment SPS $2,024,293 22L / BR 

Newhart-Potter County 230 kV terminal equipment SPS $731,282 22L / BR 

Replace Roswell 115/69 kV transformer #1 SPS $2,777,743 22S / BR 

19 This is the earliest season. 
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Project Area Cost Scenario19 

Russell 115 kV capacitor bank SUNC $2,841,951 22S / F1,F2 

Nixa-Nixa Espy 69 kV terminal equipment SWPA $91,147 25S / BR 

Agate 115 kV reactor WAPA $571,200 22L / F1,F2 

Bismarck 115 kV reactors WAPA $2,380,700 22L / BR,F2 

Devil's Lake 115 kV reactor WAPA $1,190,000 22L / F1,F2 

Moorehead 230 kV reactor WAPA $1,515,440 22S / F1,F2 

Richmond 115 kV substation, Richmond 115/69 kV 

transformer, Richmond-Aberdeen 115 kV line 
WAPA $11,394,000 22L / BR 

Watford 230/115 kV transformer circuit 1 terminal equipment, 

circuit 2 replacement 
WAPA $3,562,780 22L / BR 

Circleville-Goff 115 kV circuit 1 rebuild WERE $12,114,772 25S / BR 

Goff-Kelly 115 kV rebuild WERE $7,108,395 25S / BR 

Meadowlark-Tower 33 115 kV rebuild WERE $1,342,588 30S / BR 

Table 6.1: Reliability Project Grouping 

 

 
Figure 6.2: Reliability Project Grouping 

742 of 1082



6.2.3 SHORT-CIRCUIT GROUPING 

The solutions submitted to address overdutied breakers identified in the short-circuit needs assessment 

were grouped together as a set of solutions to address the short-circuit needs. No testing was required for 

these solutions because the submitted breaker upgrades only need to be rated higher than the maximum 

fault current identified in the needs assessment. Table 6.2 summarizes the final short-circuit grouping, 

while Figure 6.3 shows the approximate location of identified projects within the SPP footprint. 

Reliability Project Area Cost Scenario 

Replace three breakers at Northeast 161 kV KCPL $887,479 22S / BR 

Replace one breaker at Stilwell 161 kV  KCPL $566,485 22S / BR 

Replace one breaker at Leeds 161 kV  KCPL $566,485 22S / BR 

Replace one breaker at Shawnee Mission 161 kV  KCPL $566,485 22S / BR 

Replace one breaker at Southtown 161 kV  KCPL $566,485 22S / BR 

Replace two breakers at Lake Road 161 kV  KCPL $1,132,970 22S / BR 

Replace two breakers at Craig 161 kV  KCPL $1,132,970 22S / BR 

Replace four breakers at Anadarko 138 kV WFEC $850,000 22S / BR 

Table 6.2: Short-Circuit Project Grouping 

 
Figure 6.3: Short-Circuit Project Grouping 
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6.2.4 ECONOMIC GROUPING 

All projects with a one-year B/C ratio of at least 0.5 or a 40-year NPV B/C ratio of at least 1.0 during the 

project screening phase were further evaluated while developing project groupings. Projects were 

evaluated and grouped based on one-year project cost, one-year APC benefit, 40-year project cost, 40-year 

NPV B/C ratio, and congestion relief for the economic needs. 

Three economic project groupings were developed for each future, resulting in six total groupings: 

1. Cost-Effective (CE): Projects with the lowest cost per congestion cost relief for a single economic 
need 

2. Highest Net APC Benefit (HN): Projects with the highest APC benefit minus project cost, with 
consideration of overlap if multiple projects mitigate congestion on the same economic needs 

3. Multi-variable (MV): Projects selected using data from the two other groupings; including the 
flexibility to use additional considerations 

The following factors were considered when developing and analyzing project groupings per future: 

 One-year project cost, APC benefit, and B/C ratio 
 40-year NPV cost, APC benefit, and the B/C ratio 
 Congestion relief a project provides for the economic needs of that future and year 
 Project overlap, or when two or more projects that relieve the same congestion are in a single 

portfolio 
 Potential for a project to mitigate multiple economic needs 
 Any potential routing or environmental concerns with projects 
 Any long-term concerns about the viability of projects 
 Seams and non-seams project overlap 
 Relief of downstream and/or upstream issues, tested by event file modification 
 Potential for a project to mitigate reliability, operational or public policy needs, which covers 

current market congestion 
 Potential for a project to address non-thermal issues 
 Need for new infrastructure versus leveraging existing infrastructure 
 Larger-scale solutions that provide more robustness and additional qualitative benefits 

 

Table 6.3 identifies a comprehensive list of economic projects included in the four initial groupings. Some 

projects appeared in multiple groupings.  

Project Description 

F1 F2 

CE HN CE HN 

Fort Peck 230/115 kV transformer replacement X X X X 

Watford 230/115 kV transformer circuit 1 terminal equipment and circuit 2 

replacement 
X X X X 

Lyon 345/115 kV transformer replacement X X X X 

Blue River-Parklane 138 kV terminal equipment - - X X 

Russett-South Brown 138 kV rebuild X X X X 

Kelly 161/115 kV terminal equipment X X X X 

Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 138 kV X X X X 
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Project Description 

F1 F2 

CE HN CE HN 

Airport 115/69 kV substation and transformer, Airport-Sioux City 115 kV new line - - X X 

Anadarko-Southwest Station 138 kV terminal equipment X X - - 

GRDA 1 345/161 kV circuit 1 and circuit 2 terminal equipment X X - - 

Ogallala-Ogallala 115 kV terminal equipment X X X X 

Hugo-Valliant 138 kV terminal equipment X X X X 

Atwood-Colby 115 kV terminal equipment, Hoxie-Beach-Redline 115 kV terminal 

equipment 
X X - - 

Columbus East 230/115 kV transformer replacement X X X X 

Sioux City-Twin Church 230 kV terminal equipment X X - - 

Franks-South Crocker-Lebanon 161 kV terminal equipment X X X X 

Pleasant Valley 345/138 kV station, Pleasant Valley-Minco 345 kV new line - X - X 

Cimarron South 345/138 kV station, Cimarron South-Minco 345 kV new line, Quail 

Creek-Skyline 138 kV rebuild, re-terminate nearby 345 and 138 kV lines into new 

station 

X - X - 

Oahe-Sully Buttes-Whitlock-Glenham 230 kV terminal equipment X X X X 

Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 138 kV terminal upgrades X X X X 

Victory Hill-Scottsbluff 115 kV and Alliance-Snake Creek 115 kV rebuild X - - - 

Second Stegall 345/230 kV transformer, Stegall-Stegall 230 kV new line, Alliance-

Snake Creek 115 kV rebuild 
- X - - 

Tecumseh Hill-Stull-Mockingbird 115 kV rebuild X X X X 

Table 6.3: Economic Project Grouping 

6.2.4.1 Project Subtraction Evaluation 

Draft groupings were developed using project screening results, which tests projects by incrementally 

adding changes to the base market economic models. When assessing a group of economic solutions, it is 

necessary to re-evaluate project performance within the grouping to ensure the projected APC benefit of 

each project in the grouping remains supportive of the required B/C ratio thresholds. “Subtraction 

evaluation” is used to identify when multiple projects can provide congestion relief to a constraint or 

projects that are dependent on each other to relieve overall system congestion. New sets of “base cases” 

were created by adding the solutions included in each grouping along with relevant model adjustments, 

corrections, and market powerflow model projects required to meet the future’s needs. All economic 

projects were then removed from the models individually to determine each project’s APC impact 

compared to the new base case. Projects that did not meet a 1.0 B/C ratio from the subtraction evaluation 

were removed from the grouping. This subtraction evaluation was repeated for each grouping until all 

remaining projects maintained a minimum B/C ratio of 1.0 over 40 years. 

6.2.4.2 Final Economic Groupings 

The selected grouping for each future was the grouping that provided the highest net benefit to the SPP 

region when comparing APC savings to the cost of the projects. The cost-effective grouping was selected for 

Future 1, while the highest net grouping was selected for Future 2. Table 6.4 shows the final list of projects 

included in each grouping. 

745 of 1082



Description 

F1 F2 

CE HN CE HN 

Arbuckle-Blue River 138 kV terminal equipment - - X - 

Fort Peck 230/115 kV transformer replacement - X - - 

Watford 230/115 kV transformer circuit 1 terminal equipment, circuit 2 replacement X X X X 

Blue River-Parklane 138 kV terminal equipment - - X - 

Anadarko-Gracemont 138 kV rebuild as double-circuit X X X - 

Russett-South Brown 138 kV rebuild X X X X 

Kelly 161/115 kV terminal equipment - - X - 

Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 138 kV X X X X 

GRDA 1 345/161 kV circuit 1 & circuit 2 terminal equipment X X X - 

Hugo-Valliant 138 kV terminal equipment - - X - 

Columbus East 230/115 kV transformer replacement - X X - 

Split Rock 345/115 kV circuit 10 and 11 terminal equipment - - X X 

Franks-South Crocker-Lebanon 161 kV terminal equipment X X - - 

Tap Woodward-Border 345 kV, Chisholm-Tap 345 kV new line X X - X 

Oahe-Sully Buttes-Whitlock 230 kV terminal equipment - - - X 

Oahe-Sully Buttes-Whitlock-Glenham-Campbell 230 kV terminal equipment - X X - 

Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 138 kV terminal upgrades X X X X 

Cimarron 345/138 kV circuit 3 Transformer, Cimarron-Czech Hall 138 kV terminal 

equipment, Cimarron-Draper 345 kV terminal equipment 

X - X - 

Pleasant Valley 345/138 kV Station, Minco-Pleasant Valley-Draper 345 kV new line, 

Franklin-Midwest 138 kV terminal equipment, Cimarron-Draper 345 kV terminal 

equipment and Pleasant Valley cut-in 

- X - X 

Anadarko-Gracemont 138 kV rebuild; Anadarko-Southwest Station 138 kV terminal 

equipment 

- - - X 

Table 6.4:  Final Economic Project Grouping 

Figure 6.4 and Figure 6.5 show the approximate location of identified projects within the SPP footprint. 
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Figure 6.4: Final Project Groupings-Future 1-Highest Net 

 
Figure 6.5: Final Groupings-Future 2-Highest Net APC 
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Table 6.5 shows a summary of benefits, costs, net APC benefit, and B/C ratios. Based on the net APC 

benefits detailed below, the grouping with the highest net APC benefit in each future was selected as the 

future’s final portfolio. 

Grouping 

Y5 

Benefit 

($M) 

Y10 

Benefit 

($M) 

40-Year 

Benefit 

($M) 

40-Year 

NPV 

Cost 

($M) 

40-Year 

Net 

Benefit 

($M) 

Y5 

B/C 

Y10 

B/C 

40-Year 

B/C 

Selected 

Portfolio 

F1 CE $55.7 $82.6 $1,528 $352.3 $1,176 1.50 2.22 4.34  

F1 HN $63.4 $97.8 $1,821 $514.7 $1,306 1.17 1.80 3.54 X 

F2 CE $60.7 $106.2 $2,012 $316.1 $1,696 1.82 3.19 6.36  

F2 HN $83.5 $131.8 $2,462 $474.3 $1,987 1.67 2.64 5.19 X 

Table 6.5: Final Groupings-Benefit Cost, Net Benefits, and B/C Ratios 

Figure 6.6 shows a 40-year B/C comparison of all the final groupings.20 

 
Figure 6.6: Final Groupings-Benefits and Costs Comparison 

6.2.5 MISO RDT TARGET AREA 

In order to mitigate impacts to the SPP transmission system due to transfers between the MISO Midwest 

and MISO South regions, a number of projects were considered. The flowgate that showed the greatest 

potential benefit to both MISO and SPP was the Raun-Tekamah 161 kV. Three of the foremost projects 

20 The 40-year costs represented in this figure are based upon the final net plant carrying charge. 
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during the analysis period were a new Raun-Council Bluffs 345 kV line, a new Raun-S3452 345 kV line, and 

a new Raun-S3451 345 kV line. These projects would create a strong corridor to alleviate constraints on 

the Raun-Tekamah flowgate. Figure 6.7 shows the approximate locations of identified projects. 

 
Figure 6.7: Potential SPP-MISO CSP Solutions 

For a summary of SPP project cost, MISO and SPP benefits, and interregional cost sharing, see the 

information presented at the September 25, 2020 MISO-SPP IPSAC net conference.21  

Due to differing methodologies between MISO and SPP when calculating benefits and project costs, the two 

RTOs decided not to pursue any projects in this area as part of the 2020 ITP. SPP is further investigating the 

differences in cost estimation, but did not have the time remaining in the schedule to address these 

differences in the 2020 ITP. These projects will continue to be investigated in future studies. 

6.2.6 SPS-NEW MEXICO TIES INTERFACE 

It was understood by SPP staff and communicated to stakeholders that the SPSNMTIES Interface would 

require a comprehensive solution to increase import capability into eastern New Mexico and sufficiently 

address system low voltage and voltage stability limits to support increased transfers of economic energy. 

Additional portfolio development considerations should also be given to the significant 702 MW combined 

21 CSP results for Raun-Council Bluffs and Raun-S3451 were presented at 09/25/2020 MISO-SPP IPSAC Net Conference 
(https://www.spp.org/Documents/63046/SPP-MISO%20IPSAC%20Meeting%20Materials%2020200925.zip) 
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cycle conventional resource plan unit and associated generator outlet facility22  assumed in the eastern 

New Mexico area.  

The transmission solutions screened included numerous combinations of existing reactive setting and 

configuration adjustments, new static and dynamic reactive devices, and additional HV and EHV facilities 

extending beyond the Eastern New Mexico area. Reliability project screening on AC power transfer models, 

results from the New Mexico Ties Interface Guidelines, and the study scope were used to identify top 

ranked solutions needing further review. Preliminary ranking results produced high-cost projects ranging 

from greater than $100 million to greater than $700 million to address system criteria violations for seven 

incremental transfer levels tested and resulting new interface ratings. Before further review of these 

preliminary results and additional solution evaluation, a relaxation run was performed on the SPSNMTIES 

interface by removing the constraint to determine potential APC Savings benefit and potential minimum 

project cost that would result in a 40-year NPV B/C ratio of at least 1.0.  

 

Y5 Benefit 

($M) 

Y10 Benefit 

($M) 

40-Year 

Benefit ($M) 40-Year B/C 

Project Cost 

($M) 

F1 $57.6 $82.7 $1,317 1.00 $749.0 

F2 $188.0 $120.9 $1,481 1.00 $842.7 

Table 6.6: Potential APC Savings Benefit and Project Cost ($2025 Dollars) 

The potential APC savings indicated that the high cost projects identified in the preliminary ranking results 

may prove to be economically justified and support further solution evaluation efforts. However, given ITP 

schedule, resource constraints and the complex nature of the solution evaluation needed by SPP staff and 

stakeholders to address the interface congestion, it was determined to delay any action on the congested 

interface to future ITP cycles and focus efforts on resolving the base reliability and market powerflow 

model reliability needs in eastern New Mexico.  

Ultimately, no firm project selection was made for the economic issues. 

6.3 OPTIMIZATION 

The projects included in the reliability groupings were selected based on their ability to be cost-effective, 

maintain reliability, and meet the system’s compliance needs. The economic projects were selected for 

their ability to provide ratepayer benefits from lower-cost energy by mitigating system congestion and 

improving markets for both buyers and sellers. The project groupings discussed previously were 

developed based on criteria specific to their need and model type. Reliability groupings specific to each 

future were evaluated to determine their impact on each economic grouping. Once those comprehensive 

future specific portfolios were developed, the impact of the base reliability portfolio was assessed. 

22 The generator outlet facility identified for the 702 MW combined cycle conventional resource plan unit sited at the 
Sidewinder site can be found in Table 2.4. Both resource plan unit and generator outlet facility have load serving and 
economic energy delivery qualities and would be part of a comprehensive solution unless a transmission only solution 
proved overwhelmingly cost-beneficial without the combined cycle conventional resource plan unit assumed in the 
Eastern New Mexico Area. 
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One project, the upgrades of both Watford 230/115 kV transformers, was identified in both the reliability 

and economic portfolios. Additional economic project subtraction analysis performed to determine the 

impact of the base reliability portfolio identified the removal of the Fort Peck 230/115 kV transformer 

replacement from the Future 1 portfolio. No impact to the reliability portfolio was identified. 

 

6.4 PORTFOLIO CONSOLIDATION 

Stakeholders determined the two futures assessed in the 2020 ITP would be treated equally to determine 

the consolidated portfolio. When determining whether projects should move forward into the consolidated 

portfolio, three scenarios could occur: 

 

1. The same project was identified in each future, 

2. Two projects were competing against each other, or  

3. A single project was identified in only one future.  

 

If the same project was identified in both futures, that project would move forward into the consolidated 

portfolio. For the remaining scenarios, an independent method was necessary to assess each project and 

determine which, or if, those projects should move forward in the process.  

To evaluate these scenarios, SPP and its stakeholders developed a comprehensive scoring rubric 

considering both quantitative and qualitative metrics. Quantitative metrics included APC and the 

percentage of congestion relieved. Qualitative metrics included giving credit to projects able to address 

operational congestion or non-thermal issues. Table 6.7 details the scoring rubric as well as some of the 

minimum criteria projects had to meet to receive points. SPP staff and stakeholders agreed that although 

this scoring methodology is a good way to measure a project’s effectiveness, it should not be the only input 

to project selection. Stakeholders and SPP staff agreed a project narrative might be necessary when a 

preferred project is recommended against the results of the consolidation process. 

All short-circuit and reliability projects were included in the consolidated portfolio; therefore, 

consolidation considerations in this assessment applied to economic projects only. A detailed description of 

the consolidation methodology and scoring rubric can be found in the 2020 ITP Scope. 

No. Consideration 
Possible 

Points 
Project 
Score 

1 

40-year (1-year) APC B/C ratio in selected future 

50 

1.0 (0.9) 
40-year (1-year) APC B/C ratio in opposite future 0.8 (0.7) 
40-year (1-year) APC net benefit in selected future ($M) N/A 
40-year (1-year) APC net benefit in opposite future ($M) N/A 

2 
Congestion relieved in selected future (by need(s), all years) 10 N/A 
Congestion relieved in opposite future (by need(s), all years) 10 N/A 

3 
Operational congestion costs or reconfiguration ($M/year or 
hours/year) 

10 >0 

4 New EHV 7.5 Y/N 
5 Mitigate non-thermal issues 7.5 Y/N 

6 
Long-term viability (e.g., 2013 ITP20) or improved Auction Revenue 
Right (ARR) feasibility 

5 Y/N 

Total Points Possible: 100 
 

Table 6.7: Consolidated Portfolio Scoring Consolidation Scenario One 
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Six economic projects were included in both the Future 1 and Future 2 final portfolios; they were also 

included in the consolidated portfolio. These projects are: 

 Russett-South Brown 138 kV rebuild 
 Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 138 kV 
 Franks-South Crocker-Lebanon 161 kV terminal equipment 
 Tap Woodward-Border 345 kV, Chisholm-Tap 345 kV new line 
 Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 138 kV terminal equipment 
 Pleasant Valley 345/138 kV Station, Minco-Pleasant Valley-Draper 345 kV new line, Franklin-

Midwest 138 kV terminal equipment, Cimarron-Draper 345 kV terminal equipment and Pleasant 
Valley cut-in 

6.4.1 CONSOLIDATION SCENARIO TWO 

Consolidation scenario two occurred when a different project was identified to solve the same or similar 

economic needs in each future. When this scenario occurred, it was clear a project was needed to address 

congestion in the models, but the consolidation methodology would be used to identify the better project. 

For this scenario, the scoring rubric identified in Table 6.7 was used to score the projects and determine 

which project should move forward into the consolidated portfolio.  

In the 2020 ITP, two instances of scenario two occurred. These instances and their scoring are detailed in 

Table 6.8 and Table 6.9. Winning projects based on the consolidation scoring are shown in bold.  

Project 

Driving 

Future 

APC 

Benefit 

Congestion 

Relieved 

Operational 

Congestion 

New 

EHV 

Non- 

Thermal 

Long-

term 

Viability Total 

Oahe-Sully Buttes-

Whitlock-Glenham-

Campbell 230 kV 

terminal equipment 

1 0 20 0 0 0 0 20 

Oahe-Sully Buttes-

Whitlock 230 kV 

terminal equipment 

2 50 20 0 0 0 0 70 

Table 6.8: Consolidation Scenario Two Scoring 

Project 

Driving 

Future 

APC 

Benefit 

Congestion 

Relieved 

Operational 

Congestion 

New 

EHV 

Non 

Thermal 

Long-

term 

Viability Total 

Anadarko-Gracemont 

138 kV rebuild as 

double-circuit 

1 46.2 20 10 0 0 0 76.2 

Anadarko-

Gracemont rebuild, 

Anadarko-

Southwest Station 

terminal equipment 

138 kV 

2 50 17.9 10 0 0 0 77.9 

Table 6.9: Consolidation Scenario Two Scoring 

Although the Gracemont-Anadarko rebuild and Southwest Station-Anadarko terminal equipment scored 

higher, SPP staff recommended moving forward with the Gracemont-Anadarko double-circuit instead of 
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the rebuild recommended by the scoring. The single circuit rebuild of Anadarko-Gracemont did not fully 

resolve the congestion in the area (hence the 17.9 vs. 20 score for that consideration), and SPP staff 

concluded that congestion in the area will continue to increase. The double circuit resolves the congestion 

fully, while also provides an additional path from the 345 kV hub at Gracemont. For these reasons, SPP staff 

recommended the double circuit instead. 

6.4.2 CONSOLIDATION SCENARIO THREE 

Consolidation scenario three occurred when a project was identified in only one of the two final future 

portfolios. When this situation occurred, the question remained whether a project driven by a single future 

should ultimately be recommended. For this scenario, the scoring rubric was used as a way to identify if a 

project should be included in the consolidated portfolio by achieving a minimum score of 70 points. 

Projects that did not meet the minimum scoring threshold but were recommended to be included have 

additional qualitative information justifying their inclusion. 

GRDA 345/161 kV Transformer 

The GRDA 345/161 kV transformer replacement originated from the Future 1 portfolio. The project 

performed well when compared to expected congestion in both futures, as well as resolved current 

operational needs. Therefore, the transformer replacement was added to the final portfolio. 

No. Consideration 

Possible 

Points 

Project 

Score 

1 
APC net benefit and B/C ratio in selected future 

50 50 
APC net benefit and B/C ratio in opposite future 

2 
Congestion relieved in selected future (by need(s), all years) 10 

19.9 
Congestion relieved in opposite future (by need(s), all years) 10 

3 Operational congestion costs or reconfiguration ($M/yr or hrs/yr) 10 10 

4 New EHV 7.5 0 

5 Mitigate non-thermal issues 7.5 0 

6 Long-term viability (e.g., 2013 ITP20) or improved ARR feasibility 5 0 

Total Score (minimum 70 threshold)  79.9 

Table 6.10: GRDA 345/161 kV transformer Consolidation Scoring 

Columbus East 230/115 kV transformer  
 
The Columbus East transformer replacement also originated from the Future 1 portfolio. This project did 

well in both futures while also addressing current operational congestion, ultimately resulting in inclusion 

in the final portfolio.  
 

No. Consideration 

Possible 

Points 

Project 

Score 

1 
APC net benefit and B/C ratio in selected future 

50 50 
APC net benefit and B/C ratio in opposite future 
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No. Consideration 

Possible 

Points 

Project 

Score 

2 
Congestion relieved in selected future (by need(s), all years) 10 

20 
Congestion relieved in opposite future (by need(s), all years) 10 

3 Operational congestion costs or reconfiguration ($M/yr or hrs/yr) 10 9 

4 New EHV 7.5 0 

5 Mitigate non-thermal issues 7.5 0 

6 Long-term viability (e.g., 2013 ITP20) or improved ARR feasibility 5 0 

Total Score (minimum 70 threshold)  79 

Table 6.11: Columbus East 230/115 kV transformer Consolidation Scoring 

Lebanon-Franks-Crocker 161 kV terminal equipment 
 
The Lebanon-Franks-Crocker 161 kV terminal equipment upgrade also originated from the Future 1 
portfolio. This project did well in both futures, but did not address any current operational needs. It also 
did not qualify for additional points via considerations 4 through 6. However, it did reach the minimum 
threshold of 70 points, resulting in final portfolio inclusion. 

 

No. Consideration 

Possible 

Points 

Project 

Score 

1 
APC net benefit and B/C ratio in selected future 

50 50 
APC net benefit and B/C ratio in opposite future 

2 
Congestion relieved in selected future (by need(s), all years) 10 

20 
Congestion relieved in opposite future (by need(s), all years) 10 

3 Operational congestion costs or reconfiguration ($M/yr or hrs/yr) 10 0 

4 New EHV 7.5 0 

5 Mitigate non-thermal issues 7.5 0 

6 Long-term viability (e.g., 2013 ITP20) or improved ARR feasibility 5 0 

Total Score (minimum 70 threshold)  70 

Table 6.12: Lebanon-Franks-Crocker 161 kV terminal equipment Consolidation Scoring 

Split Rock 345/115 kV Transformer 
 
The Split Rock 345/115 kV transformer originated from the Future 2 portfolio. This project did well in both 
futures. However, it did not qualify for any points from considerations 3 through 6 and did not reach the 70 
point threshold. It did not resolve any operational congestion within the two-year span (6/1/2018-
6/1/2020) considered for consolidation. However, the Split Rock transformer began experiencing 
congestion after that time period. Due to this fact, SPP staff chose to include that congestion in 
consideration 3. 

 

No. Consideration 

Possible 

Points 

Project 

Score 

1 APC net benefit and B/C ratio in selected future 50 50 
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No. Consideration 

Possible 

Points 

Project 

Score 

APC net benefit and B/C ratio in opposite future 

2 
Congestion relieved in selected future (by need(s), all years) 10 

19.9 
Congestion relieved in opposite future (by need(s), all years) 10 

3 Operational congestion costs or reconfiguration ($M/yr or hrs/yr) 10 0.1 

4 New EHV 7.5 0 

5 Mitigate non-thermal issues 7.5 0 

6 Long-term viability (e.g., 2013 ITP20) or improved ARR feasibility 5 0 

Total Score (minimum 70 threshold)  70 

Table 6.13: Lebanon-Franks-Crocker 161 kV terminal equipment Consolidation Scoring  

 

6.5 FINAL CONSOLIDATED PORTFOLIO 

The consolidated portfolio includes the reliability projects addressing both steady state and short-circuit 

needs, as well as the consolidated set of economic projects that met the consolidation criteria. The 

consolidated portfolio totals $500.2M and is projected to create $1B to $2B in APC savings under Future 1 

or Future 2 assumptions, respectively. Table 6.14 lists the projects included in the final consolidated 

portfolio along with their classifications and costs. Benefit data reported in this section includes only APC 

savings. 

Project Classification 

Project Cost 

(2020$) 

Watford 230/115 kV transformer circuit 1 terminal equipment, 

circuit 2 replacement 
Reliability $3,562,780 

Circleville-Goff 115 kV circuit 1 rebuild Reliability $12,114,772 

Goff-Kelly 115 kV rebuild Reliability $7,108,395 

South Shreveport-Wallace Lake 138 kV rebuild Reliability $23,622,577 

Grady 138 kV capacitor bank Reliability $688,781 

Deaf Smith #6-Hereford 115 kV rebuild Reliability $6,660,556 

Deaf Smith #6-Friona 115 kV rebuild Reliability $12,626,190 

Richmond 115 kV substation, Richmond 115/69 kV transformer, 

Richmond-Aberdeen 115 kV line 
Reliability $11,394,000 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV rebuild Reliability $5,362,799 

Bushland-Deaf Smith 230 kV terminal equipment Reliability $923,938 

Newhart-Potter County 230 kV terminal equipment Reliability $731,282 

Carlisle-Murphy 115 kV rebuild Reliability $4,746,175 

Replace Roswell 115/69 kV transformer Reliability $2,777,743 

S3456-S3458 345 kV terminal equipment Reliability $678,865 

Meadowlark-Tower 33 115 kV rebuild Reliability $1,342,588 

Jones-Lubbock South 230 kV terminal equipment circuit 1 Reliability $666,728 

Jones-Lubbock South 230 kV terminal equipment circuit 2 Reliability $397,668 
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Project Classification 

Project Cost 

(2020$) 

Deaf Smith-Plant X 230 kV terminal equipment Reliability $2,100,196 

Newhart-Plant X 230 kV terminal equipment Reliability $2,024,293 

Lubbock South-Wolfforth 230 kV terminal equipment and clearance 

increase 
Reliability $872,391 

Allen-Lubbock South 115 kV rebuild Reliability $6,817,226 

Allen-Quaker 115 kV rebuild Reliability $4,732,267 

Eddy County-North Loving 345 kV new line Reliability $64,422,600 

Bismarck 115 kV reactors Reliability $2,380,700 

Moorehead 230 kV reactor Reliability $1,515,440 

Russell 115 kV capacitor bank Reliability $2,841,951 

Maljamar 115 kV capacitor bank Reliability $685,440 

Devil's Lake 115 kV reactor Reliability $1,190,000 

Agate 115 kV reactor Reliability $571,200 

Replace four breakers at Anadarko 138 kV Short Circuit $850,000 

Replace three breakers at Northeast 161 kV Short Circuit $887,479 

Replace one breaker at Stilwell 161 kV Short Circuit $566,485 

Replace one breaker at Leeds 161 kV Short Circuit $566,485 

Replace one breaker at Shawnee Mission 161 kV Short Circuit $566,485 

Replace one breaker at Southtown 161 kV Short Circuit $566,485 

Replace two breakers at Lake Road 161 kV Short Circuit $1,132,970 

Replace two breakers at Craig 161 kV Short Circuit $1,132,970 

Anadarko-Gracemont 138 kV rebuild as double-circuit Economic $8,297,502 

Russett-South Brown 138 kV rebuild Economic $10,067,432 

Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 138 kV Economic $135,720,424 

GRDA 1 345/161 kV circuit 1 and circuit 2 terminal equipment Economic $1,410,000 

Columbus East 230/115 kV transformer replacement Economic $4,600,000 

Franks-South Crocker-Lebanon 161 kV terminal equipment Economic $5,721,430 

Tap Woodward-Border 345 kV, Chisholm-Tap 345 kV new line Economic    $31,686,685  

Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 138 kV 

terminal equipment 
Economic $1,617,500 

Pleasant Valley 345/138 kV Station, Minco-Pleasant Valley-Draper 

345 kV new line, Franklin-Midwest 138 kV terminal equipment, 

Cimarron-Draper 345 kV terminal equipment and Pleasant Valley 

cut-in 

Economic $113,620,907 

Split Rock 345/115 kV circuit 10 & 11 terminal equipment Economic $4,577,336 

Oahe-Sully Buttes-Whitlock 230 kV terminal equipment Economic $1,528,72223 

Table 6.14: Final Consolidated Portfolio 

23 Estimated cost does not include the entire cost for this project. 
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Project 

Project Cost 

(E&C) 

F1 Y5  

B/C 

F1 

Y10 

B/C 

F1 40-

year 

B/C 

F1 40-year 

Benefit 

F1 40-year 

Net Benefit 

F2 Y5 

B/C 

F2 

Y10 

B/C 

F2 40-

year 

B/C 

F2 40-year 

Benefit 

F2 40-year 

Net Benefit 

Anadarko-Gracemont 138 kV 

rebuild as Ckt 
$8,297,502  2.88 4.28 8.35 $107,624,325  $94,731,224  5.35 3.09 4.56 $58,831,889  $45,938,788  

Russett-South Brown 138 kV 

rebuild 
$10,067,432  0.00 1.50 3.38 $52,833,714  $37,190,402  7.56 12.23 24.16 $377,875,070  $362,231,757  

Butler-Tioga 138 kV new 

line; wreck-out Butler-

Altoona 138 kV 

$135,720,424  0.75 1.00 1.91 $403,001,375  $192,111,748  1.06 1.37 2.62 $552,029,756  $341,140,129  

GRDA 1 345/161 kV Ckt 1 

and Ckt 2 terminal 

equipment 

$1,410,000  13.98 20.09 38.98 $85,412,599  $83,221,666  7.15 5.38 8.90 $19,506,220  $17,315,287  

Columbus East 230/115 kV 

transformer replacement 
$4,600,000  0.20 0.50 1.05 $7,486,072  $338,347  2.02 3.27 6.46 $46,175,084  $39,027,359  

Franks-South Crocker-

Lebanon 161 kV terminal 

equipment 

$5,721,430  (0.31) 2.04 4.74 $42,160,359  $33,270,096  0.01 0.90 2.02 $17,981,132  $9,090,869  

Tap Woodward-Border 345 

kV, Chisholm-Tap 345 kV 

new line 

$31,686,685  1.32 1.63 3.07 $151,237,189  $102,000,729  2.16 1.99 3.52 $173,144,070  $123,907,610  

Dover Switch-Okeene 138 kV 

and Aspen-Mooreland-Pic 

138 kV terminal equipment 

$1,617,500  51.34 82.75 163.37 $410,605,871  $408,092,513  13.52 21.06 41.36 $103,963,767  $101,450,410  

Pleasant Valley 345/138 kV 

Station, Minco-Pleasant 

Valley-Draper 345 kV new 

line, Franklin-Midwest 138 

kV terminal equipment, 

Cimarron-Draper 345 kV 

terminal equipment, and 

Pleasant Valley cut-in 

$113,620,907  0.81 1.33 2.62 $462,634,382  $286,084,161  1.28 2.72 5.56 $980,999,837  $804,449,617  

Split Rock 345/115 kV Ckt 10 

and 11 terminal equipment 
$4,577,336  0.09 (0.06) (0.16) ($1,171,751) ($8,284,260) 1.72 8.83 19.12 $136,025,615  $128,913,106  

Oahe-Sully Buttes-Whitlock 

230 kV terminal equipment 
$1,528,722  2.01 2.19 4.04 $9,593,533  $8,166,644  2.09 2.71 5.17 $12,275,136  $11,200,631  

Table 6.15 shows the Future 1 and Future 2 40-year B/C ratio and net benefit of the economic projects in 

2020$ included in the consolidated portfolio using the same process described in the Section 6.2.4.1 for 

project subtraction evaluation.  
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Project 

Project Cost 

(E&C) 

F1 Y5  

B/C 

F1 

Y10 

B/C 

F1 40-

year 

B/C 

F1 40-year 

Benefit 

F1 40-year 

Net Benefit 

F2 Y5 

B/C 

F2 

Y10 

B/C 

F2 40-

year 

B/C 

F2 40-year 

Benefit 

F2 40-year 

Net Benefit 

Anadarko-Gracemont 138 kV 

rebuild as Ckt 
$8,297,502  2.88 4.28 8.35 $107,624,325  $94,731,224  5.35 3.09 4.56 $58,831,889  $45,938,788  

Russett-South Brown 138 kV 

rebuild 
$10,067,432  0.00 1.50 3.38 $52,833,714  $37,190,402  7.56 12.23 24.16 $377,875,070  $362,231,757  

Butler-Tioga 138 kV new 

line; wreck-out Butler-

Altoona 138 kV 

$135,720,424  0.75 1.00 1.91 $403,001,375  $192,111,748  1.06 1.37 2.62 $552,029,756  $341,140,129  

GRDA 1 345/161 kV Ckt 1 

and Ckt 2 terminal 

equipment 

$1,410,000  13.98 20.09 38.98 $85,412,599  $83,221,666  7.15 5.38 8.90 $19,506,220  $17,315,287  

Columbus East 230/115 kV 

transformer replacement 
$4,600,000  0.20 0.50 1.05 $7,486,072  $338,347  2.02 3.27 6.46 $46,175,084  $39,027,359  

Franks-South Crocker-

Lebanon 161 kV terminal 

equipment 

$5,721,430  (0.31) 2.04 4.74 $42,160,359  $33,270,096  0.01 0.90 2.02 $17,981,132  $9,090,869  

Tap Woodward-Border 345 

kV, Chisholm-Tap 345 kV 

new line 

$31,686,685  1.32 1.63 3.07 $151,237,189  $102,000,729  2.16 1.99 3.52 $173,144,070  $123,907,610  

Dover Switch-Okeene 138 kV 

and Aspen-Mooreland-Pic 

138 kV terminal equipment 

$1,617,500  51.34 82.75 163.37 $410,605,871  $408,092,513  13.52 21.06 41.36 $103,963,767  $101,450,410  

Pleasant Valley 345/138 kV 

Station, Minco-Pleasant 

Valley-Draper 345 kV new 

line, Franklin-Midwest 138 

kV terminal equipment, 

Cimarron-Draper 345 kV 

terminal equipment, and 

Pleasant Valley cut-in 

$113,620,907  0.81 1.33 2.62 $462,634,382  $286,084,161  1.28 2.72 5.56 $980,999,837  $804,449,617  

Split Rock 345/115 kV Ckt 10 

and 11 terminal equipment 
$4,577,336  0.09 (0.06) (0.16) ($1,171,751) ($8,284,260) 1.72 8.83 19.12 $136,025,615  $128,913,106  

Oahe-Sully Buttes-Whitlock 

230 kV terminal equipment 
$1,528,72224  2.01 2.19 4.04 $9,593,533  $8,166,644  2.09 2.71 5.17 $12,275,136  $11,200,631  

Table 6.15: Consolidated Portfolio – APC benefit only

24 Estimated cost does not include the entire cost for this project. 
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Table 6.16 below shows the change in flowgate congestion scores due to the consolidated portfolio for the 

economic needs targeted by the portfolio. 

 

Base Congestion Score 

(k$/MWh) 

Consolidated Portfolio 

Congestion Score 

(k$/MWh) 

Constraint 

Future 1 Future 2 Future 1 Future 2 

2022 2025 2030 2025 2030 2022 2025 2030 2025 2030 

Russett-South Brown 138 kV FLO Caney 

Creek-Little City 138 kV 
0 0 196 277 497 0 0 0 0 0 

GRDA 345/161 kV circuit 1 FLO GRDA 

345/161 kV circuit 2 
11 39 49 16 19 0 0 0 0 0 

Southwestern Station-Anadarko 138 kV 

FLO Gracemont-Anadarko 138 kV 
0 0 1 0 1 0 0 0 0 0 

Dover Switch-Okeene 138 kV FLO 

Watonga-Okeene 138 kV 
238 503 885 213 334 0 0 0 0 0 

Oahe-Sully Buttes 230 kV FLO Fort 

Thompson-Leland Olds 345 kV 
0 33 48 45 118 0 0 0 0 0 

Butler-Altoona 138 kV FLO Caney River-

Neosho 345 kV 
770 1,187 1,688 1,574 1,722 0 0 0 0 0 

Columbus East 230/115 kV FLO 

Columbus East-Shell Creek 345 kV 
2 41 50 51 79 0 0 0 0 0 

Watford 230/115 kV circuit 1 FLO 

Watford 230/115 kV circuit 2 
130 157 366 184 354 0 0 0 0 0 

Shamrock 115/69 kV FLO Sweetwater-

Chisholm 230 kV 
5 7 20 9 24 0 1 3 2 5 

Skyline-Quail Creek 138 kV FLO 

Northwest-Arcadia 345 kV 
0 5 28 12 82 0 0 6 0 59 

Czech Hall-Cimarron 138 kV FLO 

Cimarron-Draper 345 kV 
1 10 30 41 88 0 0 0 0 0 

Cimarron 345/138 kV circuit 1 FLO 

Cimarron 345/138 kV circuit 2 
11 33 85 36 125 0 3 11 3 29 

Franks-Crocker 161 kV FLO Huben-

Franks 345 kV 
18 5 99 8 41 0 0 0 0 0 

Split Rock 345/115 kV circuit 10 FLO 

Split Rock 345/115 kV circuit 11 
0 1 3 22 103 0 0 0 0 1 

Table 6.16: Change in flowgate congestion scores 

Figure 6.8 shows the B/C ratio of the economic portfolio of projects25 included in the consolidated portfolio. 

Figure 6.9 shows B/C ratio of the entire consolidated portfolio. As expected, the overall B/C ratio is reduced 

with the inclusion of the reliability projects, but the consolidated portfolio is still expected to produce 

benefits well over the cost of the projects.  

 

25 Includes projects driven by market powerflow models not already identified in the base reliability portfolio. 
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Figure 6.8: Economic Portfolio APC Benefits and Costs 

 
Figure 6.9: Final Consolidated Portfolio APC Benefits and Costs 

Figure 6.10 below shows the break-even and payback dates of the consolidated portfolio. The break-even 

year is reflective of the first year that the one-year APC benefits are expected to outweigh the portfolio ATRR. 

The payback year is reflective of the year that the cumulative APC benefits are expected to exceed the 40-
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year NPV costs of the portfolio. The consolidated portfolio is expected to breakeven within the first year of 

being placed in service and expected to pay back total investment within the first 20 years. 

  
Figure 6.10: Portfolio Breakeven and Payback – APC benefit only 

6.6 STAGING 

Staging is the process by which the need date and projected in-service date for each project is determined. 

The staging methodology can be found in the ITP Manual. 

6.6.1 ECONOMIC PROJECTS 

The results of staging for the economic projects are shown in Table 6.17 below. 

Economic Project Need Date 

Projected 

In-Service 

Date Model 

Watford 230/115 kV transformer circuit 1 terminal 

equipment, circuit 2 replacement 
1/1/2022 11/17/2022 F1/F2 

Anadarko-Gracemont 138 kV rebuild as double-circuit 1/1/2023 11/17/2023 F1 

Russett-South Brown 138 kV rebuild 1/1/2022 5/17/2023 F1/F2 

Butler-Tioga 138 kV new line; wreck-out Butler-Altoona 

138 kV 
1/1/2024 1/1/2024 F1/F2 

GRDA 1 345/161 kV circuit 1 and circuit 2 terminal 

equipment 
1/1/2022 5/17/2022 F1 

Columbus East 230/115 kV transformer replacement 1/1/2039 1/1/2039 F1 

Franks-South Crocker-Lebanon 161 kV terminal 

equipment 
1/1/2028 1/1/2028 F1 
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Economic Project Need Date 

Projected 

In-Service 

Date Model 

Tap Woodward-Border 345 kV, Chisholm-Tap 345 kV 

new line 
1/1/2022 11/17/2024 F1/F2 

Dover Switch-Okeene 138 kV and Aspen-Mooreland-Pic 

138 kV terminal equipment 
1/1/2022 5/17/2022 F1/F2 

Pleasant Valley 345/138 kV Station, Minco-Pleasant 

Valley-Draper 345 kV new line, Franklin-Midwest 138 

kV terminal equipment, Cimarron-Draper 345 kV 

terminal equipment and Pleasant Valley cut-in 

1/1/2025 1/1/2025 F1/F2 

Split Rock 345/115 kV circuit 10 & 11 terminal 

equipment 
1/1/2025 1/1/2025 F2 

Oahe-Sully Buttes-Whitlock 230 kV terminal 

equipment26 
1/1/2022 5/17/2022 F2 

Table 6.17: Project Staging Results-Economic 

6.6.2 POLICY PROJECTS 

There were no policy-driven projects in the 2020 ITP. 

6.6.3 RELIABILITY PROJECTS 

The results of staging for the reliability projects are shown in Table 6.18 below. The Watford transformer 

upgrade will have a need date of January 1, 2022 because the economic staging need date is earlier than the 

reliability staging need date. 

Reliability Project Need Date 

Projected 

In-Service 

Date Model 

Watford 230/115 kV transformer circuit 1 terminal 

equipment, circuit 2 replacement 
6/1/2022 11/17/2022 BR 

Circleville-Goff 115 kV circuit 1 rebuild 6/1/2025 6/1/2025 BR 

Goff-Kelly 115 kV rebuild 6/1/2025 6/1/2025 BR 

South Shreveport-Wallace Lake 138 kV rebuild 6/1/2024 6/1/2024 BR 

Grady 138 kV capacitor bank 12/1/2022 12/1/2022 LPC 

Deaf Smith #6-Hereford 115 kV rebuild 6/1/2022 5/17/2023 BR 

Deaf Smith #6-Friona 115 kV rebuild 4/1/2022 11/17/2022 BR 

Richmond 115 kV substation, Richmond 115/69 kV 

transformer, Richmond-Aberdeen 115 kV line 
12/1/2022 11/17/2023 BR 

26 The projected need date was calculated using an incomplete cost estimate. See Table 9.1 for accurate need and 
projected in-service dates. 
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Reliability Project Need Date 

Projected 

In-Service 

Date Model 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV 

rebuild 
6/1/2023 6/1/2023 BR 

Bushland-Deaf Smith 230 kV terminal equipment 4/1/2022 5/17/2022 BR 

Newhart-Potter County 230 kV terminal equipment 4/1/2022 5/17/2022 BR 

Carlisle-Murphy 115 kV rebuild 6/1/2022 11/17/2022 BR 

Replace Roswell 115/69 kV transformer 6/1/2022 11/17/2022 BR 

S3456-S3458 345 kV terminal equipment 6/1/2029 6/1/2029 BR 

Meadowlark-Tower 33 115 kV rebuild 6/1/2023 11/17/2023 BR 

Jones-Lubbock South 230 kV terminal equipment 

circuit 1 
6/1/2028 6/1/2028 BR 

Jones-Lubbock South 230 kV terminal equipment 

circuit 2 
6/1/2028 6/1/2028 BR 

Deaf Smith-Plant X 230 kV terminal equipment 4/1/2022 5/17/2022 BR 

Newhart-Plant X 230 kV terminal equipment 4/1/2022 5/17/2022 BR 

Lubbock South-Wolfforth 230 kV terminal equipment 

and clearance increase 
6/1/2022 6/1/2022 BR 

Allen-Lubbock South 115 kV rebuild 6/1/2022 11/17/2022 BR 

Allen-Quaker 115 kV rebuild 6/1/2022 11/17/2022 BR 

Eddy County-North Loving 345 kV new line 6/1/2028 6/1/2028 BR 

Bismarck 115 kV reactors 4/1/2022 11/17/2022 BR/MPM 

Moorehead 230 kV reactor 4/1/2022 11/17/2022 BR/MPM 

Russell 115 kV capacitor bank 6/1/2022 11/17/2022 MPM 

Maljamar 115 kV capacitor bank 6/1/2028 6/1/2028 MPM 

Devil's Lake 115 kV reactor 4/1/2022 11/17/2022 MPM 

Agate 115 kV reactor 4/1/2022 11/17/2022 MPM 

Nixa-Nixa Espy 69 kV terminal equipment 6/1/2022 6/1/2022 BR 

Table 6.18: Project Staging Results-Reliability 

6.6.4 SHORT-CIRCUIT PROJECTS 

The short-circuit projects were all staged with need dates and projected in-service dates of June 1, 2022. 
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7 PROJECT RECOMMENDATIONS 

7.1 RELIABILITY PROJECTS 

7.1.1 WATFORD 230/115 KV TRANSFORMERS 

 
Figure 7.1: Watford 230/115 kV Transformers 

In western North Dakota, the Watford City transformers that serve the 115 kV system experience both 

reliability violations and system congestion when one of the transformers is lost. The area around Watford 

has experienced expanded oil exploration and increasing load growth to support the shale play. Multiple 

solutions, including a new delivery point to support the increasing load, were analyzed but this area 

continues to grow and is expected to be of greater concern in future ITP assessments. The selected project is 

a no-regrets solution to strengthen the transformation at Watford by upgrading terminal equipment on one 

230/115 kV transformer and replacing the other transformer to increase the capacity in cases where one is 

lost. 
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7.1.2 AMARILLO NORTH-SOUTH 230 KV CORRIDOR TERMINAL EQUIPMENT AND LINE CLEARANCES 

 
Figure 7.2: Amarillo North-South 230 kV Corridor Terminal Equipment 

The Bushland-Deaf Smith 230 kV line and the Potter-Newhart-Plant X 230 kV line run parallel in a north-to-

south direction near the city of Amarillo, Texas. When one of these 230 kV paths is out of service, an overload 

is observed on the parallel path. During light load conditions paired with a high wind output, generation in 

the south is no longer needed. This combination results in large north-to-south flows coming out of Amarillo. 

Given that each of these lines are terminally limited and the conductor can handle the observed post-

contingency flows, the projects selected to mitigate these issues is to replace any terminal equipment that is 

limiting these three 230 kV line segments below their conductor rating, as well as increase the height of 

necessary structures to create appropriate line clearances. 
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7.1.3 HEREFORD-CURRY 115 KV CORRIDOR REBUILDS 

 
Figure 7.3: Hereford-Curry 115 kV Corridor Rebuild 

Southwest of Amarillo, in a series corridor between Amarillo, Texas, and Clovis, New Mexico, seven 115 kV 

line segments overload for the loss of the Deaf Smith-Plant X 230 kV line. Similar to other needs in the 

Amarillo area, high wind output and less conventional generation south of Amarillo causes flows on the 115 

kV corridor to overload upon loss of the 230 kV path. A rebuild of the Hereford-Deaf Smith #6-Friona-Cargill-

Deaf Smith #24-Parmer-Deaf Smith #20-Curry 115 kV corridor is needed to bring these lines up to the same 

design standards of surrounding upgraded 115 kV lines and mitigate these issues.  The Deaf Smith #20-

Curry 115 kV portion of this corridor was identified as having been previously approved via a separate 

planning process with an expected in-service date prior to the ITP need date.  Therefore, no NTC will be 

issued for this facility. 
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7.1.4 JONES-LUBBOCK SOUTH 230 KV TERMINAL EQUIPMENT 

 
Figure 7.4: Jones-Lubbock South 230 kV Terminal Equipment 

On the south end of Lubbock, Texas, in the Texas Panhandle, two parallel 230 kV circuits from Jones to 

Lubbock South each overload upon contingency of the other circuit. This 230 kV corridor is a common pass-

through to deliver energy to the SPS south area. In addition, the fact that the Lubbock South substation feeds 

a large portion of the Lubbock load center, combined with maximum output of the Jones plant, causes these 

circuits to overload in contingency conditions during the long-term summer peaks. Given that the ratings of 

these lines are driven by terminal equipment and the conductors can handle the post-contingency flows, the 

project selected to mitigate this issue is to upgrade the necessary terminal equipment at these substations 

and allow the conductors to become the most limiting element long each path. 
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7.1.5 LUBBOCK SOUTH-WOLFFORTH 230 KV TERMINAL EQUIPMENT AND LINE CLEARANCES 

 
Figure 7.5: Lubbock South-Wolfforth 230 kV Terminal Equipment and Line Clearances 

On the south end of Lubbock, Texas, in the Texas Panhandle, the Lubbock South-Wolfforth 230 kV line 

reaches near base-case overloads in the near-term winter peaks and the long-term summer peaks. The 

Lubbock South-Wolfforth line is a large feed to deliver energy in the SPS south area which contributes to this 

base-case flow. Since the flow is already approaching the line rating, many contingencies in the area can 

cause the line to overload. The project selected to mitigate this issue is to upgrade the terminal equipment 

limiting the line rating below the conductor rating, as well as increase the height of necessary structures to 

create appropriate line clearances. 
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7.1.6 CARLISLE-MURPHY 115 KV REBUILD 

 
Figure 7.6: Carlisle-Murphy 115 kV 

On the west side of Lubbock in the panhandle of Texas, the Carlisle-Murphy 115 kV line overloads for the 

loss of the Allen-Lubbock South 115 kV during the summer peaks. Loss of this 115 kV circuit forces flow to 

redirect around the city of Lubbock, overloading the Carlisle-Murphy 115 kV line which is serving radial load 

all the way through to Allen. A rebuild of the Carlisle-Murphy 115 kV line will mitigate the issue by 

increasing the transmission capability of that circuit. 
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7.1.7 EDDY COUNTY-NORTH LOVING 345 KV LINE 

 
Figure 7.7: Eddy County-North Loving 345 kV 

Southeast of Loving, New Mexico, the 115 kV system experiences low voltage for the loss of the Hobbs-Kiowa 

345 kV line, including voltage collapse at the Phantom 115 kV bus. Increasing load, combined with a 

generator retirement in the south SPS area, has made this area less able to maintain minimal voltage in the 

long-term summer peaks upon the loss of a 345 kV feed into the area which carries critical real and reactive 

power support. The project selected to mitigate this issue is to construct a new 345 kV line from Eddy 

County-North Loving to deliver more real and reactive power support to this area. 

Impactful out of scope NERC TPL-001-4 P3 planning events and SPSNMTIES interface violations in the base 

reliability model were identified late in the assessment and question the project’s long-term viability. The 

NERC TPL-001-4 P3 planning events with limited system adjustment options cause voltage collapse in 

eastern New Mexico area in 2030 summer peak. These system conditions are related to the SPSNMTIES 

interface as described in section 4.1.2 and these violations were inadvertently not identified as part of the 

reliability needs assessment. Without these crucial system limits accounted for in reliability project 

screening and grouping introduces uncertainty in the large-scale project selection that has a June 2028 

reliability need date. 

For these reasons and consistent with delaying any action on the congested SPSNMTIES interface to future 

ITP cycles as described in section 6.2.6, it is recommended to not move forward with construction of this 

planned reliability project at this time and use the 2021 ITP to reassess this portion of the SPP system which 
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allows for further stakeholder collaboration and opportunity to optimize base reliability solutions and 

potential economic solutions to identify a comprehensive solution in Eastern New Mexico area. 

7.1.8 ROSWELL INTERCHANGE 115/69 KV TRANSFORMER #1 REPLACEMENT 

 
Figure 7.8: Roswell Interchange 115/69 kV Transformer #1 

In the southeast corner of New Mexico in the city of Roswell, the 115/69 kV transformer #1 overloads for the 

loss of transformer #2. Summer peak loading conditions in Roswell, New Mexico, drives the load to levels 

that cannot be served through the single transformer after the contingency of transformer #2. Replacing 

transformer #1 with a transformer that meets the same standards as surrounding 115/69 kV transformers 

will mitigate this issue. 
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7.1.9 CUSHING TAP-SHELL CUSHING TAP-SHELL PIPELINE 69 KV REBUILD 

 
Figure 7.9: Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV 

Northeast of Oklahoma City, near the town of Cushing, Oklahoma, the Cushing Tap-Shell Cushing Tap-Shell 

Pipeline 69 kV series corridor overloads for the loss of the Highway 99 Tap-Cushing Oilfield 69 kV line. Loss 

of this feed places the load at Cushing Oilfield at a radial from the Cushing Tap substation, which overloads 

the Cushing Tap-Shell Cushing Tap 69 kV segment during the summer peaks and very nearly overloads the 

Shell Cushing Tap-Shell Pipeline segment. Rebuilding the Cushing Tap-Shell Cushing Tap-Shell Pipeline 69 kV 

corridor will mitigate this issue by increasing the conductor ratings to tolerate the loss of the Highway 99 

Tap-Cushing Oilfield 69 kV line. 
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7.1.10 SOUTH SHREVEPORT-WALLACE LAKE 138 KV REBUILD 

 
Figure 7.10: South Shreveport-Wallace Lake 138 kV 

In northwest Louisiana in the city of Shreveport, the South Shreveport-Wallace Lake 138 kV line overloads 

for the loss of the Fort Humbug-Trichel 138 kV line. Loss of the 138 kV line which heads east out of the city 

causes the large amount of load across the Red River to be served out of South Shreveport. Rebuilding the 

South Shreveport-Wallace Lake 138 kV line will bring the facility up to the same design standards of 

surrounding upgraded 115 kV line and mitigate this issue. 
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7.1.11 GRADY 138 KV CAPACITOR BANK 

 
Figure 7.11: Grady 138 kV Capacitor Bank 

South of Oklahoma City near the town of Lindsay, Oklahoma, the Choctaw and Grady 138 kV bus voltages dip 

below AEPW’s minimum voltage criteria of 0.92pu for the loss of the Grady-Round Creek 138 kV line. Loss of 

this 138 kV feed places a large amount of load at Choctaw and Grady on a radial from the Cornville 

substation, bringing the voltage below acceptable levels during the summer peaks. The project selected to 

mitigate this issue is to place a capacitor bank capable of 23 MVAR at the Grady 138 kV substation. 
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7.1.12 NIXA-NIXA ESPY 69 KV TERMINAL EQUIPMENT 

 
Figure 7.12: Nixa-Nixa Espy 69 kV Terminal Equipment 

South of Springfield in the town of Nixa, Missouri, the Nixa-Nixa Espy 69 kV line overloads for the loss of the 

James River Power Station 161/69 kV transformer. Loss of the transformer causes energy to access the 69 

kV system at Nixa and make its way north to serve load at Seminole and Twin Oaks, overloading the Nixa-

Nixa Espy 69 kV circuit. The project selected to mitigate this issue is to upgrade the necessary 69 kV terminal 

equipment at Nixa and Nixa Espy which will increase the line rating up to the conductor capability. 
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7.1.13 MEADOWLARK-TOWER 33 115 KV REBUILD 

 
Figure 7.13: Meadowlark-Tower 33 115 kV 

In the northwest corner of Hutchinson, Kansas, circuit 1 of Meadowlark-Tower 33 115 kV overloads for loss 

of the Davis-Reno County 115 kV line. Loss of the Davis-Reno County line causes all the load at Davis and 

South Hutchinson to be served radially through parallel Meadowlark-Tower 33 115 kV circuits, overloading 

the first circuit in the long-term summer peaks. The project selected to mitigate this issue is to rebuild the 

first circuit of Meadowlark-Tower 33 115 kV to increase the capacity up to the same design standards of 

surrounding upgraded 115 kV lines. 
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7.1.14 SUB 3458-SUB 3456 345 KV TERMINAL EQUIPMENT 

 
Figure 7.14: S3458-S3456 Terminal Equipment 

Flowing south-to-north into the city of Omaha, Nebraska, the S3458-S3456 345 kV line overloads for the loss 

of the S3740-S3455 345 kV line. During the long-term summer peaks, Cass County and Nebraska City 

generating plants are operating at full output which overloads the northbound 345 kV line serving the city of 

Omaha when the parallel 345 kV line is lost. Upgrading the terminal equipment that is most limiting on the 

S3458-S3456 kV line will increase the rating of this line and mitigate this issue. 
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7.1.15 CIRCLEVILLE-GOFF-KELLY 115 KV REBUILD 

 
Figure 7.15: Circleville-Goff-Kelly 115 kV 

North of Topeka, near the city of Circleville, Kansas, the Circleville-Goff-Kelly 115 kV lines overload for the 

loss of the Hoyt-Stranger Creek 345 kV line during summer peak of the Kansas City load center. Loss of the 

345 kV line redirects flows down to the 115 kV system which then takes a northerly route through 

Circleville, east to Kelly, and back to the south again to reach Stranger Creek. The project selected to mitigate 

this issue is to rebuild the Circleville-Goff-Kelly 115 kV transmission lines which will bring those facilities up 

to the same design standards of surrounding upgraded 115 kV lines. 
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7.1.16 RICHMOND 115 KV SUBSTATION AND RICHMOND-ABERDEEN 115 KV 

 
Figure 7.16: Richmond 115 kV Substation and Richmond-Aberdeen 115 kV 

In the northeast corner of South Dakota near the town of Aberdeen, two parallel 115/69 kV transformers at 

Ordway overload, one for the loss of the other. Cold winters drive up energy consumption in North Dakota, 

which will overload each of these transformers if the parallel feed is lost. The project selected to mitigate this 

issue is to expand the Richmond substation to accommodate a 115 kV transmission line to Aberdeen as well 

as a 115/69 kV transformer. This will allow some of the 69 kV load west of Ordway to have an alternate 

source and take loading away from the Ordway transformers. Additionally, a capacitor needs to be installed 

at Richmond to provide voltage support in the area. 
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7.1.17 BISMARCK 115 KV REACTORS 

 
Figure 7.17: Bismarck 115 kV Reactors 

Across the Missouri River from the city of Bismarck, North Dakota, light-load conditions cause base-case high 

voltage conditions at the Mandan 230 kV substation and surrounding 115 kV system. With limited reactive 

resources in the area to bring down the over-voltage condition, reactive consumption is needed near the 230 

kV bus at Mandan. The project selected to mitigate this issue is to add 35 MVARs of reactive capability on two 

transformers at the Bismarck substation. 
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7.1.18 MOOREHEAD 230 KV REACTOR 

 
Figure 7.18: Moorehead 230 kV Reactor 

Southeast of Fargo, North Dakota, across the border into Minnesota, the Moorehead 230 kV bus experiences 

base-case high voltage during light-load conditions and the near-term summer peak in the market 

powerflow models. With no reactive adjustments in the area available to help alleviate the base-case voltage 

issue, reactive capability must be installed to bring the voltage down to acceptable levels. Installing an 80 

MVAR reactor bank at the Moorehead 230 kV bus will mitigate this issue. 
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7.2 SHORT-CIRCUIT PROJECTS 

7.2.1 SHORT-CIRCUIT PROJECT PORTFOLIO 

 
Figure 7.19: Short-Circuit Project portfolio 

All short-circuit projects identified in the 2020 ITP were upgrades of overdutied breakers. These upgrades 

ensure SPP’s members can meet short-circuit analysis requirements in the NERC TPL-001-4 standard. 

Short-Circuit Project Area Scenario* 

Replace three breakers at Northeast 161 kV  KCPL 22S / BR 

Replace one breaker at Stilwell 161 kV  KCPL 22S / BR 

Replace one breaker at Leeds 161 kV KCPL 22S / BR 

Replace one breaker at Shawnee Mission 161 kV  KCPL 22S / BR 

Replace one breaker at Southtown 161 kV  KCPL 22S / BR 

Replace two breakers at Lake Road 161 kV  KCPL 22S / BR 

Replace two breakers at Craig 161 kV  KCPL 22S / BR 

Replace four breakers at Anadarko 138 kV WFEC 22S / BR 

Table 7.1: Short-Circuit Projects 
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7.3 ECONOMIC PROJECTS 

7.3.1 BUTLER-TIOGA 138 KV 

 
Figure 7.20: Butler-Tioga 138 kV 

In southeast Kansas, the Butler-Altoona 138 kV line becomes congested for the loss of Caney River-Neosho 

345 kV. The Butler-Altoona 138 kV constraint was identified as a part of Target Area 1 of the 2019 ITP 

assessment but was not addressed due to concerns with the final selected project, installing a phase-shifting 

transformer (PST) at the Butler 138 kV station. This PST project was originally selected and paired with the 

Wolf Creek-Blackberry 345 kV line to address residual congestion on Butler-Altoona 138 kV. Concerns were 

raised about the long-term viability of leaving the Butler-Altoona 138 kV in-service and installing a PST to 

divert system flows, primarily due to the age and condition of the facility. As discussed in the 2019 ITP, the 

Butler-Altoona 138 kV is known for its high outage rates during periods of high wind output or storm 

conditions and is nearing the level of becoming a persistent operational need for system reconfiguration, as 

defined in the ITP manual. The congestion in the 2020 ITP increased such that addressing the Butler-Altoona 

138 kV directly was cost-beneficial to the SPP region. The preferred solution, given the benefit and the age 

and condition of the Butler-Altoona 138 kV line, is to wreck-out and rebuild a portion along existing right-of-

way between Butler and Altoona, and re-route the termination point to Tioga, with the objective of 

minimizing transmission costs. This solution will provide a stronger source to an area of larger load. 
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7.3.2 ANADARKO-GRACEMONT 138 KV REBUILD AS DOUBLE-CIRCUIT 

 
Figure 7.21: Anadarko-Gracemont 138 kV Rebuild as Double-Circuit 

In southwest Oklahoma, the Southwestern Station-Anadarko 138 kV line becomes congested for loss of the 

Anadarko-Gracemont 138 kV line. This area is impacted by west-to-east system flows and existing renewable 

generation on the 138 kV system. This area was analyzed as part of the 2019 ITP assessment and a project to 

rebuild the Anadarko-Gracemont line was selected to address congestion when the Washita-Southwestern 

Station line is out of service. The Anadarko-Gracemont and Washita-Southwestern Station lines form a 

parallel transmission path east from Washita. This area has been identified in multiple ITP assessments and 

currently experiences operational congestion. The initial solutions evaluated included upgrading the 

Southwestern Station-Anadarko line, but given that the congestion is expected to increase, further analysis 

was performed to determine if a modification of the existing NTC would be prudent to strengthen the area 

and leverage the work that will be underway. The project selected to mitigate this issue is to modify the 

existing NTC and rebuild the Anadarko-Gracemont 138 kV line as a double circuit. This modified solution will 

increase the ability of the system to facilitate west-to-east flows and protect against the single circuit 

contingency that causes additional congestion in real-time and for the foreseeable future. 
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7.3.3 RUSSETT-SOUTH BROWN 138 KV REBUILD 

 
Figure 7.22: Russett-South Brown 138 kV Rebuild 

In south-central Oklahoma, the Russett-South Brown 138 kV line becomes congested for the loss of the 

Caney Creek-Little City 138 kV line. This area is impacted by west-to-east system flows aggravated by 

existing and future renewable expansion. This flowgate was identified as a need in the 2019 ITP assessment 

but the project selected did not meet the consolidation criteria because it was identified in Future 2 and did 

not perform reasonably well in Future 1. With increasing bulk transfers in the area evaluated in the 2020 ITP 

assessment, congestion increased in both futures and a project became cost-beneficial to the region. The 

project selected to address the congestion is a rebuild of the Russett-South Brown 138 kV line, consistent 

with the top solution analyzed in the 2019 ITP. 
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7.3.4 GRDA 345/161 KV TRANSFORMERS 

 
Figure 7.23: GRDA 345/161 kV Transformers 

East of Tulsa, Oklahoma, at the GRDA plant substation, the second GRDA 345/161 kV transformer becomes 

congested for the loss of the first transformer. Both transformers are rated equally and are terminally 

limited, driving the need for the selected project to upgrade terminal equipment to increase the capacity of 

both transformers. 
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7.3.5 COLUMBUS EAST 230/115 KV TRANSFORMER 

 
Figure 7.24: Columbus East 230/115 kV Transformer 

Northwest of Omaha and Lincoln, Nebraska, the Columbus East 230/115 kV transformer becomes congested 

for the loss of the Columbus East-Shell Creek 345 kV line. This area experiences north-to-south system flows 

that are diverted with the loss of the 345 kV connection and has seen system congestion in real-time 

operations today. The project selected to address the congestion is to replace the Columbus East transformer 

in order to better utilize the HV system that feeds into Columbus, Lincoln, and Omaha, NE load centers. 
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7.3.6 FRANKS-SOUTH CROCKER-LEBANON 161 KV 

 
Figure 7.25: Franks-South Crocker-Lebanon 161 kV 

In south-central Missouri, northeast of Springfield, the Franks-Crocker 161 kV line becomes congested for 

the loss of the Huben-Franks 345 kV line. The 161 kV path parallels the 345 kV path and carries the power 

when the EHV line is out of service. The 161 kV path is terminally limited so upgrading the terminal 

equipment at the Franks, South Crocker, and Lebanon substations relieves the congestion by allowing for 

increased flows in the area. 
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7.3.7 CHISHOLM-WOODWARD/BORDER TAP 345 KV 

 
Figure 7.26: Chisholm-Woodward/Border Tap 345 kV 

In western Oklahoma, just east of the Texas border, the 345 kV system out of Gracemont to the west is built 

out but not connected. The top congested flowgate in the area is the Shamrock 115/69 kV transformer for 

the loss of the Sweetwater-Chisholm 230 kV line. The project selected for the area is to tap the Border-Tuco 

345 kV line and connect to the Chisholm 345 kV station less than a mile away. This project connects the 345 

kV radial from Gracemont to the rest of the 345 kV system and allows more bulk transfers across the east 

Texas/west Oklahoma system. The Sweetwater-Chisholm outage has also been identified as a limiting 

constraint in the assessment of resource adequacy. 
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7.3.8 DOVER SWITCH-OKEENE AND ASPEN-MOORELAND-PIC 138 KV 

 
Figure 7.27: Dover Switch-Okeene and Aspen-Mooreland-Pic 138 kV 

Northwest of Oklahoma City towards Woodward, the Dover-Okeene 138 kV line becomes congested for the 

loss of the Watonga-Okeene 138 kV line. The line to Watonga is a parallel 138 kV path to the south while the 

line to Dover is to the east out of the Okeene substation. This 138 kV network supports west-to-east bulk 

power transfers to bring low cost generation to the central and eastern load centers. The Dover-Okeene line 

is terminally limited, and when those limitations are eliminated, congestion increases on the 138 kV system 

to the north. The project selected to address the congestion is to upgrade terminal equipment on the Dover 

Switch-Okeene 138 kV line. To realize the benefits of increased transfers on the Dover-Okeene line, terminal 

equipment on the upstream elements of Aspen-Mooreland-Pic 138 kV must also be upgraded. 
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7.3.9 MINCO-PLEASANT VALLEY-DRAPER 345 KV 

 
Figure 7.28: Minco-Pleasant Valley-Draper 345 kV 

Several different needs were identified in and around the Oklahoma City (OKC) area. The first of two 

345/138 kV transformers at Cimarron experiences congestion for the loss of the second. Just south of the 

Cimarron station, the Czech Hall-Cimarron 138 kV line, which feeds the west side of the city, experiences 

congestion for the loss of the Cimarron-Draper 345 kV line. The Skyline-Quail Creek 138 kV line to the north 

of the city experiences congestion for the loss of the Northwest-Arcadia 345 kV line. These issues show the 

impact of west-to-east power flows across the EHV loop around OKC as well as the need for additional 

sources into OKC to serve local load.  

Multiple solutions to address congestion in the area were analyzed, from new EHV on both the north and 

south sides of OKC, to HV solutions attempting to address the congestion directly. The project selected is:  

 A new Minco-Pleasant Valley-Draper 345 kV line on the south side of OKC; 

 A tie-in of the existing Cimarron-Draper 345 kV line to the Pleasant Valley substation; 

 Terminal upgrades at Cimarron and Draper to increase the line rating to a 3.000 amp 

standard that the new facilities will be built at; and 

 Terminal upgrades on the Midwest-Franklin 138 kV line to address downstream congestion 

on the HV system that exists today. 
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7.3.10 SPLIT ROCK 345/115 KV TRANSFORMERS 

 
Figure 7.29: Split Rock 345/115 kV Transformers 

On the northeast side of Sioux Falls, South Dakota, the Split Rock substation helps to serve as a transmission 

hub for power transfers, mostly in support of north-to-south flows. The first Split Rock 345/115 kV 

transformer becomes congested for the loss of the second. This issue was also analyzed in the CSP study with 

MISO but did not produce a solution beneficial to both regions because SPP generation is largely 

redispatching to resolve the congestion. These transformers are terminally limited and by upgrading this 

equipment, the SPP region still sees benefit even though this facility is not under the SPP tariff, but rather a 

Northern States Power facility in MISO. The selected solution is to upgrade terminal equipment on both Split 

Rock 345/115 kV transformers. 

An upgrade of a Non-SPP facility in MISO would require additional coordination with Northern States Power 
(NSPP) and MISO, and a FERC filing to support SPP regional highway/byway cost allocation. The project 
benefits are primarily driven by Future 2 and marginally passed consolidation by including a small amount 
of real-time operational congestion. Additionally, there are stakeholder concerns around the benefits and 
staff concerns that the upgrade may reflect the need for a generator outlet facility for a MISO-projected 
resource and siting plan assumed in Future 2. 
 
For these reasons, there is not strong enough justification for SPP to pursue this upgrade at this time and is 
recommending to defer addressing this system limit to future ITP/CSP cycles. 
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7.3.11 OAHE-SULLY BUTTES-WHITLOCK 230 KV 

 
Figure 7.30: Oahe-Sully Buttes-Whitlock 230 kV 

To the north of Pierre, South Dakota, multiple transmission paths help to serve load centers to the north 

towards Bismarck, North Dakota. The Oahe-Sully Buttes 230 kV line becomes congested for the loss of the 

Fort Thompson-Leland Olds 345 kV line. The 230 kV segments from Oahe moving north are all terminally 

limited. Solutions were tested to determine the number of segments that would need to be upgraded to 

relieve congestion in a cost-beneficial manner on the full 230 kV path to the north. The optimal solution was 

to replace terminal equipment and increase line clearances for the Oahe-Sully Buttes-Whitlock 230 kV lines. 

However, estimated cost did not include additional expenses for transmission line clearance mitigations 

which, when considered, do not make this project cost beneficial enough to receive an NTC at this time. SPP 

recommends that this project be reconsidered in future ITP cycles. 
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7.3.12 MALJAMAR 115 KV CAPACITOR BANK 

 
Figure 7.31: Maljamar 115 kV Capacitor Bank 

West of Hobbs near the community of Maljamar, New Mexico, the Maljamar 115 kV bus experiences both 

base-case low voltage and low voltage for the loss of the PCA-Big Eddy 115 kV line. These low voltages are 

present only in the long-term summer peaks of the market powerflow models. The Maljamar bus serves load 

at the end of a radial feed, making it susceptible to lower voltages. The PCA-Big Eddy 115 kV line is a 

connector to the 230 kV bus at Potash Junction, which causes the Maljamar 115 kV bus to lose voltage 

support once the contingency occurs. Adding a capacitor capable of producing 14.4 MVAR at the Maljamar 

115 kV bus will mitigate this issue. 
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7.3.13 RUSSELL 115 KV CAPACITOR BANK 

 
Figure 7.32: Russell 115 kV Capacitor Bank 

West of Salina near the town of Russell, Kansas, the Russell substation experiences low voltage for the loss of 

the Ellsworth Tap-Russell 115 kV transmission line. Upon contingency, the Russell load is fed at the end of a 

long radial 115 kV line, which causes voltage drop below criteria when load is high in the summer in the 

market powerflow models. The project selected to mitigate this issue is to add a 24 MVAR capacitor at the 

Russell substation to bring the voltage back up to acceptable levels. 
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7.3.14 AGATE 115 KV REACTOR 

 
Figure 7.33: Agate 138 kV Reactor 

Northwest of Grand Forks, near the town of Rolla, North Dakota, light-load conditions in the market 

powerflow models cause the 69 kV system to experience base-case high voltages coming off the 115/69 kV 

transformers at Agate and Leeds. Tap adjustments on the Agate 115/69 kV transformer shift the over-

voltage to the high side of the transformer, making this an infeasible mitigation. With no other reactive 

resources in the area to bring down the over-voltage condition, reactive consumption needs to be installed 

near the 69 kV loads in this region. The project selected to mitigate this issue is to add a 12 MVAR reactor at 

the Agate 115 kV bus. 
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7.3.15 DEVIL’S LAKE 115 KV REACTOR 

 
Figure 7.34: Devil's Lake 115 kV Reactor 

West of Grand Forks, near the town of Devil’s Lake, North Dakota, the 115 kV bus at Devil’s Lake and 

surrounding area experiences high base-case voltages during light-load conditions in the market powerflow 

models. Without any reactive consumption devices or tap changing transformers nearby, no reactive 

adjustments are available to bring the voltage back to acceptable levels. The project selected to mitigate this 

issue is to install a 25 MVAR capable reactor bank at the Devil’s Lake 115 kV substation. 

7.4 POLICY PROJECTS 

No policy projects are required for the 2020 ITP assessment. 
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8 INFORMATIONAL PORTFOLIO ANALYSIS 

8.1 BENEFITS  

8.1.1 METHODOLOGY 

Benefit metrics were used to measure the value and economic impacts of the final portfolio. The Benefit 

Metrics Manual27 provides the definitions, concepts, calculations, and allocation methodologies for all 

approved metrics. The ESWG directed that the 2020 ITP B/C ratios be calculated for the final portfolio using 

the Future 1 and Future 2 models. The benefit analysis is performed on all reliability and economic projects 

in the final portfolio shown in Table 9.1 (regardless of NTC recommendation). The benefit structure shown 

in Table 8.1 illustrates the metrics calculated as the incremental benefit of the projects included in the 

portfolios. 

Metric Description 

APC Savings 

Savings Due to Lower Ancillary Service Needs and Production Costs 

Avoided or Delayed Reliability Projects 

Marginal Energy Losses 

Capacity Cost Savings Due to Reduced On-Peak Transmission Losses 

Reduction of Emissions Rates and Values 

Public Policy Benefits 

Assumed Benefit of Mandated Reliability Projects 

Mitigation of Transmission Outage Costs 

Increased Wheeling Through and Out Revenues 

Table 8.1: Benefit Metrics 

8.1.2 APC SAVINGS 

APC captures the monetary cost associated with fuel prices, run times, grid congestion, unit operating costs, 

energy purchases, energy sales and other factors that directly relate to energy production by generating 

resources in the SPP footprint. Additional transmission projects aim to relieve system congestion and reduce 

27 Benefit Metrics Manual 
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costs through a combination of a more economical generation dispatch, more economical purchases and 

optimal revenue from sales. 

To calculate benefits over the expected 40-year life of the projects28, two years were analyzed, 2025 and 

2030. APC savings were calculated accordingly for these years. The benefits are extrapolated to the fifteenth 

year based on the slope between the two points. After that, they are assumed to grow at an inflation rate of 

2.5 percent per year. Each year’s benefit was then discounted to 2025 using an eight percent discount rate, 

and a 2.5 percent inflation rate from 2025 back to 2020. The sum of all discounted benefits was presented as 

the NPV benefit. This calculation was performed for every zone. 

Figure 8.1 shows the regional APC savings for the recommended portfolio over 40 years. 

 
Figure 8.1: Regional APC Savings for the 40-Year Study Period 

Table 8.2 provides the zonal breakdown and the NPV estimates. Future 2 has higher congestion compared to 
Future 1. Therefore, the projects in the recommended portfolio provide more congestion relief in Future 2 
than in Future 1, resulting in larger APC savings. 
 

28 The SPP OATT requires that the portfolio be evaluated using a 40-year financial analysis. 
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Zone 

Reference Case (Future 1) Emerging Technologies (Future 2) 

2025 ($M) 2030 ($M) 

40-yr NPV 

($2020M) 2025 ($M) 2030 ($M) 

40-yr NPV 

($2020M) 

AEPW $9.2 $22.4 $350.0 $15.9 $37.7 $587.8 

EMDE $5.2 $3.7 $39.4 $8.3 $5.1 $50.2 

GMO $0.2 $1.2 $20.5 $1.8 $3.7 $56.7 

GRDA $8.7 $12.9 $186.3 $6.9 $10.5 $152.3 

KCBPU  ($0.1) $0.6 $11.5 $0.0 $2.1 $37.5 

KCPL $1.9 $3.8 $57.2 ($0.3) $1.6 $30.4 

LES $0.2 $0.3 $4.2 $0.3 $1.6 $26.2 

MIDW ($1.1) ($1.5) ($20.7) ($1.2) ($1.3) ($16.8) 

NPPD $0.2 $0.7 $12.1 ($0.1) $0.9 $16.8 

OKGE $31.4 $57.0 $854.4 $33.5 $64.7 $979.5 

OPPD $0.3 ($0.4) ($8.0) $0.8 $1.4 $21.0 

SPRM $1.1 $0.7 $5.9 $1.1 $0.4 $2.0 

SPS ($0.4) ($0.1) $0.7 $9.4 $2.0 ($11.7) 

SUNC ($3.5) ($4.8) ($67.1) ($3.4) ($3.9) ($52.2) 

SWPA $0.3 $0.7 $11.6 $1.6 $2.4 $34.2 

UMZ $5.8 $9.2 $134.1 $9.6 $23.1 $361.1 

WERE $4.6 $6.0 $83.1 $4.7 $4.6 $58.3 

WFEC $7.0 $11.3 $165.4 $9.3 $16.6 $248.0 

TOTAL: $71.2  $123.8  $1,840.4  $98.4  $173.3  $2,581.3  

Table 8.2: APC Savings by Zone 

 
Table 8.3 provides the zonal breakdown and the NPV estimates for the SPP “other” zone. This zone includes 

merchant generation (without contractual arrangements with load-serving entities) and additional 

renewable resource plan wind resources. The calculation for this zone is 100 percent production cost minus 

sales to other zones (revenue).  

  Reference Case (F1) Emerging Technologies (F2) 

Zone 

2025 

($M) 

2030 

($M) 

40-yr NPV 

($2020M) 

2025 

($M) 

2030 

($M) 

40-yr NPV 

($2020M) 

OTHSPP $38.8  $85.3  $1,317.2  $54.8  $69.6  $960.9  

Table 8.3: Other SPP APC Benefit 

8.1.3 REDUCTION OF EMISSION RATES AND VALUES 

Additional transmission may result in a lower fossil-fuel burn (for example, less coal-intensive generation), 

resulting in less SO2, NOX, and CO2 emissions. Such a reduction in emissions is a benefit that is already 
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monetized through the APC savings metric, based on the assumed allowance prices for these effluents. Note 

that neither ITP future assumes any allowance prices for CO2. 

8.1.4 SAVINGS DUE TO LOWER ANCILLARY SERVICE NEEDS AND PRODUCTION COSTS 

Ancillary services, such as spinning reserves, ramping (up/down), regulation, and 10-minute quick start are 

essential for the reliable operation of the electrical system. Additional transmission can decrease the 

ancillary services costs by: (a) reducing the ancillary services quantity needed, or (b) reducing the 

procurement costs for that quantity. 

The ancillary services needs in SPP are determined according to SPP’s market protocols and do not change 

based on transmission. Therefore, the savings associated with the “quantity” effect are assumed to be zero. 

The costs of providing ancillary services are captured in the APC metric. The production cost simulations set 

aside fixed levels of resources to provide regulation and spinning reserves. As a result, the benefits related to 

“procurement cost” effect are already included as a part of the APC savings presented in this report. 

8.1.5 AVOIDED OR DELAYED RELIABILITY PROJECTS 

Potential reliability needs are reviewed to determine if the upgrades proposed for economic or policy 

reasons defer or replace any reliability upgrades. The avoided or delayed reliability project benefit 

represents the costs associated with these additional reliability upgrades that would otherwise have to be 

pursued.  

To calculate the avoided or delayed reliability projects benefit for the recommended portfolio, the ability for 

economic projects to avoid or delay a base reliability project is analyzed and identified in the optimization 

milestone. No overlap was identified; therefore, no avoided or delayed reliability projects were identified, 

and the associated benefits are estimated to be zero.  

8.1.6 CAPACITY COST SAVINGS DUE TO REDUCED ON-PEAK TRANSMISSION LOSSES 

Transmission line losses result from the interaction of line materials with the energy flowing over the line. 

This constitutes an inefficiency inherent to all standard conductors. Line losses across the SPP system are 

directly related to system impedance. Transmission projects often reduce losses during peak load conditions, 

which lowers the costs associated with additional generation capacity needed to meet the capacity 

requirements. 

The capacity cost savings for the recommended portfolio are calculated based on the on-peak losses 

estimated in the base reliability powerflow model. The loss reductions are then multiplied by 112 percent to 

estimate the reduction in installed capacity requirements. The value of capacity savings is monetized by 

applying a net cost of new entry (CONE) of $85.61/kW-yr in 2018 dollars. The net CONE value was obtained 

from Attachment AA Resource Adequacy-Attachment AA Section 14 of the tariff. The net CONE was assumed 

to grow at an inflation rate of 2.5 percent for each study year, $2M for 2025, and $2.7M for 2030. Table 8.4 

displays the associated capacity savings for each zone in each study year and the 40-year NPV. 
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Base Reliability 

Zone 2025 ($M) 2030 ($M) 

40-yr NPV 

(2020$M) 

AEPW $0.08  $0.11  $1.46  

EMDE ($0.00) ($0.00) ($0.01) 

GMO $0.00  $0.00  $0.04  

GRDA $0.00  $0.00  $0.01  

KCBPU $0.00  $0.00  ($0.00) 

KCPL $0.01  $0.00  $0.03  

LES $0.00  $0.00  $0.03  

MIDW $0.00  $0.00  $0.02  

NPPD $0.02  $0.01  $0.08  

OKGE $0.38  $0.47  $6.46  

OPPD ($0.00) ($0.00) ($0.01) 

SPRM ($0.00) ($0.00) ($0.00) 

SPS $0.73  $1.20  $17.63  

SUNC $0.01  $0.01  $0.10  

SWPA $0.04  $0.04  $0.50  

UMZ $0.38  $0.52  $7.42  

WFEC $0.11  $0.11  $1.36  

WERE $0.22  $0.25  $3.36  

Total: $2.0  $2.7  $38.5  

Table 8.4: On-Peak Loss Reduction and Associated Capacity Cost Savings 

 
8.1.7 ASSUMED BENEFIT OF MANDATED RELIABILITY PROJECTS 

This metric monetizes the benefits of reliability projects built to meet compliance requirements and mitigate 

SPP Criteria violations. The regional benefits are assumed to be equal to the 40-year NPV of ATRRs of the 

projects, totaling $217 million in 2020 dollars. 

The system reconfiguration (SR) approach to allocate zonal benefits utilizes the powerflow models to 

measure incremental flows shifted onto the existing system during an outage of the proposed reliability 

upgrade. This is used as a proxy for how much each upgrade reduces flows on the existing transmission 

facilities in each zone. Results from the production cost simulations are used to determine hourly flow 

direction on the upgrades and applied as weighting factors for the powerflow results.  
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Table 8.5 summarize the SR analysis results, load-ratio shares (LRS), and the benefit allocation factors for 

different voltage levels. The table shows the overall zonal benefits calculated by applying these allocation 

factors. 

Mandated Reliability Benefits 

Base Reliability and Short-Circuit  

< 100 kV 100-300 kV > 300 kV All Projects 

SPP-

wide 

Benefit 

$22.86 $130 $64 $217 

Zone 

100% 67% 33% Wtd.  

Avg 

33% 67% Wtd.  

Avg Allocation 

Benefit  

2020$M SR SR LRS SR LRS 

AEPW 6.8% 10.4% 20.3% 13.7% 0.5% 20.3% 13.7% 13.0% $28.1  

EMDE 3.2% 1.5% 2.3% 1.8% 0.6% 2.3% 1.7% 1.9% $4.2  

GMO 2.9% 7.2% 3.7% 6.1% 24.9% 3.7% 10.8% 7.1% $15.5  

GRDA 1.1% 0.6% 1.6% 1.0% 0.4% 1.6% 1.2% 1.1% $2.3  

KCBPU 0.1% 1.9% 0.9% 1.5% 0.2% 0.9% 0.7% 1.1% $2.5  

KCPL 4.5% 7.0% 7.4% 7.2% 20.5% 7.4% 11.8% 8.2% $17.9  

LES 0.3% 0.2% 1.4% 0.6% 17.0% 1.4% 6.6% 2.4% $5.1  

MIDW 4.9% 2.8% 0.7% 2.1% 0.3% 0.7% 0.6% 2.0% $4.3  

NPPD 6.9% 4.0% 6.0% 4.7% 7.4% 6.0% 6.5% 5.4% $11.8  

OKGE 17.3% 13.0% 12.9% 13.0% 1.3% 12.9% 9.1% 12.3% $26.7  

OPPD 4.0% 2.5% 4.6% 3.2% 0.4% 4.6% 3.2% 3.3% $7.1  

SPRM 4.6% 3.2% 2.1% 2.9% 0.0% 2.1% 1.4% 2.6% $5.7  

SPS 3.2% 2.8% 0.7% 2.1% 0.3% 0.7% 0.6% 1.8% $3.9  

SUNC 7.3% 1.2% 1.3% 1.3% 0.3% 1.3% 1.0% 1.8% $3.9  

SWPA 23.2% 29.3% 11.4% 23.3% 23.0% 11.4% 15.3% 20.9% $45.4  

UMZ 4.4% 2.7% 9.4% 4.9% 0.0% 9.4% 6.3% 5.3% $11.5  

WERE 3.5% 5.3% 9.8% 6.8% 2.9% 9.8% 7.5% 6.7% $14.5  

WFEC 1.7% 4.1% 3.2% 3.8% 0.2% 3.2% 2.2% 3.1% $6.8  

Total: 100.0% 100.0% 100.0% 100.0% 100.0% 100.0% 100.0% 100.0% $216.9  

Table 8.5: Mandated Reliability Benefits 

 
8.1.8 BENEFIT FROM MEETING PUBLIC POLICY GOALS 

This metric represents the economic benefit provided by the transmission upgrades for facilitating public 

policy goals. In this study, the scope is limited to meeting public policy goals related to renewable energy. 

System-wide benefits are assumed to be equal to the cost of policy projects.  

Since no policy projects were identified as a part of the recommended portfolio, the associated benefits are 

assumed to be zero. 
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8.1.9 MITIGATION OF TRANSMISSION OUTAGE COSTS 

The standard production cost simulations used to estimate APC savings assume that transmission lines and 

facilities are available during all hours of the year, ignoring the added congestion-relief and production cost 

benefits of new transmission facilities during the planned and unplanned outages of existing transmission 

facilities. 

To estimate the incremental savings associated with the mitigation of transmission outage costs, the 

production cost simulations can be augmented for a realistic level of transmission outages. Due to the 

significant effort needed to develop these augmented models for each case, the findings from the RCAR II 

study were used to calculate this benefit metric for the consolidated portfolio as a part of this ITP 

assessment.  

In the RCAR analysis, adding a subset of historical transmission outage events to the production cost 

simulations increased the APC savings by 11.3 percent.29  Applying this ratio to the APC savings estimated for 

the recommended portfolio translates to a 40-year NPV benefit of $1,840 million for Future 1 and $2,581 

million for Future 2 in 2020 dollars. These benefits are allocated to zones based upon their LRS within the 

region. Table 8.6 shows the outage mitigation benefits allocated to each SPP zone. 

Zone 

Future 1 Future 2 

(2020$M) (2020$M) 

AEPW $43.2  $59.9  

EMDE $4.9  $6.8  

GMO $7.9  $11.0  

GRDA $3.5  $4.9  

KCBPU  $1.9  $2.7  

KCPL $15.8  $21.9  

LES $3.0  $4.2  

MIDW $1.6  $2.2  

NPPD $12.7  $17.6  

OKGE $27.5  $38.2  

OPPD $9.7  $13.5  

SPRM $2.8  $3.9  

SPS $24.3  $33.7  

SUNC $4.6  $6.3  

SWPA $1.5  $2.1  

29  SPP Regional Cost Allocation Review Report, October 8, 2013 (pp. 36-37) 
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Zone 

Future 1 Future 2 

(2020$M) (2020$M) 

UMZ $20.0  $27.8  

WERE $20.8  $28.9  

WFEC $6.9  $9.6  

Total:  $212.7  295.0  

Table 8.6: Transmission Outage Cost Mitigation Benefits by Zone 

8.1.10 INCREASED WHEELING THROUGH AND OUT REVENUES 

Increasing available transfer capacity (ATC) with a neighboring region improves import and export 

opportunities for the SPP footprint. Increased interregional transmission capacity that allows for increased 

through and out transactions will also increase SPP wheeling revenues. 

To estimate how increased ATC could affect the wheeling services sold, the historical long-term firm 

transmission service request (TSR) allowed by the historical NTC projects are analyzed and compared 

against the ATC increase in the 2014 powerflow models estimated based on a First-Contingency Incremental 

Transfer Capability (FCITC) analysis. As summarized in Table 8.7, the NTC projects that have been put in-

service under SPP’s highway/byway cost allocation methodology enabled 13 long-term TSRs to be sold 

between 2010 and 2014. The TSRs remain active for 2020. The amount of capacity granted for these TSRs 

add up to 1,402 MW. The associated wheeling revenues are estimated to be $50.4 million annually based on 

current SPP tariff rates. The results of the FCITC analysis are summarized in Table 8.8. The export ATC 

increase in the 2014 powerflow models is calculated to be 1,142 MW, which is comparable to the amount of 

firm capacity granted for the incremental TSRs sold historically for 2020.  

Point of 

Delivery 

Number of 

Firm PtP 

Service 

Requests 

MW 

Capacity 

Granted 

2014 Wheeling Revenues in $million 

Sch 7 

Zonal 

Sch 11 

Reg-Wide 

Sch 11  

Thru & 

Out Zonal TOTAL 

AECI 6 716 $8.3 $11.8 $5.4 $25.6 

KACY 1 100 $1.4 $1.7 $0.8 $3.9 

Entergy 6 586 $6.8 $9.7 $4.4 $20.9 

Total: 13 1,402 $16.5 $23.2 $10.6 $50.4 

Table 8.7: Estimated Wheeling Revenues from Incremental Long-Term TSRs Sold (2010-2014) 
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Export ATC in 2014 Base Case 1,630 MW 

Export ATC in 2014 Change Case 2,943 MW 

Increase in Export ATC due to NTCs 1,313 MW 

Incremental TSRs Sold due to NTCs 1,402 MW 

TSRs Sold as a Percent of Increase in Export ATC 107% 

Table 8.8: Historical Ratio of TSRs Sold against Increase in Export ATC 

The 2025 and 2030 base reliability powerflow models were utilized for the FCITC analysis on the final 

consolidated portfolio. The ratio of TSRs sold as a percent of increase in export ATC is capped at 100 percent, 

as incremental TSR sales would not be expected to exceed the amount of increase in export ATC. The 

recommended portfolio increased the export ATC by 104 MW in 2025 and 234 MW in 2030. Applying the 

historical ratio suggests the recommended portfolio could enable incremental TSRs by the same amount, 

generating additional wheeling revenues of $5-12 million annually.  

The 40-year NPV of benefits is estimated to be $226 million. These benefits are allocated based on the 

current revenue sharing method in the tariff. Figure 8.2 shows the distribution of wheeling revenue benefits 

in each SPP zone. 

 
Figure 8.2: Increased Wheeling Revenue Benefits by Zone (40-year NPV) 

8.1.11 MARGINAL ENERGY LOSSES BENEFIT 

The standard production cost simulations used to estimate APC do not reflect the impact of transmission 

upgrades on the MWh quantity of transmission losses. To make run-times more manageable, the load in the 

production cost simulations is “grossed up” for average transmission losses for each zone. These loss 

assumptions do not change with additional transmission. Therefore, the traditional APC metric does not 

capture the benefits from reduced MWh quantity of losses. 
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APC savings due to such energy loss reductions can be estimated by post-processing the marginal loss 

component (MLC) of the LMPs from simulation results and applying a methodology30 for marginal energy 

losses, which accounts for losses on generation and market imports. The 40-year NPV of benefits is 

estimated to be $10.97 million in Future 1 and $14.7 million in Future 2, as shown in Table 8.9. 

    Reference Case  (F1) Emerging Technologies (F2) 

Zone 
2025 

($M) 

2030 

($M) 

40-yr NPV  

(2020$M) 

2025 

($M) 

2030 

($M) 

40-yr NPV  

(2020$M) 

AEPW ($0.09) ($1.3) ($22.6) ($1.16) ($1.19) ($15.37) 

EMDE ($0.2) ($0.3) ($4.3) ($0.30) $0.01 $1.73 

GMO $0.34 $0.4 $5.9 $0.71 $0.22 $0.30 

GRDA ($0.3) ($0.5) ($7.3) ($0.30) ($0.27) ($3.37) 

KCBPU  $0.27 $0.4 $5.2 ($0.33) $0.14 $4.15 

KCPL $0.4 $0.5 $7.3 $0.25 $0.09 $0.30 

LES $0.03 $0.2 $2.7 $0.02 $0.07 $1.12 

MIDW ($0.0) ($0.1) ($1.1) ($0.02) ($0.02) ($0.34) 

NPPD $0.06 $0.5 $7.9 $0.22 $0.23 $2.95 

OKGE ($0.2) ($1.2) ($19.8) $0.44 $0.14 $0.31 

OPPD $0.15 $1.4 $23.5 $0.31 $0.18 $1.61 

SPRM $0.0 $0.1 $2.0 $0.24 $0.25 $3.19 

SPS $1.91 $2.0 $25.8 $1.61 $2.07 $28.69 

SUNC $0.1 $0.1 $1.8 $0.18 $0.02 ($0.59) 

SWPA ($0.03) ($0.0) ($0.3) ($0.03) $0.06 $1.26 

UMZ $0.2 $0.1 $1.3 $0.21 ($0.73) ($14.04) 

WERE $0.64 ($0.1) ($4.4) ($0.03) ($0.23) ($3.92) 

WFEC $0.2 ($0.6) ($12.5) ($4.93) ($0.99) $6.76 

Total: $3.56 $1.61 $10.97 ($2.89) $0.03 $14.75 
Table 8.9: Energy Losses Benefit by Zone 

8.1.12 SUMMARY 

Table 8.10 through Table 8.13 summarize the 40-year NPV of the estimated benefit metrics and costs and the 
resulting B/C ratios for each SPP zone.  

For the region, the B/C ratio is estimated to be 4.0 in Future 1 and 5.2 in Future 2. The higher B/C ratio in 
Future 2 is driven by the APC savings due to higher congestion relief. 

30 As described in the Benefit Metric Manual 
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Reference Case (Future 1) 

Present Value of 40-yr Benefits for the 2025-2065 Period (in 2020$M) Present Est. 

Zone 

APC 

Savings 

Avoided or 

Delayed 

Reliability 

Projects 

Capacity 

Savings from 

Reduced On-

peak Losses 

Assumed 

Benefit of 

Mandated 

Reliability 

Projects 

Benefit from 

Meeting 

Public Policy 

Goals 

Mitigation 

of Trans-

mission 

Outage 

Costs 

Increased 

Wheeling 

Through 

and Out 

Revenues 

Marginal 

Energy 

Losses 

Benefits 

Total 

Benefits 

Value of 

40-yr 

ATRRs 

(in 

2020$M) 

Benefit/ 

Cost 

Ratio 

AEPW $350 $0 $1 $28 $0 $43 $23 ($23) $423 $93 4.6 

EMDE $39 $0 ($0) $4 $0 $5 $2 ($4) $46 $8 5.5 

GMO $20 $0 $0 $15 $0 $8 $4 $6 $53 $13 4.0 

GRDA $186 $0 $0 $2 $0 $4 $2 ($7) $187 $7 27.1 

KCBPU $12 $0 ($0) $3 $0 $2 $0 $5 $22 $3 6.6 

KCPL $57 $0 $0 $18 $0 $16 $8 $7 $106 $32 3.3 

LES $4 $0 $0 $5 $0 $3 $1 $3 $16 $5 3.2 

MIDW ($21) $0 $0 $4 $0 $2 $1 ($1) ($15) $3 (5.8) 

NPPD $12 $0 $0 $12 $0 $13 $6 $8 $51 $25 2.0 

OKGE $854 $0 $6 $27 $0 $28 $12 ($20) $907 $61 14.9 

OPPD ($8) $0 ($0) $7 $0 $10 $4 $23 $36 $16 2.2 

SPRM $6 $0 ($0) $6 $0 $3 $2 $2 $18 $5 3.9 

SPS $1 $0 $1 $4 $0 $24 $18 $26 $73 $92 0.8 

SUNC ($67) $0 $0 $4 $0 $5 $2 $2 ($55) $11 (4.9) 

SWPA $12 $0 $18 $45 $0 $2 $1 ($0) $77 $3 27.9 

UMZ $134 $0 $7 $11 $0 $20 $16 $1 $190 $65 2.9 

WERE $83 $0 $1 $14 $0 $21 $30 ($4) $145 $159 0.9 

WFEC $165 $0 $3 $7 $0 $7 $5 ($12) $175 $31 5.6 

Total: $1,840 $0 $38 $217 $0 $213 $137 $11 $2,456 $634 3.9 

Table 8.10: Estimated 40-year NPV of Benefit Metrics and Costs-Zonal  
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Emerging Technologies (Future 2) 

Present Value of 40-yr Benefits for the 2025-2065 Period (in 2020$M) Present Est. 

Zone 

APC 

Savings 

Avoided 

or 

Delayed 

Reliability 

Projects 

Capacity 

Savings from 

Reduced On-

peak Losses 

Assumed 

Benefit of 

Mandated 

Reliability 

Projects 

Benefit from 

Meeting 

Public Policy 

Goals 

Mitigation 

of Trans-

mission 

Outage 

Costs 

Increased 

Wheeling 

Through 

and Out 

Revenues 

Marginal 

Energy 

Losses 

Benefits 

Total 

Benefits 

Value of 

40-yr 

ATRRs 

(in 

2020$M) 

Benefit/ 

Cost 

Ratio 

AEPW $588  $0 $1  $28  $0 $60  $23  ($15) $685  $93  7.4  

EMDE $50  $0 ($0) $4  $0 $7  $2  $2  $65  $8  7.8  

GMO $57  $0 $0  $15  $0 $11  $4  $0  $87  $13  6.5  

GRDA $152  $0 $0  $2  $0 $5  $2  ($3) $158  $7  22.9  

KCBP

U 
$38  $0 ($0) $3  $0 $3  $0  $4  $47  $3  14.4  

KCPL $30  $0 $0  $18  $0 $22  $8  $0  $78  $32  2.4  

LES $26  $0 $0  $5  $0 $4  $1  $1  $38  $5  7.4  

MIDW ($17) $0 $0  $4  $0 $2  $1  ($0) ($10) $3  (3.8) 

NPPD $17  $0 $0  $12  $0 $18  $6  $3  $55  $25  2.2  

OKGE $980  $0 $6  $27  $0 $38  $12  $0  $1,063  $61  17.4  

OPPD $21  $0 ($0) $7  $0 $13  $4  $2  $47  $16  2.9  

SPRM $2  $0 ($0) $6  $0 $4  $2  $3  $17  $5  3.5  

SPS ($12) $0 $1  $4  $0 $34  $18  $29  $73  $92  0.8  

SUNC ($52) $0 $0  $4  $0 $6  $2  ($1) ($41) $11  (3.7) 

SWPA $34  $0 $18  $45  $0 $2  $1  $1  $102  $3  36.9  

UMZ $361  $0 $7  $11  $0 $28  $16  ($14) $410  $65  6.3  

WERE $58  $0 $1  $14  $0 $29  $30  ($4) $129  $159  0.8  

WFEC $248  $0 $3  $7  $0 $10  $5  $7  $280  $31  8.9  

Total: $2,581  $0 $38  $217  $0 $295  $137  $15  $3,283  $634  5.2  

Table 8.11: Estimated 40-year NPV of Benefit Metrics and Costs-Zonal 
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Reference Case (Future 1)31 

Present Value of 40-yr Benefits for the 2025-2065 Period (in 2020$M) Present Est. 

States 

APC 

Savings 

Avoided or 

Delayed 

Reliability 

Projects 

Capacity 

Savings 

from 

Reduced 

On-peak 

Losses 

Assumed 

Benefit of 

Mandated 

Reliability 

Projects 

Benefit 

from 

Meeting 

Public 

Policy 

Goals 

Mitigation 

of Trans-

mission 

Outage 

Costs 

Increased 

Wheeling 

Through 

and Out 

Revenues 

Marginal 

Energy 

Losses 

Benefits 

Total 

Benefits 

Value of 

40-yr 

ATRRs 

(in 

2020$M) 

Benefit/ 

Cost 

Ratio 

Arkansas $85  $0  $0  $12  $0  $13  $6  ($3) $114  $26  4.5 

Iowa $28  $0  $0  $0  $0  $1  $0  ($1) $28  $1  21.4 

Kansas $83  $0  $26  $75  $0  $59  $41  $41  $324 $185  1.7 

Louisiana $51  $0  $0  $4  $0  $6  $3  ($3) $62  $14  4.6 

Minnesota $5  $0  $0  $0  $0  $0  $0  ($0) $5  $0  27.1 

Missouri $923  $0  $7  $62  $0  $56  $26  $7  $1,079  $115  9.4 

Montana $3  $0  $0  $0  $0  $0  $0  ($0) $3  $0  27.1 

Oklahoma $193  $0  $1  $27  $0  $34  $17  ($6) $267  $70  3.8 

Nebraska $266  $0  $5  $24  $0  $30  $36  ($12) $348  $194  1.8 

New Mexico ($7) $0  $0  $2  $0  $1  $0  ($0) ($5) $1  (5.8) 

North 

Dakota 
$83  $0  $0  $1  $0  $2  $1  ($3) $83  $3  27.1 

South 

Dakota 
$60  $0  $0  $1  $0  $1  $1  ($2) $60  $2  27.0 

Texas $67  $0  $0  $9  $0  $11  $6  ($6) $88  $23  3.8 

Wyoming $1  $0  $0  $0  $0  $0  $0  ($0) $1  $0  27.1 

Total: $1,840  $0  $38  $217  $0  $213  $137  $11 $2,456  $634 3.9 

Table 8.12: Estimated 40-year NPV of Benefit Metrics and Costs-State 

 

31 State level numbers are representative of load and generation in the SPP region, not the entire state. 
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Emerging Technologies (Future 2)32 

Present Value of 40-yr Benefits for the 2025-2065 Period (in 2020$M) Present Est. 

States 

APC 

Savings 

Avoided or 

Delayed 

Reliability 

Projects 

Capacity 

Savings 

from 

Reduced 

On-peak 

Losses 

Assumed 

Benefit of 

Mandated 

Reliability 

Projects 

Benefit 

from 

Meeting 

Public 

Policy 

Goals 

Mitigation 

of Trans-

mission 

Outage 

Costs 

Increased 

Wheeling 

Through 

and Out 

Revenues 

Marginal 

Energy 

Losses 

Benefits 

Total 

Benefits 

Value of 

40-yr 

ATRRs 

(in 

2020$M) 

Benefit/ 

Cost 

Ratio 

Arkansas $150  $0  $0  $12  $0  $18  $6  ($3) $184  $26  7.2 

Iowa $24  $0  $0  $0  $0  $1  $0  ($0) $25  $1  19.2 

Kansas $346  $0  $26  $74  $0  $81  $41  $20  $587  $185  3.2 

Louisiana $86  $0  $0  $4  $0  $9  $3  ($2) $100  $14  7.4 

Minnesota $4  $0  $0  $0  $0  $0  $0  ($0) $4  $0  22.9 

(Missouri $1,078  $0  $7  $62  $0  $78  $26  $3  $1,252  $115  10.9 

Montana $2  $0  $0  $0  $0  $0  $0  ($0) $2  $0  22.9 

Oklahoma $307  $0  $1  $27  $0  $48  $17  ($2) $398  $70  5.7 

Nebraska $347  $0  $5  $24  $0  $41  $36  $7  $460  $194  2.4 

New Mexico ($6) $0  $0  $2  $0  $1  $0  ($0) ($4) $1  (3.8) 

North Dakota $67  $0  $0  $1  $0  $2  $1  ($1) $70  $3  22.9 

South Dakota $49  $0  $0  $1  $0  $2  $1  ($1) $51  $2  22.9 

Texas $125  $0  $0  $9  $0  $15  $6  ($4) $151  $23  6.6 

Wyoming $1  $0  $0  $0  $0  $0  $0  ($0) $1  $0  22.9 

Total: $2,581  $0  $38  $217  $0  $295  $137  $15  $3,283 $634 5.2 

Table 8.13: Estimated 40-year NPV of Benefit Metrics and Costs-State 

32 State level numbers are representative of load and generation in the SPP region, not the entire state. 
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8.2 RATE IMPACTS 

The rate impact to an average retail residential ratepayer in SPP was computed for the recommended 

portfolio. Rate impact costs and benefits33 are allocated to the average retail residential ratepayer based 

on an estimated residential consumption of 1,000 kWh per month. Benefits and costs for the 2030 study 

year were used to calculate rate impacts. All 2030 benefits and costs are shown in 2020 dollars, 

discounting at a 2.5 percent inflation rate.  

The retail residential rate impact benefit is subtracted from the retail residential rate impact cost to 

obtain a net rate impact cost by zone. If the net rate impact cost is negative, it indicates a net benefit to the 

zone. The rate impact costs and benefits are shown in Table 8.14 through Table 8.17. There is a monthly 

net benefit for the average SPP residential ratepayer of 16 cents for Future 1. There is a monthly net 

benefit for the average SPP residential ratepayer of 30 cents for Future 2. 

Zone 

One-Year 

ATRR 

Costs 

2030 

($thousands) 

One-Year 

Benefit 

2030 

($thousands) 

Rate 

Impact-

Cost 

Rate 

Impact 

Benefit 

Net Impact 

(2020$) 

AEPW $7,896 $17,468 $0.15 $0.34 ($0.19) 

EMDE $719 $2,859 $0.14 $0.56 ($0.42) 

GMO $1,156 $950 $0.12 $0.10 $0.02 

GRDA $581 $10,114 $0.06 $1.05 ($0.99) 

KCBPU $283 $496 $0.10 $0.18 ($0.08) 

KCPL $2,688 $2,940 $0.18 $0.20 ($0.02) 

LES $443 $230 $0.13 $0.07 $0.06 

MIDW $227 ($1,145) $0.10 ($0.50) $0.60 

NPPD $1,854 $577 $0.11 $0.03 $0.07 

OKGE $5,184 $44,561 $0.16 $1.33 ($1.18) 

OPPD $1,417 ($281) $0.10 ($0.02) $0.12 

SPRM $408 $509 $0.14 $0.18 ($0.04) 

SPS $7,336 ($63) $0.25 $0.00 $0.25 

SUNC $910 ($3,729) $0.14 ($0.56) $0.70 

SWPA $235 $583 $0.43 $1.07 ($0.64) 

UMZ $5,297 $7,186 $0.17 $0.23 ($0.06) 

WERE $13,179 $4,675 $0.49 $0.17 $0.31 

WFEC $2,521 $8,817 $0.16 $0.56 $0.40 

Total: $52,334 $96,748 $0.19 $0.35 ($0.16) 

Table 8.14: Future 1 2030 Retail Residential Rate Impacts by Zone (2020$) 

33 APC savings are the only benefit included in the rate impact calculations. 
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Zone 

One-Year 

ATRR Costs 

2030 

($thousands) 

One-Year 

Benefit 

2030 

($thousands) 

Rate 

Impact-

Cost 

Rate 

Impact 

Benefit 

Net Impact 

(2020$) 

AEPW $7,896 $29,423 $0.15 $0.57 ($0.42) 

EMDE $719 $4,016 $0.14 $0.79 ($0.65) 

GMO $1,156 $2,901 $0.12 $0.31 ($0.19) 

GRDA $581 $8,221 $0.06 $0.86 ($0.80) 

KCBPU $283 $1,665 $0.10 $0.60 ($0.50) 

KCPL $2,688 $1,269 $0.18 $0.09 $0.10 

LES $443 $1,230 $0.12 $0.35 ($0.22) 

MIDW $227 ($1,009) $0.10 ($0.44) $0.54 

NPPD $1,854 $732 $0.11 $0.04 $0.06 

OKGE $5,184 $50,551 $0.15 $1.51 ($1.35) 

OPPD $1,417 $1,110 $0.10 $0.08 $0.02 

SPRM $408 $327 $0.14 $0.11 $0.03 

SPS $7,336 $1,530 $0.25 $0.05 $0.20 

SUNC $910 ($3,052) $0.14 ($0.46) $0.60 

SWPA $235 $1,853 $0.43 $3.41 ($2.98) 

UMZ $5,297 $18,039 $0.17 $0.08 ($0.40) 

WERE $13,179 $3,594 $0.49 $0.13 $0.35 

WFEC $2,521 $12,985 $0.16 $0.82 $0.60 

Total: $52,334 $135,386 $0.19 $0.49 ($0.30) 

Table 8.15: Future 2 2030 Retail Residential Rate Impacts by Zone (2020$) 
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State34 

One-Year 

ATRR Costs 

2030 

($thousands) 

One-Year 

Benefit 

2030 

($thousands) 

Rate Impact-

Cost 

Rate Impact 

Benefit 

Net Impact35 

(2020$) 

Arkansas $1,972 $4,773 $0.15 $0.36 ($0.21) 

Iowa $84 $1,415 $0.06 $1.08 ($1.02) 

Kansas $18,815 $9,380 $0.17 $0.09 $0.09 

Louisiana $1,155 $2,556 $0.15 $0.34 ($0.19) 

Minnesota $16 $278 $0.06 $1.09 ($1.02) 

Missouri $8,148 $46,549 $0.14 $0.81 ($0.67) 

Montana $9 $151 $0.06 $1.09 ($1.02) 

Nebraska $8,234 $11,123 $0.20  $0.26  ($0.07) 

New Mexico $411 $338 $0.50  $0.41  $0.09 

North Dakota $257 $4,481 $0.06  $1.09  ($1.02) 

Oklahoma $10,488 $7,735  $0.39 $0.29 $0.10  

South Dakota $195 $3,276 $0.06  $1.08  ($1.01) 

Texas $2,545 $4,616 $0.19  $0.35  ($0.16) 

Wyoming $4 $77 $0.06  $1.09  ($1.02) 

Total: $52,334 $96,748 $0.19 $0.35 ($0.16) 

Table 8.16: Future 1 2030 Retail Residential Rate Impacts by State (2020$) 

34 State level numbers are representative of load and generation in the SPP region, not the entire state. 
35 State level results are based on load allocations by zone, by state. For example, 4.2 percent of Upper Missouri Zone 
(UMZ) load is in Nebraska, so 4.2 percent of UMZ benefits are attributed to Nebraska. 
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State36 

One-Year 

ATRR Costs 

2030 

($thousands) 

One-Year 

Benefit 

2030 

($thousands) 

Rate Impact-

Cost 

Rate Impact 

Benefit 

Net Impact37 

(2020$) 

Arkansas $1,972 $7,700 $0.15 $0.59 ($0.44) 

Iowa $84 $1,164 $0.06 $0.89 ($0.83) 

Kansas $18,815 $13,928 $0.17 $0.13 $0.05 

Louisiana $1,155 $4,305 $0.15 $0.57 ($0.42) 

Minnesota $16 $226 $0.06 $0.88 ($0.82) 

Missouri $8,148 $56,385 $0.14 $0.98 ($0.84) 

Montana $9 $123 $0.06 $0.88 ($0.82) 

Nebraska $8,234 $21,487 $0.20 $0.51 ($0.31) 

New Mexico $411 $1,031 $0.50 $1.26 ($0.76) 

North Dakota $257 $3,642 $0.06  $0.88 ($0.82) 

Oklahoma $10,488 $14,078 $0.39 $0.52 ($0.13) 

South Dakota $195 $2,660 $0.06 $0.88 ($0.81) 

Texas $2,545 $8,596 $0.19 $0.64 ($0.45) 

Wyoming $4 $62 $0.06 $0.88 ($0.82) 

Total: $52,334 $135,386 $0.19 $0.49 ($0.30) 

Table 8.17: Future 2 2030 Retail Residential Rate Impacts by State (2020$) 

8.3 SENSITIVITY ANALYSIS 

The recommended portfolio was tested under select sensitivities to understand the economic impacts 

associated with variations in certain model assumptions. These sensitivities were not used to develop 

transmission projects nor filter out projects, but rather to measure the flexibility of the final consolidated 

portfolio in both futures under different uncertainties. The demand and natural gas price sensitivities 

were included in the 2020 ITP Scope, however, SPP staff performed additional sensitivities to further 

explore the performance of the portfolio.  

The following sensitivities were conducted: 

 Scoped sensitivities 

 High/low natural gas price 

 High/low demand 

36 State level numbers are representative of load and generation in the SPP region, not the entire state. 
37 State level results are based on load allocations by zone, by state. For example, 4.2 percent of Upper Missouri Zone 
(UMZ) load is in Nebraska, so 4.2 percent of UMZ benefits are attributed to Nebraska. 
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 Supplemental sensitivities 

 High/low wind38 

 High/low solar 

 High/low energy storage 

 High/low unit retirements 

The consolidated portfolio was tested in both futures. The APC savings impacts of variations in the model 

inputs were calculated for the simulations. Figure 8.3 illustrates the expected range of APC savings benefit 

in comparison to the range of portfolio cost and the impacts of varying sensitivity assumptions on that 

range of benefits. The cost ranges represent the ±30 percent Study Estimate requirement. The dashed bar 

in subsequent figures represents the expected case B/C ratio for comparison to the sensitivity case B/C 

ratios. 

 
Figure 8.3: 40-Year APC Benefit and Cost Ranges 

8.3.1 PEAK DEMAND SENSITIVITY 

A single confidence interval for demand levels was developed from FERC Form No. 714. The demand 

sensitivities had a 67 percent confidence interval (1 standard deviation) in positive and negative 

directions.  

 
The change in peak demand and energy reflects the SPP regional average volatility based on historical 

data. The average deviation from the projected 2030 load forecasts developed by the MDWG and 

38 Low wind sensitivity was only assessed in Future 2. 
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reviewed by the ESWG results in a ±7.5 percent change. This change was implemented on the load at a 

company level. For companies without available data, the SPP regional average confidence interval was 

used. 

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Peak Demand (GW) 

Low 53 55 53 55 

Expected 58 59 58 59 

High 62 64 62 64 

Table 8.18: Peak Demand Sensitivity 

These high and low values were included as inputs to the base models of each future with and without the 

recommended portfolio. The results of the 40-year APC benefit for this sensitivity are reflected in Figure 

8.4. An increase in demand creates an increase in congestion on the SPP system, resulting in higher 

congestion costs for the portfolios to mitigate, thus increasing the benefit. The opposite is true for the low 

demand case, which decreases the opportunity for the portfolio to mitigate congestion.  

 
Figure 8.4: 40-Year Benefit Comparison (Peak Demand Sensitivity) 
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8.3.2 NATURAL GAS SENSITIVITY 

A single confidence interval for natural gas prices was developed from the ABB fundamental forecast. The 

natural gas sensitivity had a 95 percent confidence interval (1.96 standard deviations) in positive and 

negative directions. 

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Natural Gas (2020$) 

Low 2.72 2.95 2.72 2.95 

Expected 3.75 4.07 3.75 4.07 

High 4.79 5.19 4.79 5.19 

Table 8.19: Natural Gas Sensitivity 

A change in gas price is reflected by a corresponding change in the overall price of energy. The high 

natural gas sensitivity shows the portfolio’s ability to reduce overall energy costs by allowing for a more 

economical generation dispatch. The low natural gas sensitivity shows a reduced benefit caused by 

lessened economic opportunity of resources with similar energy costs. 

 
Figure 8.5: 40-Year Benefit Comparison (Natural Gas Sensitivity) 
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8.3.3 WIND CAPACITY SENSITIVITY 

A wind sensitivity was conducted to test the portfolio’s performance under alternative wind conditions. 

For this sensitivity, wind capacity and energy were scaled to the projected amounts shown in Table 8.20. 

For Future 1 only an increase in the wind capacity and energy was assessed due to the current growth of 

wind installation in real-time since scope development. For the high wind sensitivity, wind capacity and 

energy was added to existing and resource plan sites in the base case assumptions on a pro rata basis. For 

the low wind sensitivity, wind capacity and energy was reduced at only the resource plan sites.  

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Wind (GW) 

Low N/A N/A 25 28 

Expected 26 28 30 33 

High 34 38 38 44 

Table 8.20: Wind Capacity Sensitivity 

Testing the portfolio against increased wind showed an increase in APC benefit. This influx of additional 

energy increases congestion in the base cases, leaving more congestion to be addressed by the project 

portfolio. The increase in benefit for both portfolios confirms that additional renewables would be 

facilitated by these specific sets of projects. For the reduced wind Future 2 sensitivity, the opposite 

occurs. A reduction in wind capacity and energy reduces the benefits the portfolio can realize.  
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Figure 8.6: 40-Year Benefit Comparison (Wind Capacity Sensitivity) 

8.3.4 SOLAR CAPACITY SENSITIVITY 

Performance of the portfolio was assessed under varying solar capacity and energy assumptions. In this 

sensitivity, solar capacity and energy was scaled to the projected amounts shown in Table 8.21. 

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Solar (GW) 

Low 0 0 0 0 

Expected 4 7 5 9 

High 9 11 10 13 

Table 8.21: Solar Capacity Sensitivity 

Like the wind sensitivity, increased solar capacity and energy reduces the overall cost of energy available 

to the system. This leads to similar changes in portfolio performance as those seen in the wind sensitivity, 

except for the high solar sensitivity in Future 2. The increased solar capacity and energy is competing 
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with higher amounts of energy from wind resources with a lower cost of energy, which results in a 

negligible change due to the increase solar in Future 2. 

 
Figure 8.7: 40-Year Benefit Comparison (Solar Capacity Sensitivity) 

8.3.5 ENERGY STORAGE SENSITIVITY 

The 2020 ITP was the first study to incorporate the development of energy storage resources. To 

understand the impacts of energy storage on the portfolio a sensitivity was conducted. Energy storage 

amounts were scaled to the amounts shown in Table 8.22. 

Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Energy Storage (GW) 

Low 0.0 0.0 0.0 0.0 

Expected 0.8 1.4 1.7 3.1 

High 1.5 2.7 3.3 6.1 

Table 8.22: Energy Storage Sensitivity 
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As illustrated in Figure 8.8 below, modifying the amounts of energy storage caused negligible effect on the 

benefits observed by the portfolio in an hourly simulation. More impacts would generally be expected in a 

sub-hourly simulation due to increased volatility.  

 
Figure 8.8: 40-Year Benefit Comparison (Energy Storage Sensitivity) 
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Variable Sensitivity 

Future 1 

Year 5 

Future 1 

Year 10 

Future 2 

Year 5 

Future 2 

Year 10 

Unit Retirements (GW) 

Low 0 0 0 0 

Expected 6 11 13 17 

High 17 20 23 25 

Table 8.23: Unit Retirements Sensitivity 

All four scenarios of this sensitivity experienced increased congestion for the portfolio to address, which 

was somewhat unexpected. This can be explained by the wide range of variables as it relates to the SPP 

fleet. Locations of added/removed retirements, the large change in resource mix, and system congestion 

patterns all play a significant role in the APC of the system.  

 
Figure 8.9: 40-Year Benefit Comparison (Unit Retirements Sensitivity) 
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8.4 VOLTAGE STABILITY ASSESSMENT 

A voltage stability assessment was conducted with the recommended portfolio using Future 1 and 2 

market powerflow models to assess the transfer limit (GW) from renewables in SPP to conventional 

thermal generation in SPP, and from renewables in SPP to conventional thermal generation in external 

areas.39 The assessment was performed to determine whether the generation dispatch with the 

recommended portfolios adversely impacts system voltage stability. The assessment was intentionally 

scoped to determine how the planned system performs under high renewable dispatch, given the 

projected renewable amounts assumed for the 2020 ITP assessment. 

The planned system supports the future-specific renewable generation dispatches observed in the 

reliability hours after modeling the consolidated portfolio, reaching either minimum internal 

conventional thermal generation levels or thermal limits prior to reaching voltage stability limits. 

8.4.1 METHODOLOGY 

To determine the amount of generation transfer that could be accommodated by the planned system, 

generation in the source zone was increased and generation in the sink zone was decreased. Table 8.24 

identifies the transfer zones and boundaries. 

Transfer Zones Zone Boundaries 

SPP renewables SPP conventional thermal generation 

SPP renewables First-Tier and Second-Tier conventional thermal generation 

Table 8.24: Generation Zones 

Table 8.25 shows the transfers that were performed on the 2030 light load and 2030 summer models by 

scaling both on-line and off-line renewables from the source zone and scaling down the sink zone. Utility 

scale solar was not included in the source zone for the 2030 light for the 2029 light load model due to the 

reliability hour being identified as 4 a.m.  

39 See TWG 11/13/2018 meeting minutes and attachments for the TWG-approved 2020 ITP Voltage Stability Scope. 
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Model Source Zone Sink Zone 

2030 Light Load SPP renewables (Wind) 
SPP conventional thermal 

generation 

2030 Light Load SPP renewables (Wind) 
First-Tier and Second-Tier 

conventional thermal generation 

2030 Summer 
SPP renewables (Wind and Utility Scale 

Solar) 

First-Tier and Second-Tier 

conventional thermal generation 

2030 Summer 
SPP renewables (Wind and Utility Scale 

Solar) 

SPP conventional thermal 

generation 

Table 8.25: Transfers by Model 

Single contingencies (N-1) for all SPP branches, transformers, and ties greater than or equal to 345 kV 

were analyzed. SPP and first-tier 100 kV and above facilities were monitored for voltage and thermal 

violations. The initial condition for each model was the source zone sum of real power generation output 

(MW). The maximum source zone transfer capability was the real power maximum generation (Pmax). 

The transfers were performed on each model in 200 MW steps until voltage collapse occurred in the pre-

contingency and post-contingency (N-1, 345 kV and 500 kV facilities) conditions. Each future was 

evaluated for increasing generation transfer amounts to determine different voltage collapse points of the 

transmission system. Source and sink generation was scaled on a pro-rata basis to reach the pre-

contingency maximum power transfer limit, or the voltage stability limit (VSL). Multiple transfer limits 

were determined based on the worst N-1 contingency and independently evaluating the next worst 

contingency to determine the top five post-contingency VSL. 

8.4.2 SUMMARY 

Figure 8.2 shows a summary of the voltage stability assessment limits by future, model and transfer path. 

The table includes the transfer path, source and sink generation pre-transfer levels, critical contingency, 

post transfer level when VSL is reached, incremental transfer limit amount, and whether or not thermal 

overloads occur prior to voltage collapse. The table shows in all instances either minimum internal 

conventional thermal generation levels or when a thermal limit is reached prior to the VSL. 

 

 

Transfer 

Source 

-->Sink 

Initial 

Source 

(GW) 

Initial 

Sink 

(GW) Event 

VSL 

Source 

(GW) 

VSL 

Sink 

(GW) 

Transfer 

(GW) 

Thermal 

Overloads 

Prior to 

Voltage 

Collapse 

Future 1: 2030 Light Load 

Wind 

-->Internal 
  Reached Minimum Sink    N/A 

Wind 

-->External 

Thermal 

19.7 18.3 Blackberry-Wolf Creek 21.5 17.0 1.8 Yes 

" 19.7 18.3 Sooner-Wekiwa  21.5 17.0 1.8 Yes 
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Transfer 

Source 

-->Sink 

Initial 

Source 

(GW) 

Initial 

Sink 

(GW) Event 

VSL 

Source 

(GW) 

VSL 

Sink 

(GW) 

Transfer 

(GW) 

Thermal 

Overloads 

Prior to 

Voltage 

Collapse 

" 19.7 18.3 Terry Road-Sunnyside 21.5 17.0 1.8 Yes 

Future 1: 2030 Summer Peak 

Solar & 

Wind 

-->Internal 

21.1 28.7 Crossroad-Eddy County 26.2 23.8 5.2 Yes 

" 21.1 28.7 Holt-S3458 26.2 23.8 5.2 Yes 

Solar & 

Wind 

-->External 

21.1 72.1 Ketchem-Sibley  26.7 67.5 5.4 Yes 

" 21.1 72.1 La Cygne-Stillwell 26.6 67.5 5.4 Yes 

" 21.1 72.1 JEC-Hoyt 26.8 67.3 5.7 Yes 

Future 2: 2030 Light Load 

Wind 

-->Internal 
  Reached Minimum Sink    N/A 

Wind 

-->External 
18.8 17.9 Hugo-Sunnyside 21.0 16.1 1.8 Yes 

" 18.8 17.9 Blackberry-Wolf Creek 21.6 15.7 2.2 Yes 

" 18.8 17.9 Fort Smith-ANO 21.6 15.7 2.2 Yes 

Future 2: 2030 Summer Peak 

Solar & 

Wind 

-->Internal 

25.2 24.6 Crossroad-Eddy County 29.6 20.4 4.1 Yes 

" 25.2 24.6 Terry Road-Sunnyside 39.0 11.6 13.0 Yes 

" 25.2 24.6 Mathewson-Northwest 39.8 10.9 13.7 Yes 

Solar & 

Wind 

-->External 

25.2 70.5 Ketchem-Sibley 30.4 66.2 4.4 Yes 

" 25.2 70.5 La Cygne-Stilwell 30.6 66.0 4.5 Yes 

" 25.2 70.5 Blackberry-Wolf Creek 31.0 65.7 4.6 Yes 

Table 8.26: Post-Contingency Voltage Stability Transfer Limit Summary 

Table 8.27 shows a summary of the voltage stability assessment limits and thermal limits by future, 

model, and transfer path. The table includes the transfer path, total renewable capacity, post transfer 

level when thermal violations and VSLs are reached, and a comment summarizing either the minimum 

internal conventional thermal generation levels or when a thermal limit is reached prior to the VSL 
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Transfer 

Source-->Sink 

Total 

Renewable 

Capacity (GW) 

VSL 

Limit 

(GW) 

Thermal 

Limit 

(GW) Comment 

Future 1: 2030 Light Load 

Wind-->Internal 25.6 N/A N/A  

Wind-->External 26.9 21.5 20.2  

Future 1: 2030 Summer Peak 

Solar & Wind 

-->Internal 
33.1 26.2 23.4  

Solar & Wind 

-->External 
33.1 26.7 23.8  

Future 2: 2030 Light Load 

Wind-->Internal 30.1 N/A N/A  

Wind-->External 30.8 21.0 20.2  

Future 2: 2030 Summer Peak 

Solar & Wind 

-->Internal 
40.2 29.6 28.0  

Solar & Wind 

-->External 
41.2 30.4 28.2  

Table 8.27: Voltage Stability Results Summary 

8.4.3 CONCLUSION 

The analysis demonstrates the planned system does not reach a VSL prior to system thermal limits; 

therefore, the potential benefits attributed to the consolidated portfolio are validated. Voltage collapse 

occurs at renewable levels less than the projected renewable capacity amounts. However, thermal issues 

(i.e., causing renewable curtailments) occur prior to voltage collapse when thermal issues are captured in 

the market economic models as congestion. The APC benefit of the consolidated portfolio generally 

derives from relieving congestion on thermal issues. Voltage collapse occurs at aggregate renewable 

levels greater than what is observed in the reliability hours after modeling the consolidated portfolio. 

8.5 FINAL RELIABILITY ASSESSMENT 

8.5.1 METHODOLOGY 

Thermal and voltage violations were identified in the market powerflow portfolio rebuilt models 

following the same methods in the base reliability powerflow assessment. There were three thermal 

violations identified a result of the new market dispatch and portfolio additions, although they were 

reclassified and invalidated as reliability violations per section 4.2.5 of the ITP Manual. No additional 

voltage violations were observed and no supplementary solutions were developed to accommodate the 

market powerflow models. 

8.5.1.1 Short-Circuit Model 

A proxy automatic sequencing fault calculation (ASCC) short-circuit analysis was performed on the 2020 

ITP year-two summer maximum fault current model to find percent increases in fault currents in relation 

to the base case model on which the needs assessment was performed. All consolidated portfolio projects 

expected to alter or need zero sequence data were added to the model regardless of their in-service dates. 
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After performing this analysis, it was found that 113 of the 9,888 buses monitored experienced a 5 

percent increase in fault current. Only nine of the 113 buses appeared to exceed common breaker duty 

ratings of 20kA. The subsequent short-circuit analysis performed next cycle will confirm whether or not 

the duty ratings are exceeded given the latest modeling assumptions.  

8.5.2 SUMMARY 

8.5.2.1 Base Reliability Models 

The resulting thermal and voltage violations were solved or marked invalid through methods such as 

reactive device setting adjustments, model updates, identification of invalid contingencies, non-load-

serving buses, and facilities not under SPP’s functional control. Additional rebuilds were identified as 

needed for portfolio inclusion based on downstream overloads resulting from rebuilds already selected in 

the proposed portfolio. Due to the fact that these sections of the Deaf Smith 115kV corridor were not up 

to minimum design standard, they have all been identified as rebuild projects. Per the ITP manual, base 

reliability projects driving additional needs require portfolio project adjustment or additions in order to 

fully mitigate the resulting needs. The details of the additional rebuilds are listed below. 

Rebuild Projects Portfolio Need Identification 

Deaf Smith #6-Hereford 115 kV rebuild Base Reliability 

Deaf Smith #6-Friona 115 kV rebuild Base Reliability 

Cargill-Friona 115 kV rebuild Final Reliability Assessment 

Cargill-Deaf Smith #24 115 kV rebuild Final Reliability Assessment 

Parmer-Deaf Smith #24 115 kV rebuild Final Reliability Assessment 

Parmer-Deaf Smith #20 115 kV rebuild Final Reliability Assessment 

Curry-Deaf Smith #20 115 kV rebuild Final Reliability Assessment 

Table 8.28: Additional Identified Reliability Rebuilds 

8.5.2.2 Market Powerflow Models 

The resulting thermal and voltage violations identified in the market powerflow portfolio rebuilt models 

were generated using the same methods in the base reliability powerflow assessment. There were three 

thermal violations identified as resultant of the new market dispatch and portfolio additions, although 

they were reclassified and invalidated as reliability violations per Section 4.2.5 of the ITP Manual. Of the 

fifteen voltage violations identified, thirteen were related to local planning more stringent monitoring 

criteria and only two were low voltage per the SPP Planning Criteria. Per the ITP manual, no new 

solutions were developed for these identified violations, and the facilities will be monitored in the 2021 

ITP for any further issues. 

8.5.2.3 Short-Circuit Model 

The final reliability assessment for the short-circuit model did not show any new fault-interrupting 

equipment to have its duty ratings exceeded by the maximum available fault current (potential violation) 

due to the addition of the consolidated portfolio. 

8.5.3 CONCLUSION 

Overall, only the Base Reliability assessment yielded any additional needs which were addressed by 

portfolio project additions per the direction provided in the ITP Manual.  
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9 NTC RECOMMENDATIONS 

SPP staff makes NTC recommendations for projects included in the consolidated portfolio based on 

results from the staging process and SPP Business Practice 7060. If financial expenditure is required 

within four years from board approval, the project is generally recommended for an NTC or NTC-C. To 

determine the date when financial expenditure is required, the project’s lead time is subtracted from its 

need date. Expected lead times for transmission projects are determined using historical data on 

construction timelines from SPP’s project tracking process. NTC-Cs are issued for projects with an 

operating voltage greater than 100 kV and a Study Estimate greater than $20 million.  

Two exceptions to this process for the 2020 ITP are the Eddy County-North Loving 345 kV line identified 

as a reliability project with a June 2028 need date and the Split Rock 345/115 kV terminal equipment 

identified as an economic project with a January 2025 need date for the reasons discussed in section 7.1.7 

and 7.3.10, warranting additional analysis necessary in future planning studies before move forwarded 

with the planned projects. 

As discussed throughout the report the eastern New Mexico area is extremely complex. Both economic 

and reliability issues are present and a comprehensive solution is necessary to address the thermal 

loading, low voltage, and voltage collapse conditions. The Eddy County-North Loving 345 kV line does not 

address some of these conditions as it is not a comprehensive solution. Additionally, there are some out of 

scope compliance events NERC TPL 001-4 P3 planning events that are also known to cause concerns in 

the area. SPP Operations staff is also currently working to update interface ratings due to transmission 

topology being placed in service in the near future. SPP expects to continue studying this in the 2021 ITP 

assessment with the goal of utilizing information gathered in the 2020 ITP along with new analysis to 

provide a comprehensive solution to address the system conditions in the area.  

The terminal equipment that would require replacement to increase the rating of the Split Rock 345/115 

kV transformers, which is not an SPP tariff facility and would require FERC filings to support SPP 

regionally beneficial seams project cost allocation. The project was also identified and assessed during the 

2020 MISO-SPP CSP, but was not found to be jointly beneficial. Additionally, the project marginally passed 

SPP’s consolidation criteria.  

For the reasons listed above the Eddy County-North Loving 345 kV line and the Split Rock 345/115 kV 

terminal equipment upgrades are not recommended for an NTC. 

Table 9.1 below shows SPP’s NTC recommendations when considering staging results, expected lead 

times, and other qualitative information related to the recommended projects.  

Description Need Date 

Lead Time 

(months) 

Financial 

Expenditure 

Date NTC? 

Watford 230/115 kV transformer circuit 1 

terminal equipment, circuit 2 replacement 
6/1/2022 24 11/17/2020 NTC 
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Description Need Date 

Lead Time 

(months) 

Financial 

Expenditure 

Date NTC? 

Circleville-Goff 115 kV circuit 1 rebuild 6/1/2025 24 6/1/2023 NTC 

Goff-Kelly 115 kV rebuild 6/1/2025 24 6/1/2023 NTC 

South Shreveport-Wallace Lake 138 kV rebuild 6/1/2024 24 6/1/2022 NTC-C 

Grady 138 kV capacitor bank 12/1/2022 24 12/1/2020 NTC 

Richmond 115 kV substation, Richmond 115/69 

kV transformer, Richmond-Aberdeen 115 kV 

line 

12/1/2022 36 11/17/2020 NTC 

Cushing Tap-Shell Cushing Tap-Shell Pipeline 

69 kV rebuild 
6/1/2023 24 6/1/2021 NTC 

Bushland-Deaf Smith 230 kV terminal 

equipment 
4/1/2022 18 11/17/2020 NTC 

Newhart-Potter County 230 kV terminal 

equipment 
4/1/2022 18 11/17/2020 NTC 

Carlisle-Murphy 115 kV rebuild 6/1/2022 24 11/17/2020 NTC 

Roswell 115/69 kV replace transformer #1 6/1/2022 24 11/17/2020 NTC 

S3456-S3458 345 kV terminal equipment 6/1/2029 18 12/1/2027 No 

Meadowlark-Tower 33 115 kV rebuild 6/1/2023 36 11/17/2020 NTC 

Jones-Lubbock South 230 kV terminal 

equipment circuit 1 
6/1/2028 18 12/1/2026 No 

Jones-Lubbock South 230 kV terminal 

equipment circuit 2 
6/1/2028 18 12/1/2026 No 

Deaf Smith-Plant X 230 kV terminal equipment 4/1/2022 18 11/17/2020 NTC 

Newhart-Plant X230 kV terminal equipment 4/1/2022 18 5/17/2022 NTC 

Lubbock South-Wolfforth 230 kV terminal 

equipment and clearance increase 
6/1/2022 18 12/1/2020 NTC 

Allen-Lubbock South 115 kV rebuild 6/1/2022 24 11/17/2020 NTC 

Allen-Quaker 115 kV rebuild 6/1/2022 24 11/17/2020 NTC 

Eddy County-North Loving 345 kV new line 6/1/2028 48 6/1/2024 No 

Bismarck 115 kV reactors 4/1/2022 24 11/17/2020 NTC 

Moorehead 230 kV reactor 4/1/2022 24 11/17/2020 NTC 

Russell 115 kV capacitor bank 6/1/2022 24 11/17/2020 NTC 

Maljamar 115 kV capacitor bank 6/1/2028 24 6/1/2026 No 

Devil's Lake 115 kV reactor  4/1/2022 24 11/17/2020 NTC 

Agate 115 kV reactor 4/1/2022 24 11/17/2020 NTC 

Nixa-Nixa Espy 69 kV terminal equipment 6/1/2022 18 12/1/2020 No 

Replace four breakers at Anadarko 138 kV 6/1/2022 18 12/1/2020 NTC 

Replace three breakers at Northeast 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace one breaker at Stilwell 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace one breaker at Leeds 161 kV 6/1/2022 18 12/1/2020 NTC 
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Description Need Date 

Lead Time 

(months) 

Financial 

Expenditure 

Date NTC? 

Replace one breaker at Shawnee Mission 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace one breaker at Southtown 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace two breakers at Lake Road 161 kV 6/1/2022 18 12/1/2020 NTC 

Replace two breakers at Craig 161 kV 6/1/2022 18 12/1/2020 NTC 

Anadarko-Gracemont 138 kV rebuild as double-

circuit 
1/1/2023 36 11/17/2020 

NTC- 

Modify 

Russett-South Brown 138 kV rebuild 1/1/2022 30 11/17/2020 NTC 

Butler-Tioga 138 kV new line; wreck-out Butler-

Altoona 138 kV 
1/1/2024 36 1/1/2021 NTC-C 

GRDA 1 345/161 kV circuit 1 and circuit 2 

terminal equipment 
1/1/2022 18 11/17/2020 NTC 

Columbus East 230/115 kV transformer 

replacement 
1/1/2039 24 1/1/2037 No 

Franks-South Crocker-Lebanon 161 kV terminal 

equipment 
1/1/2028 18 7/1/2026 No 

Tap Woodward-Border 345 kV, Chisholm-Tap 

345 kV new line 
1/1/2022 48 11/17/2020 NTC-C 

Dover Switch-Okeene 138 kV and Aspen-

Mooreland-Pic 138 kV terminal equipment 
1/1/2022 18 11/17/2020 NTC 

Pleasant Valley 345/138 kV Station, Minco-

Pleasant Valley-Draper 345 kV new line, 

Franklin-Midwest 138 kV terminal equipment, 

Cimarron-Draper 345 kV terminal equipment 

and Pleasant Valley cut-in 

1/1/2025 48 1/1/2021 NTC-C 

Split Rock 345/115 kV circuit 10 and 11 

terminal equipment 
1/1/2025 18 7/1/2023 No 

Oahe-Sully Buttes-Whitlock 230 kV terminal 

equipment40 
1/1/2028 18 7/1/2026 No 

Deaf Smith #6-Hereford 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Deaf Smith #6-Friona 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Cargill-Friona 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Cargill-Deaf Smith #24 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Parmer-Deaf Smith #24 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Parmer-Deaf Smith #20 115 kV rebuild 4/1/2022 24 11/17/2020 NTC 

Curry-Deaf Smith #20 115 kV rebuild 4/1/2022 24 11/17/2020 No 

Table 9.1: NTC Recommendations 

  

40 Information in this table includes considerations of the updated cost estimate. 
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10 GLOSSARY 

Acronym Name 

ABB ABB Group licenses the PROMOD enterprise software SPP uses for economic simulations 

APC Adjusted production cost = Production Cost $ + Purchases $-Sales $ 

ARR Auction Revenue Rights 

ATC Available transfer capacity 

BAA Balancing Authority Area 

BAU Business as usual 

B/C Benefit-to-Cost Ratio 

BES Bulk-Electric System 

CC Combined cycle 

CLR Cost per loading relief 

CT Combustion turbine 

CVR Cost per voltage relief 

DPP Detailed Project Proposal 

E&C Engineering and construction cost 

ERCOT Electric Reliability Council of Texas (ERCOT) 

EHV Extra-high voltage 

ESWG Economic Studies Working Group 

FCITC First contingency incremental transfer capacity 

FERC Federal Energy Regulatory Commission 

GI Generator Interconnection 

GIA Generator Interconnection Agreement 

GOF Generator outlet facilities 

GW Gigawatt 

GWh Gigawatt hour 

HV High voltage 

IFTS Interruption of firm transmission service 

IRP Integrated resource plan 
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Acronym Name 

IS 

Integrated System, which includes the Western Area Power Administration’s Upper Great 

Plains Region (Western-UGP), Basin Electric Power Cooperative, and the Heartland 

Consumers Power District 

ITP Integrated Transmission Planning 

ITP Manual Integrated Transmission Planning Manual  

kV Kilovolt  

LMP 

Locational Marginal Price = the market-clearing price for energy at a given Price Node 

equivalent to the marginal cost of serving demand at the Price Node, while meeting SPP 

Operating Reserve requirements 

MISO Midcontinent Independent System Operator 

MTEP19 2019 MISO Transmission Expansion Plan 

MTEP20 2020 MISO Transmission Expansion Plan 

MTEP MISO Transmission Expansion Plan 

MDWG Model Development Working Group 

MMWG Multi-regional Modeling Working Group 

MOPC Markets and Operations Policy Committee 

MW Megawatt 

NERC North American Electric Reliability Corporation 

NITSA Network Integration Transmission Service Agreement 

NPV Net present value 

NREL National Renewable Energy Laboratory 

NCLL Non-consequential load loss 

NTC Notification to Construct 

PPA Power Purchase Agreement 

PST Phase-shifting transformer 

RCAR Regional Cost Allocation Review 

RPS Renewable portfolio standards 

SASK Saskatchewan Power 

SPC Strategic Planning Committee 

SPP OATT SPP Open Access Transmission Tariff 

TO Transmission Owner 

TSR Transmission Service Request 
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Acronym Name 

TVA Tennessee Valley Authority 

TWG Transmission Working Group 

US EIA United States Energy Information Administration 

VSL Voltage stability limit 

Table 10.1: Glossary 
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SOUTHWEST POWER POOL, INC. 

Markets and Operations Policy Committee 

 

RECOMMENDATION TO THE SPP BOARD OF DIRECTORS 

October 27, 2020 

2020 Integrated Transmission Plan 

ORGANIZATIONAL ROSTER 

The following persons are members of the Economic Studies Working Group (ESWG): 

Alan Myers (Chair), ITC 

Tim Owens (Vice Chair), NPPD 

Randy Collier, CUS 

Calvin Daniels, WFEC 

Zac Hager, OGE 

Jody Holland, GHP 

Jon Iverson, OPPD 

Kyle McKinney, GSEC 

Gayle Nansel, WAPA 

Jeremy Severson, BEPC 

Anita Sharma, AEP 

Kurt Stradley, LES 

Al Tamimi, SUNC 

Michael Watt, OMPA 

Bennie Weeks, XCEL 

 

 

The following persons are members of the Transmission Working Group (TWG): 

Nathan McNeil (Chair), Midwest  

Derek Brown (Vice Chair), Evergy Companies 

Daniel Benedict, INDN 

Scott Benson, LES 

John Boshears, CUS 

Jarred Cooley, XCEL 

Clifford Franklin, SUNC 

Joe Fultz, GRDA 

James Ging, KPP 

Steve Hardebeck, OGE 

Kalun Kelley, WFEC 

John Knofczynski, EREC 

Randy Lindstrom, NPPD 

Jim McAvoy, OMPA 

Matthew McGee, AEP 

Shane McMinn, GSEC 

Nate Morris, Liberty 

Michael Mueller, AECC 

Gayle Nansel, WAPA 

John Payne, KEPC 

Chris Pink, TGST 

Jason Shook, GDS 

Joshua Verzal, OPPD 

Michael Wegner, ITC 

Phil Westby, BEPC 

Noman Williams, GHP 

BACKGROUND, GOALS & DRIVERS 

The Integrated Transmission Plan (ITP) assessment is a multi-year planning process initiated 

annually in accordance with the SPP Open Access Transmission Tariff (OATT or SPP tariff), the ITP 

Manual, and the respective ITP Scope. The 2020 ITP assessment is designed to identify transmission 

solutions that address near- and long-term reliability, economic, operational, and public policy 

needs of the SPP system. The main objectives of the 2020 ITP are the evaluation of the SPP 
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transmission system, collaboration of solution development with stakeholders, and identification of 

any necessary upgrades to be recommended for approval and construction.  

Continued rapid renewable expansion has caused increasing pricing disparity between the western 

and eastern portions of the SPP system. These disparities have created higher average costs for 

eastern load centers because of congestion and lack of access to less expensive generation. Price 

differences have only been marginally delayed by new interconnections seeking opportunity in the 

east. The recommended economic projects will reduce separation between generator and load 

locational marginal prices across the region and create reliable transfer capability that will allow the 

system to realize benefits from low-cost generation. 

Firm renewable generation and increasing load projections in major load centers continue to drive 

the need for reliability transmission projects to relieve thermal overloads.  In the Southwestern 

Public Service Company (SPS) South area, these factors coupled with generation retirements 

contribute to voltage collapse conditions under various contingency scenarios.  In the Upper 

Missouri Zone (UMZ), an extra high voltage backbone with limited compensation leads to high 

voltages in light load conditions.  These various scenarios in a diverse footprint have led to these 

recommended reliability projects which will allow firm generation to be delivered to load while also 

operating efficiently under market dispatch. 

ALIGNMENT WITH STRATEGIC PLAN & ROADMAP  

The 2020 ITP assessment portfolio contains reliability and economic projects that will mitigate 

numerous system issues. Reliability projects allow the region to meet compliance requirements, 

support SPP’s strategic initiatives of reliability excellence, and meet regional resource needs 

through loading relief, voltage support and system protection.  

Additionally, SPP’s strategic initiative of maintaining an economical, optimized transmission system 

is supported by the 2020 ITP assessment portfolio by utilizing optimization strategies for the future, 

as well as value pricing and flexibility. ITP assessments prior to the 2019 ITP were generally 

conservative in forecasting the amount of renewable generation expected to interconnect to the 

grid. When the studies were completed, installed amounts had nearly surpassed 10-year forecasts. 

Overly conservative forecasts can lead to delayed transmission investment, contributing to 

persistent congestion. For example, the 2020 consolidated portfolio is expected to address eight 

congested flowgates identified over the last four quarterly SPP corporate metric updates. For the 

2020 ITP assessment, SPP expanded on the 2019 assessment’s analysis to better forecast 

renewables development, which allowed SPP to proactively identify the infrastructure needed to 

alleviate congestion and provide access to less expensive energy. 

During the 2020 ITP, efforts were made to align with the SPP strategic initiative to enhance and 

optimize interdependent systems. In order to mitigate impacts to the SPP transmission system 

driven by transfers between the MISO Midwest and MISO South regions, a number of projects were 

considered. For a summary of SPP project cost, MISO and SPP benefits, and interregional cost 
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sharing, see the information presented at the September 25, 2020 MISO-SPP IPSAC net 

conference.1  

SUPPORTING ANALYSIS 

The 2020 ITP assessment encompassed policy, operational, economic, and reliability aspects to 

consolidate and optimize collective results into a holistic transmission portfolio crafted to address 

needs identified during the study. In addition to the procedures outlined in the ITP Manual, the 

2020 ITP was guided by the study scope2, which further detailed alternative future scenarios, 

modeling criteria, project consolidation methodologies, and sensitivity analyses. Heightened 

consideration was given to a specific target area where the transmission system experiences 

multiple issues including heavy congestion, non-thermal concerns, seams impacts, and congestion 

patterns correlating to other major corridors on the system.  

The models analyzed included three distinct scenarios: a) base reliability; b) market economic; and 

c) market powerflow. For base reliability cases, seasonal conditions of summer, winter, and light 

loading on the system (high wind penetration) were analyzed in years two, five and 10 scenarios. In 

the market economic models, five adjusted production cost (APC) simulation models were 

developed with two alternative futures applied to years two, five and 10. The market powerflow 

models represented specific hours from the market economic models, which were then converted 

into powerflow models incorporating the dispatch and load requirements observed in the 

respective hours.  

SPP evaluated more than 2,200 solutions. SPP and its member organizations worked together to 

create portfolio of 54 transmission projects, including 92 miles of new extra-high-voltage 

transmission and 141 miles of rebuilt high-voltage infrastructure that can holistically address the 

reliability, economic, policy, and operational needs of the system.   

This portfolio contains reliability and economic projects that will mitigate 163 system issues. 

Reliability projects will allow the region to meet compliance requirements and keep the lights on 

through loading relief, voltage support, and system protection. 

OTHER SOLUTIONS CONSIDERED 

The 2020 ITP introduced the MISO Regional Directional Transfer (RDT) target area to the analysis. 

The MISO RDT was classified as a target area to aid in in regionally coordinated efforts to identify 

and evaluate potential transmission upgrades needed to mitigate impacts to the SPP transmission 

system due to transfers between the MISO Midwest and MISO South regions. SPP has historically 

1 CSP results for Raun-Council Bluffs and Raun-S3451 were presented at 09/25/2020 MISO-SPP IPSAC Net 
Conference (https://www.spp.org/Documents/63046/SPP-
MISO%20IPSAC%20Meeting%20Materials%2020200925.zip) 
2 Approved by the Markets and Operations Policy Committee (MOPC) in January 2019 
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seen congestion in the SPP footprint related to north-to-south flows within MISO, and a number of 

projects were considered. Due to differing methodologies between MISO and SPP when calculating 

benefits and project costs, the two RTOs decided not to pursue any projects in this area as part of 

the 2020 ITP.  

In addition, the SPS New Mexico Interface (SPSNMTIES) was added to the market economic model 

to limit economic transfers and address voltage collapse observed in the development of the 

market economic model. It was determined the additional analysis in the eastern New Mexico area 

related to the SPSNMTIES Interface would require a comprehensive solution. However, given the 

ITP schedule, resource constraints, and the complex nature of the solution evaluation needed by 

SPP staff and stakeholders to address the interface congestion, it was determined to delay any 

action on the congested interface to future ITP cycles to focus efforts on resolving the base 

reliability and market powerflow needs in eastern New Mexico. 

Ultimately, no firm project selection was made for the issues related to the MISO RDT and 

SPSNMTIES Interface areas. These projects will continue to be investigated in future studies. 

VALUE 

The consolidated portfolio was expected to provide a 40-year benefit-to-cost ratio ranging from 

4.0-to-1 (Future 1) to 5.2-to-1 (Future 2). The expected net impact of transmission investment and 

the associated economic benefits to ratepayers was a savings of $0.16 to $0.30 on the average 

retail residential monthly bill.  

VOTING RESULTS 

CONSOLIDATED PORTFOLIO 

On September 2-3, 2020, the ESWG reviewed the consolidated portfolio. After discussion, the 

ESWG made a motion to approve the consolidated portfolio. The motion was approved 

unanimously. 

STAGING, BENEFIT METRICS, RATE IMPACTS, SENSITIVITY ANALYSIS, STABILITY 

ASSESSMENT, AND FINAL RELIABILITY ASSESSMENT 

The ESWG and TWG discussed staging as performed on the final approved portfolio. On 

September 16, 2020, the TWG approved the project staging results of the final portfolio. The 

motion was approved with no opposing votes and six abstaining: Randy Lindstrom (NPPD), Jarred 

Cooley (XCEL), John Knofczynski (EREC), Nate Morris (Liberty), Phil Westby (BEPC), and Jim McAvoy 

(OMPA). On September 24, 2020, the ESWG made a motion to approve the project staging results 

of the final portfolio. The motion was approved unanimously. 
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On September 24, 2020, the ESWG reviewed the sensitivity analysis performed on the final 

portfolio. After discussion, the ESWG made a motion to approve the sensitivity analysis. The motion 

was approved unanimously. 

On October 5, 2020, the ESWG reviewed the benefit metrics as performed on the final approved 

portfolio. After discussion, the ESWG made a motion to approve the benefit metrics. The motion 

was approved unanimously. 

The ESWG and TWG jointly discussed the final reliability assessment and stability analysis as 

performed on the final approved portfolio on October 6, 2020. After discussion, the TWG and 

ESWG each made motions to approve both the final reliability assessment and stability assessment. 

Both motions were approved unanimously. 

At this same meeting on October 6, 2020, the ESWG and TWG jointly discussed the rate impacts for 

the final approved portfolio. After rate impacts was discussed, TWG made a motion to approve rate 

impacts. The motion was approved with one opposing vote by Clifford Franklin (SUNC). The ESWG 

made a motion to approve the rate impacts. The motion was approved unanimously. 

2020 ITP ASSESSMENT REPORT 

During the joint meeting on October 6, the TWG and ESWG discussed the 2020 ITP Assessment 

report. Staff recommended that the ESWG and TWG endorse the report as presented and discussed 

during the October 6 meeting as documentation of completion of the ITP planning process 

specified in SPP OATT Attachment O Section III. The ESWG and TWG made a motion to endorse the 

2020 ITP Assessment report.  

The ESWG approved the motion with one opposing vote by Zac Hager (OKGE) and no abstaining 

votes. 

Zac Hager (OKGE) 

OG&E commends SPP Staff’s efforts in completing the 2020 ITP effort and Report.  

However, OG&E votes no on endorsing the report because OG&E does not believe that 

now is the appropriate time for some of the projects proposed within the report. 

The TWG approved the motion with one opposing vote by Steve Hardebeck (OKGE) and no 

abstaining votes. 

Steve Hardebeck (OKGE) 

See OGE’s comments in response to ESWG vote above. 

The following ESWG members provided information regarding their support for the NTC 

recommendations included in the 2020 ITP Assessment Report. 
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Matt McGee (AEP) 

AEP voted in TWG to endorse the 2020 ITP Assessment Report and recommended plan 

because it followed the stakeholder endorsed study scope, resulted in a strong regional 

plan which cost-effectively addresses both reliability and economic needs, and provides 

positive results under a wide range of sensitivities.  

NTC RECOMMENDATIONS 

Also, during the October 6 joint meeting, the TWG and ESWG discussed the approved consolidated 

portfolio and projects being recommended for Notification to Construct (NTC), Notification to 

Construct with Conditions (NTC-C), or NTC Modification. Staff recommended that the ESWG and 

TWG endorse the 2020 ITP recommended plan as presented and discussed during the October 6 

meeting. This includes the recommended issuance, modification, and withdrawal of NTCs for 

projects within the four-year financial commitment window and NTC-Cs for projects that are >100 

kV and >$20M for a refined cost estimate. The ESWG and TWG made a motion to endorse the NTC 

recommendations.  

The ESWG approved the motion with two opposing votes: Zac Hager (OKGE) and Kyle McKinney 

(GSEC); and no abstaining votes. 

Zac Hager (OKGE) 

OG&E votes no on the 2020 ITP recommended plan for the following reasons: 

1. Total Cost of the Portfolio:  This ITP represents more than $530 Million to be 

invested over the next few years. Last year’s ITP represented more than $330 Million.  

The existing process does not currently consider potential limits to costs based on 

customers’ ability to absorb those costs. 

2. Optimization: The portfolio is developed based on APC benefit to customers.  If 

limits to costs were included in the analysis, other projects would have been chosen 

that had lower benefits but significantly lower costs (Example: $114 M Pleasant 

Valley station and line to Minco and Draper had more APC benefit but did not 

completely address congestion whereas the alternative project was less than $30 M 

and completely addressed congestion but did not have as high of APC benefit). 

3. Assumptions:  SPP Staff does a great job providing data explaining how the portfolio 

is sensitive to changes in assumptions.  It is important to note that the sensitivity 

analysis shows the overall portfolio has a B/C ratio of greater than 1 in each 

sensitivity, but that does not mean that each project has a similar result.  It should 

be stressed that all assumptions are indeed just that, assumptions for analysis 

purposes.  The benefit changes with each assumption change.  The Sensitivity 

analysis shows some of the variations in benefits but so does the futures comparison 

of the portfolio. Looking at the individual economic projects, the projected benefits 

for some projects have higher benefits in Future 2 than Future 1 while other projects 
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have lower benefits.  There are several reasons how this could happen, such as 

placement of additional resources or retirement of units.  This is another example of 

how these projects can be sensitive to changes in assumptions.  Therefore, the 

overall benefit should be viewed as a projection under that set of assumptions. 

4. Guarantees of Costs vs. Projections of Payback and Break Even: The assumptions 

impact the break even and payback periods for the portfolio.  Once any assumption 

is changed then the break even and payback changes as well.  The benefit values 

can and will change over time however the cost of the projects to customers do not 

have the same volatility. 

5. Burden of Cost: The above concerns all lead to the question of who should bear the 

burden of these costs.  If 100,000 MW of renewables gets interconnected, and SPP 

only has 52,000MW of load, are customers still supposed to pay for all the 

transmission necessary to accommodate the renewables, especially if the entities 

requesting this type of generation are outside of the SPP?  This also does not factor 

in the type of support generation that will need to be built in the SPP as a result of 

the ever-growing renewable portfolio.  SPP should address these concerns before 

adding more transmission costs to customers. 

Kyle McKinney (GSEC) 

When looking at the Final Groupings and the selected Portfolio, we believe spending 

$514.7M for a 3.54 B/C ratio carries more risk and less return on the investments than if the 

Cost Effective portfolio would be chosen. The CE grouping carries with it less cost while 

lessoning risk and bringing a higher B/C ratio than the Highest Net grouping.  Looking at 

the Final Consolidated Portfolio, there are six projects with less than 1.0 B/C ratio in Y5, and 

two of those projects still do not have more than a 1.0 by Y10. If a 1.0 B/C ratio cannot be 

achieved by Y10, meaning it carries with it higher risk, we cannot support those projects. 

The biggest concern we have in this portfolio is the Butler-Tioga line, which comes with a 

$135M cost, the highest cost project on the list. When spending $135M, we would hope the 

project would have a greater than 1.0 B/C ratio within the first 10 years, minimizing the risk 

when paying such a high cost for a project.  We are in an environment, in which it is 

important for cost minimization, yet we have a portfolio that has a lower cost by $162.4M 

compared to the chosen portfolio, with a higher B/C ratio but the opposite portfolio was 

chosen. It would be interesting if SPP could run an analysis of the B/C ratios by zone. This 

would help us better understand and review who the beneficiaries are. This is important to 

help improve Decision Quality.  

The following ESWG member provided information regarding their support for the NTC 

recommendations included in the 2020 ITP Assessment Report. 

Anita Sharma (AEP) 

AEP voted in favor of the recommended 2020 ITP portfolio for reasons outlined below:  
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 The recommended 2020 ITP portfolio cost-effectively addresses both reliability and 

economic needs. The portfolio provides substantial regional APC savings over 40 years 

with benefits ranging from $1.84 billion in Future 1, to $2.58 billion in Future 2. The 

benefits of the ‘Other SPP’ zone with additional resource plan wind generation were not 

considered when projects were evaluated for inclusion in the recommended portfolio. 

Based on the 2020 ITP report, the APC savings for this ‘Other SPP’ zone with the 2020 

ITP portfolio are also significant - $1.32 billion in Future 1 and $0.96 billion in Future 2. 

As SPP load serving entities contract the wind resources in this zone, a portion of these 

additional benefits will flow to the load-serving entities’ customers as savings, increasing 

the overall benefits to the SPP region.   

 Staff calculated benefit metrics beyond APC savings for informational purposes and 

these non-APC metrics resulted in additional 20-25% benefits. Although these benefits 

were not directly quantified in the B/C calculation for individual projects or the overall 

portfolio, they provide further assurance that approving the portfolio is judicious. When 

considering all eight benefit metrics, including adjusted production cost savings, the 

consolidated portfolio is expected to provide a 40-year benefit-to-cost ratio ranging 

from 4.0 for Future 1 to 5.2 for Future 2.  

 In addition to the projected congestion relief, the projects in the portfolio will mitigate 

congestion in the real-time balancing market that were also identified as economic 

operational needs in the 2020 ITP assessment. Moreover, as economic needs are 

addressed, the congestion will move to other area transmission facilities; projects that 

also relieve congestion on correlated transmission facilities will show higher APC net 

benefits - as is the case with projects selected in the recommended 2020 ITP portfolio.   

 As presented by Staff, the recommended portfolio will pay for itself i.e. the cumulative 

benefits will exceed total costs in less than 20 years and begin providing savings to 

customers within a year of being placed in service. Furthermore, the economic projects 

recommended for NTC’s have a B/C of 1.0 or higher by year 10. The flexibility of the 

portfolio was tested under a wide range of sensitivities, including a high/low retirement 

sensitivity, and the 40-year benefit-to-cost far exceeded 1.0 under all the scenarios. AEP 

believes that Staff has performed the technical work according to endorsed study scope 

and has developed an effective portfolio of recommended projects that will address 

identified reliability and economic needs in the 2020 ITP Study. 

The TWG approved the motion with one opposing vote by Steve Hardebeck (OKGE), and one 

abstention by Clifford Franklin (SUNC). 
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Steve Hardebeck (OKGE) 

See OGE’s comments in response to ESWG vote above. 

RECOMMENDATIONS 

1. MOPC recommends the SPP Board of Directors (Board) approve the “2020 ITP Assessment Report” as 

documentation of completion of the ITP planning process specified in SPP OATT Attachment O Section 

III. 

Approved: MOPC 10/13-14/2020 

 Passed by eVote with 88% overall approval. 17 TOs voted (86% approval: 12 yes, 

2 no [MIDW, OKGE], and 3 abstentions [Liberty, SUNC, WFEC]), and 49 TUs voted 

(89% approval: 42 yes, 5 no [GSEC, NWE, OKGE, OMPA, TCEC], and 2 abstentions 

[HCPD, KMEA]). 

Approved: ESWG 10/06/2020 

 14 For, 1 Against, 0 Abstain 

TWG   10/06/2020 

 24 For, 1 Against, 0 Abstain 

2. MOPC recommends the Board approve the 2020 ITP Assessment, as modified by SPP staff 

recommendation to defer action on the Butler-Tioga 138 kV project due to the need for further 

refinement. This includes recommended issuance, modification, and withdrawal of NTCs for projects 

within the four-year financial commitment window and NTC-Cs for projects that are >100 kV and 

>$20M for a refined cost estimate. 

Approved: MOPC 10/13-14/2020 

 Passed by eVote with 88% overall approval. 17 TOs voted (86% approval: 12 

yes, 2 no [MIDW, OKGE], and 3 abstentions [Liberty, SUNC, WFEC]), and 49 TUs 

voted (89% approval: 42 yes, 5 no [GSEC, NWE, OKGE, OMPA, TCEC], and 2 

abstentions [HCPD, KMEA]). 

Approved: ESWG 10/06/2020 

 13 For, 2 Against, 0 Abstain 

TWG 10/06/2020 

 23 For, 1 Against, 1 Abstain 

 

The MOPC endorsed the recommendations with the following comments received related 

to voting rationale: 
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Nate Morris (Liberty) 

Empire chose to abstain from this vote due to the conflict exhibited between the mechanics 

of how the study was approached/conducted vs. the misgivings of the exhibited benefits as 

a resultant of the project portfolio. The Empire area depicted the fourth highest benefits as 

compared to other zones within the SPP; however, no projects were in relative close 

proximity to the EMDE zone.  There was a single project which could be related to a portion 

of the exhibited benefits to the EMDE zone, however Empire believes these as well as all 

other benefits are conditioned on the directly assigned upgrade of the Riverton to Neosho 

161 kV line rebuild, not from the collection of projects. Empire feels that the B/C ratios 

depicted within the ITP report are greatly magnified by this underlying upgrade, which 

Empire’s customers are directly funding. The report’s B/C ratios give the optics of a 

tremendously beneficial portfolio to the EMDE zone, which again, are strictly facilitated by 

the aforementioned upgrade (a longstanding, highly congested flowgate; Riverton to 

Neosho 161 kV line). Had the Riverton to Neosho line upgrade not been reflected in the 

base model(s), the benefits would be marginal, at best. As a result, Empire chose to support 

the mechanics of the study execution but cannot support the misgivings of the B/C ratios 

and projected rate impacts as a resultant of this ITP project portfolio. 

Natasha Henderson (GSEC) 

 GSEC voted no on the 2020 ITP Assessment and Report for the following reasons: 

 

First, while has not been included in this slide deck, we are concerned that the portfolio 

chosen was the more expensive and higher risk portfolio.   

1. The ESWG had the choice between: 

a. Cost Effective portfolio with a total cost of $352M and a B/C ratio of 4.34 

and,  

b. Highest Net Benefit with a total cost of $514.7M and a B/C ratio of 3.54.  

2. We see the B/C ratio as a proxy for the expected return, albeit not risk adjusted, 

that we expect to get from the investments we make in the transmission.  If 

asked to invest an additional $262M one should expect a greater rate of return, 

not a lower rate of return.   

3. Further, the lower B/C ratio is an indication of a higher risk of regret that the 

transmission will actually be economic.  

    

Our second issue has to do with the individual projects within the second portfolio.  For 

example, slide 52 of the presentation appendix the Butler-Tioga line, has a cost of 

$135M cost, and barely reaches a 1.0 B/C ratio within the first 10 years in Future 1.  Just 

because one believes that Future 2 has the right amount of wind does not necessarily 

mean that the risk does not still exist, and may in fact indicate more risk if the wind does 

not materialize in the locations sited in the planning process. 

 

For these reasons we cannot support these recommendations and continue to support 

more robust analysis of the risk of benefits both across portfolios and at the individual 
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project level. A true decision quality process would be able to determine a range of benefit 

outcomes (10 – 90% as opposed to single standard deviations for example) and a 

probability of regret for each portfolio and each project.  As the future of the SPP resource 

mix, including where renewables will be sited, becomes increasingly variable, and the cost of 

transmission relative to additional energy increase exponentially, our risks of benefits are 

also increasing, and we need to better understand these risks. 
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EXECUTIVE SUMMARY 

SPP actively monitors and supports the progress of transmission expansion projects, emphasizing the 

importance of maintaining accountability for areas such as regional grid reliability standards, firm 

transmission commitments, and SPP Open Access Transmission Tariff (OATT) cost recovery. 

SPP staff solicits quarterly feedback from the project owners to determine the progress of each approved 

transmission project. This quarterly report charts the progress of all SPP transmission projects approved 

by the SPP Board of Directors (Board) or through a FERC-filed service agreement under the OATT. 

 

Projects in the current portfolio include all Network Upgrades for which construction activities are 

ongoing or those for which construction has completed but not all close-out requirements have been 

fulfilled in accordance with Section 13 in Business Practice 70601. 

  

1 SPP OATT Business Practices 
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NTC PROJECT SUMMARY 

In adherence with the OATT and Business Practice 7060, SPP issues NTCs to Designated Transmission 

Owners (DTOs) to begin work on Network Upgrades that have been approved or endorsed by the Board 

to meet the construction needs of the OATT or Regional Transmission Organization (RTO). 

COMPLETED UPGRADES 

 
Figure 1: Completed Upgrades 

 

NTC ID  

IN 

SERVICE 

DATE 

UID OWNER UPGRADE NAME 
SOURCE 

STUDY 

COST 

ESTIMATE 

200296 5/11/2020 50698 WR 
Sumner County - 

Viola 138 kV Ckt 1 
2014 ITPNT $34,432,188 

200298 6/1/2020 51033 AEP 

Cedar Grove - 

South Shreveport 

138 kV 

SPP-2010-

AGP1-AFS-8 
$6,566,218 

200382 6/11/2020 51096 AEP 

Keystone Dam - 

Wekiwa 138 kV Ckt 

1 Rebuild 

SPP-2014-

AG1-AFS-6 
$6,445,009 

200392 7/31/2020 51444 OGE 

Lincoln - Meeker 

138 kV Ckt 1 New 

Line (OGE) 

2016 ITPNT $700,000 
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NTC ID  

IN 

SERVICE 

DATE 

UID OWNER UPGRADE NAME 
SOURCE 

STUDY 

COST 

ESTIMATE 

200397 7/31/2020 51445 WFEC 

Lincoln - Meeker 

138 kV Ckt 1 New 

Line (WFEC) 

2016 ITPNT $6,000,000 

210540 6/17/2020 112449 OGE 

Cimarron - 

Northwest 345kV 

Ckt 1 Terminal 

Upgrades 

2019 ITP $166,504 

210540 6/1/2020 112450 OGE 

Northwest - 

Mathewson 345 kV 

Terminal Upgrades 

2019 ITP $0 

210542 5/22/2020 112428 WR 

Lawrence Energy 

Center - Midland 

115 kV Terminal 

Upgrades 

2019 ITP $30,939 

210551 6/25/2020 122650 WR 

Caney River - 

Neosho 345 kV 

Terminal Upgrades 

SUS-013 $511,343 

 6/16/2020 102169 OGE 

Ranch Road 345kV 

Substation GEN-

2015-034 Addition 

(NU) 

GI $925,042 

10 Upgrade(s) Completed    $55,777,242 
 

Table 1: Completed Upgrades2 

2 In accordance with Section 3.4 of SPP BP 7060, SPP only issues NTC for GI upgrades to affected 

Transmission Owners who are not a party to the Generation Interconnection Agreement (GIA). 

*Transmission Owner Interconnection Facilities (TOIF) 

**Non-Shared Network Upgrades (NU) 
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NTCS ISSUED 

 
Figure 2: NTCs Issued 

NTC ID 
NTC ISSUE 

DATE 
UID OWNER UPGRADE NAME 

SOURCE 

STUDY 

COST 

ESTIMATE OF 

NEW 

UPGRADES 

210558 5/29/2020 122713 AEP 
Locust Grove - Kerr 115 

kV Ckt 1 Rebuild Line 

SPP-2019-

AG2-AFS-3 
$3,000,000 

210559 6/10/2020 122571 MWE 
Northshore - New Town 

115 kV Ckt 1 

DPA-2018-

August-918 
$19,235,485 

210560 6/10/2020 122572 BEPC 
Northshore 230/115 kV 

Transformer 

DPA-2018-

August-918 
$3,176,320 

210560 6/10/2020 122575 BEPC 
Northshore 230 kV 

Substation 

DPA-2018-

August-918 
$20,938,350 

210560 6/10/2020 122570 BEPC 
Neset - Northshore 230 

kV Ckt 1 

DPA-2018-

August-918 
$33,155,575 

210562 6/10/2020 122602 WAPA 

Jamestown 230 kV 

Redundant Bus Tie GEN-

2016-004 

DISIS-2016-

001 
$1,510,000 

210563 7/14/2020 122664 NPPD 

Pauline - Hastings 

115kV Ckt 1 & Ckt 2 

Reconductor 

SUS-014 $6,000,000 

7 Upgrade(s) Issued  
 

  $87,015,730 

Table 2: NTCs Issued 
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PORTFOLIO SUMMARY 

SPP staff solicits quarterly feedback from the project owners to determine the progress of each approved 

transmission project. This quarterly report charts the progress of projects approved by the SPP Board or 

through a FERC filed service agreement under the SPP OATT. Projects included in the portfolio are:  

1. Upgrades required to satisfy requests for transmission service (TS) 

2. Upgrades required to satisfy requests for generator interconnection (GI) 

3. Approved projects from the Integrated Transmission Planning Assessment (ITP) 

4. Upgrades within approved Balanced Portfolios3  (BP) 

5. Approved high priority upgrades (HP) 

6. Endorsed Sponsored Upgrades (SP) 

7. Approved Interregional Projects2 (IR) 

8. Approved projects from the 20-Year Assessment (ITP20) 

 

This report will document changes over the previous quarter to report on projects captured in the 

Quarterly Project Tracking Portfolio as well as new projects added from various processes listed above.   A 

summary of the project portfolio is also included.  

 
Figure 3: Total Active Portfolio (Millions) 

3 There are currently no Balanced Portfolio or Interregional projects included in Quarterly Project Tracking 
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Figure 4: Upgrade by Type Cost Summary4 

 

 
Figure 5: Estimated Cost for All Upgrades by In-Service Year 

4 Line mileage not available for all upgrade categories 
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Figure 6: Estimated Cost of Upgrades Completed in Past 4 Quarters5 

 

 
Figure 7: Number of Upgrades Completed in Past Four Quarters 

  

5 Figures 6 and 7 include Network Upgrades not yet confirmed as completed. Note that the previous 

quarter’s updated results are listed as the Transmission Owners may make adjustments to final costs and 

status of projects completed during the year. 
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PROJECT STATUS SUMMARY 

SPP assigns a project status to all Network Upgrades based on the projected in-service dates provided by 

the DTOs relative to the Need Date determined for the project. Project status definitions are provided 

below: 

 Closed Out: Upgrade is operation, all project activities are complete, & all close-out requirements 

fulfilled in accordance with Business Practice 7060. These upgrades will not appear in future 

Quarterly Project Tracking reports 

 Complete: Upgrade is operation and all project activities are complete 

 Delayed: Projected In-Service Date beyond Need Date; interim mitigation provided or project 

may change but time permits the implementation of project 

 Identified:  Upgrade identified and included in Board approved study results 

 In Service: Upgrade is operational, but not all project activities are complete 

 On Schedule < 4: On Schedule within 4-year horizon 

 On Schedule > 4: On Schedule beyond 4-year horizon 

 Re-evaluation: Project active; pending re-evaluation 

 Suspended: Project suspended; pending re-evaluation 

 NTC Commitment Window: NTC/NTC-C issued, still within the 90-day written commitment to 

construct window and no commitment received 

 NTC-C Project Estimate Window: Within the NTC-C Project Estimate (CPE) window 

 
Figure 8: Portfolio Project Status (Millions)6 
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OUT-OF-BANDWIDTH PROJECTS 

In adherence to the Business Practice 7060, SPP reports projects that have updated cost values that 

exceed their established baseline values based upon a ±20% bandwidth. Variances are determined by 

total project cost.  The following projects with a cost estimate greater than $5 million were identified as 

having exceeded the ±20% bandwidth requirement during the reporting period.  Tables below provide 

summary information and lists cost detail for out-of-bandwidth projects identified during the reporting 

quarter. 

PID Project Name Owner 

NTC 

Source 

Study 

Upgrade 

Type 

In-Service 

Date 

30577 
Line - Chavis - Price - CV Pines - 

Capitan 115 kV Ckt 1 
SPS 

2014 

ITPNT 

Regional 

Reliability 
1/30/2018 

30838 
XFR - Sub 3459 345/161 kV Ckt 1 

Transformer 
OPPD 

2015 

ITP10 

Regional 

Reliability 
6/1/2018 

30889 
Line - Linwood - South Shreveport 

138kV Ckt 1 Rebuild 
AEP 

2016 

ITPNT 

Regional 

Reliability 
5/10/2018 

451 
Multi - Chamber Springs - 

Farmington 161 kV 
AEP 

2013 

ITPNT 

Regional 

Reliability 
3/28/2017 

51252 
XFR - Creswell 138/69/13.2 kV 

Transformers 
WR 

AG 

STUDIES 

Regional 

Reliability 
6/1/2021 

81561 

Multi - Sooner - Wekiwa 345 kV 

and Sand Springs - Sheffield 138 

kV 

AEP 2019 ITP Economic 1/1/2026 

30575 
Multi - Gentleman - Cherry Co. - 

Holt Co. 345 kV 
NPPD 

2012 

ITP10 

Regional 

Reliability 
4/1/2024 

Table 3: Out-of-Bandwidth Project Summary 

PID 
Baseline Cost 

Estimate 

Baseline 

Cost 

Estimate 

Year 

Baseline Cost 

Estimate with 

Escalation 

Latest 

Estimate or 

Final Cost 

$ Variance 
Variance 

% 

30577 $14,275,000 2014 $15,756,929 $7,231,799 $8,525,130 -54% 

30838 $10,193,697 2015 $10,977,496 $13,193,697 $2,216,200 20% 

30889 $5,285,437 2016 $5,553,013 $7,885,000 $2,331,987 42% 

451 $12,705,537 2013 $14,024,536 $9,206,275 $4,818,261 -34% 

51252 $7,107,721 2017 $7,654,238 $5,488,126 $2,166,112 -28% 

81561 $3,899,204 2020 $3,978,346 $6,116,625 $2,138,279 54% 

 30575 $313,376,623 2013 $372,506,326 $463,376,714 $90,870,387 24.4% 

Table 4: Out-of-Bandwidth Cost Detail  
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RESPONSIVENESS REPORT 

The table and figures below provide insight into the responsiveness of DTOs constructing Network 

Upgrades within SPP in the Quarterly Project Tracking Report. Note: Network Upgrades with statuses of 

“Suspended”, “Re-evaluation”, “Within NTC Commitment Window”, “Within NTC-C Project Estimate 

Window”, and “Within RFP Response Window” were excluded from this analysis. 

 

Project 
Owner 

Number 
of 

Upgrades 

Number of 
Upgrades 
Reviewed 

Reviewed 
% 

In-Service 
Date 

Changes 

ISD Change 
% 

Cost 
Changes 

Cost 
Change % 

AEP 26 25 96.15% 8 30.77% 1 3.85% 

BEPC 7 5 71.43% 1 14.29% 0 0.00% 

CBPC 2 0 0.00% 0 0.00% 0 0.00% 

CPEC 3 0 0.00% 0 0.00% 0 0.00% 

CUS 2 0 0.00% 0 0.00% 0 0.00% 

EDE 4 0 0.00% 0 0.00% 0 0.00% 

EREC 2 0 0.00% 0 0.00% 0 0.00% 

GHP 1 1 100.00% 1 100.00% 1 100.00% 

GMO 1 0 0.00% 0 0.00% 0 0.00% 

GRDA 4 3 75.00% 2 50.00% 0 0.00% 

KCPL 8 7 87.50% 0 0.00% 0 0.00% 

KPP 1 1 100.00% 0 0.00% 0 0.00% 

MWE 1 1 100.00% 0 0.00% 0 0.00% 

NIPCO 2 0 0.00% 0 0.00% 0 0.00% 

NPPD 44 31 70.45% 11 25.00% 4 9.09% 

NWE 2 0 0.00% 0 0.00% 0 0.00% 

OGE 27 7 25.93% 6 22.22% 1 3.70% 

OPPD 11 11 100.00% 0 0.00% 0 0.00% 

SEPC 11 10 90.91% 0 0.00% 0 0.00% 

SPS 148 74 50.00% 4 2.70% 38 25.68% 

TBD 9 0 0.00% 0 0.00% 1 11.11% 

TSMO 2 2 100.00% 0 0.00% 0 0.00% 

WAPA 9 6 66.67% 0 0.00% 0 0.00% 

WFEC 45 36 80.00% 1 2.22% 1 2.22% 

WR 21 20 95.24% 8 38.10% 0 0.00% 

Total 393 240 61.07% 42 10.89% 47 11.93% 

 

Table 5: Responsiveness Summary 
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Figure 9:  In-Service Date Changes 

 

 

Figure 10:  Cost Changes 
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ITP20 UPGRADES 

ITP20 assessments were performed in 2010 and 2013.  While the projects proposed by those studies are 

incorporated into the STEP Project List, they were not included in SPP’s project tracking effort as part of 

the Quarterly Tracking Report prior to Q1 2019.  A list of active ITP20 projects will be maintained in the 

STEP Report and Quarterly Project Tracking Report lists going forward.  The current ITP20 projects are 

listed in the table below. 

During the previous reporting quarter Omaha Public Power District (OPPD) provided Letters of 

Commercial Operation for upgrades 51133 and 51136, which added a 2nd transformer and high-side 

terminal equipment to S3459 substation.  NTC 200330 was issued for these upgrades on February 18, 

2015 based on results from 2015 ITP 10-Year Assessment.  Since Upgrade ID 50493 shown below is a 

duplicate of an already completed upgrade, it will not be included in future reports.  

Project ID 
Upgrade 

ID 
Owner Upgrade Name 

RTO Determined 

Need Date 

Latest Cost 

Estimate 

30401 50492 TBD 
Cass Co. - S.W. Omaha (aka S3454) 

345 kV Ckt1 
1/1/2033 $33,126,800 

30402 50493 OPPD S3459 345/161 kV Transformer Ckt 2 1/1/2033 $12,600,000 

30599 50769 AEP 
South Fayetteville 345/161 kV 

Transformer Ckt1 
1/1/2033 $12,600,000 

30599 50770 TBD 
Chamber Springs - South Fayetteville 

345 kV Ckt1 
1/1/2033 $21,295,800 

30600 50771 GMO 
Maryville 345/161 kV Transformer 

Ckt1 
1/1/2033 $12,600,000 

30601 50772 KCPL 
Nashua 345/161 kV Transformer 

Upgrade Ckt11 
1/1/2033 $12,600,000 

30602 50773 TBD Keystone - Red Willow 345 kV Ckt1 1/1/2033 $130,141,000 

30603 50774 TBD Tolk - Tuco 345 kV Ckt1 1/1/2033 $75,718,400 

30604 50775 SEPC 
Holcomb 345/115 kV Transformer 

Ckt2 
1/1/2033 $12,600,000 

30605 50776 TBD Neosho - Wolf Creek 345 kV Ckt1 1/1/2033 $117,126,900 

30606 50777 TBD 
Clinton - Truman 161 kV Ckt1 

Reconductor 
1/1/2033 $15,701,325 

30606 50778 TBD 
North Warsaw - Truman 161 kV Ckt1 

Reconductor 
1/1/2033 $1,082,850 

30608 50779 WR Auburn 345/115 kV Transformer Ckt2 1/1/2033 $12,600,000 

30608 50780 TBD 
Auburn - Swissvale 345 kV Ckt1 

Voltage Conversion 
1/1/2033 $20,112,700 

30608 50781 TBD 
Auburn - Jeffrey EC 345 kV Ckt1 

Voltage Conversion 
1/1/2033 $35,493,000 

30607 50782 OGE 
Muskogee/Pecan Creek 345 kV 

Terminal Upgrades 
1/1/2033 $34,605,675 

Table 6: ITP20 Upgrades 
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MORGAN TRANSFORMER PROJECT 

Pursuant to a Joint Operating Agreement and resulting Joint Coordinated System Planning Process 

between AECI and SPP, SPP and AECI have agreed to share cost associated with the Morgan Transformer 

Project. 

 

Project ID 
Upgrade 

ID 
Owner Upgrade Name 

Projected In-

Service Date 

Latest Cost 

Estimate 

31132 51740 AECI Morgan 345/161kV Transformer 10/12/2020 $6,700,000 

31132 51832 AECI Morgan Line Uprate 10/12/2020 $7,050,000 

Table 7: Morgan Upgrades 
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APPENDIX 1 

(See accompanying list of Quarterly Project Tracking Projects) 

 

862 of 1082



N
TC

_I
D

PI
D

U
ID

Pr
oj

ec
t O

w
ne

r

St
at

e(
s)

Pr
oj

ec
t N

am
e

U
pg

ra
de

 N
am

e

Pr
oj

ec
t T

yp
e

ST
EP

 T
yp

e

Pr
oj

ec
t O

w
ne

r I
nd

ic
at

ed
 

In
-S

er
vi

ce
 D

at
e

RT
O

 D
et

er
m

in
ed

 N
ee

d 
D

at
e

Le
tt

er
 o

f N
ot

ifi
ca

tio
n 

to
 

Co
ns

tr
uc

t I
ss

ue
 D

at
e

So
ur

ce
 S

tu
dy

Ba
se

lin
e 

Co
st

 E
st

im
at

e

Ba
se

lin
e 

Co
st

 E
st

im
at

e 
Ye

ar

Ba
se

lin
e 

Co
st

 E
st

im
at

e 
w

ith
 E

sc
al

at
io

n

Cu
rr

en
t C

os
t E

st
im

at
e

Fi
na

l C
os

t

Pr
oj
ec
t S

ta
tu
s

Vo
lta

ge
s 
(k
V)

N
um

be
r o

f N
ew

N
um

be
r o

f 
Re

bu
ild

/R
ec
on

du
ct
or

N
um

be
r o

f V
ol
ta
ge

 
Co

nv
er
si
on

200397 242 10308 WFEC OK Line ‐ Elmore ‐ Paoli 69 kV Rebuild Elmore ‐ Paoli 69 kV Ckt 1 Rebuild Regional Reliability ITP 3/1/2022 6/1/2009 5/17/2016 2016 ITPNT $3,240,000 2016 $3,576,354 $3,240,000 $4,171,494 Delay ‐ Mitigation 69 10.8

200166 461 10597 SPS TX/NM Line ‐ Curry ‐ Bailey 115kV
Bailey County Interchange ‐ Curry County 
Interchange 115 kV Ckt 1

Regional Reliability ITP 9/29/2016 6/1/2012 4/9/2012 2012 ITPNT $35,099,588 2012 $38,743,378 $38,607,163 $38,607,163 Closed Out 115 41.5

200216 478 10615 AEP LA Line ‐ Forbing Tap ‐ South Shreveport 69 kV Forbing Tap ‐ South Shreveport 69 kV Ckt 1 Regional Reliability ITP 4/13/2016 6/1/2013 2/20/2013 2013 ITPNT $1,221,505 2013 $1,315,428 $1,221,505 Closed Out 69 2.3
200246 512 10657 AEP LA Line ‐ Ellerbe Road ‐ Forbing Tap 69 kV Ckt 1 Ellerbe Road ‐ Forbing T 69 kV Ckt 1 Regional Reliability ITP 4/13/2016 6/1/2014 2/19/2014 2014 ITPNT $8,174,689 2014 $8,588,533 $8,174,689 Closed Out 69 2

20130 764 11007 SPS TX XFR ‐ Happy County 115/69 kV Transformers
HAPPY INTERCHANGE 115/69KV 
TRANSFORMER CKT 1

Regional Reliability ITP 6/30/2016 6/1/2012 2/14/2011 2010 STEP $2,809,520 2014 $2,951,752 $1,518,414 $2,057,140 Closed Out 115/69

20130 764 11009 SPS TX XFR ‐ Happy County 115/69 kV Transformers
HAPPY INTERCHANGE 115/69KV 
TRANSFORMER CKT 2

Regional Reliability ITP 6/30/2016 6/1/2012 2/14/2011 2010 STEP $2,812,436 2014 $2,954,816 $1,565,056 $2,074,528 Complete 115/69

200256 766 11010 SPS TX XFR ‐ Newhart 230/115 kV Ckt 2 Newhart 230/115 kV Ckt 2 Transformer Regional Reliability ITP 12/2/2016 6/1/2015 2/19/2014 2014 ITPNT $6,886,931 2014 $7,235,582 $13,001,665 $8,734,222 Closed Out 230/115

200229 772 11017 SPS TX Line ‐ Carlisle ‐ Wolfforth 230 kV
Carlisle Interchange ‐ Wolfforth Interchange 
230 kV Ckt 1

Regional Reliability ITP 3/27/2018 6/1/2017 9/10/2013 2013 ITPNT $32,429,240 2013 $36,690,708 $29,936,635 In Service 230 16.8

200381 777 11027 SPS TX Sub ‐ East Plant 115 kV Terminal Upgrade East Plant 115 kV Terminal Upgrade Regional Reliability TS 6/1/2017 6/1/2017 4/12/2016 SPP‐2014‐AG1‐AFS‐6 $5,000 2016 $5,125 $0 $11,943,519 Closed Out 115

200214 802 11064 SPS NM XFR ‐ Eddy Co. 230/115 kV Transformer Ckt 1
Eddy County Interchange 230/115 kV 
Transformer Ckt 1

Regional Reliability ITP 3/31/2017 6/1/2016 2/20/2013 2013 ITPNT $4,255,145 2013 $4,696,884 $4,529,862 $4,490,583 Closed Out 230/115

20084 834 11101 SPS NM Line ‐ Portales ‐ Zodiac 69 kV to 115 kV Conversion
PORTALES INTERCHANGE ‐ ZODIAC 115KV CKT 
1

Regional Reliability ITP 11/30/2015 6/1/2013 2/8/2010 2009 STEP $6,500,000 2014 $6,662,500 $7,588,596 $8,084,263 Closed Out 115 3

200166 836 11104 SPS TX Sub ‐ Convert Muleshoe East 69 kV to 115 kV Convert Muleshoe 69 kV to 115 kV Regional Reliability ITP 12/18/2015 6/1/2012 4/9/2012 2012 ITPNT $4,673,759 2012 $5,033,127 $1,569,093 $1,631,376 Closed Out 115 0.3 1.5

200214 841 11110 SPS TX XFR ‐ Graham 115/69 kV  Ckt 1
Graham Interchange 115/69 kV Transformer 
Ckt 1

Regional Reliability ITP 12/9/2015 6/1/2014 2/20/2013 2013 ITPNT $2,101,391 2013 $2,207,774 $1,337,225 $1,337,255 Closed Out 115/69

200397 844 11113 WFEC OK
Line ‐ Sara Road ‐ Sunshine Canyon 69 kV Ckt 1 
Rebuild

Sara Road ‐ Sunshine Canyon 69 kV Ckt 1 
Rebuild

Regional Reliability ITP 12/31/2019 6/1/2020 5/17/2016 2016 ITPNT $4,725,000 2016 $5,088,308 $4,725,000 $643,784 On Schedule < 4 69 10

200256 856 11127 SPS TX
Multi ‐ Centre St. ‐ Hereford NE 115 kV Ckt 1 and 
Centre St. and Hereford 115 kV Load Conversion

Centre St. ‐ Hereford NE 115 kV Ckt 1 Regional Reliability ITP 4/6/2018 6/1/2014 2/19/2014 2014 ITPNT $9,247,136 2014 $10,207,108 $9,543,280 $9,509,428 In Service 115 7.8

20097 938 11238 TSMO MO
Multi ‐ Nebraska City ‐ Mullin Creek ‐ Sibley 345 kV 
(GMO)

Sibley ‐ Mullin Creek 345 kV High Priority HP 12/14/2016 6/1/2017 7/23/2010 Priority Projects $184,665,083 2015 $189,281,710 $173,500,000 $240,770,219 Complete 345 105

20097 938 11239 TSMO MO
Multi ‐ Nebraska City ‐ Mullin Creek ‐ Sibley 345 kV 
(GMO)

Nebraska City ‐ Mullin Creek 345 kV (GMO) High Priority HP 12/15/2016 6/1/2017 7/23/2010 Priority Projects $81,407,015 2015 $83,442,190 $76,578,565 Complete 345 65

20104 947 11261 AEP OK
Line ‐ Broken Arrow North South Tap ‐ Oneta 138 
kV Ckt 1

BROKEN ARROW NORTH ‐ SOUTH TAP ‐ ONETA 
138KV CKT 1 #2

Transmission Service TS 5/25/2016 6/1/2015 8/25/2010 SPP‐2008‐AGP1‐AFS‐9 $6,072,000 2014 $6,379,395 $6,072,000 Complete 138 4.33

200404 1001 11315 SPS TX
Line ‐ Randall ‐ South Georgia and Osage Station 
115 kV Line Re‐termination

Randall County Interchange ‐ South Georgia 
Interchange 115 kV Ckt 1

Regional Reliability TS 4/19/2017 6/1/2016 7/25/2016 SPP‐2015‐AG1‐AFS‐6 $10,316,217 2016 $10,574,122 $13,100,684 $11,142,098 Closed Out 115 2

200214 1003 11317 SPS TX XFR ‐ Grassland 230/115 kV Transformer Ckt 1
Grassland Interchange 230/115 kV 
Transformer Ckt 1

Regional Reliability ITP 2/19/2016 6/1/2013 2/20/2013 2013 ITPNT $3,961,322 2013 $4,265,911 $4,013,798 $4,013,798 Closed Out 230/115

200256 1004 11318 SPS TX XFR ‐ Swisher 230/115 kV Ckt 1
Swisher County Interchange 230/115 kV Ckt 1 
Transformer

Regional Reliability ITP 12/3/2015 6/1/2014 2/19/2014 2014 ITPNT $3,183,028 2014 $3,262,604 $2,869,670 $2,869,670 Closed Out 230/115

200214 1031 11355 SPS TX
XFR ‐ Crosby Co. 115/69 kV Transformers Ckt 1 and 
Ckt 2

Crosby County  Interchange 115/69 kV 
Transformer Ckt 1

Regional Reliability ITP 5/1/2015 6/1/2013 2/20/2013 2013 ITPNT $2,378,798 2013 $2,499,225 $4,197,329 $4,204,317 Closed Out 115/69

200214 1031 11356 SPS TX
XFR ‐ Crosby Co. 115/69 kV Transformers Ckt 1 and 
Ckt 2

Crosby County Interchange 115/69 kV 
Transformer Ckt 2

Regional Reliability ITP 9/10/2015 6/1/2013 2/20/2013 2013 ITPNT $2,301,000 2013 $2,417,488 $1,874,922 $1,861,774 Closed Out 115/69

200166 1033 11358 SPS TX Line ‐ Randall ‐ South Georgia 115 kV reconductor
Randall County Interchange ‐ South Georgia 
Interchange 115 kV Ckt 1 # 2

Regional Reliability ITP 4/12/2017 6/1/2017 4/9/2012 2012 ITPNT $6,300,000 2014 $6,784,411 $4,294,271 $4,678,798 Closed Out 115 4.1

20130 1036 11372 SPS TX Line ‐ Soncy convert load to 115 kV Soncy Tap 115 kV ‐ New Soncy 115 kV Regional Reliability ITP 12/31/2018 6/1/2015 2/14/2011 2010 STEP $929,500 2014 $1,025,994 $6,411,523 $4,088,429 Complete 115 1.04

200297 1139 11501 SPS TX
Line ‐ Allen Sub ‐ Lubbock South Interchange 115 
kV Ckt 1

Allen Substation ‐ Lubbock South Interchange 
115 kV Ckt 1

Regional Reliability TS 4/26/2019 6/1/2019 5/5/2015 SPP‐2012‐AG3‐AFS‐9 $1,164,782 2015 $1,285,701 $183,738 Complete 115

200369 1142 11506 SPS TX Line ‐ Canyon East ‐ Randall 115 kV Ckt 1 Rebuild
Canyon East Sub ‐ Randall County Interchange 
115 kV Ckt 1 Rebuild

Regional Reliability TS 3/20/2020 2/1/2014 2/12/2016 SPP‐2011‐AG3‐AFS‐11 $12,806,065 2016 $14,135,500 $6,657,686 $5,534,931 Complete 115 18.5

200262 1144 11508 SPS TX XFR ‐ Hitchland 230/115 kV Ckt 2 Hitchland 230/115 kV Ckt 2 Transformer Regional Reliability TS 3/29/2017 6/1/2019 4/9/2014 SPP‐2011‐AG3‐AFS‐11 $4,087,144 2014 $4,401,407 $4,525,487 $7,012,238 Closed Out 230/115
200359 1146 11509 SPS TX XFR ‐ Carlisle 230/115 kV Ckt 1 Carlisle 230/115 kV Ckt 1 Transformer Regional Reliability TS 3/9/2018 10/1/2015 12/2/2015 SPP‐2014‐AG1‐AFS‐6 $3,853,326 2016 $4,048,401 $3,000,000 $3,109,347 Closed Out 230/115

200214 1147 11512 SPS TX
Multi ‐ Potter ‐ Channing ‐ Dallam 230 kV 
Conversion

Channing ‐ Potter County 230 kV Ckt 1 Regional Reliability ITP 12/31/2015 6/1/2013 2/20/2013 2013 ITPNT $1,819,440 2013 $1,911,549 $2,512,528 $2,512,528 Closed Out 230 52

200214 1147 11514 SPS TX
Multi ‐ Potter ‐ Channing ‐ Dallam 230 kV 
Conversion

Channing ‐ XIT  230 kV Ckt 1 Regional Reliability ITP 12/31/2015 6/1/2013 2/20/2013 2013 ITPNT $9,166,904 2013 $9,630,979 $871,088 $871,088 Closed Out 230 70

200214 1147 11515 SPS TX
Multi ‐ Potter ‐ Channing ‐ Dallam 230 kV 
Conversion

XIT 230/115/13.2 kV Transformer Ckt 1 Regional Reliability ITP 12/31/2015 6/1/2013 2/20/2013 2013 ITPNT $3,863,195 2013 $4,058,769 $9,865,350 $9,865,350 Closed Out 230/115

20080 30201 50208 NPPD NE Device ‐ Clarks 115 kV CLARKS 115KV Regional Reliability ITP 6/1/2018 11/1/2012 2/8/2010 2009 STEP $700,000 2014 $772,669 $700,000 Delay ‐ Mitigation 115
20080 30203 50210 NPPD NE Device ‐ Oneill 115 kV ONEILL 115KV Regional Reliability ITP 7/1/2018 11/1/2012 2/8/2010 2009 STEP $700,000 2014 $772,669 $1,739,903 $1,739,903 Complete 115
200282 30331 50378 SPS NM Device ‐ Eagle Creek 115 kV Eagle Creek 115 kV Cap Bank High Priority HP 3/14/2016 6/1/2015 5/19/2014 HPILS $1,470,325 2014 $1,544,760 $1,416,992 $1,417,036 Closed Out 115
200166 30351 50401 SPS TX Device ‐ Crosby 115 kV Capacitor Crosby 115 kV #2 Regional Reliability ITP 11/4/2015 6/1/2012 4/9/2012 2012 ITPNT $985,519 2012 $1,061,296 $1,334,087 $1,334,087 Closed Out 115

200166 30356 50406 SPS TX Multi ‐ Cedar Lake Interchange 115 kV
Diamondback Interchange 115/69 kV 
Transformer Ckt 1

Regional Reliability ITP 8/31/2015 6/1/2012 4/9/2012 2012 ITPNT $5,524,876 2012 $5,949,687 $7,399,322 $6,981,891 Closed Out 115/69 17.79

200253 30374 50441 NPPD NE Multi ‐ Hoskins ‐ Neligh 345 kV Neligh 345/115 kV Substation Regional Reliability ITP 6/8/2018 6/1/2016 2/19/2014 2014 ITPNT $10,082,325 2017 $10,334,383 $10,281,412 $10,381,296 Complete 345/115
200220 30375 50442 NPPD NE Multi ‐ Gentleman ‐ Cherry Co. ‐ Holt Co. 345 kV Cherry Co. ‐ Gentleman 345 kV Ckt 1 Regional Reliability ITP 4/1/2024 1/1/2018 3/11/2013 2012 ITP10 $139,090,440 2013 $165,334,824 $204,236,579 Delay ‐ Mitigation 345 100.7
200220 30375 50444 NPPD NE Multi ‐ Gentleman ‐ Cherry Co. ‐ Holt Co. 345 kV Cherry Co. Substation 345 kV Regional Reliability ITP 4/1/2024 1/1/2018 3/11/2013 2012 ITP10 $11,896,383 2013 $14,141,061 $13,692,681 Delay ‐ Mitigation 345
200220 30375 50445 NPPD NE Multi ‐ Gentleman ‐ Cherry Co. ‐ Holt Co. 345 kV Cherry Co. ‐ Holt Co. 345 kV Ckt 1 Regional Reliability ITP 4/1/2024 1/1/2018 3/11/2013 2012 ITP10 $146,065,000 2013 $173,625,384 $232,903,698 Delay ‐ Mitigation 345 124.3
200220 30375 50446 NPPD NE Multi ‐ Gentleman ‐ Cherry Co. ‐ Holt Co. 345 kV Holt Co. Substation 345 kV Regional Reliability ITP 1/1/2022 1/1/2018 3/11/2013 2012 ITP10 $16,324,800 2013 $19,405,057 $12,543,756 Delay ‐ Mitigation 345
200395 31068 50447 SPS TX Multi ‐ Tuco ‐ Yoakum 345/230 kV Ckt 1 Tuco ‐ Yoakum 345 kV Ckt 1 Regional Reliability ITP 6/1/2020 6/1/2017 5/17/2016 2016 ITPNT $128,473,352 2016 $141,810,542 $121,767,178 Delay ‐ Mitigation 345 107
210484 31068 50451 SPS TX Multi ‐ Tuco ‐ Yoakum 345/230 kV Ckt 1 Yoakum 345/230 kV Ckt 1 Transformer Regional Reliability HP 5/31/2019 6/1/2017 4/27/2018 HPILS $5,047,344 2016 $5,435,437 $9,801,183 Complete 345/230

200190 805 50453 SPS TX Multi ‐ Bowers ‐ Howard 115 kV Ckt 1 Bowers ‐ Howard 115 kV Regional Reliability TS 2/28/2016 6/1/2013 1/18/2013
DPA‐2011‐SEPTEMBER‐

095
$30,851,077 2013 $33,223,235 $41,063,661 $35,910,939 Closed Out 115 33

200309 30376 50457 SPS NM/TX Multi ‐ Hobbs ‐ Yoakum 345/230 kV Ckt 1 Hobbs ‐ Yoakum 345 kV Ckt 1 High Priority HP 5/30/2019 6/1/2020 12/3/2014 HPILS $90,628,750 2014 $102,538,112 $89,954,532 Complete 345 52

30401 50492 TBD NE Cass Co. ‐ S.W. Omaha (aka S3454) 345 kV Cass Co. ‐ S.W. Omaha (aka S3454) 345 kV Ckt1 ITP20 ITP20 1/1/2033 2013 ITP20 $0 $33,126,800 Identified 345

200190 30410 50503 SPS TX Line ‐ Bowers ‐ Canadian 69 kV Rebuild Bowers ‐ Canadian 69 kV Rebuild Regional Reliability TS 7/1/2015 6/1/2012 1/18/2013
DPA‐2011‐SEPTEMBER‐

095
$34,999,584 2013 $36,771,438 $31,779,309 $28,931,563 Closed Out 69 39 10

 Q4 2020 Quarterly Project Tracking Appendix 1
Project Status Definitions

CLOSED OUT Upgrade is operation, all project activities are complete, & all close-out requirements fulfilled
COMPLETE Upgrade is operation and all project activities are complete

DELAY - MITIGATION Behind schedule, interim mitigation provided or project may change but time permits the implementation of project; asterisk (*) indicates interim mitigation plan 
IDENTIFIED Upgrade identified and included in Board approved study results
IN SERVICE Upgrade is in service, but not all project activities are complete

NTC - COMMITMENT WINDOW NTC/NTC-C issued, still within the 90 day written commitment to construct window and no commitment received
NTC-C PROJECT ESTIMATE WINDOW Within the NTC-C Project Estimate (CPE) window

ON SCHEDULE < 4 On Schedule within 4-year horizon
ON SCHEDULE > 4 On Schedule beyond 4-year horizon
RE-EVALUATION NTC/NTC-C active; pending re-evaluation

SUSPENDED NTC/GIA suspended
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200262 30420 50513 SPS TX
Line ‐ Bushland Interchange ‐ Deaf Smith County 
Interchange 230 kV Ckt 1

Bushland Interchange ‐ Deaf Smith Co 
Interchange 230 kV Ckt 1 Terminal Upgrade

Regional Reliability TS 12/15/2017 2/1/2014 4/9/2014 SPP‐2011‐AG3‐AFS‐11 $285,176 2014 $307,103 $261,084 $246,927 Closed Out 230

200193 30422 50515 SPS TX
XFR ‐ Deaf Smith County Interchange 230/115 kV 
transformer CKT 1

Deaf Smith County Interchange 230/115 kV 
Transformer Ckt 1 #2

Regional Reliability TS 2/25/2016 6/1/2012 11/20/2012 SPP‐2010‐AGP1‐AFS‐8 $4,273,633 2012 $4,717,291 $3,428,156 $3,428,156 Closed Out 230/115

200214 30424 50517 SPS TX/OK Line ‐ Ochiltree ‐ Tri‐County Cole 115 kV Ckt 1
Ochiltree ‐ Tri‐County REC Cole 115 kV Ckt 1 
Rebuild

Regional Reliability ITP 11/20/2015 6/1/2013 2/20/2013 2013 ITPNT $11,332,148 2013 $11,905,838 $13,096,041 $11,735,967 Closed Out 115 17

200241 30438 50533 GRDA OK Line ‐ Kerr ‐ 412 Sub 161 kV Ckt 1 Kerr ‐ 412 Sub 161 kV Ckt 1 Terminal Upgrades Regional Reliability ITP 6/1/2017 6/1/2017 2/19/2014 2014 ITPNT $161,100 2014 $173,487 $161,100 $207,691 Closed Out 161

200241 30440 50535 GRDA OK Line ‐ 412 Sub ‐ Kansas Tap 161 kV Ckt 1
412 Sub ‐ Kansas Tap 161 kV Ckt 1 Terminal 
Upgrades

Regional Reliability ITP 9/11/2019 6/1/2018 2/19/2014 2014 ITPNT $54,500 2014 $61,662 $294,840 $409,848 Closed Out 161

200384 30444 50539 SPS TX Device ‐ Cochran 115 kV Cap Bank Cochran 115 kV Cap Bank Regional Reliability TS 12/31/2018 6/1/2016 4/20/2016 DPA‐2013‐JUN‐342 $1,808,805 2016 $1,900,376 $2,662,607 Complete 115

200231 30449 50545 AEP LA
Line ‐ Rock Hill ‐ Springridge Pan‐Harr REC 138 kV 
Ckt 1

Rock Hill ‐ Springridge Pan‐Harr REC 138 kV Ckt 
1

Regional Reliability ITP 9/19/2016 6/1/2014 9/23/2013 2013 ITPNT $25,060,655 2013 $26,987,585 $25,060,655 $25,330,929 Closed Out 138 27.6

200214 30451 50546 SPS NM Line ‐ Atoka ‐ Eagle Creek 115 kV Ckt 1 Atoka ‐ Eagle Creek 115 kV Ckt 1 Regional Reliability ITP 12/31/2018 6/1/2015 2/20/2013 2013 ITPNT $20,808,304 2013 $23,542,686 $23,034,125 $24,272,586 Complete 115 22.1
200214 30466 50560 SPS NM XFR ‐ Potash Junction 115/69 kV Ckt 1 Potash Junction 115/69 kV Transformer Ckt 1 Regional Reliability ITP 8/7/2015 6/1/2013 2/20/2013 2013 ITPNT $2,127,697 2013 $2,235,412 $2,422,732 $2,422,732 Closed Out 115/69

200229 30469 50564 SPS NM
Multi ‐ Kilgore Switch ‐ South Portales ‐ Market St. ‐
Portales 115 kV

Market St. ‐ South Portales 115 kV Ckt 1 Regional Reliability ITP 7/13/2018 6/1/2018 9/10/2013 2013 ITPNT $6,498,682 2013 $7,352,662 $5,145,242 $4,850,346 Complete 115 6

200229 30469 50565 SPS NM
Multi ‐ Kilgore Switch ‐ South Portales ‐ Market St. ‐
Portales 115 kV

Market St. ‐ Portales 115 kV Ckt 1 Regional Reliability ITP 2/7/2018 6/1/2018 9/10/2013 2013 ITPNT $15,394,429 2013 $17,417,383 $14,897,011 $15,189,905 Complete 115 10.4

200200 30491 50600 WFEC OK Device ‐ Hazelton 69 kV Hazelton 69 kV Capacitor Regional Reliability TS 3/1/2017 1/1/2013 3/1/2013
DPA‐2012‐MAR‐143‐

147
$237,000 2013 $261,604 $735,000 Complete 69

200400 30496 50609 NPPD NE
Multi ‐  Bobcat Canyon 345/115 kV and Bobcat 
Canyon ‐ Scottsbluff 115 kV

Bobcat Canyon ‐ Scottsbluff 115 kV Ckt 1 Regional Reliability ITP 10/26/2017 6/1/2014 8/17/2016 2014 ITPNT $26,027,015 2016 $26,677,690 $21,204,480 $21,201,741 Complete 115 23

200234 30503 50628 WFEC OK Device ‐ Hazelton 69 kV #2 Hazelton Capacitor 69 kV #2 Regional Reliability TS 3/1/2017 6/1/2017 10/28/2013
DPA‐2012‐MAR‐151‐
154‐161‐JUL‐218‐SEP‐

243
$185,004 2013 $204,210 $0 Complete 69

200369 30509 50636 SPS TX
Line ‐ Canyon East Sub ‐ Canyon West Sub 115 kV 
Ckt 1

Canyon East Sub ‐ Canyon West Sub 115 kV Ckt 
1 Rebuild

Regional Reliability TS 5/18/2016 2/1/2014 2/12/2016 SPP‐2011‐AG3‐AFS‐11 $2,694,811 2016 $2,694,811 $5,013,917 $4,300,650 Closed Out 115 3.7

200262 30510 50637 SPS TX Line ‐ Mustang ‐ Shell CO2 115 kV Ckt 1 Mustang ‐ Shell CO2 115 kV Ckt 1 Transmission Service TS 4/29/2019 6/1/2015 4/9/2014 SPP‐2011‐AG3‐AFS‐11 $15,473,119 2014 $17,506,414 $19,315,807 $18,699,621 Complete 115 7.71

200410 30552 50690 SPS NM
Line ‐ Oxy Permian Sub ‐ West Bender Sub 115 kV 
Ckt 1

Oxy Permian Sub ‐ West Bender Sub 115 kV Ckt 
1 Rebuild

Regional Reliability ITP 10/28/2016 6/1/2018 8/17/2016 2014 ITPNT $973,674 2013 $1,048,540 $742,000 $692,678 Closed Out 115 0.5

200256 30555 50693 SPS NM Quahada Switching Station 115 kV Quahada Switching Station 115 kV Regional Reliability ITP 7/9/2015 6/1/2015 2/19/2014 2014 ITPNT $6,943,260 2014 $7,116,842 $7,668,328 $7,668,328 Closed Out 115 0.68
200296 30560 50698 WR KS Line ‐ Sumner County ‐ Viola 138 kV Ckt 1 Sumner County ‐ Viola 138 kV Ckt 1 Zonal Reliability ITP 5/11/2020 6/1/2019 9/2/2014 2014 ITPNT $34,432,188 2019 $35,292,993 $34,432,188 In Service 138 28
200245 30563 50702 WFEC OK Device ‐ Sandy Corner 138 kV Sandy Corner 138 kV Cap Bank Regional Reliability ITP 6/1/2017 6/1/2017 2/19/2014 2014 ITPNT $504,000 2014 $542,753 $504,000 Complete 138
200246 30573 50718 AEP LA Line ‐ Broadmoor ‐ Fort Humbug 69 kV Ckt 1 Broadmoor ‐ Fort Humbug 69 kV Ckt 1 Rebuild Regional Reliability ITP 6/21/2017 6/1/2019 2/19/2014 2014 ITPNT $6,695,986 2014 $7,210,844 $6,695,986 Complete 69 1.7

200246 30575 50720 AEP TX Line ‐ Hallsville ‐ Longview Heights 69 kV Ckt 1
Hallsville ‐ Longview Heights 69 kV Ckt 1 
Rebuild

Regional Reliability ITP 3/2/2018 6/1/2014 2/19/2014 2014 ITPNT $8,851,677 2014 $9,770,595 $11,872,448 $9,930,039 Closed Out 69 6.6

200246 30576 50721 AEP TX Line ‐ Hallsville ‐ Marshall 69 kV Ckt 1 Hallsville ‐ Marshall 69 kV Ckt 1 Rebuild Regional Reliability ITP 6/2/2017 6/1/2014 2/19/2014 2014 ITPNT $15,248,925 2014 $16,421,425 $19,864,843 $10,670,271 Closed Out 69 11.2

200256 30577 50722 SPS NM
Line ‐ Chavis ‐ Price ‐ CV Pines ‐ Capitan 115 kV Ckt 
1

Chaves ‐ Price 115 kV Ckt 1 Rebuild Regional Reliability ITP 1/30/2018 6/1/2017 2/19/2014 2014 ITPNT $4,701,279 2014 $5,189,332 $5,961,279 $1,185,000 Closed Out 115 5 5

200256 30577 50723 SPS NM
Line ‐ Chavis ‐ Price ‐ CV Pines ‐ Capitan 115 kV Ckt 
1

CV Pines ‐ Price 115 kV Ckt 1 Rebuild Regional Reliability ITP 1/30/2018 6/1/2017 2/19/2014 2014 ITPNT $4,158,668 2014 $4,590,391 $4,319,668 Complete 115 3

200256 30577 50724 SPS NM
Line ‐ Chavis ‐ Price ‐ CV Pines ‐ Capitan 115 kV Ckt 
1

Capitan ‐ CV Pines 115 kV Ckt 1 Rebuild Regional Reliability ITP 1/30/2018 6/1/2017 2/19/2014 2014 ITPNT $5,415,053 2014 $5,977,205 $4,343,227 $1,727,131 Complete 115 5 5

200242 30584 50740 WR KS Line ‐ Montgomery ‐ Sedan 69 kV Ckt 1 Elk Junction ‐ Sedan 69 kV Ckt 1 Rebuild Zonal Reliability ITP 9/11/2019 6/1/2018 2/19/2014 2014 ITPNT $19,015,228 2016 $20,477,321 $17,965,350 Complete 69 19

200256 856 50754 SPS TX
Multi ‐ Centre St. ‐ Hereford NE 115 kV Ckt 1 and 
Centre St. and Hereford 115 kV Load Conversion

Hereford 115 kV Load Conversion Regional Reliability ITP 12/15/2016 6/1/2014 2/19/2014 2014 ITPNT $435,146 2014 $457,175 $727,279 $740,694 Closed Out 115

200294 30596 50757 NPPD NE Multi ‐ Broken Bow Wind ‐ Ord 115 kV Ckt 1 Broken Bow Wind ‐ Ord 115 kV Ckt 1 Regional Reliability ITP 3/1/2018 6/1/2014 8/26/2014 2014 ITPNT $28,018,664 2018 $28,018,664 $23,583,074 $29,418,126 Complete 115 42
200294 30596 50760 NPPD NE Multi ‐ Broken Bow Wind ‐ Ord 115 kV Ckt 1 North Loup ‐ Ord 115 kV Ckt 1 Regional Reliability ITP 6/1/2018 6/1/2014 8/26/2014 2014 ITPNT $516,009 2018 $516,009 $548,029 $516,009 Complete 115

30599 50769 AEP AR
Multi ‐ South Fayetteville 345/161 kV Transformer 
& Chamber Springs ‐ South Fayetteville 345 kV line

South Fayetteville 345/161 kV Transformer 
Ckt1

ITP20 ITP20 1/1/2033 2013 ITP20 $0 $12,600,000 Identified 345/161

30599 50770 TBD AR
Multi ‐ South Fayetteville 345/161 kV Transformer 
& Chamber Springs ‐ South Fayetteville 345 kV line

Chamber Springs ‐ South Fayetteville 345 kV 
Ckt1

ITP20 ITP20 1/1/2033 2013 ITP20 $0 $21,295,800 Identified 345 18

30600 50771 GMO MO XFR ‐ Maryville 345/161 kV Maryville 345/161 kV Transformer Ckt1 ITP20 ITP20 1/1/2033 2013 ITP20 $0 $12,600,000 Identified 345/161

30601 50772 KCPL KS XFR ‐ Nashua 345/161 kV
Nashua 345/161 kV Transformer Upgrade 
Ckt11

ITP20 ITP20 1/1/2033 2013 ITP20 $0 $12,600,000 Identified 345/161

30602 50773 TBD NE Line ‐ Keystone ‐ Red Willow 345 kV Keystone ‐ Red Willow 345 kV Ckt1 ITP20 ITP20 1/1/2033 2013 ITP20 $0 $130,141,000 Identified 345 110
30603 50774 TBD TX Line ‐ Tolk ‐ Tuco 345 kV Tolk ‐ Tuco 345 kV Ckt1 ITP20 ITP20 1/1/2033 2013 ITP20 $0 $75,718,400 Identified 345 64
30604 50775 SEPC KS XFR ‐ 2nd Holcomb 345/115 kV Holcomb 345/115 kV Transformer Ckt2 ITP20 ITP20 1/1/2033 2013 ITP20 $0 $12,600,000 Identified 345/115
30605 50776 TBD KS Line ‐ Neosho ‐ Wolf Creek 345 kV Neosho ‐ Wolf Creek 345 kV Ckt1 ITP20 ITP20 1/1/2033 2013 ITP20 $0 $117,126,900 Identified 345 86.4

30606 50777 TBD MO
Multi ‐ Clinton ‐ Truman ‐ North Warsaw 161 kV 
Rebuild

Clinton ‐ Truman 161 kV Ckt1 Reconductor ITP20 ITP20 1/1/2033 2013 ITP20 $0 $15,701,325 Identified 161 29

30606 50778 TBD MO
Multi ‐ Clinton ‐ Truman ‐ North Warsaw 161 kV 
Rebuild

North Warsaw ‐ Truman 161 kV Ckt1 
Reconductor

ITP20 ITP20 1/1/2033 2013 ITP20 $0 $1,082,850 Identified 161 2

30608 50779 WR KS
Multi ‐ Jeffrey EC ‐ Auburn ‐ Swissvale 345 kV 
Conversion & Auburn 345/115 kV Transformer

Auburn 345/115 kV Transformer Ckt2 ITP20 ITP20 1/1/2033 2013 ITP20 $0 $12,600,000 Identified 345/115

30608 50780 TBD KS
Multi ‐ Jeffrey EC ‐ Auburn ‐ Swissvale 345 kV 
Conversion & Auburn 345/115 kV Transformer

Auburn ‐ Swissvale 345 kV Ckt1 Voltage 
Conversion

ITP20 ITP20 1/1/2033 2013 ITP20 $0 $20,112,700 Identified 345 17

30608 50781 TBD KS
Multi ‐ Jeffrey EC ‐ Auburn ‐ Swissvale 345 kV 
Conversion & Auburn 345/115 kV Transformer

Auburn ‐ Jeffrey EC 345 kV Ckt1 Voltage 
Conversion

ITP20 ITP20 1/1/2033 2013 ITP20 $0 $35,493,000 Identified 345 30

30607 50782 OGE OK Sub ‐ Muskogee/Pecan Creek 345 kV
Muskogee/Pecan Creek 345 kV Terminal 
Upgrades

ITP20 ITP20 1/1/2033 2013 ITP20 $0 $34,605,675 Identified

200256 30616 50794 SPS NM Sub ‐ Curry County 115 kV Curry County Interchange 115 kV Regional Reliability ITP 5/7/2018 6/1/2018 2/19/2014 2014 ITPNT $813,381 2014 $897,820 $2,965,311 $2,831,247 Closed Out 115

200309 30638 50820 SPS NM
Multi ‐ Kiowa ‐ North Loving ‐ China Draw 345/115 
kV Ckt 1

Kiowa ‐ North Loving 345 kV Ckt 1 High Priority HP 6/1/2018 6/1/2018 12/3/2014 HPILS $25,716,516 2014 $28,386,222 $24,115,491 $25,905,391 Complete 345 20.4

200371 30666 50864 SPS NM Device ‐ China Draw and Road Runner 115 kV SVC China Draw 115 kV SVC Regional Reliability ITP 6/8/2016 4/1/2015 2/12/2016 2015 ITPNT $25,925,187 2015 $26,573,317 $25,925,187 $27,265,316 Closed Out 115

200282 30675 50869 SPS NM Multi ‐ China Draw ‐ Yeso Hills 115 kV China Draw ‐ Yeso Hills 115 kV Ckt 1 High Priority HP 5/3/2019 6/1/2018 5/19/2014 HPILS $14,583,586 2014 $16,499,989 $4,466,445 Complete 115 18.4

200309 30717 50870 SPS NM
Line ‐ Hopi Sub ‐ North Loving ‐ China Draw 115 kV 
Ckt 1

Hopi Sub ‐ North Loving 115 kV Ckt 1 High Priority HP 5/25/2015 6/1/2015 12/3/2014 HPILS $9,980,879 2014 $10,230,401 $11,345,995 $10,421,028 Closed Out 115 9.5

200309 30639 50871 SPS NM
Multi ‐ Potash Junction ‐ Road Runner 345 kV 
Conv. and Transformers at Kiowa and Road 
Runner

Kiowa ‐ Potash Junction 345/115 kV Ckt 1 High Priority HP 4/30/2018 6/1/2018 12/3/2014 HPILS $2,176,451 2014 $2,402,395 $3,012,622 $5,136,295 Complete 345 2

200282 30756 50873 SPS NM Multi ‐ Battle Axe ‐ Road Runner 115 kV Battle Axe ‐ Road Runner 115 kV Ckt 1 High Priority HP 11/12/2015 6/1/2018 5/19/2014 HPILS $13,816,310 2014 $14,161,718 $8,143,031 $9,000,997 Closed Out 115 18.9
200282 30672 50874 SPS NM Multi ‐ Dollarhide ‐ Toboso Flats 115 kV Dollarhide ‐ Toboso Flats 115 kV Ckt 1 High Priority HP 6/1/2018 6/1/2018 5/19/2014 HPILS $5,062,341 2014 $5,587,877 $5,062,341 In Service 115 7.4
200282 30694 50877 SPS NM Multi ‐ Ponderosa ‐ Ponderosa Tap 115 kV Ponderosa 115 kV Substation High Priority HP 6/1/2017 6/1/2018 5/19/2014 HPILS $996,485 2014 $1,073,105 $1,082,345 Complete 115
200474 30694 50879 SPS NM Multi ‐ Ponderosa ‐ Ponderosa Tap 115 kV Ponderosa Tap 115 kV Substation High Priority HP 6/1/2017 6/1/2018 2/27/2018 HPILS $4,174,446 2014 $4,495,422 $616,860 Complete 115 0.2

200370 30649 50881 SPS NM
Multi ‐ Andrews 230/115 kV Transformer and 
Andrews ‐ NEF 115 kV Ckt 1

Andrews 230/115 kV Ckt 1 Transformer High Priority HP 4/4/2016 6/1/2015 2/12/2016 HPILS $10,671,660 2016 $10,671,660 $11,500,000 $12,154,286 Closed Out 230/115 0.1
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200282 30649 50882 SPS NM
Multi ‐ Andrews 230/115 kV Transformer and 
Andrews ‐ NEF 115 kV Ckt 1

Andrews ‐ NEF 115 kV Ckt 1 High Priority HP 4/4/2016 6/1/2015 5/19/2014 HPILS $3,523,472 2014 $3,701,848 $3,031,564 $3,031,564 Closed Out 115 2.1

200309 30717 50883 SPS NM
Line ‐ Hopi Sub ‐ North Loving ‐ China Draw 115 kV 
Ckt 1

China Draw ‐ North Loving 115 kV Ckt 1 High Priority HP 5/25/2015 6/1/2015 12/3/2014 HPILS $13,283,227 2014 $13,615,308 $11,260,834 $11,070,902 Complete 115 19.7

200277 30678 50889 NPPD NE XFR ‐ Thedford 345/115 kV Thedford 345/115 kV Transformer High Priority HP 4/1/2024 6/1/2016 5/19/2014 HPILS $9,306,000 2014 $10,792,107 $9,797,157 Delay ‐ Mitigation 345/115
200395 30692 50920 SPS TX XFR ‐ Seminole 230/115 kV #1 and #2 Seminole 230/115 kV #1 Transformer Regional Reliability ITP 12/28/2018 6/1/2017 5/17/2016 2016 ITPNT $3,621,405 2016 $3,804,739 $3,312,055 Complete 230/115
200395 30692 50921 SPS TX XFR ‐ Seminole 230/115 kV #1 and #2 Seminole 230/115 kV #2 Transformer Regional Reliability ITP 4/30/2019 6/1/2017 5/17/2016 2016 ITPNT $3,621,405 2016 $3,899,857 $2,519,547 Complete 230/115
200421 30693 50922 SPS TX XFR ‐ Wolfforth 230/115 kV Ckt 1 Transformer Wolfforth 230/115 kV Ckt 1 Transformer Regional Reliability TS 4/15/2021 6/1/2021 1/12/2017 SPP‐2015‐AG2‐AFS‐3 $3,510,969 2017 $3,780,930 $3,879,073 On Schedule < 4 230/115
200411 30694 50923 SPS NM Multi ‐ Ponderosa ‐ Ponderosa Tap 115 kV Ponderosa ‐ Ponderosa Tap 115 kV Ckt 1 High Priority HP 6/1/2017 6/1/2018 8/17/2016 HPILS $8,030,702 2016 $8,231,470 $9,170,509 Complete 115 9.3

200395 31067 50924 SPS NM
Sub ‐ Livingston Ridge 115 kV Substation 
Conversion

Livingston Ridge 115 kV Substation Conversion Regional Reliability ITP 11/30/2017 6/1/2017 5/17/2016 2016 ITPNT $5,283,323 2016 $5,415,406 $5,365,000 $6,001,736 Closed Out 115

200309 30695 50925 SPS NM
Multi ‐ Livingston Ridge ‐ Sage Brush ‐ Cardinal 115 
kV

Sage Brush 115 kV Substation High Priority HP 12/16/2016 6/1/2018 12/3/2014 HPILS $3,822,672 2014 $4,016,195 $2,472,695 $2,430,161 Closed Out 115

200436 30695 50926 SPS NM
Multi ‐ Livingston Ridge ‐ Sage Brush ‐ Cardinal 115 
kV

Livingston Ridge ‐ Sage Brush 115 kV Ckt 1 High Priority HP 11/30/2017 6/1/2018 2/22/2017 HPILS $13,187,417 2016 $13,517,102 $11,510,000 $11,943,519 Closed Out 115 13.9

200411 30825 50931 SPS NM Line ‐ China Draw ‐ Wood Draw 115 kV Ckt 1 China Draw ‐ Wood Draw 115 kV Ckt 1 High Priority HP 6/15/2017 6/1/2018 8/17/2016 HPILS $13,704,501 2014 $14,758,249 $14,200,000 $14,514,395 Closed Out 115 14
200420 30699 50943 SPS TX Line ‐ Northwest ‐ Rolling Hills 115 kV Ckt 1 Northwest ‐ Rolling Hills 115 kV Rebuild Ckt 1 Regional Reliability TS 5/15/2021 6/1/2021 1/12/2017 SPP‐2015‐AG1‐AFS‐6 $4,514,434 2017 $4,861,552 $5,342,826 On Schedule < 4 115 7.2

200309 30695 50951 SPS NM
Multi ‐ Livingston Ridge ‐ Sage Brush ‐ Cardinal 115 
kV

Cardinal 115 kV Substation High Priority HP 12/15/2016 6/1/2018 12/3/2014 HPILS $6,115,613 2014 $6,425,216 $6,025,000 $5,687,646 Closed Out 115 0.2

200360 30914 50952 SPS NM Multi ‐ Road Runner 115 kV Loop Rebuild
IMC #1 Tap ‐ Livingston Ridge 115 kV Ckt 1 
Rebuild

Regional Reliability ITP 3/22/2019 6/1/2015 12/7/2015 2015 ITPNT $5,700,000 2018 $5,842,500 $4,706,858 $4,354,881 Complete 115 9.5 9.3

200360 30914 50955 SPS NM Multi ‐ Road Runner 115 kV Loop Rebuild Ponderosa Tap ‐ Whitten 115 kV Ckt 1 Rebuild Regional Reliability ITP 1/26/2018 6/1/2015 12/7/2015 2015 ITPNT $2,280,000 2018 $2,280,000 $2,251,591 $1,987,893 Complete 115 3.92

200360 30914 50957 SPS NM Multi ‐ Road Runner 115 kV Loop Rebuild
Intrepid West ‐ Potash Junction 115 kV Ckt 1 
Rebuild

Regional Reliability ITP 3/22/2019 6/1/2015 12/7/2015 2015 ITPNT $2,455,000 2018 $2,516,375 $2,355,090 $2,332,087 Complete 115 1.5

200360 30914 50958 SPS NM Multi ‐ Road Runner 115 kV Loop Rebuild
IMC #1 Tap ‐ Intrepid West 115 kV Ckt 1 
Rebuild

Regional Reliability ITP 3/22/2019 6/1/2015 12/7/2015 2015 ITPNT $3,121,473 2018 $3,199,510 $2,665,147 Complete 115 3.9

200436 30695 50967 SPS NM
Multi ‐ Livingston Ridge ‐ Sage Brush ‐ Cardinal 115 
kV

Cardinal ‐ Sage Brush 115 kV Ckt 1 High Priority HP 12/15/2016 6/1/2018 2/22/2017 HPILS $9,244,612 2014 $9,712,620 $8,120,000 $8,378,836 Closed Out 115 17.5

200282 30756 50968 SPS NM Multi ‐ Battle Axe ‐ Road Runner 115 kV Battle Axe 115 kV Substation High Priority HP 12/4/2015 6/1/2018 5/19/2014 HPILS $2,964,499 2014 $3,038,611 $3,006,810 Complete 115
200282 30675 50988 SPS NM Multi ‐ China Draw ‐ Yeso Hills 115 kV Yeso Hills 115 kV Substation High Priority HP 5/3/2019 6/1/2018 5/19/2014 HPILS $1,046,485 2014 $1,184,002 $378,378 Complete 115
200455 30755 50992 SPS TX XFR ‐ Tuco 230/115 kV Ckt 1 Tuco 230/115 kV Ckt 1 Transformer Transmission Service ITP 6/15/2019 6/1/2018 5/12/2017 2017 ITPNT $3,800,415 2015 $4,194,947 $99,119 Complete 230/115
200277 30678 51002 NPPD NE XFR ‐ Thedford 345/115 kV Thedford 345 kV Terminal Upgrades High Priority HP 4/1/2024 6/1/2016 5/19/2014 HPILS $930,800 2014 $1,079,443 $913,714 Delay ‐ Mitigation 345
200298 30761 51033 AEP LA Line ‐ Cedar Grove ‐ South Shreveport 138 kV Cedar Grove ‐ South Shreveport 138 kV Transmission Service TS 6/1/2020 6/1/2020 9/30/2014 SPP‐2010‐AGP1‐AFS‐8 $6,566,218 2014 $7,614,800 $6,566,218 Closed Out 138

200262 30766 51039 SPS TX
XFR ‐ Yoakum County Interchange 230/115 kV Ckts 
1 and 2

Yoakum County Interchange 230/115 kV Ckt 1 
Transformer

Transmission Service TS 3/15/2019 6/1/2019 4/9/2014 SPP‐2011‐AG3‐AFS‐11 $3,632,101 2014 $4,109,389 $2,300,353 Complete 230/115

200262 30766 51050 SPS TX
XFR ‐ Yoakum County Interchange 230/115 kV Ckts 
1 and 2

Yoakum County Interchange 230/115 kV Ckt 2 
Transformer

Regional Reliability TS 5/7/2019 6/1/2019 4/9/2014 SPP‐2011‐AG3‐AFS‐11 $3,432,506 2014 $3,883,565 $3,131,117 Complete 230/115

30786 51069 NPPD Sub ‐ Dixon County 230kV Dixon County 230kV Substation Generation Interconnection GI 10/1/2018 GI STUDIES $0 $6,404,189 In Service 230

30787 51070 NPPD Line ‐ Twin Church ‐ Dixon County 230kV Ckt 1
Twin Church ‐ Dixon County 230kV Line 
Upgrade

Generation Interconnection GI 11/1/2018 GI STUDIES $0 $61,774 In Service 230

200382 30809 51096 AEP OK
Line ‐ Keystone Dam ‐ Wekiwa 138 kV Ckt 1 
Rebuild

Keystone Dam ‐ Wekiwa 138 kV Ckt 1 Rebuild Regional Reliability TS 6/11/2020 6/1/2021 4/12/2016 SPP‐2014‐AG1‐AFS‐6 $4,319,501 2016 $4,767,921 $6,445,009 Complete 138 2 2 2

200297 30820 51112 SPS TX
Carlisle Interchange ‐ Tuco Interchange 230 kV Ckt 
1

Carlisle Interchange ‐ Tuco Interchange 230 kV 
Ckt 1 Terminal Upgrade

Transmission Service TS 10/24/2016 10/1/2015 5/5/2015 SPP‐2012‐AG3‐AFS‐9 $362,250 2015 $371,306 $289,000 $326,937 Closed Out 230

200371 30666 51132 SPS NM Device ‐ China Draw and Road Runner 115 kV SVC Road Runner 115 kV SVC Regional Reliability ITP 4/1/2016 4/1/2015 2/12/2016 2015 ITPNT $28,918,070 2015 $29,641,022 $28,918,070 $30,006,542 Closed Out 115

200395 30844 51140 SPS TX Sub ‐ Amoco ‐ Sundown 230 kV Terminal Upgrades Amoco ‐ Sundown 230 kV Terminal Upgrades Regional Reliability ITP 2/20/2019 1/1/2019 5/17/2016 2016 ITPNT $1,771,222 2016 $1,907,412 $713,831 Complete 230

200336 30859 51163 SPS NM Device ‐ Plains Interchange 115 kV Cap Bank Plains Interchange 115 kV Cap Bank Regional Reliability ITP 4/4/2018 6/1/2019 2/26/2015 2015 ITP10 $1,217,275 2015 $1,310,872 $1,630,000 $1,696,418 Closed Out 115
200326 30866 51170 SPS TX Sub ‐ Amarillo South 230 kV Terminal Upgrades Amarillo South 230 kV Terminal Upgrades Regional Reliability ITP 4/1/2020 4/1/2020 2/18/2015 2015 ITPNT $31,198 2015 $35,298 $31,198 On Schedule < 4 230

200326 30875 51189 SPS NM
Line ‐ PCA Interchange ‐ Quahada 115 kV Ckt 1 
Rebuild

PCA Interchange ‐ Quahada 115 kV Ckt 1 
Rebuild

Regional Reliability ITP 2/25/2017 6/1/2016 2/18/2015 2015 ITPNT $7,264,308 2015 $7,632,064 $9,000,000 $11,174,333 Closed Out 115 12.1

200318 30883 51200 NPPD NE Multi ‐ Bassett 115 kV Bassett 115 kV Substation Regional Reliability ITP 6/1/2018 6/1/2016 2/18/2015 2015 ITPNT $5,163,000 2015 $5,559,986 $127,220 $192,099 Complete 115 0.1
200326 30888 51206 SPS TX XFR ‐ Lynn County 115/69 kV Ckt 1 Transformer Lynn County 115/69 kV Ckt 1 Transformer Regional Reliability ITP 5/15/2019 6/1/2019 2/18/2015 2015 ITPNT $1,699,629 2015 $1,876,072 $2,301,632 Complete 115/69

200343 30912 51235 SPS KS Multi ‐ Walkemeyer Tap ‐ Walkemeyer 345/115 kV Stevens Co. 345 kV Substation Regional Reliability ITP 6/1/2018 6/1/2015 8/13/2015 2015 ITPNT $13,831,957 2015 $14,895,505 $13,341,462 $13,433,258 Complete 345 0.1

200360 30914 51250 SPS NM Multi ‐ Road Runner 115 kV Loop Rebuild National Enrichment Plant ‐ Targa 115 kV Ckt 1 Regional Reliability ITP 3/20/2019 6/1/2015 12/7/2015 2015 ITPNT $1,874,116 2018 $1,920,969 $1,340,580 $1,095,981 Complete 115 3

200326 30888 51270 SPS TX XFR ‐ Lynn County 115/69 kV Ckt 1 Transformer Lynn County 115 kV Terminal Upgrades Regional Reliability ITP 5/15/2019 6/1/2019 2/18/2015 2015 ITPNT $19,425 2015 $21,442 $291,632 Complete 115

200318 30921 51276 NPPD NE
Line ‐ Ainsworth ‐ Ainsworth Wind 115 kV Ckt 1 
Rebuild

Ainsworth ‐ Ainsworth Wind 115 kV Ckt 1 
Rebuild

Regional Reliability ITP 2/1/2020 6/1/2020 2/18/2015 2015 ITPNT $200,000 2015 $226,282 $930,395 $930,395 Closed Out 115

200318 30883 51277 NPPD NE Multi ‐ Bassett 115 kV Bassett 115 kV Cap Bank Regional Reliability ITP 6/1/2018 6/1/2016 2/18/2015 2015 ITPNT $902,000 2015 $971,355 $3,831,068 $5,563,439 Complete 115
30934 51292 NPPD Line ‐ Hoskins ‐ Dixon County 230kV Ckt 1 Hoskins ‐ Dixon County 230kV Line Upgrade Generation Interconnection GI 11/1/2018 GI STUDIES $0 $308,869 In Service 230
30946 51318 BEPC SD Multi ‐ Lower Brule ‐ Witten 230 kV Lower Brule ‐ Witten 230 kV Ckt 1 Regional Reliability ITP 1/1/2018 12/1/2016 IS Integration $31,500,000 2014 $34,770,106 $31,500,000 Delay ‐ Mitigation 230
30946 51319 BEPC SD Multi ‐ Lower Brule ‐ Witten 230 kV Lower Brule 230 kV Substation Regional Reliability ITP 1/1/2018 12/1/2016 IS Integration $4,500,000 2014 $4,967,158 $4,500,000 Delay ‐ Mitigation 230

30946 51320 BEPC SD Multi ‐ Lower Brule ‐ Witten 230 kV
Lower Brule ‐ Witten 230 kV Terminal 
Upgrades

Regional Reliability ITP 1/1/2018 12/1/2016 IS Integration $2,000,000 2014 $2,207,626 $2,000,000 Delay ‐ Mitigation 230

200376 30953 51333 SEPC KS Device ‐ Lane Scott 115 kV Cap Bank Lane Scott 115 kV Cap Bank Regional Reliability TS 9/19/2019 6/1/2017 7/12/2016
DPA‐2015‐MARCH‐

494
$3,852,342 2016 $4,148,551 $4,008,888 $3,852,343 Complete 115

30959 51338 WR
Sub ‐ Tap Emporia Energy Center ‐ Wichita 345kV 
(GEN‐2014‐001 Substation)

Tap Emporia Energy Center ‐ Wichita 345kV 
(GEN‐2014‐001 NU)

Generation Interconnection GI 5/1/2021 GI STUDIES $0 $3,115,802 On Schedule < 4

30956 51339 NPPD Multi ‐ GEN‐2013‐032 Interconnection Work
Antelope 115kV ‐ Add terminal for GEN‐2013‐
032

Generation Interconnection GI 5/1/2017 GI STUDIES $0 $2,868,775 In Service

30960 51341 OGE
SUB ‐ Beaver County 345kV ‐ Add 345kV terminal 
for GEN‐2013‐030

Beaver County Substation ‐ Add 345kV 
terminal for GEN‐2013‐030

Generation Interconnection GI 10/28/2019 GI STUDIES $0 $4,842,217 Complete

200384 30971 51358 SPS TX Line ‐ Cochran ‐ Whiteface Tap 69 kV Ckt 1 Rebuild Cochran ‐ Whiteface Tap 69 kV Ckt 1 Rebuild Regional Reliability TS 11/28/2018 6/1/2016 4/20/2016 DPA‐2013‐JUN‐342 $2,254,282 2016 $2,368,405 $2,466,220 Complete 69

30959 51360 WR
Sub ‐ Tap Emporia Energy Center ‐ Wichita 345kV 
(GEN‐2014‐001 Substation)

Tap Emporia Energy Center ‐ Wichita 345kV 
(GEN‐2014‐001 TOIF)

Generation Interconnection GI 5/1/2021 GI STUDIES $0 $1,106,149 On Schedule < 4

200365 30987 51406 SPS NM
Line ‐ Cunningham ‐ Monument Tap 115 kV Ckt 1 
Rebuild

Cunningham ‐ Monument Tap 115 kV Ckt 1 
Rebuild

Regional Reliability TS 12/20/2019 6/1/2021 1/12/2016 SPP‐2014‐AG1‐AFS‐6 $5,129,356 2016 $5,523,755 $5,291,428 Complete 115

200366 30988 51408 SPS NM Sub ‐ Eddy Co. 230 kV Bus Tie Eddy Co. 230 kV Bus Tie Transmission Service TS 12/20/2019 10/1/2017 1/12/2016 SPP‐2013‐AG3‐AFS‐6 $19,732,223 2020 $19,732,223 $19,527,880 Complete 230 0.2
200365 30989 51409 SPS NM Sub ‐ Potash Junction 230 kV Terminal Upgrade Potash Junction 230 kV Terminal Upgrade Regional Reliability TS 6/1/2018 6/1/2018 1/12/2016 SPP‐2014‐AG1‐AFS‐6 $63,251 2016 $66,453 $63,251 Complete 230
200365 30990 51410 SPS NM Line ‐ Jal ‐ Teague 115 kV Ckt 1 Rebuild Jal ‐ Teague 115 kV Ckt 1 Rebuild Regional Reliability TS 6/1/2021 1/12/2016 SPP‐2014‐AG1‐AFS‐6 $6,640,592 2016 $7,329,971 $0 $127,531 Closed Out 115

200365 30991 51411 SPS NM
Line ‐ National Enrichment Plant ‐ Teague 115 kV 
Ckt 1 Rebuild

National Enrichment Plant ‐ Teague 115 kV Ckt 
1 Rebuild

Regional Reliability TS 12/14/2018 6/1/2018 1/12/2016 SPP‐2014‐AG1‐AFS‐6 $4,915,370 2016 $5,164,211 $215,414 Complete 115

200397 30995 51430 WFEC OK Device ‐ Harrisburg 69 kV Cap Bank Harrisburg 69 kV Cap Bank Regional Reliability ITP 12/31/2017 6/1/2017 5/17/2016 2016 ITPNT $450,000 2016 $461,250 $450,000 Re‐evaluation 69

200395 30999 51436 SPS TX
Sub ‐ Potter Co. ‐ Harrington 230 kV Terminal 
Upgrades

Potter Co. ‐ Harrington 230 kV Terminal 
Upgrades

Regional Reliability ITP 5/16/2019 6/1/2019 5/17/2016 2016 ITPNT $914,347 2016 $984,652 $1,198,286 Complete 230

200395 31001 51438 SPS NM
Line ‐ Road Runner ‐ Agave Red 
Hills/Ochoa/Custer Mountain 115 kV New Line

Agave Red Hills ‐ Road Runner 115 kV Ckt 1 
New Line

Regional Reliability ITP 3/20/2017 4/1/2020 5/17/2016 2016 ITPNT $443,866 2016 $454,963 $443,866 Complete 115 0.8
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200395 31001 51439 SPS NM
Line ‐ Road Runner ‐ Agave Red 
Hills/Ochoa/Custer Mountain 115 kV New Line

Ochoa ‐ Road Runner 115 kV Ckt 1 New Line Regional Reliability ITP 3/20/2017 4/1/2020 5/17/2016 2016 ITPNT $519,061 2016 $532,037 $321,590 $2,449,206 Closed Out 115 0.8

200395 31001 51440 SPS NM
Line ‐ Road Runner ‐ Agave Red 
Hills/Ochoa/Custer Mountain 115 kV New Line

Custer Mountain ‐ Road Runner 115 kV Ckt 1 
New Line

Regional Reliability ITP 4/28/2017 4/1/2020 5/17/2016 2016 ITPNT $759,610 2016 $778,600 $759,610 $204,462 Complete 115 11

200395 31001 51441 SPS NM
Line ‐ Road Runner ‐ Agave Red 
Hills/Ochoa/Custer Mountain 115 kV New Line

Road Runner 115 kV Terminal Upgrades Regional Reliability ITP 3/28/2017 4/1/2020 5/17/2016 2016 ITPNT $4,580,864 2016 $4,695,386 $4,580,864 $1,137,605 Closed Out 115

200395 31001 51442 SPS NM
Line ‐ Road Runner ‐ Agave Red 
Hills/Ochoa/Custer Mountain 115 kV New Line

Ochoa 115 kV Terminal Upgrades Regional Reliability ITP 3/28/2017 4/1/2020 5/17/2016 2016 ITPNT $25,280 2016 $25,912 $119,406 $289,533 Closed Out 115

200395 31001 51443 SPS NM
Line ‐ Road Runner ‐ Agave Red 
Hills/Ochoa/Custer Mountain 115 kV New Line

Agave Red Hills 115 kV Terminal Upgrades Regional Reliability ITP 3/28/2017 4/1/2020 5/17/2016 2016 ITPNT $25,280 2016 $25,912 $25,280 $162,507 Closed Out 115

200392 31002 51444 OGE OK Line ‐ Lincoln ‐ Meeker 138 kV Ckt 1 New Line Lincoln ‐ Meeker 138 kV Ckt 1 New Line (OGE) Regional Reliability ITP 7/31/2020 6/1/2017 5/17/2016 2016 ITPNT $750,000 2016 $827,860 $700,000 Complete 138

200397 31002 51445 WFEC OK Line ‐ Lincoln ‐ Meeker 138 kV Ckt 1 New Line Lincoln ‐ Meeker 138 kV Ckt 1 New Line (WFEC) Regional Reliability ITP 7/31/2020 6/1/2017 5/17/2016 2016 ITPNT $6,000,000 2016 $6,622,877 $6,000,000 Complete 138

200386 31003 51446 AEP OK
Sub ‐ Northeastern Station 138 kV Terminal 
Upgrades

Northeastern Station 138 kV Terminal 
Upgrades

Regional Reliability ITP 10/5/2016 6/1/2017 5/17/2016 2016 ITPNT $518,011 2016 $518,011 $518,011 Complete 138

210496 31007 51450 SPS TX XFR ‐ Sundown 230/115 kV Transformer Sundown 230/115 kV Transformer Regional Reliability ITP 12/15/2020 6/1/2019 8/17/2018 2018 ITPNT $4,264,796 $0 $6,690,851 Delay ‐ Mitigation 230/115
200395 31008 51452 SPS NM Multi ‐ Artesia County 115 kV Artesia Country Club Tap 115 kV Line Tap Regional Reliability ITP 12/17/2018 6/1/2017 5/17/2016 2016 ITPNT $336,134 2016 $353,151 $378,619 Complete 115

31014 51467 NPPD
Sub ‐ Friend 115kV Substation ‐ GEN‐2014‐039 
Addition

Friend 115kV Substation ‐ GEN‐2014‐039 
Addition (TOIF)

Generation Interconnection GI 10/15/2017 GI STUDIES $0 $875,000 On Schedule < 4

31014 51468 NPPD
Sub ‐ Friend 115kV Substation ‐ GEN‐2014‐039 
Addition

Friend 115kV Substation ‐ GEN‐2014‐039 
Addition

Generation Interconnection GI 10/15/2017 GI STUDIES $0 $4,300,000 On Schedule < 4

200407 31021 51478 SPS TX Line ‐ Mustang ‐ Seminole 115 kV Ckt 1 New Line Mustang ‐ Seminole 115 kV Ckt 1 New Line Regional Reliability ITP 12/15/2020 6/1/2017 8/17/2016 2016 ITPNT $15,007,492 2016 $16,565,463 $13,909,394 Delay ‐ Mitigation 115 19.7
200407 31021 51479 SPS TX Line ‐ Mustang ‐ Seminole 115 kV Ckt 1 New Line Mustang 115 kV Terminal Upgrades Regional Reliability ITP 12/15/2020 6/1/2017 8/17/2016 2016 ITPNT $2,712,194 2016 $2,993,755 $3,079,789 Delay ‐ Mitigation 115 19.7
200407 31021 51480 SPS TX Line ‐ Mustang ‐ Seminole 115 kV Ckt 1 New Line Seminole 115 kV Terminal Upgrades Regional Reliability ITP 12/15/2020 6/1/2017 8/17/2016 2016 ITPNT $2,016,340 2016 $2,225,662 $2,309,586 Delay ‐ Mitigation 115 19.7

200395 31022 51481 SPS TX
Line ‐ Canyon East Tap ‐ Randall 115 kV Ckt 1 
Rebuild

Canyon East Tap ‐ Randall 115 kV Ckt 1 Rebuild Regional Reliability ITP 5/16/2019 6/1/2017 5/17/2016 2016 ITPNT $4,804,292 2016 $5,173,697 $2,902,040 Complete 115

200397 31065 51484 WFEC OK Sub ‐ Cleo Junction 138 kV Terminal Upgrades Cleo Junction 138 kV Terminal Upgrades Regional Reliability ITP 5/31/2023 6/1/2017 5/17/2016 2016 ITPNT $4,000,000 2016 $4,415,252 $4,000,000 Delay ‐ Mitigation 138
200390 31025 51487 GRDA OK Sub ‐ Sallisaw 161 kV Terminal Upgrades Sallisaw 161 kV Terminal Upgrades Regional Reliability ITP 6/1/2017 5/17/2016 2016 ITPNT $2,266,000 2016 $2,501,240 $2,266,000 Re‐evaluation 161
200393 31038 51521 OPPD NE Device ‐ S964 69 kV Cap Bank S964 69 kV Cap Bank Regional Reliability ITP 6/1/2020 6/1/2020 5/17/2016 2016 ITPNT $722,660 2016 $797,681 $722,660 On Schedule < 4 69

200397 31041 51526 WFEC OK
Multi ‐ Driftwood 138/69 kV Substation and 
Transformer

Driftwood 138 kV Substation Regional Reliability ITP 4/1/2022 6/1/2017 5/17/2016 2016 ITPNT $550,000 2016 $607,097 $600,000 Delay ‐ Mitigation 138

200397 31041 51527 WFEC OK
Multi ‐ Driftwood 138/69 kV Substation and 
Transformer

Driftwood 138/69 kV Transformer Regional Reliability ITP 4/1/2022 6/1/2017 5/17/2016 2016 ITPNT $3,000,000 2016 $3,311,439 $3,600,000 Delay ‐ Mitigation 138/69

200419 31042 51531 WFEC OK
Multi ‐ DeGrasse ‐ Knob Hill 138 kV New Line and 
DeGrasse 345/138 kV Transformer

DeGrasse 138 kV  Substation (WFEC) Regional Reliability ITP 12/1/2024 6/1/2017 12/27/2016 2016 ITPNT $1,400,000 2017 $1,507,647 $5,700,000 Delay ‐ Mitigation 138 2

200395 31051 51549 SPS TX
Sub ‐ Terry Co. ‐ Wolfforth 115 kV Terminal 
Upgrades

Terry Co. ‐ Wolfforth 115 kV Terminal 
Upgrades

Regional Reliability ITP 6/1/2018 4/1/2020 5/17/2016 2016 ITPNT $1,461,643 2016 $1,535,639 $1,461,643 Complete 115

200386 31057 51558 AEP OK
Line ‐ Atoka ‐ Atoka Pump ‐ Pittsburg ‐ Savanna ‐ 
Army Ammo ‐ McAlester City 69 kV Ckt 1 Rebuild

Army Ammo ‐ McAlester 69 kV Ckt 1 Rebuild Zonal Reliability ITP 12/18/2019 6/1/2017 5/17/2016 2016 ITPNT $13,512,897 2016 $14,551,912 $11,805,970 Complete 69

200386 31057 51559 AEP OK
Line ‐ Atoka ‐ Atoka Pump ‐ Pittsburg ‐ Savanna ‐ 
Army Ammo ‐ McAlester City 69 kV Ckt 1 Rebuild

Army Ammo ‐ Savanna ‐ Pittsburg 69 kV Ckt 1 
Rebuild

Zonal Reliability ITP 11/20/2022 6/1/2017 5/17/2016 2016 ITPNT $15,146,464 2016 $16,718,862 $15,595,092 Delay ‐ Mitigation 69

200386 31057 51560 AEP OK
Line ‐ Atoka ‐ Atoka Pump ‐ Pittsburg ‐ Savanna ‐ 
Army Ammo ‐ McAlester City 69 kV Ckt 1 Rebuild

Atoka ‐ Atoka Pump ‐ Pittsburg 69 kV Ckt 1 
Rebuild

Zonal Reliability ITP 11/20/2022 6/1/2017 5/17/2016 2016 ITPNT $21,668,582 2016 $23,918,060 $21,981,548 Delay ‐ Mitigation 69

200420 31061 51565 SPS NM Line ‐ Livingston Ridge ‐ Wipp 115 kV Ckt 1 Rebuild Livingston Ridge ‐ Wipp 115 kV Ckt 1 Rebuild Regional Reliability TS 4/15/2021 6/1/2021 1/12/2017 SPP‐2015‐AG1‐AFS‐6 $264,157 2017 $284,468 $309,500 On Schedule < 4 115

200420 31063 51567 SPS NM Sub ‐ Carlsbad ‐ Pecos 115 kV Terminal Upgrades Carlsbad ‐ Pecos 115 kV Terminal Upgrades Regional Reliability TS 6/1/2021 6/1/2021 1/12/2017 SPP‐2015‐AG1‐AFS‐6 $767,347 2017 $826,349 $890,000 On Schedule < 4 115 0.03

200418 31042 51569 OGE OK
Multi ‐ DeGrasse ‐ Knob Hill 138 kV New Line and 
DeGrasse 345/138 kV Transformer

DeGrasse 138 kV Substation (OGE) Regional Reliability ITP 4/17/2019 6/1/2017 12/27/2016 2016 ITPNT $7,723,383 2017 $8,114,379 $4,562,495 Complete 138

30786 51577 NPPD Sub ‐ Dixon County 230kV Dixon County 230kV Substation (TOIF) Generation Interconnection GI 11/1/2018 GI STUDIES $0 $501,197 In Service 230

30937 51602 SPS
SUB ‐ TUCO 230kV Switching Station GEN‐2012‐
020 Addition

TUCO 230kV Switching Station GEN‐2012‐020 
Addition (TOIF)

Generation Interconnection GI 12/14/2018 GI STUDIES $0 $260,000 On Schedule < 4

30960 51609 OGE
SUB ‐ Beaver County 345kV ‐ Add 345kV terminal 
for GEN‐2013‐030

Beaver County Substation ‐ Add 345kV 
terminal for GEN‐2013‐030 (TOIF)

Generation Interconnection GI 10/28/2019 GI STUDIES $0 $1,099,958 Complete

30956 51610 NPPD Multi ‐ GEN‐2013‐032 Interconnection Work
Antelope 115kV ‐ Add terminal for GEN‐2013‐
032 (TOIF)

Generation Interconnection GI 10/3/2018 GI STUDIES $0 $873,106 In Service

200444 31079 51623 SPS TX Sub ‐ Tuco ‐ Stanton 115 kV Terminal Upgrades Tuco ‐ Stanton 115 kV Terminal Upgrades Economic ITP 12/31/2018 1/1/2017 2/22/2017 2017 ITP10 $283,963 2017 $291,062 $0 In Service 115
200444 31080 51624 SPS TX Sub ‐ Stanton ‐ Indiana 115 kV Terminal Upgrades Stanton ‐ Indiana 115 kV Terminal Upgrades Economic ITP 1/1/2017 1/1/2017 2/22/2017 2017 ITP10 $0 $0 Closed Out 115

200444 31081 51625 SPS TX
Sub ‐ Indiana ‐ SP‐Erskine 115 kV Terminal 
Upgrades

Indiana ‐ SP‐Erskine 115 kV Terminal Upgrades Economic ITP 2/28/2020 1/1/2017 2/22/2017 2017 ITP10 $1,133,153 2017 $1,220,282 $1,178,153 Delay ‐ Mitigation 115

200428 31085 51630 KCPL MO
Device ‐ Northeast ‐ Charlotte ‐ Crosstown 161 kV 
Reactor

Northeast ‐ Charlotte ‐ Crosstown 161 kV 
Reactor

Economic ITP 3/1/2018 1/1/2018 2/22/2017 2017 ITP10 $500,000 2017 $512,500 $204,681 $204,681 Closed Out 161

200458 31086 51631 WR KS
Line ‐ DePaul ‐ Girard Jct ‐ Franklin ‐ Frontenac 69 
kV

DePaul ‐ Girard Jct 69 kV Regional Reliability TS 11/15/2018 12/31/2018 6/23/2017 DPA‐2016‐March‐596 $2,908,572 2017 $2,981,286 $5,699,405 $5,699,405 Complete 69 1.71

200432 31131 51739 GRDA OK
Line ‐ Siloam Springs ‐ Siloam Springs City 161 kV 
Ckt 1 Rebuild

Siloam Springs ‐ Siloam Springs City 161 kV Ckt 
1 Rebuild (GRDA)

Economic ITP 5/31/2019 1/1/2017 2/21/2017 2017 ITP10 $312,400 2017 $328,215 $440,000 $330,549 Closed Out 161

210506 31139 51757 KCPL MO Line ‐ Crosstown ‐ Blue Valley 161 kV New Line Crosstown 161 kV Terminal Upgrades Regional Reliability ITP 6/30/2023 6/1/2020 12/11/2018 2018 ITPNT $1,120,000 2018 $1,176,700 $1,120,000 Re‐evaluation 161
210506 31139 51758 KCPL MO Line ‐ Crosstown ‐ Blue Valley 161 kV New Line Blue Valley 161 kV Terminal Upgrades Regional Reliability ITP 6/30/2023 6/1/2020 12/11/2018 2018 ITPNT $1,400,000 2018 $1,470,875 $1,400,000 Re‐evaluation 161
210506 31139 51759 KCPL MO Line ‐ Crosstown ‐ Blue Valley 161 kV New Line Blue Valley ‐ Crosstown 161kV Ckt1 Regional Reliability ITP 6/30/2023 6/1/2020 12/11/2018 2018 ITPNT $18,711,000 2018 $19,658,244 $18,711,000 Re‐evaluation 161 6

200433 31144 51764 WFEC OK
Sub ‐ Tupelo ‐ Tupelo Tap 138 kV Terminal 
Upgrades

Tupelo 138 kV Terminal Upgrades Economic ITP 12/31/2021 1/1/2020 2/21/2017 2017 ITP10 $100,000 2017 $107,689 $410,000 Delay ‐ Mitigation 138

200457 31175 51818 SPS TX
Line ‐ Cox Interchange ‐ Hale Co Interchange 115 
kV Rebuild

Cox Interchange ‐ Hale Co Interchange 115 kV 
Ckt 1

Regional Reliability TS 4/15/2021 6/1/2021 5/15/2017 SPP‐2016‐AG1‐AFS‐3 $13,355,250 2017 $14,382,143 $11,661,894 On Schedule < 4 115 19.7

200457 31176 51819 SPS TX
Sub ‐ Hockley County Interchange 115 kV Terminal 
Upgrades

Hockley County Interchange 115 kV Terminal 
Upgrades

Regional Reliability TS 11/15/2019 6/1/2021 5/15/2017 SPP‐2016‐AG1‐AFS‐3 $228,066 2017 $239,612 $195,294 Complete 115

200444 41189 61836 SPS TX Sub ‐ Martin ‐ Pantex N 115 kV Terminal Upgrades
Martin ‐ Pantex North 115 kV Terminal 
Upgrades

Economic ITP 3/15/2018 1/1/2017 2/22/2017 2017 ITP10 $324,392 2017 $332,502 $324,392 Complete 115

200444 41189 61837 SPS TX Sub ‐ Martin ‐ Pantex N 115 kV Terminal Upgrades
Pantex South ‐ Highland Tap 115 kV Terminal 
Upgrades

Economic ITP 3/15/2018 1/1/2017 2/22/2017 2017 ITP10 $324,392 2017 $332,502 $324,392 Complete 115

200455 41192 61840 SPS TX Sub ‐ Coulter 115 kV Coulter 115 kV Terminal Upgrades Regional Reliability ITP 5/15/2020 6/1/2018 5/12/2017 2017 ITPNT $286,869 2017 $308,927 $241,229 Delay ‐ Mitigation 115
200455 41194 61844 SPS TX Sub ‐ Plant X ‐ Sundown 230 kV Plant X 230 kV Terminal Upgrades Regional Reliability ITP 12/31/2018 6/1/2018 5/12/2017 2017 ITPNT $217,734 2017 $223,177 $0 Delay ‐ Mitigation 230
200455 41194 61845 SPS TX Sub ‐ Plant X ‐ Sundown 230 kV Sundown 230 kV Terminal Upgrades Regional Reliability ITP 12/31/2018 6/1/2018 5/12/2017 2017 ITPNT $360,540 2017 $369,554 $360,540 Delay ‐ Mitigation 230

210496 41197 61850 SPS TX
Terry County ‐ LG Clauene 115 kV Terminal 
Upgrades

Terry County ‐ LG Clauene 115 kV Terminal 
Upgrades

Regional Reliability ITP 12/31/2019 6/1/2019 8/17/2018 2018 ITPNT $888,216 2018 $910,421 $344,598 Complete 115

200455 41198 61852 SPS TX Sub ‐ Texas County ‐ Hitchland 115 kV bus Texas County 115 kV Terminal Upgrades #1 Regional Reliability ITP 12/31/2018 6/1/2018 5/12/2017 2017 ITPNT $98,639 2017 $101,105 $98,639 Delay ‐ Mitigation 115
200455 41198 61853 SPS TX Sub ‐ Texas County ‐ Hitchland 115 kV bus Texas County 115 kV Terminal Upgrades #2 Regional Reliability ITP 12/31/2018 6/1/2018 5/12/2017 2017 ITPNT $108,430 2017 $111,141 $108,430 Delay ‐ Mitigation 115
200476 41200 61856 WAPA ND Sub ‐ Williston 115 kV Williston 115 kV Terminal Upgrades Regional Reliability ITP 11/20/2017 6/1/2018 2/21/2018 2017 ITPNT $5,000 2017 $5,000 $5,000 $403 Complete 115
200446 41202 61858 AEP OK Line ‐ Tulsa Southeast ‐ E.61st 138 kV Rebuild Tulsa Southeast ‐ E.61st 138 kV Rebuild Regional Reliability ITP 12/20/2019 6/1/2018 5/12/2017 2017 ITPNT $6,014,381 2017 $6,318,859 $7,238,795 Complete 138 1.8

200448 41209 61869 EDE MO
Line ‐ Line – Republic East – Republic Hines Street 
– Republic North – Nichols 69 kV Reconductor

Nichols – Republic North 69 kV Reconductor Regional Reliability ITP 4/13/2018 6/1/2018 5/12/2017 2017 ITPNT $4,050,000 2017 $4,151,250 $4,050,000 $5,263,657 Complete 69 10

200448 41209 61870 EDE MO
Line ‐ Line – Republic East – Republic Hines Street 
– Republic North – Nichols 69 kV Reconductor

Republic Hines Street ‐ Republic North 69 kV 
Reconductor

Regional Reliability ITP 4/13/2018 6/1/2018 5/12/2017 2017 ITPNT $1,450,000 2017 $1,486,250 $1,450,000 $3,868,242 Complete 69 3.5
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200448 41209 61871 EDE MO
Line ‐ Line – Republic East – Republic Hines Street 
– Republic North – Nichols 69 kV Reconductor

Republic East ‐ Republic Hines Street 69 kV 
Reconductor

Regional Reliability ITP 4/13/2018 6/1/2018 5/12/2017 2017 ITPNT $800,000 2017 $820,000 $800,000 $3,278,100 Complete 69 1.6

200462 41223 61894 CPEC ND
Line ‐ New East Ruthville ‐ SW Minot 115 kV New 
Line

East Ruthville ‐ SW Minot 115 kV New Line Regional Reliability ITP 12/19/2019 6/1/2018 8/2/2017 2017 ITPNT $13,837,385 2020 $13,837,385 $20,746,000 $13,837,385 Closed Out 115 23.8

200462 41223 61895 CPEC ND
Line ‐ New East Ruthville ‐ SW Minot 115 kV New 
Line

East Ruthville ‐ SW Minot 115 kV line Terminal 
Upgrades

Regional Reliability ITP 12/19/2019 6/1/2018 8/2/2017 2017 ITPNT $528,350 2020 $528,350 $1,035,000 $528,350 Closed Out 115

200452 51236 71926 WAPA SD Multi ‐ Roberts County ‐ Sisseton 69kV Roberts County 115 kV Substation Regional Reliability ITP 1/1/2019 6/1/2018 5/12/2017 2017 ITPNT $4,300,000 2017 $4,517,688 $3,957,000 Complete 115
200452 51236 71927 WAPA SD Multi ‐ Roberts County ‐ Sisseton 69kV XFR ‐ Roberts County 115/69 kV Transformer Regional Reliability ITP 9/30/2019 6/1/2018 5/12/2017 2017 ITPNT $1,200,000 2017 $1,260,750 $1,200,000 Complete 115

51239 71933 NPPD
Sub ‐ Holt County 345kV (Tap Grand Prairie ‐ 
Grand Island 345kV) ‐ GEN‐2015‐023 Addition

Holt County 345kV (Tap Grand Prairie ‐ Grand 
Island 345kV) ‐ GEN‐2015‐023 Addition (TOIF)

Generation Interconnection GI 10/1/2020 GI STUDIES $0 $4,700,000 On Schedule < 4

51239 71934 NPPD
Sub ‐ Holt County 345kV (Tap Grand Prairie ‐ 
Grand Island 345kV) ‐ GEN‐2015‐023 Addition

Holt County 345kV (Tap Grand Prairie ‐ Grand 
Island 345kV) ‐ GEN‐2015‐023 Addition (NU)

Generation Interconnection GI 11/1/2020 GI STUDIES $0 $5,900,000 On Schedule < 4 345

51241 71939 SEPC
Sub ‐ Johnson Corner 115kV ‐ GEN‐2015‐021 
Addition

Johnson Corner 115kV ‐ GEN‐2015‐021 
Addition (TOIF)

Generation Interconnection GI 4/7/2020 GI STUDIES $0 $894,061 Complete 0.05

30781 71940 NPPD
Sub ‐ Rosemont 115kV Substation GEN‐2008‐123N 
Addition

Rosemont 115kV Substation GEN‐2008‐123N 
Addition (TOIF)

Generation Interconnection GI 11/1/2017 GI STUDIES $0 $1,880,000 On Schedule < 4

51242 71941 WAPA Multi ‐ Sulphur 115kV ‐ GEN‐2014‐001IS Addition
Sulphur 115kV ‐ GEN‐2014‐001IS Addition 
(TOIF)

Generation Interconnection GI 9/15/2020 GI STUDIES $0 $216,180 On Schedule < 4

51242 71942 WAPA Multi ‐ Sulphur 115kV ‐ GEN‐2014‐001IS Addition
Sulphur 115kV ‐ GEN‐2014‐001IS Addition 
(SANU)

Generation Interconnection GI 9/15/2020 GI STUDIES $0 $7,109,676 On Schedule < 4

51242 71943 WAPA Multi ‐ Sulphur 115kV ‐ GEN‐2014‐001IS Addition Sulphur 115kV ‐ GEN‐2014‐001IS Addition (NU) Generation Interconnection GI 11/16/2020 GI STUDIES $0 $8,529,876 On Schedule < 4

200455 51246 71949 SPS TX Sub ‐ Nichols ‐ 230 kV Nichols 230 kV Terminal Upgrades Regional Reliability ITP 5/15/2020 12/1/2018 5/12/2017 2017 ITPNT $490,000 2017 $527,676 $89,911 Delay ‐ Mitigation 230

51247 71951 OGE Sub ‐ Cleo Corner 138kV GEN‐2015‐048 Addition
Cleo Corner 138kV GEN‐2015‐048 Addition 
(TOIF)

Generation Interconnection GI 10/1/2020 GI STUDIES $0 $410,000 Re‐evaluation

51247 71952 OGE Sub ‐ Cleo Corner 138kV GEN‐2015‐048 Addition
Cleo Corner 138kV GEN‐2015‐048 Addition 
(NU)

Generation Interconnection GI 10/1/2020 GI STUDIES $0 $2,558,000 Re‐evaluation

51248 71953 OGE Line ‐ Cleo Corner – Cleo Plant Tap 138kV Ckt 1 Cleo Corner ‐ Cleo Plant Tap 138kV Ckt 1 Generation Interconnection GI 10/1/2020 GI STUDIES $0 $61,890 Re‐evaluation
200479 51249 71954 KPP KS Line ‐ City of Winfield ‐ Oak 69 kV Reconductor City of Winfield ‐ Rainbow 69 kV Ckt 1 Regional Reliability TS 12/30/2020 6/1/2021 2/27/2018 SPP‐2016‐AG2‐AFS‐2 $3,600,000 2018 $3,782,250 $4,400,852 On Schedule < 4 4
200466 51249 71955 WR KS Line ‐ City of Winfield ‐ Oak 69 kV Reconductor Oak ‐ Rainbow 69 kV Ckt 1 Regional Reliability TS 6/1/2021 6/1/2021 9/21/2017 SPP‐2016‐AG2‐AFS‐1 $7,831,427 2017 $8,433,590 $5,742,060 On Schedule < 4 69 5.1

200466 51252 71958 WR KS XFR ‐ Creswell 138/69/13.2 kV Transformers
Creswell (CRSW TX‐1) 138/69/13.2 kV 
Transformer Ckt 1

Regional Reliability TS 12/31/2020 6/1/2021 9/21/2017 SPP‐2016‐AG2‐AFS‐1 $3,486,230 2017 $3,754,288 $2,752,325 On Schedule < 4 138/69

200466 51252 71959 WR KS XFR ‐ Creswell 138/69/13.2 kV Transformers
Creswell (CRSW TX‐2) 138/69/13.2 kV 
Transformer Ckt 2

Regional Reliability TS 6/1/2021 6/1/2021 9/21/2017 SPP‐2016‐AG2‐AFS‐1 $3,621,491 2017 $3,899,950 $2,735,801 On Schedule < 4 138/69

210536 41199 71960 SPS TX Line ‐ Etter ‐ Moore ‐ 115 kV Etter ‐ Moore 115 kV Rebuild Regional Reliability ITP 12/15/2021 6/1/2018 10/29/2019 2017 ITPNT $9,037,903 2017 $9,732,833 $1,169,631 Delay ‐ Mitigation 115 10.25
200454 51253 71961 NIPCO IA Sub ‐ L‐10 Southern 69 kV Terminal Upgrades L‐10 Southern 69 kV Terminal Upgrades Regional Reliability ITP 7/1/2019 6/1/2018 5/12/2017 2017 ITPNT $710,000 2017 $745,944 $769,995 Closed Out 69
200454 51253 71962 NIPCO IA Sub ‐ L‐10 Southern 69 kV Terminal Upgrades J16 69 kV Substation Regional Reliability ITP 7/1/2019 6/1/2018 5/12/2017 2017 ITPNT $1,220,000 2017 $1,281,763 $1,507,856 Closed Out 69

200477 51254 71963 NPPD NE Multi ‐ Sheldon ‐ Monolith 115 kV Monolith 345 kV Substation Regional Reliability TS 1/1/2023 12/1/2020 2/21/2018
DPA‐2016‐December‐

703
$12,692,888 2018 $13,335,465 $12,692,888 Delay ‐ Mitigation 345 0.2

200477 51254 71964 NPPD NE Multi ‐ Sheldon ‐ Monolith 115 kV Monolith 345/115 kV Transformer #1 Regional Reliability TS 1/1/2023 12/1/2020 2/21/2018
DPA‐2016‐December‐

703
$5,179,657 2018 $5,441,877 $5,179,657 Delay ‐ Mitigation 345/115

200477 51254 71965 NPPD NE Multi ‐ Sheldon ‐ Monolith 115 kV Monolith 345/115 kV Transformer #2 Regional Reliability TS 1/1/2023 12/1/2020 2/21/2018
DPA‐2016‐December‐

703
$5,179,657 2018 $5,441,877 $5,179,657 Delay ‐ Mitigation 345/115

200477 51254 71966 NPPD NE Multi ‐ Sheldon ‐ Monolith 115 kV Monolith 115 kV Substation Upgrades Regional Reliability TS 1/1/2023 12/1/2020 2/21/2018
DPA‐2016‐December‐

703
$11,271,233 2018 $11,841,839 $11,271,233 Delay ‐ Mitigation 115 2.6

200477 51254 71967 NPPD NE Multi ‐ Sheldon ‐ Monolith 115 kV Sheldon ‐ Monolith 115 kV Ckt 1 New Line Regional Reliability TS 1/1/2023 12/1/2020 2/21/2018
DPA‐2016‐December‐

703
$1,273,506 2018 $1,337,977 $1,273,506 Delay ‐ Mitigation 115 1

200477 51254 71968 NPPD NE Multi ‐ Sheldon ‐ Monolith 115 kV Sheldon 115 kV Terminal Upgrades Regional Reliability TS 1/1/2023 12/1/2020 2/21/2018
DPA‐2016‐December‐

703
$3,703,266 2018 $3,890,744 $3,703,266 Delay ‐ Mitigation 115

200470 51260 71976 CBPC IA Device ‐ Prestage Family 69 kV Cap Bank Prestage Family 69 kV Cap Bank Regional Reliability TS 9/1/2018 8/1/2018 1/19/2018 DPA‐2017‐March‐735 $1,017,500 2018 $1,017,500 $1,017,500 $1,091,821 Complete 69 1.5

51261 71982 NPPD
Multi ‐ Belvidere 115kV Substation GEN‐2015‐087 
Addition

Belvidere – Fairbury 115kV circuit #1 Generation Interconnection GI 11/1/2019 GI STUDIES $0 $1,700,000 Re‐evaluation 115/115

51261 71983 NPPD
Multi ‐ Belvidere 115kV Substation GEN‐2015‐087 
Addition

Beatrice – Harbine 115kV circuit #1 Generation Interconnection GI 11/1/2019 GI STUDIES $0 $900,000 Re‐evaluation 115/115

51262 71984 NPPD
Sub ‐ Tobias 345kV Substation GEN‐2015‐088 
Addition

Tobias 345kV Substation GEN‐2015‐088 
Addition (TOIF)

Generation Interconnection GI 1/1/2019 GI STUDIES $0 $700,000 On Schedule < 4 345/345

51262 71985 NPPD
Sub ‐ Tobias 345kV Substation GEN‐2015‐088 
Addition

Tobias 345kV Substation GEN‐2015‐088 
Addition (NU)

Generation Interconnection GI 1/1/2019 GI STUDIES $0 $11,700,000 On Schedule < 4 345/345

200483 51277 72004 OPPD NE Line ‐ S1255 ‐ S1260 161 kV S1255 ‐ S1260 161 kV Ckt 1 New Line Regional Reliability TS 1/27/2020 1/1/2020 2/27/2018 DPA‐2017‐May‐746 $14,770,262 2018 $15,518,007 $9,435,262 Complete 161 5.9

210487 51278 72005 CPEC ND
Sub ‐ Bismarck 115 kV and North Bismarck 115 kV 
Terminal Upgrades

North Bismarck 115 kV Terminal Upgrades Sponsored Upgrade SP 12/11/2019 11/1/2018 8/17/2018 SUS‐002 $0 $0 Closed Out 115

210486 51278 72006 WAPA ND
Sub ‐ Bismarck 115 kV and North Bismarck 115 kV 
Terminal Upgrades

Bismarck 115 kV Terminal Upgrades Sponsored Upgrade SP 1/31/2023 6/1/2024 8/17/2018 SUS‐002 $90,000 2018 $94,556 $90,000 On Schedule < 4 115

200482 51280 72011 WFEC OK Device ‐ Dover SW 69 kV Cap Bank Dover SW 69 kV Cap Bank Regional Reliability TS 9/1/2023 6/1/2019 2/27/2018
DPA‐2017‐August‐767‐

774‐776
$500,000 2018 $525,313 $500,000 Delay ‐ Mitigation 69

200482 51281 72012 WFEC OK Device ‐ Cherokee SW 69 kV Cap Bank Cherokee SW 69 kV Cap Bank Regional Reliability TS 8/1/2023 6/1/2018 2/27/2018
DPA‐2017‐August‐767‐

774‐776
$1,000,000 2018 $1,050,625 $1,000,000 Delay ‐ Mitigation 69

210483 51282 72013 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV Park Community 138 kV Substation Regional Reliability TS 6/15/2018 6/1/2018 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$2,000,000 2018 $2,000,000 $2,000,000 Complete 138

210483 51282 72014 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Omega ‐ Park Community 138 kV Ckt 1 New 
Line

Regional Reliability TS 7/1/2019 6/1/2018 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$4,700,000 2018 $4,817,500 $4,700,000 Delay ‐ Mitigation 138 9.4

210483 51282 72015 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Omega ‐ Watonga SW 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 5/31/2021 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$7,950,000 2018 $8,352,469 $7,950,000 Delay ‐ Mitigation 138 7.9 7.9

210483 51282 72016 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Okeene ‐ Watonga SW 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 8/1/2021 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$6,750,000 2018 $7,091,719 $7,520,000 Delay ‐ Mitigation 138 13.5 13.5

210483 51282 72018 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Calumet ‐ Watonga SW 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 8/1/2022 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$8,400,000 2018 $8,825,250 $8,400,000 Delay ‐ Mitigation 138 16.8 16.8

210483 51282 72019 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Calumet ‐ Concho 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 9/1/2022 6/1/2020 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$1,250,000 2018 $1,313,281 $1,250,000 Delay ‐ Mitigation 138 9

210483 51282 72020 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Calumet ‐ Cana 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 12/1/2023 6/1/2020 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$4,550,000 2018 $4,780,344 $4,550,000 Delay ‐ Mitigation 138 9.1 9.1

210483 51282 72021 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV Calumet 138 kV Substation Regional Reliability TS 11/1/2022 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$4,000,000 2018 $4,202,500 $4,000,000 Delay ‐ Mitigation 138

210483 51282 72022 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Cana ‐ El Reno Jct 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 11/1/2023 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$5,650,000 2018 $5,936,031 $5,650,000 Delay ‐ Mitigation 138 3.3 3.3

210483 51282 72023 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
El Reno ‐ El Reno Jct 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 6/1/2022 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$4,000,000 2018 $4,202,500 $3,500,000 Delay ‐ Mitigation 138

210483 51282 72024 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
El Reno ‐ Mustang 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 5/1/2022 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$4,000,000 2018 $4,202,500 $11,750,000 Delay ‐ Mitigation 138 21.3 21.3

210483 51282 72025 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Mustang ‐ Sara Road 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 5/1/2022 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$10,650,000 2018 $11,189,156 $1,162,000 Delay ‐ Mitigation 138 2.1 2.1
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210483 51282 72026 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Sara Road ‐ Sunshine 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 12/1/2020 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$1,050,000 2018 $1,103,156 $5,000,000 Delay ‐ Mitigation 138 10 10

210483 51282 72027 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Cogar ‐ El Reno Jct 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 1/1/2024 6/1/2020 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$5,000,000 2018 $5,253,125 $5,300,000 Delay ‐ Mitigation 138 10.6 10.6

210483 51282 72029 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV
Kingfisher SW ‐ Park Community 138 kV Ckt 1 
New Line

Regional Reliability TS 6/15/2018 6/1/2018 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$4,500,000 2018 $4,500,000 $4,500,000 $5,762,251 Complete 138 9

210483 51282 72030 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV Kingfisher SW 138 kV Substation Regional Reliability TS 6/1/2022 6/1/2018 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$4,000,000 2018 $4,202,500 $4,000,000 Delay ‐ Mitigation 138

210483 51282 72031 WFEC OK Multi ‐ Park Community ‐ Sunshine 138 kV Concho ‐ Kingfisher SW 138 kV Ckt 1 New Line Regional Reliability TS 11/1/2022 6/1/2019 4/26/2018
DPA‐2017‐August‐767‐

774‐776
$4,250,000 2018 $4,465,156 $4,250,000 Delay ‐ Mitigation Window 138 8.5

51283 72032 WR
Sub ‐ Wild Plains 345kV Switching Station GEN‐
2015‐052 Interconnection

Wild Plains 345kV Switching Station GEN‐2015‐
052 Interconnection (TOIF)

Generation Interconnection GI 12/1/2020 GI STUDIES $0 $841,431 On Schedule < 4

51283 72033 WR
Sub ‐ Wild Plains 345kV Switching Station GEN‐
2015‐052 Interconnection

Wild Plains 345kV Switching Station GEN‐2015‐
052 Interconnection (NU)

Generation Interconnection GI 12/1/2020 GI STUDIES $0 $13,362,472 On Schedule < 4

51283 72034 OGE
Sub ‐ Wild Plains 345kV Switching Station GEN‐
2015‐052 Interconnection

Wild Plains 345kV Switching Station GEN‐2015‐
052 Interconnection (NU ‐ OGE)

Generation Interconnection GI 12/31/2020 GI STUDIES $0 $20,000 On Schedule < 4

210493 51285 72037 CUS MO Multi ‐ Brookline 345kV Brookline 345kV Reactor Regional Reliability ITP 12/31/2019 6/1/2019 8/17/2018 2018 ITPNT $3,471,864 2018 $3,558,661 $3,471,864 Complete 345
210493 51285 72038 CUS MO Multi ‐ Brookline 345kV Brookline 345kV Substation Expansion Regional Reliability ITP 12/31/2019 6/1/2019 8/17/2018 2018 ITPNT $794,411 2018 $814,271 $794,411 Complete 345
210492 51295 72050 BEPC MT Line ‐ Lewis ‐ Richland 115kV Ckt 1 Lewis ‐ Richland 115kV Ckt 1 (BEPC) Regional Reliability ITP 6/1/2019 6/1/2019 8/17/2018 2018 ITPNT $5,000 2018 $5,125 $5,000 Delay ‐ Mitigation Window 115
210497 51295 72052 WAPA MT Line ‐ Lewis ‐ Richland 115kV Ckt 1 Lewis ‐ Richland 115kV Ckt 1 (WAPA) Regional Reliability ITP 11/1/2020 6/1/2019 8/17/2018 2018 ITPNT $100,000 2019 $102,500 $136,000 Delay ‐ Mitigation Window 115 0.1
210491 51300 72066 AEP AR Multi ‐ Fig Five ‐ VBI 69kV Fig Five ‐ VBI North 69kV Ckt 1 Regional Reliability ITP 4/11/2019 6/1/2019 8/17/2018 2018 ITPNT $3,357,600 2018 $3,441,540 $3,357,600 Complete 69
210498 51305 72076 WR KS XFR ‐ Lawrence Hill 230/115kV Lawrence Hill 230/115kV Transformer Regional Reliability ITP 12/31/2020 6/1/2019 8/17/2018 2018 ITPNT $5,781,164 2018 $6,073,835 $5,781,164 Delay ‐ Mitigation 230
210496 51316 72095 SPS TX Carlisle ‐ Murphy 115kV Terminal Upgrades Carlisle ‐ Murphy 115 kV Terminal Upgrades Regional Reliability ITP 3/11/2022 6/1/2022 8/17/2018 2018 ITPNT $232,952 2018 $244,745 $0 On Schedule < 4 115

210489 51327 82111 WFEC OK Line ‐ Cogar ‐ OU SW 138 kV
Cogar ‐ Cleveland Jct 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 3/1/2024 12/31/2018 7/9/2018
DPA‐2017‐December‐

815
$10,000,000 2018 $10,506,250 $10,000,000 Delay ‐ Mitigation 138

210489 51327 82112 WFEC OK Line ‐ Cogar ‐ OU SW 138 kV
Cleveland Jct ‐ Amber Tap 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 2/1/2024 12/31/2018 7/9/2018
DPA‐2017‐December‐

815
$6,900,000 2018 $7,249,313 $6,900,000 Delay ‐ Mitigation 138

210489 51327 82113 WFEC OK Line ‐ Cogar ‐ OU SW 138 kV
Amber Tap ‐ Blanchard 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 8/1/2021 12/31/2018 7/9/2018
DPA‐2017‐December‐

815
$7,600,000 2018 $7,984,750 $7,600,000 Delay ‐ Mitigation 138

210489 51327 82114 WFEC OK Line ‐ Cogar ‐ OU SW 138 kV
Blanchard ‐ OU SW 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 4/1/2021 12/31/2018 7/9/2018
DPA‐2017‐December‐

815
$300,000 2018 $315,188 $300,000 Delay ‐ Mitigation 138

210489 51327 82115 WFEC OK Line ‐ Cogar ‐ OU SW 138 kV
Cleveland Jct ‐ Anadarko 138 kV Ckt 1 Voltage 
Conversion

Regional Reliability TS 2/1/2024 12/31/2018 7/9/2018
DPA‐2017‐December‐

815
$6,300,000 2018 $6,618,938 $6,300,000 Delay ‐ Mitigation 138

51328 82116 WR
Sub ‐ Emporia Energy Center 345 kV Substation 
GEN‐2015‐073 Interconnection

Emporia Energy Center 345 kV Substation GEN‐
2015‐073 Interconnection (TOIF)

Generation Interconnection GI 11/5/2019 GI STUDIES $0 $1,179,325 In Service

51328 82117 WR
Sub ‐ Emporia Energy Center 345 kV Substation 
GEN‐2015‐073 Interconnection

Emporia Energy Center 345 kV Substation GEN‐
2015‐073 Interconnection (NU)

Generation Interconnection GI 11/5/2019 GI STUDIES $0 $1,037,608 In Service

210499 51331 82125 GHP MO Line ‐ Nixa Downtown ‐ Nixa Espy Nixa Downtown ‐ Nixa Espy 69 kV Ckt1 Regional Reliability ITP 11/22/2019 6/1/2019 8/17/2018 2018 ITPNT $1,402,000 2018 $1,437,050 $3,373,306 Complete 69

51332 82126 OGE
Sub ‐ Gracemont 345 kV Substation GEN‐2015‐093 
Interconnection

Gracemont 345 kV Substation GEN‐2015‐093 
Interconnection (TOIF)

Generation Interconnection GI 5/15/2021 GI STUDIES $0 $1,099,958 On Schedule < 4

51332 82127 OGE
Sub ‐ Gracemont 345 kV Substation GEN‐2015‐093 
Interconnection

Gracemont 345 kV Substation GEN‐2015‐093 
Interconnection (NU)

Generation Interconnection GI 5/15/2021 GI STUDIES $0 $1,025,042 On Schedule < 4

51333 82128 OGE
Sub ‐ Tap Cleveland ‐ Sooner 345 kV Substation 
GEN‐2015‐066 Interconnection

Tap Cleveland ‐ Sooner 345 kV Substation GEN‐
2015‐066 Interconnection (TOIF)

Generation Interconnection GI 12/31/2021 GI STUDIES $0 $1,099,958 On Schedule < 4

51333 82129 OGE
Sub ‐ Tap Cleveland ‐ Sooner 345 kV Substation 
GEN‐2015‐066 Interconnection

Tap Cleveland ‐ Sooner 345 kV Substation GEN‐
2015‐066 Interconnection (NU)

Generation Interconnection GI 12/31/2021 GI STUDIES $0 $9,213,042 On Schedule < 4

51335 82132 NPPD
Sub ‐ Belden 115 kV Substation GEN‐2015‐076 
Interconnection

Belden 115 kV Substation GEN‐2015‐076 
Interconnection (TOIF)

Generation Interconnection GI 10/1/2020 GI STUDIES $0 $300,000 On Schedule < 4

51335 82133 NPPD
Sub ‐ Belden 115 kV Substation GEN‐2015‐076 
Interconnection

Belden 115 kV Substation GEN‐2015‐076 
Interconnection (NU)

Generation Interconnection GI 10/1/2020 GI STUDIES $0 $2,900,000 On Schedule < 4

51338 82134 WAPA Line ‐ Gavins Point ‐ Yankton Junction 115 kV Gavins Point ‐ Yankton Junction 115 kV Generation Interconnection GI 1/1/2021 GI STUDIES $0 $1,401,596 On Schedule < 4

51337 82137 AEP
Sub ‐ Tuskahoma 138 kV Substation GEN‐2016‐028 
Interconnection

Tuskahoma 138 kV Substation GEN‐2016‐028 
Interconnection (TOIF)

Generation Interconnection GI 12/31/2020 GI STUDIES $0 $700,000 On Schedule < 4

51337 82138 AEP
Sub ‐ Tuskahoma 138 kV Substation GEN‐2016‐028 
Interconnection

Tuskahoma 138 kV Substation GEN‐2016‐028 
Interconnection (NU)

Generation Interconnection GI 12/31/2020 GI STUDIES $0 $8,700,000 On Schedule < 4

210512 51339 82139 OGE OK Line ‐ Kildare ‐ White Eagle 138 kV Kildare ‐ White Eagle 138 kV Ckt 1 Rebuild Sponsored Upgrade SP 10/29/2019 6/1/2019 4/3/2019 SUS‐004 $7,200,000 2019 $7,200,000 $7,200,000 Complete 138 11.22
210496 61346 92151 SPS TX XFR ‐ McDowell 230/115 kV Ckt 1 McDowell Creek 230/115kV Substation Regional Reliability ITP 4/16/2022 6/1/2019 8/17/2018 2018 ITPNT $9,069,324 2018 $9,528,459 $9,180,042 Delay ‐ Mitigation 230 0.2
210496 61346 92152 SPS TX XFR ‐ McDowell 230/115 kV Ckt 1 McDowell Creek 230/115kV Transformer Regional Reliability ITP 4/16/2022 6/1/2019 8/17/2018 2018 ITPNT $5,226,730 2018 $5,491,333 $6,106,445 Delay ‐ Mitigation 230/115

210507 61347 92153 SPS NM Multi ‐ China Draw ‐ Road Runner 345 kV Bopco ‐ Road Runner 345 kV Ckt 1 New Line Regional Reliability TS 11/15/2021 12/1/2018 12/11/2018
DPA‐2017‐November‐

808
$29,927,758 2019 $30,675,952 $28,019,929 Delay ‐ Mitigation 345 21

210507 61347 92154 SPS NM Multi ‐ China Draw ‐ Road Runner 345 kV Bopco ‐ China Draw 345 kV Ckt 1 New Line Regional Reliability TS 11/15/2021 12/1/2021 12/11/2018
DPA‐2017‐November‐

808
$30,496,976 2019 $31,259,400 $29,937,865 On Schedule < 4 345 19

210507 61347 102153 SPS NM Multi ‐ China Draw ‐ Road Runner 345 kV Bopco 345/115 kV Ckt 1 Transformer Regional Reliability TS 11/15/2021 12/1/2018 12/11/2018
DPA‐2017‐November‐

808
$6,205,015 2019 $6,360,140 $7,142,899 Delay ‐ Mitigation 345/115

210507 61347 102154 SPS NM Multi ‐ China Draw ‐ Road Runner 345 kV Bopco 345/115 kV Ckt 2 Transformer Regional Reliability TS 11/15/2021 12/1/2021 12/11/2018
DPA‐2017‐November‐

808
$6,122,043 2019 $6,275,094 $7,020,774 On Schedule < 4 345/115

210507 71347 102156 SPS NM Line ‐ Eddy County ‐ Kiowa 345 kV New Line Eddy County ‐ Kiowa 345 kV Ckt 1 New Line Regional Reliability TS 11/15/2020 6/1/2024 12/11/2018
DPA‐2017‐November‐

808
$63,730,259 2019 $65,323,515 $60,536,661 On Schedule < 4 345 34

210507 61347 102157 SPS NM Multi ‐ China Draw ‐ Road Runner 345 kV Bopco 345 kV Substation Regional Reliability TS 11/15/2021 12/1/2018 12/11/2018
DPA‐2017‐November‐

808
$5,153,574 2019 $5,282,413 $3,623,926 Delay ‐ Mitigation 345

210507 61347 102158 SPS NM Multi ‐ China Draw ‐ Road Runner 345 kV Bopco 115 kV Substation Regional Reliability TS 11/15/2020 12/1/2018 12/11/2018
DPA‐2017‐November‐

808
$11,741,936 2019 $12,035,484 $14,326,610 Delay ‐ Mitigation 115

210548 71348 102159 OPPD NE Multi ‐ S1361 S3761 345 kV Substation Regional Reliability TS 6/1/2021 6/1/2021 12/13/2019
DPA‐2018‐February‐

841
$4,610,067 2019 $4,725,319 $4,610,067 On Schedule < 4 345/161

210548 71348 102160 OPPD NE Multi ‐ S1361 S3761 ‐ S3455 345 kV New Line Regional Reliability TS 6/1/2021 6/1/2021 12/13/2019
DPA‐2018‐February‐

841
$17,036,209 2019 $17,462,114 $17,036,209 On Schedule < 4 345 5.6

210548 71348 102161 OPPD NE Multi ‐ S1361
S1361 161 kV Substation and 345/161 kV 
Transformer

Regional Reliability TS 6/1/2021 6/1/2021 12/13/2019
DPA‐2018‐February‐

841
$9,707,827 2019 $9,950,523 $9,707,827 On Schedule < 4 161

210548 71348 102162 OPPD NE Multi ‐ S1361 S1260 161/69 kV Transformer (161 kV) Regional Reliability TS 6/1/2021 6/1/2021 12/13/2019
DPA‐2018‐February‐

841
$1,105,064 2019 $1,132,691 $1,105,064 On Schedule < 4 161/69

210548 71348 102163 OPPD NE Multi ‐ S1361 S1209 ‐ S1231 Ckt 2 161 kV Reconductor Regional Reliability TS 6/1/2021 6/1/2021 12/13/2019
DPA‐2018‐February‐

841
$3,647,471 2019 $3,738,658 $3,647,471 On Schedule < 4 161 3.3

210548 71348 102165 OPPD NE Multi ‐ S1361 S1259 ‐ S1260 161 kV Rebuild Regional Reliability TS 6/1/2021 6/1/2021 12/13/2019
DPA‐2018‐February‐

841
$2,107,486 2019 $2,160,173 $2,107,486 On Schedule < 4 161 2.56

210548 71348 102166 OPPD NE Multi ‐ S1361
S1255 161 kV Terminal Upgrades (new 
breakers)

Regional Reliability TS 6/1/2021 6/1/2021 12/13/2019
DPA‐2018‐February‐

841
$654,180 2019 $670,535 $654,180 On Schedule < 4 161

71350 102168 OGE
SUB ‐ Ranch Road 345kV Substation GEN‐2015‐034 
Addition

Ranch Road 345kV Substation GEN‐2015‐034 
Addition (TOIF)

Generation Interconnection GI 6/16/2020 GI STUDIES $0 $1,099,958 On Schedule < 4

71350 102169 OGE
SUB ‐ Ranch Road 345kV Substation GEN‐2015‐034 
Addition

Ranch Road 345kV Substation GEN‐2015‐034 
Addition (NU)

Generation Interconnection GI 6/16/2020 GI STUDIES $0 $925,042 Complete
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71351 102170 OGE
SUB ‐ Johnston County 345kV Substation GEN‐
2015‐036 Addition

Johnston County 345kV Substation GEN‐2015‐
036 Addition (TOIF)

Generation Interconnection GI 9/1/2020 GI STUDIES $0 $892,334 On Schedule < 4

71351 102171 OGE
SUB ‐ Johnston County 345kV Substation GEN‐
2015‐036 Addition

Johnston County 345kV Substation GEN‐2015‐
036 Addition (NU)

Generation Interconnection GI 9/1/2020 GI STUDIES $0 $1,132,666 On Schedule < 4

210505 71352 102172 WFEC OK Device ‐ Clear Creek Tap 69 kV Cap Bank Clear Creek Tap 69 kV Cap Bank Regional Reliability TS 12/1/2020 12/1/2019 12/6/2018 DPA‐2018‐June‐902 $717,209 2019 $735,139 $717,209 Delay ‐ Mitigation Window 69

210525 81357 112180 OPPD NE GEN‐2016‐115 Interconnection Costs
GEN‐2016‐115 Interconnection Costs (NU) 
(OPPD)

Generation Interconnection GI 6/26/2020 11/1/2019 DISIS‐2016‐002 $7,553 2020 $7,553 $7,553 On Schedule < 4

210556 81362 112187 OGE OK Sub ‐ Henessey 138 kV Ckt 1 Henessey 138 kV Ckt 1 Terminal Upgrades Generation Interconnection GI 12/31/2020 12/31/2020 3/17/2020 DISIS‐2016‐002 $142,965 2020 $142,965 $142,965 On Schedule < 4
210511 81423 112253 OGE OK GEN‐2016‐020 Interconnection Costs GEN‐2016‐020 Interconnection Costs Generation Interconnection GI 11/1/2019 4/3/2019 DISIS‐2016‐001 $10,000 2019 $10,000 $10,000 On Schedule < 4

81467 112297 SEPC Mingo 345 kV Substation Mingo 345kV Substation GEN‐2015‐065 (TOIF) Generation Interconnection GI 5/30/2019 GI STUDIES $0 $1,314,623 Closed Out
81467 112298 SEPC Mingo 345 kV Substation Mingo 345kV Substation GEN‐2015‐065 (NU) Generation Interconnection GI 5/30/2019 GI STUDIES $0 $9,596,925 Complete
81467 112299 SEPC Mingo 345 kV Substation Mingo Substation Relay GEN‐2015‐065 (NU) Generation Interconnection GI 5/30/2019 GI STUDIES $0 $15,000 Complete
81467 112300 SEPC Mingo 345 kV Substation Mingo 115kV Substation GEN‐2015‐064 (TOIF) Generation Interconnection GI 1/20/2020 GI STUDIES $0 $911,033 Complete
81467 112301 SEPC Mingo 345 kV Substation Mingo 115kV Substation  GEN‐2015‐064 (NU) Generation Interconnection GI 1/20/2020 GI STUDIES $0 $4,517,777 Complete

210548 71348 112357 OPPD NE Multi ‐ S1361 S1260 161/69 kV Transformer (69 kV) Regional Reliability TS 6/1/2021 12/13/2019
DPA‐2018‐February‐

841
$1,799,221 2019 $1,844,202 $1,799,221 Complete 161/69

210540 81498 112358 OGE OK Sub ‐ Westmoore 138 kV Westmoore 138 kV Breakers Regional Reliability ITP 12/31/2020 6/1/2021 11/18/2019 2019 ITP $271,289 2020 $271,289 $271,289 On Schedule < 4 138
210540 81499 112359 OGE OK Sub ‐ Santa Fe 138 kV Santa Fe 138 kV Breakers Regional Reliability ITP 6/1/2021 6/1/2021 11/18/2019 2019 ITP $0 $406,935 Re‐evaluation 138
210544 81500 112360 AEP OK Sub ‐ Riverside Station 138 kV Riverside Station 138 kV Breakers Regional Reliability ITP 11/1/2022 6/1/2021 11/18/2019 2019 ITP $16,288,000 2020 $16,288,000 $16,288,000 Delay ‐ Mitigation 138
210544 81501 112361 AEP OK Sub ‐ Southwestern Station 138 kV Southwestern Station 138 kV Breakers Regional Reliability ITP 12/15/2023 6/1/2021 11/18/2019 2019 ITP $4,421,345 2020 $4,421,345 $4,194,065 Delay ‐ Mitigation 138
210541 81502 112362 SPS NM Sub ‐ Carlsbad Interchange 115 kV Carlsbad Interchange 115 kV Breaker Regional Reliability ITP 5/28/2020 6/1/2021 11/18/2019 2019 ITP $552,668 2019 $566,485 $552,668 On Schedule < 4 115
210541 81503 112363 SPS TX Sub ‐ Hale Cty Interchange 115 kV Hale County Interchange 115 kV Breakers Regional Reliability ITP 12/18/2020 6/1/2021 11/18/2019 2019 ITP $1,658,004 2019 $1,699,454 $1,658,004 On Schedule < 4 115

210541 81504 112364 SPS TX Sub ‐ Denver City Interchange 115 kV North Denver City Interchange North 115 kV Breaker Regional Reliability ITP 3/15/2021 6/1/2021 11/18/2019 2019 ITP $0 $552,668 On Schedule < 4 115

210541 81586 112365 SPS TX Sub ‐ Denver City Interchange South 115 kV Denver City Interchange South 115 kV Breakers Regional Reliability ITP 3/15/2021 6/1/2021 11/18/2019 2019 ITP $1,105,336 2020 $1,105,336 $1,105,336 On Schedule < 4 115

210538 81505 112366 NPPD NE Sub ‐ Canaday 115 kV Canaday 115 kV Breakers Regional Reliability ITP 2/1/2020 6/1/2021 11/18/2019 2019 ITP $2,600,000 2020 $2,600,000 $2,555,908 Complete 115
210538 81506 112367 NPPD NE Sub ‐ Hastings 115 kV Hastings 115 kV Breakers Regional Reliability ITP 1/1/2021 6/1/2021 11/18/2019 2019 ITP $550,000 2020 $550,000 $506,813 On Schedule < 4 115
210538 81507 112368 NPPD NE Sub ‐ Moore 13.8 kV Breaker Moore 13.8 kV Breaker Regional Reliability ITP 5/1/2021 6/1/2021 11/18/2019 2019 ITP $510,000 2020 $510,000 $679,553 On Schedule < 4 138
210539 81508 112369 KCPL KS Sub ‐ Craig 161 kV Craig 161 kV Breaker Regional Reliability ITP 12/31/2021 6/1/2021 11/18/2019 2019 ITP $311,400 2019 $319,185 $291,361 Delay ‐ Mitigation 161
210539 81509 112370 KCPL MO Sub ‐ Leeds 161 kV Leeds 161 kV Breakers Regional Reliability ITP 12/31/2020 6/1/2021 11/18/2019 2019 ITP $468,500 2019 $480,213 $502,440 On Schedule < 4 161
210539 81511 112372 KCPL MO Sub ‐ Southtown 161 kV Southtown 161 kV Breakers Regional Reliability ITP 12/31/2021 6/1/2021 11/18/2019 2019 ITP $898,600 2019 $921,065 $1,004,980 Delay ‐ Mitigation 161
210545 81513 112377 WFEC OK Sub ‐ Anadarko 138 kV Anadarko 138 kV Breakers Regional Reliability ITP 8/1/2027 6/1/2021 11/18/2019 2019 ITP $828,359 2020 $828,359 $838,500 Delay ‐ Mitigation 138
210545 81514 112378 WFEC OK Sub ‐ Washita 69 kV Washita 69 kV Breaker Regional Reliability ITP 6/1/2021 6/1/2021 11/18/2019 2019 ITP $52,400 2020 $52,400 $52,400 On Schedule < 4 69
210545 81515 112379 WFEC OK Sub ‐ Mooreland 138/69 kV Breakers Mooreland 138 kV Breakers #2 Regional Reliability ITP 5/1/2022 6/1/2021 11/18/2019 2019 ITP $822,500 2020 $822,500 $2,160,000 Delay ‐ Mitigation
210545 81515 112380 WFEC OK Sub ‐ Mooreland 138/69 kV Breakers Mooreland 69 kV Breakers #2 Regional Reliability ITP 6/1/2022 6/1/2021 11/18/2019 2019 ITP $128,300 2020 $128,300 $204,000 Delay ‐ Mitigation

210542 81516 112381 WR KS
Multi ‐ Marshall County ‐ Smittyville ‐ Baileyville ‐ 
South Seneca 115 kV

Baileyville ‐ South Seneca 115kV Ckt 1 Regional Reliability ITP 6/1/2022 4/1/2021 11/18/2019 2019 ITP $3,067,168 2020 $3,067,168 $3,067,168 Delay ‐ Mitigation Window 115 4

210542 81516 112382 WR KS
Multi ‐ Marshall County ‐ Smittyville ‐ Baileyville ‐ 
South Seneca 115 kV

Baileyville ‐ Smittyville 115kV Ckt 1 Regional Reliability ITP 6/1/2022 4/1/2021 11/18/2019 2019 ITP $7,327,262 2020 $7,327,262 $7,327,262 Delay ‐ Mitigation Window 115 8

210542 81516 112383 WR KS
Multi ‐ Marshall County ‐ Smittyville ‐ Baileyville ‐ 
South Seneca 115 kV

Marshall County ‐ Smittyville 115kV Ckt 1 Regional Reliability ITP 6/1/2022 4/1/2021 11/18/2019 2019 ITP $2,528,868 2020 $2,528,868 $2,528,868 Delay ‐ Mitigation Window 115 2.2

210544 81520 112389 AEP OK Line ‐ Tulsa SE ‐ S Hudson 138kV Ckt 1 Tulsa SE ‐ S Hudson 138kV Ckt 1 Rebuild Regional Reliability ITP 5/27/2022 6/1/2021 11/18/2019 2019 ITP $6,724,237 2020 $6,724,237 $6,724,237 Delay ‐ Mitigation 138/138 2
210544 81523 112393 AEP OK Line ‐ Tulsa SE ‐ 21st Street Tap 138kV Ckt 1 Tulsa SE ‐ 21st Street Tap 138 kV Ckt 1 Regional Reliability ITP 5/27/2022 6/1/2021 11/18/2019 2019 ITP $1,307,802 2020 $1,307,802 $1,307,802 Delay ‐ Mitigation 138/138 1.5
210545 81525 112395 WFEC OK Device‐ Gypsum 69 kV Capacitor Bank Gypsum 69 kV Capacitor Bank Regional Reliability ITP 6/1/2021 6/1/2021 11/18/2019 2019 ITP $400,000 2020 $400,000 $400,000 On Schedule < 4 69/69

210540 81532 112402 OGE OK Sub ‐ Cleo Corner ‐ Cleo Junction 69kV
Cleo Corner ‐ Cleo Junction 69kV Ckt 1 
Terminal Upgrades

Regional Reliability ITP 12/31/2021 6/1/2022 11/18/2019 2019 ITP $16,602 2020 $16,602 $16,602 On Schedule < 4 69/69

210538 81533 112403 NPPD NE Sub ‐ Firth 115kV Firth Cap Bank 115kV Ckt 1 Regional Reliability ITP 6/1/2023 4/1/2021 11/18/2019 2019 ITP $0 $608,900 Delay ‐ Mitigation 115/115
210538 81533 112404 NPPD NE Sub ‐ Firth 115kV Firth 115 kV Substation Expansion Regional Reliability ITP 6/1/2023 4/1/2021 11/18/2019 2019 ITP $3,600,000 2020 $3,600,000 $2,991,100 Delay ‐ Mitigation 115/115
210541 81542 112425 SPS TX Sub ‐ Amoco ‐ Sundown 115 kV Amoco ‐ Sundown 115kV Terminal Upgrades Economic ITP 6/1/2020 1/1/2023 11/18/2019 2019 ITP $408,507 2020 $408,507 $408,507 Delay ‐ Mitigation 115/115

210542 81545 112428 WR KS Sub ‐ Lawrence Energy Center ‐ Midland 115 kV
Lawrence Energy Center ‐ Midland 115 kV 
Terminal Upgrades

Economic ITP 5/22/2020 1/1/2021 11/18/2019 2019 ITP $30,939 2020 $30,939 $30,939 In Service 115/115

210541 81548 112433 SPS TX Line ‐ Hansford ‐ Spearman 115kV Hansford ‐ Spearman 115 kV Rebuild Economic ITP 4/15/2021 1/1/2021 11/18/2019 2019 ITP $828,359 2020 $828,359 $828,359 Delay‐Mitigation 115/115
210545 81550 112435 WFEC OK Line ‐ East Kingfisher ‐ Kingfisher 138kV East Kingfisher ‐ Kingfisher 138 kV Rebuild Economic ITP 1/1/2021 1/1/2021 11/18/2019 2019 ITP $1,000,000 2020 $1,000,000 $1,000,000 On Schedule < 4 138/138

210540 81556 112449 OGE OK Multi ‐ Cimarron ‐ Northwest ‐ Mathewson 345kV
Cimarron ‐ Northwest 345kV Ckt 1 Terminal 
Upgrades

Economic ITP 6/17/2020 1/1/2021 11/18/2019 2019 ITP $166,504 2020 $166,504 $166,504 Complete 345/345

210540 81556 112450 OGE OK Multi ‐ Cimarron ‐ Northwest ‐ Mathewson 345kV
Northwest ‐ Mathewson 345 kV Terminal 
Upgrades

Economic ITP 6/1/2020 1/1/2021 11/18/2019 2019 ITP $369,869 2020 $369,869 $0 Complete 345/345

210543 81557 112451 SEPC
Multi ‐ Setab ‐ Scott City ‐ Pile ‐ Arnold ‐ Ransom 
115 kV

Arnold ‐ Ransom 115kV Terminal Upgrades Economic ITP 1/1/2025 11/18/2019 2019 ITP $0 $462,000 NTC ‐ Commitment Window 115/115

210543 81557 112452 SEPC KS
Multi ‐ Setab ‐ Scott City ‐ Pile ‐ Arnold ‐ Ransom 
115 kV

Pile ‐ Scott City 115kV Terminal Upgrades Economic ITP 1/1/2025 11/18/2019 2019 ITP $0 $1,633,500 NTC ‐ Commitment Window 115/115

210543 81557 112453 SEPC KS
Multi ‐ Setab ‐ Scott City ‐ Pile ‐ Arnold ‐ Ransom 
115 kV

Scott City ‐ Setab 115kV Terminal Upgrades Economic ITP 1/1/2025 11/18/2019 2019 ITP $0 $1,556,500 NTC ‐ Commitment Window 115/115

210549 81559 112456 EDE KS Line ‐ Neosho ‐ Riverton 161 kV Neosho ‐ Riverton 161kV Rebuild (EDE) Transmission Service TS 10/1/2023 12/13/2019 SPP‐2019‐AG1‐AFS‐2 $0 $43,153,324 NTC‐C Project Estimate Window 161 25.9
210550 81559 112457 WR KS Line ‐ Neosho ‐ Riverton 161 kV Neosho ‐ Riverton 161kV Rebuild  (WR) Transmission Service TS 6/1/2023 10/1/2023 12/13/2019 SPP‐2019‐AG1‐AFS‐2 $3,972,869 $0 $3,972,869 NTC‐C Project Estimate Window 161 2.7

210544 81561 112460 AEP OK
Multi ‐ Sooner ‐ Wekiwa 345 kV and Sand Springs ‐ 
Sheffield 138 kV

Sand Springs ‐ Sheffield Steel 138 kV Terminal 
Upgrades

Economic ITP 1/1/2026 1/1/2026 11/18/2019 2019 ITP $733,520 2020 $733,520 $733,520 On Schedule < 4 138/138

210544 81571 112488 AEP OK XFR ‐ Pryor Junction 138/115 Pryor Junction 138/115 kV Transformer Regional Reliability ITP 11/30/2021 6/1/2021 11/18/2019 2019 ITP $9,155,167 2020 $9,155,167 $9,155,167 Delay ‐ Mitigation 138/115

210544 81561 112502 AEP NM
Multi ‐ Sooner ‐ Wekiwa 345 kV and Sand Springs ‐ 
Sheffield 138 kV

Sooner ‐ Wekiwa 345 kV Terminal Upgrades 
(AEP)

Economic ITP 1/1/2026 1/1/2026 11/18/2019 2019 ITP $3,165,684 2019 $3,244,826 $5,383,105 On Schedule < 4 345 0.06

210515 81581 112510 SPS ND Multi‐Hobbs Interchange‐Millen 115kV
Hobbs Interchange to Millen Rebuild 115 kV 
Ckt1

Regional Reliability TS 6/1/2022 6/1/2022 6/7/2019 DPA‐2018‐Mar‐854 $3,165,684 2019 $3,244,826 $2,945,550 On Schedule < 4 3.5

210515 81581 122510 SPS ND Multi‐Hobbs Interchange‐Millen 115kV Johnson Draw 115 kV Capacitor Bank Regional Reliability TS 6/1/2022 6/1/2022 6/7/2019 DPA‐2018‐Mar‐854 $3,749,224 2019 $3,842,955 $2,850,232 On Schedule < 4 115
210560 81614 122570 BEPC ND Multi ‐ Neset ‐ New Town 230 kV Neset ‐ Northshore 230 kV Ckt 1 Regional Reliability TS 12/31/2022 6/1/2019 6/10/2020 DPA‐2018‐August‐918 $33,023,153 2020 $33,023,153 $33,155,575 Delay ‐ Mitigation 230 30
210559 81614 122571 MWE ND Multi ‐ Neset ‐ New Town 230 kV Northshore ‐ New Town 115 kV Ckt 1 Regional Reliability TS 9/5/2021 6/1/2019 6/10/2020 DPA‐2018‐August‐918 $19,235,485 2020 $19,235,485 $19,235,485 Delay ‐ Mitigation 115 20.5
210560 81614 122572 BEPC SD Multi ‐ Neset ‐ New Town 230 kV North Shore 230/115 kV Transformer Regional Reliability TS 12/31/2022 6/1/2019 6/10/2020 DPA‐2018‐August‐918 $5,920,939 2020 $5,920,939 $3,176,320 Delay ‐ Mitigation 230/115
210560 81614 122575 BEPC OK Multi ‐ Neset ‐ New Town 230 kV Northshore 230 kV Substation Regional Reliability TS 12/31/2022 6/1/2019 6/10/2020 DPA‐2018‐August‐918 $20,938,350 2020 $20,938,350 $20,938,350 Delay ‐ Mitigation

210522 81616 122576 NWE SD
Line ‐ Aberdeen City ‐ Aberdeen Industrial Park 
115 kV

Aberdeen City ‐ Aberdeen Industrial Park 115 
kV Ckt 1 New Line

Sponsored Upgrade SP 12/31/2019 12/31/2019 9/6/2019 SUS‐006 $3,200,009 2019 $3,200,009 $3,200,009 On Schedule < 4 115

210545 81617 122577 WFEC SD Line ‐ Anadarko ‐ Gracemont 138kV Anadarko ‐ Gracemont 138kV Ckt 1 Rebuild Economic ITP 1/1/2021 1/1/2021 11/18/2019 2019 ITP $2,850,000 2020 $2,850,000 $2,850,000 On Schedule < 4 138

210527 81626 122593 EREC OK Multi ‐ Wentworth 69 kV Wentworth 69 kV Substation Regional Reliability TS 6/1/2019 8/1/2019 10/17/2019
DPA‐2018‐January‐

821
$2,073,095 2020 $2,073,095 $2,073,095 Complete 69

210527 81626 122594 EREC SD Multi ‐ Wentworth 69 kV Wentworth 69 kV Capacitor Bank Regional Reliability TS 7/1/2019 8/1/2019 10/17/2019
DPA‐2018‐January‐

821
$600,675 2020 $600,675 $600,675 Complete 69

210545 81627 122597 WFEC KS SUB ‐ Marietta ‐ Rocky Point 69 kV Marietta 69 kV Regional Reliability ITP 12/1/2021 12/1/2021 11/18/2019 2019 ITP $100,000 2020 $100,000 $100,000 On Schedule < 4 69

210522 81616 122599 NWE KS
Line ‐ Aberdeen City ‐ Aberdeen Industrial Park 
115 kV

Aberdeen A‐Tap Breaker 115 kV Sponsored Upgrade SP 12/31/2021 12/31/2021 9/6/2019 SUS‐006 $552,668 2019 $566,485 $552,668 On Schedule < 4 115

210564 81489 122600 OGE Sub ‐ Gracemont ‐ Lawton East Side 345 kV
Gracemont ‐ Lawton East Side 345 kV 
Substation GEN‐2016‐091 (NU) (OKGE)

Generation Interconnection GI 9/22/2020 9/22/2020 8/11/2020 DISIS‐2016‐002 $0 $10,000 NTC ‐ Commitment Window
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210554 81638 122639 OGE OK SUB ‐ Forest Hill 69 kV Terminal Upgrades Forest Hill 69 kV Terminal Upgrade Regional Reliability TS 1/1/2021 1/1/2021 3/17/2020
DPNS‐2019‐January‐

974
$43,867 2020 $43,867 $25,000 On Schedule < 4

210551 81648 122650 WR KS Sub ‐ Neosho 345 kV
Caney River ‐ Neosho 345 kV Terminal 
Upgrades

Sponsored Upgrade SP 6/25/2020 10/1/2020 12/31/2019 SUS‐013 $419,116 2020 $419,116 $511,343 Complete

210557 81652 122657 CBPC IA Sub‐Flint Hills 69 kV Switching Station Sub ‐ Donald Feldman 69kV Switching Station Regional Reliability SP 6/1/2020 4/8/2020
DPNS‐2019‐March‐

1011
$0 $1,227,000 NTC ‐ Commitment Window

210563 81656 122664 NPPD NE Line‐Pauline‐Hastings 115 kV Reconductor
Pauline ‐ Hastings 115 kV Ckt 1 & Ckt 2 
Reconductor

Sponsored Upgrade SP 12/1/2022 12/1/2022 7/14/2020 SUS‐014 $0 $6,000,000 On Schedule < 4

210558 81673 122713 AEP OK Line ‐ Kerr ‐ Locust Grove 115 kV Kerr ‐ Locust Grove 115 kV Ckt 1 Transmission Service TS 6/1/2022 6/1/2022 5/29/2020 SPP‐2019‐AG2‐AFS‐3 $0 $3,160,967 Delay ‐ Mitigation 115 0.49

81661 143150 WR
GEN‐2016‐162 and GEN‐2016‐163 Interconnection 
Costs

GEN‐2016‐162 and 163 Interconnection (TOIF) 
(WERE)

Generation Interconnection GI 1/1/2022 GI STUDIES $0 $1,198,282
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874 of 1082



5
875 of 1082



6

M4 Study Economic Evaluations Of Reliability

• Evaluate cost and benefits of more advanced economic evaluations of 

reliability

• Evaluation should educate and encourage use of dynamic line ratings,

topology optimization and economic outage coordination when practical, 

economic and reliable
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M4 Study Economic Evaluations Of Reliability

Stakeholder completion goal 

Lead group

Secondary group

HITT vote

April 2020 

MWG, ORWG

TWG, RCWG

Consensus

2019 2020
Aug. Sept. Oct. Nov. Dec. Jan. Feb. Mar. Apr.

Markets MWG education MWG/ORWG develop policy white
paper

MWG/ 

ORWG

report to
MOPC

Reliability ORWG education ORWG/MWG develop policy white 

paper

Original HITT Timeline
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M4 Study Economic Evaluations Of Reliability

M4 OVERVIEW

Project Scope

ENGINEER 

ANALYSIS
Cost/Benefit 

Analysis

White Papers

Published

BOD

Seeking Approval

&

Project 

Completion

M4 

EDUCATION
Technology 

Education for 

WG’s

WG 

Coordination
Communication 

of findings

MOPC

Seeking Approval

OCT

2020

OCT

2020

AUG

2020
JULY 

2020

JUNE

2020

JAN 

2020

OCT 

2019
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MWG (September 15th)

• Dynamic Line Rating & Economic Outage Coordination

• Approved White Papers unanimously

• Topology Optimization

• Approved; 2 Opposed (NPPD/CUS)

TWG (September 28th)

• Approved recommendations

ORWG (September 30th)

• Approved White Papers and recommendations unanimously (Economic Outage Coordination 
& Topology Optimization)

M4 Study Economic Evaluations Of Reliability
WORKING GROUP ACTIONS
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MOPC

• Approved:  HITT M4 White Paper: Economic Outage Coordination (Consent Agenda)

• Approved:  HITT M4 White Paper: Topology Optimization (98%)

• Delayed:  HITT M4 White Paper: Dynamic Line Rating (January 2021)

SPC

• Approved: HITT M4 White Papers on Economic Outage Coordination & Topology 

Coordination (Unanimous)

M4 Study Economic Evaluations Of Reliability
WORKING GROUP ACTIONS
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Recommended Motion:

Motion to Approve HITT Recommendation M4 White Papers on:

• Economic Outage Coordination

• Topology Optimization

Note: Dynamic Line Rating White Paper expected January 2021.

M4 Study Economic Evaluations Of Reliability
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#1 NRIS/ERIS MODIFICATIONS

T1 NRIS/ERIS modifications

Modifications:

Develop policy that creates appropriate balance between costs assessed and value attained from:

• ERIS (energy resources interconnection service) and NRIS (network resources interconnection service)

generator interconnection products

• Generating resources with long-term firm transmission service

Policy should:
• Add more value to NRIS by making it eligible for benefits comparable to those awarded to designated

resources without required transmission service study

• Tighten thresholds for mitigation of ERIS system impacts

• Include deliverability on larger sub-regional basis

• Address capacity accreditation

• Maintain cost/value balance throughout all transmission services, transmission planning and

Integrated Marketplace processes

• Ensure effectiveness and equity for all impacted stakeholders
884 of 1082



15

#1 NRIS/ERIS MODIFICATIONS

Stakeholder completion goal 

Lead group

Secondary group 

HITT vote

April 2020

TWG, SAWG, MOPC 

MWG, RSC, CAWG

15 to 0

2019 2020
Aug. Sept. Oct. Nov. Dec. Jan. Feb. Mar. Apr. May June July Aug. Sept.

ERIS -

Modifications

Staff develop 

straw proposal

MOPC develop policy 

white paper

MWG

review

MOPC

endorse

MWG

endorse

MOPC

endorse

Develop 

tariff 

language

MOPC

endorse

FERC filing

NRIS -

Accreditation

Staff develop 

straw proposal

SAWG develop policy 

white paper

CAWG/ 

MWG
review

SAWG

endorse

CAWG/ 

MWG
endorse

MOPC/ 

RSC
endorse

Develop 

tariff 

language

MOPC/ 

RSC
endorse

FERC filing

NRIS -

Deliverability

Staff develop 

straw proposal

TWG develop policy 

white paper

MWG
review

TWG

endorse

MWG

endorse

MOPC

endorse

Develop 

tariff 

language

MOPC

endorse

FERC filing

T1 NRIS/ERIS modifications

Original HITT Timeline
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#1 NRIS/ERIS MODIFICATIONS

T1 NRIS/ERIS modifications

NEDTF

• September 29, 2020: Approved the whitepaper 

• Vote:  9 in favor, 0 opposed, 1 abstained (OG&E)

WORKING GROUP ACTIONS
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IMPLEMENTATION TIMELINE
2021 2022 2023

MOPC Approves 

NEDTF 

Recommendations

Process 

changes 

complete
FERC Accepts 

CRIS Tariff 

Changes

Deliv. Area 

Study

Approve New 

Deliver. Areas

Reconcile 

with C1

Finalize D.A.

Study Scope

Transition

Study
Document CRIS in GIAs

Finalize 

Transition

Study Scope

Draft RRs
WG 

Approvals

Draft Filing and

FERC Acceptance

Revise 

processes

System Changes

Transition 

GI Queue

Sched. 9&11 

Coordination
Develop Z2 

Process

Develop 

Que. Coord.

ERIS Cong. 

Study
WG coord. Draft RRs

WG 

Approvals

Draft Filing and

FERC Acceptance

Approve New 

ERIS Threshold 

Changes

Assess ERIS Study 

Processes 

and Models
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#1 NRIS/ERIS MODIFICATIONS

T1 NRIS/ERIS modifications

MOPC:

• Endorsed NEDTF White Paper (Vote:  83.3%)

• Approved the NEDTF’s recommendations regarding CRIS next steps and proceed with the 
GIITF’s recommendations (Vote:  89%)

• Approved ERIS threshold tightening studies (Vote:  95%)

SPC

• Endorsed NEDTF White Paper, NEDTF’s recommendations regarding CRIS next steps, 
proceed with the GIITF’s recommendation on ERIS threshold, and proceed with 
NEDTF’s recommended studies to tighten ERIS threshold.  (Unanimous)

WORKING GROUP ACTIONS
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#1 NRIS/ERIS MODIFICATIONS

T1 NRIS/ERIS modifications

Recommended Motion:

Motion to Endorse NEDTF White Paper, NEDTF’s recommendations 

regarding CRIS next steps, proceed with the GIITF’s recommendation 

on ERIS threshold, and proceed with NEDTF’s recommended studies to 

tighten ERIS threshold.
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T3 Implement new load addition modifications

Modify Attachment AQ process

• Delivery-point additions, modifications, or abandonments

Attachment AQ process should

• Be more transparent

• Allow for quicker results to facilitate potential load growth

• Be modified to limit application to new load, modification to loads, and

load retirements that need to be addressed outside ITP due to timing or

other significant reason
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T3 Implement new load addition modifications

2019 2020

Aug Sept Oct Nov Dec Jan Feb Mar Apr May Jun Jul Aug Sept

Staff straw 

proposal

Coordinate  policy white 

paper with TWG, RTWG and 

RCWG

MOPC

endorse

Draft tariff 

language

MOPC

endorse
FERC filing

Stakeholder completion goal 

Lead group

Secondary group

HITT vote

April 2020 

TWG

RTWG, RCWG

Consensus

Original HITT Timeline
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AQITF

• August 24, 2020:  Approved policy with WFEC opposed (8 – 1)

• September 8, 2020: Approve White Paper, unanimous (9 – 0)

TWG

• September 29, 2020:  Approval of policy White Paper, unanimous (24 - 0 – 0)

MOPC

• October 13-14, 2020: Approval of policy White Paper(100%)

SPC

• October 14, 2020:  Approval of policy White Paper (Unanimous)

WORKING GROUP ACTIONS

T3 Implement new load addition modifications
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Recommended Motion:

Motion to Approve HITT Recommendation T3 Attachment AQ White 

Paper.

T3 Implement new load addition modifications
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C2 Establish byway facility cost allocation review process

• Evaluate creating narrow process through which costs for specific projects

between 100-300 kV can be fully allocated on region-wide basis

• Consider regional benefits resulting from the facilities

• Including energy exports from transmission pricing zone where project is

located
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C2 Establish byway facility cost allocation review process

2019 2020
Aug. Sept. Oct. Nov. Dec. Jan. Feb. Mar. Apr. May June July

Staff to provide data for CAWG to develop policy

recommendation report

CAWG

ESWG

RTWG

review

report

CAWG 

ESWG

approve

report

CAWG

report to 

RSC

Stakeholder completion goal July 2020

Lead group RSC, CAWG

Secondary group ESWG, RTWG

HITT vote 11 to 4

Original HITT Timeline
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C2 Establish byway facility cost allocation review process

• July 2020:  

• White paper approved by the RSC and the 

BOD 

• RR422 was created to implement 

Attachment J tariff language consistent 

with the HITT C2 white paper

• July - September 2020:  

• Tariff language presented at the RTWG 

meetings

• October 1, 2020:  

• RTWG voted on the tariff language and 

associated Business Practice language

• October 6, 2020:  

• CAWG voted as to whether the tariff 

language is consistent with the C2 white 

• October 13-14, 2020:  

• MOPC approved

• October 26, 2020:  

• RSC voting as to whether the tariff language 

is consistent with the C2 white paper

• November 2020:  

• Anticipated FERC filing

TIMELINE
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C2 Establish byway facility cost allocation review process

• October 1, 2020:  

• RTWG vote:  Passed - 2 Opposed (OG&E/CUS); 2 Abstained (AEP/Exel)

• October 6, 2020:  

• CAWG vote:  Passed - 7 for (MO, AR, IA, SD, KS, NE and ND); 0 opposed and 4 

abstained (NM, LA, OK, TX)

• October 13, 2020:  

• MOPC vote:  Passed – 74%

• October 14, 2020:

• SPC vote:  Passed – 2 No votes (AEP & OG&E), Abstained (AECC)

• October 26, 2020

• RSC vote:

WORKING GROUP ACTIONS
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C2 Establish byway facility cost allocation review process

Recommended Motion:

Motion to Approve RR 422 implementing RSC Policy on HITT 

Recommendation C2.  
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CONTACT:
Paul Suskie, HITT Executive Sponsor

psuskie@spp.org

Russell Quattlebaum, HITT Program Business Owner

rquattlebaum@spp.org

Erica Brooks, HITT Program Manager

ebrooks@spp.org
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SOUTHWEST POWER POOL, INC. 

Markets and Operations Policy Committee 

RECOMMENDATION TO THE BOARD OF DIRECTORS 

October 27, 2020 

 

Holistic Integrated Tariff Team (HITT) – M4: Economic Evaluations of Reliability White 

Paper – Economic Outage Coordination 

 

 

 The following persons are members of the Operations Reliability Working Group:  

 

David Pham Empire District Electric Company 

Kyle McMenamin Southwestern Public Service 

Allen Klassen Evergy, Inc. 

Gary Plummer Independence Power & Light 

Ron Gunderson Nebraska Public Power District 

Doug Peterchuck Omaha Public Power District 

Jim Useldinger South Central MCN 

Laurie Gregg Lincoln Electric System 

Allan George Sunflower Electric Cooperative 

Mark Eastwood City Utilities of Springfield 

Bryn Wilson Oklahoma Gas & Electric 

Chris Shaffer American Electric Power 

Abu Elteriefi ITC Great Plains 

Jeff Wells Grand River Dam Authority 

Chance Myers Western Farmers Electric Cooperative 

Craig Speidel Western Area Power Administration 

Keith Carmen Tri-State G&T 

 

The following persons are members of the Market Working Group: 

Eric Alexander Grand River Dam Authority 

Jack Clark NextEra Energy Resources 

Shawn Geil Kansas Electric Power Cooperative 

Shawn McBroom OG&E 

Ronald Thompson, Jr. Nebraska Public Power District 

Rick Yanovich Omaha Public Power District 

Lee Anderson Lincoln Electric System 

Neal Daney Kansas Municipal Energy Agency 
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Jack Madden 

GDS Associates (for East Texas Electric 

Cooperative) 

Aaron Rome Midwest Energy 

John Varnell Tenaska Power Services Co 

Ryan Kirk American Electric Power 

Betsy Beck Enel Green Power North America Member 

Carrie Dixon Xcel Energy Member 

Michael Massery 

Arkansas Electric Cooperative Corporation 

Member 

Yohan Sutjandra 

City Utilities of Springfield, MO / The 

Energy Authority Member 

Valerie Weigel Basin Electric Coop Member 

 

BACKGROUND, GOALS & DRIVERS 

The HITT assigned the SPP staff to work alongside the Operations Reliability Working Group 

(ORWG) and Market Working Group (MWG) on the recommendation of HITT M4 : Economic 

Evaluations of Reliability. The goal of this initiative was to do research, education and 

assessment on the potential implementation of Dynamic Line Ratings (DLR), Topology 

Optimization, and Economic Outage Coordination.  

Working with these working groups, SPP Staff provided education on how these various 

techniques were applied across the country, as well as general education on the implications of 

each technology. Subsequent to this education and research, SPP Staff conducted engineering 

assessment to determine the possible benefit and costs of implanting these technologies for the 

region.  

This work was compiled into three separate white papers and provided to the various working 

groups. The Topology Optimization and Economic Outage Coordination white papers have been 

approved unanimously by both working groups. The Dynamic Line Ratings paper has been 

unanimously approved by the MWG, but is currently pending finalization and approval at the 

ORWG. Additionally, each working group has provided recommendations for the respective 

topics, which are provided here for Economic Outage Coordination. 

ALIGNMENT WITH STRATEGIC PLAN & ROADMAP  

This initiative aligns with multiple parts of the strategic plan: reliability assurance and excellence, 

integration of variable energy resources, and regional resource needs. These studies detail the 

costs, benefits and general implications of the various technologies if they were to be utilized for 

the Southwest Power Pool footprint, as directed by the Holistic Integrated Tariff Team. Please 

see the white papers for the full scope of these details. 
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SUPPORTING ANALYSIS 

HITT M4:  Economic Outage Coordination 

Economic outage coordination allows system planners to evaluate production costs of 

transmission and/or generation outages to identify high-cost outage combinations. 

Southwest Power Pool (SPP) uses a reliability-based approach to outage coordination 

for real-time operations, but this method may lead to outage combinations that cause 

unforeseen production cost impacts, resulting in high footprint prices.  

The white paper explores the outage coordination processes of other Regional 

Transmission Organizations (RTOs) and Independent Service Operators (ISOs) in the 

Eastern Interconnect to identify the methods used to reduce operating costs. This paper 

examines the criteria thresholds needed to create an economic outage coordination 

process by determining the study methodology and how each criteria will affect the 

study requirements and effectiveness. SPP staff reviewed examples from the cost-benefit 

analysis to show potential pitfalls and benefits of implementing economic outage 

coordination. 

Using available tools, SPP simulated economic outage coordination on 36 operating 

days in 2019. Staff chose three cases per month based on the highest, lowest and 

average real-time balancing market (RTBM) congestion costs for each month. Staff used 

corresponding day-ahead reliability unit commitment (DARUC) studies to determine 

production cost impacts of outages meeting defined criteria. This study identified three 

outages that offered positive monetary benefits when rescheduled to a more beneficial 

timeframe. When studying all three outage reschedules with respect to one another, it 

was determined that rescheduling two outages had a greater benefit over rescheduling 

all three outages. Rescheduling two outage reduced system production costs by 

approximately $170,000. Due to resource availability, staff analyzed only one day from 

the original outage schedule and one day from the rescheduled timeframe to determine 

the total benefit for each rescheduled outage.  

 

Currently, it would be infeasible to incorporate economic outage coordination into SPP’s 

outage coordination process. It is evident that economic outage coordination has the 

potential to offer financial benefits, but it is a complex process requiring a robust 

analysis for members to determine the full value. 
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OTHER OPTIONS CONSIDERED 

None. 

VALUE 

The white paper identified a possible savings of around $170,000 for the types of outages 

explored.  However, the costs and complexity of deploying this technology in the current 

environment far outweighs the potential benefit.   

RECOMMENDATION 

The Operational Reliability Working Group (ORWG) and MWG (MWG) recommend the following 

actions: 

 SPP not pursue the implementation of economic outage coordination at this time 

due to uncertain benefit, increased cost, and increased complexity.  The need for 

improved reliability coordination is more pressing. 

 The Generator Outage Task Force continue its efforts to recommend improvement to 

the generator outage coordination process. 

 

Approved: Market Working Group September 15, 2020 

 Unanimous Approval 

Approved: Operations Reliability Working Group September 30, 2020 

 Unanimous Approval 

Approved: Markets & Operations Policy Committee October 13, 2020 

 Approved (100%) 
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SOUTHWEST POWER POOL, INC. 

Markets and Operations Policy Committee 

RECOMMENDATION TO THE BOARD OF DIRECTORS 

October 27, 2020 

 

Holistic Integrated Tariff Team (HITT) – M4: Economic Evaluations of Reliability White 

Paper – Topology Optimization 

 

 

 The following persons are members of the Operations Reliability Working Group:  

 

David Pham Empire District Electric Company 

Kyle McMenamin Southwestern Public Service 

Allen Klassen Evergy, Inc. 

Gary Plummer Independence Power & Light 

Ron Gunderson Nebraska Public Power District 

Doug Peterchuck Omaha Public Power District 

Jim Useldinger South Central MCN 

Laurie Gregg Lincoln Electric System 

Allan George Sunflower Electric Cooperative 

Mark Eastwood City Utilities of Springfield 

Bryn Wilson Oklahoma Gas & Electric 

Chris Shaffer American Electric Power 

Abu Elteriefi ITC Great Plains 

Jeff Wells Grand River Dam Authority 

Chance Myers Western Farmers Electric Cooperative 

Craig Speidel Western Area Power Administration 

Keith Carmen Tri-State G&T 

 

The following persons are members of the Market Working Group: 

Eric Alexander Grand River Dam Authority 

Jack Clark NextEra Energy Resources 

Shawn Geil Kansas Electric Power Cooperative 

Shawn McBroom OG&E 

Ronald Thompson, Jr. Nebraska Public Power District 

Rick Yanovich Omaha Public Power District 

Lee Anderson Lincoln Electric System 

Neal Daney Kansas Municipal Energy Agency 
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Jack Madden 

GDS Associates (for East Texas Electric 

Cooperative) 

Aaron Rome Midwest Energy 

John Varnell Tenaska Power Services Co 

Ryan Kirk American Electric Power 

Betsy Beck Enel Green Power North America Member 

Carrie Dixon Xcel Energy Member 

Michael Massery 

Arkansas Electric Cooperative Corporation 

Member 

Yohan Sutjandra 

City Utilities of Springfield, MO / The 

Energy Authority Member 

Valerie Weigel Basin Electric Coop Member 
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BACKGROUND, GOALS & DRIVERS 

The HITT assigned the SPP staff to work alongside the Operations Reliability Working Group 

(ORWG) and Market Working Group (MWG) on the recommendation of HITT M4 : Economic 

Evaluations of Reliability. The goal of this initiative was to do research, education and 

assessment on the potential implementation of Dynamic Line Ratings (DLR), Topology 

Optimization, and Economic Outage Coordination.  

Working with these working groups, SPP Staff provided education on how these various 

techniques were applied across the country, as well as general education on the implications of 

each technology. Subsequent this education and research, SPP Staff conducted engineering 

assessment to determine the possible benefit and costs of implanting these technologies for the 

region.  

This work was compiled into three separate white papers and provided to the various working 

groups. The Topology Optimization and Economic Outage Coordination white papers have been 

approved unanimously by both working groups. The Dynamic Line Ratings paper has been 

unanimously approved by the MWG, but is currently pending finalization and approval at the 

ORWG. Additionally, each working group has provided recommendations for the respective 

topics, which are provided here for Topology Optimization. 

ALIGNMENT WITH STRATEGIC PLAN & ROADMAP  

This initiative aligns with multiple parts of the strategic plan: reliability assurance and excellence, 

integration of variable energy resources, and regional resource needs. These studies detail the 

costs, benefits and general implications of the various technologies if they were to be utilized for 

the Southwest Power Pool footprint, as directed by the Holistic Integrated Tariff Team.  Please 

see the white papers for the full scope of these details.  

SUPPORTING ANALYSIS 

HITT M4:  Topology Optimization  

Topology optimization uses existing transmission assets to achieve increased grid flexibility and 

efficiency. While transmission elements are traditionally viewed as static elements, transmission 

topology reconfigurations may provide a means to reliably re-route power around congested 

facilities without causing additional burden on the system. At SPP, transmission reconfigurations 

are used on a limited basis, usually after all other mitigation options have been exhausted. 

Topology optimization provides an economic opportunity to add flexibility by making 

transmission elements more dynamic in nature.  
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The white paper provides examples to demonstrate the economic benefits topology 

optimization could provide while continuing to satisfy standard reliability requirements. The 

white paper demonstrates that an approximate annual production cost savings of $5.07 million 

could be realized by utilization topology optimization for economics.  

 

Because topology optimization uses existing assets, it is relatively inexpensive to deploy and can 

result in improved generation dispatch, increase transfer capability, and decreased congestion. 

However, running the necessary analysis can be resource intensive and would require extra time 

to consider all possible reconfigurations that may provide benefit. Additional staff may be 

required. Since topology optimization would increase the frequency of breaker operations, its 

use could lead to an increase in required maintenance and speed up equipment degradation. 

Topology optimization may also have some unpredictable effects to compensation for Market 

to Market (M2M) settlements and Transmission Congestion Rights (TCR).  

 

To take full advantage of economic benefits from topology optimization, SPP will need to invest 

time and money to fully integrate and streamline the reconfiguration screening and selection 

process. While SPP is capable of performing the studies needed for the topology optimization 

assessment, a more efficient process will need to be developed to perform these studies 

regularly. 

OTHER OPTIONS CONSIDERED 

None. 

VALUE 

The white paper identified a possible savings of around $5 million annual.  While the possible 

impact to staffing at both SPP and impacted TOPs has not been fully assessed, it is estimated to 

be minimal for initial deployments of topology optimization.   

RECOMMENDATION 

The Operational Reliability Working Group (ORWG) and Market Working Group (MWG) 

recommends the following: 

 

 SPP continues the use of topology optimization software in current processes, where 

applicable, to provide reconfiguration solutions for reliability issues in a concise and 

timely manner. 

 The usage of topology optimization for economic reasons be recommended only when 

all SPP Member established operating criteria is met ensuring the reliability to the Bulk 

Electric System is maintained. 

 Topology optimization for economic reasons continue to be researched and evaluated. 
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Approved: Market Working Group September 15, 2020 

 Approved with two no votes – NPPD & CUS 

Approved: Operations Reliability Working Group September 30, 2020 

 Unanimous Approval 

Approved: Markets & Operations Policy Committee October 13, 2020 

 Approved (98%) 
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ECONOMIC OUTAGE 

COORDINATION 

HITT M4 INITATIVE 

By SPP Operations 

Published on October 2020 

Version 1 

 

913 of 1082



REVISION HISTORY 

DATE OR VERSION 

NUMBER 

AUTHOR CHANGE 

DESCRIPTION 

COMMENTS 

8/25/2020 SPP Staff Draft Report Initial report to working 

group 

10/1/2020 SPP Staff Final Report Incorporate feedback 

from working groups 

and finalize 

recommendation 
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EXECUTIVE SUMMARY 

Economic outage coordination allows system planners to evaluate production costs of 

transmission and/or generation outages to identify high-cost outage combinations. 

Southwest Power Pool (SPP) uses a reliability-based approach to outage coordination 

for real-time operations, but this method may lead to outage combinations that cause 

unforeseen production cost impacts, resulting in high footprint prices.  

This paper explores the outage coordination processes of other Regional Transmission 

Organizations (RTOs) and Independent Service Operators (ISOs) in the Eastern 

Interconnect to identify the methods used to reduce operating costs. This paper 

examines the criteria thresholds needed to create an economic outage coordination 

process by determining the study methodology and how each criteria will affect the 

study requirements and effectiveness. SPP staff reviewed examples from the cost-benefit 

analysis to show potential pitfalls and benefits of implementing economic outage 

coordination. 

Using available tools, SPP simulated economic outage coordination on 36 operating 

days in 2019. Staff chose three cases per month based on the highest, lowest and 

average real-time balancing market (RTBM) congestion costs for each month. Staff used 

corresponding day-ahead reliability unit commitment (DARUC) studies to determine 

production cost impacts of outages meeting defined criteria. This study identified three 

outages that offered positive monetary benefits when rescheduled to a more beneficial 

timeframe. When studying all three outage reschedules with respect to one another, it 

was determined that rescheduling two outages had a greater benefit over rescheduling 

all three outages. Rescheduling two outage reduced system production costs by 

approximately $170,000. Due to resource availability, staff analyzed only one day from 

the original outage schedule and one day from the rescheduled timeframe to determine 

the total benefit for each rescheduled outage.  

Currently, it would be infeasible to incorporate economic outage coordination into SPP’s 

outage coordination process. It is evident that economic outage coordination has the 

potential to offer financial benefits, but it is a complex process requiring a robust 

analysis for members to determine the full value. 
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BACKGROUND  

BACKGROUND 

In July 2019, the SPP board of directors approved a recommendation from the Holistic 

Integrated Tariff Team (HITT) for SPP to draft a whitepaper to help the organization 

understand the use of economic outage coordination, its expected role and impact and 

how SPP can effectively plan for and utilize this technology moving forward.  

Economic outage coordination is a technology that is not widely utilized in the Eastern 

Interconnect. Generally, transmission operators (TOP) submit equipment outages to 

their respective RTOs/ISOs based on maintenance schedules and planned projects that 

do not take into account total system production cost. Generator operators (GOP) 

submit equipment outages that take system loads and expected prices into 

consideration, but these outage submissions are not coordinated regionally. Economic 

outage coordination is not intended to perform a full optimization of transmission and 

generator outages for a given time period. However, RTOs/ISOs can use economic 

outage coordination to identify conflicting outages and outages that result in an 

increase in total production cost above a specified monetary threshold. This gives 

RTOs/ISOs the opportunity to reschedule outages to a new timeframe, which reduces 

overall production cost and reduces the risk of uncontrollable congestion. 

Rescheduling transmission and/or generator outages based on an economic evaluation 

may provide reductions in production costs for specific transmission topology and 

generation dispatch configurations. Deviations from the forecasted outage profile used 

in the economic analysis may lead to increases in production costs based on unknown 

system conditions. The process of economically coordinating outages, while considering 

future system conditions, will be difficult to do on a large scale with any significant lead-

time prior to the outage date. This may require adjustments to SPP’s outage submission 

criteria regarding submitting advanced planned outages. GOPs and TOPs should 

consider incurred costs from rescheduling outages in the economic evaluation. 

OVERVIEW 

Economic outage coordination allows system planners to evaluate production costs of 

transmission and/or generation outages to identify high-cost impacts and assign an 

estimated cost impact to individual outages or combinations of outages. 
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SPP has historically used a reliability-based approach to outage coordination for real-

time operations. Using reliability as the only metric in the outage approval process may 

lead to outage combinations that cause unforeseen production cost impact, resulting in 

high footprint prices.  

SPP requires all planned transmission and generation outages be submitted no less than 

14 days in advanced. Staff bases transmission outage approvals on thermal and voltage 

studies. If the resulting reliability risk is manageable, they approve the outage. Staff 

performs thermal and voltage studies on generator outages, but staff approves unit 

outages using the generator assessment process (GAP), a tool that identifies days the 

SPP Balancing Authority (BA) may experience a generation capacity shortage. Outage 

approvals typically occur three business days prior to the start of the outage and are on 

a first-come, first-served basis. The deficiency with this approach is it only attempts to 

measure reliability impact and does not consider production cost impact.  

In an attempt to prevent costly outage combinations, RTOs/ISOs in the Eastern 

Interconnect added a variety of techniques to their outage approval process to reduce 

costs created by outages. At the time of this report, only one ISO/RTO in the Eastern 

Interconnect uses economic outage coordination in their outage approval process, but 

other RTOs/ISOs have implemented alternative methods to reduce the economic impact 

of outages. These alternative methods include placing additional restrictions on 

transmission outages and not allowing generator outages during peak load periods. 

Another technique used is maintaining a list of highly impactful outages that require 

additional steps and further considerations in the outage approval process. The 

following section covers these processes in more detail. 

OUTAGE APPROVAL PROCESS IN OTHER 

RTO/ISO 

ISO-NEW ENGLAND 

When assessing the other RTO/ISOs, SPP found various processes for outage 

coordination.  

ISO-New England (ISO-NE) evaluates major transmission element (MTE) outages 

submitted at least 90 days in the future. ISO-NE staff identified and rescheduled costly 

outage combinations using their long-term outage economic analysis process. The 

benefits to the ISO-NE process allow the market administrators to select correct outage 
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combinations for inclusion in its monthly and annual financial transmission rights 

auction as shown in Figure 1. It also allows ISO-NE to provide relative certainty to the 

transmission owner that the outage submission will proceed as scheduled, even when 

there are observed conflicts in the short term.  

 
Figure 1 - Transmission Outage Economic Analysis using Market Simulation Software. (2012) FERC Staff Technical Conference on 

Increasing Real-Time and Day-Ahead Market Efficiency through Improved Software. Retrieved from 
https://www.ferc.gov/CalendarFiles/20120626080541-Monday_SessionB_Blaede.pdf 

 

ISO-NE’s short-term outage economic analysis consists of the evaluation of transmission 

outages up to five days prior to the operating day and focuses on all transmission 

elements. The process attempts to identify expensive or conflicting outage 

combinations prior to day-ahead market solutions and in real-time operations. The 

process will attempt to move start times, stop times and identify compensatory 

measures. Outages with long-term economic approval or taken in the financial 

transmission rights auction are generally not considered in the process. ISO-NE 

evaluates and potentially reschedules conflicting outages with the latest submitted 

timestamp, as shown in Figure 2. 
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Figure 2 - Transmission Outage Economic Analysis using Market Simulation Software. (2012) FERC Staff Technical Conference on 

Increasing Real-Time and Day-Ahead Market Efficiency through Improved Software. Retrieved from 
https://www.ferc.gov/CalendarFiles/20120626080541-Monday_SessionB_Blaede.pdf 

PJM 

When assessing planned generation outages, Pennsylvania, New Jersey and Maryland 

Power Pool (PJM) requires all submissions for planned outages at least 30 days in 

advance. PJM does not allow generator outages during peak maintenance season (June 

through August). Submissions for planned transmission outages with a duration more 

than five days are required at least six months in advance. Submissions for outages with 

a duration of less than five days are required by the first day of the prior month. PJM 

generally limits outages to a maximum duration of nine consecutive days during its 

peak maintenance season. 

MISO 

Midcontinent Independent System Operator (MISO)’s planned generation outages 

process requires GOPs to submit planned maintenance outage schedules for a minimum 

of a rolling two-year period for units greater than 10MW, but specific exemptions are 

920 of 1082

https://www.ferc.gov/CalendarFiles/20120626080541-Monday_SessionB_Blaede.pdf


allowed. Submitted outages after this timeframe are accepted, but considered late, and 

MISO will respond within three months or as soon as practical. For planned transmission 

outages, MISO TOPs must submit long-term planned maintenance outage schedules for 

a minimum of a rolling one-year period. MISO categorizes outage submissions by class. 

A class I outage is considered timely when submitted at least 14 days in advance. MISO 

considers a Class II outage timely when submitted at least seven days in advance.  

ERCOT 

The Electric Reliability Council of Texas (ERCOT) requires each transmission service 

provider and qualified scheduling entity provide a 12-month outage plan, but accepts 

planned generation outage submissions least 45 days in advance. For generation 

outages submitted less than 45 days in advance, ERCOT will act on the submission 

within five business days. ERCOT will act on transmission outages submitted between 45 

and 90 days in advanced no later than 30 days prior to the start of the outage. For 

transmission outages submitted more than 90 days in advance, ERCOT will act on the 

submission no later than 75 days prior to the start of the outage. ERCOT maintains and 

reviews a high-impact transmission element list where they asses transmission outages 

that have historically resulted in $1 million or more in congestion. The ERCOT high-

impact outages are required to state why the work is necessary and to determine if 

alternative solutions are available. ERCOT asses working hours to determine if extending 

hours or daily submissions could occur. ERCOT may reschedule high-impact outages to 

reduced load seasons to minimize impacts on the market.  

ECONOMIC OUTAGE COORDINATION 

PROCESS DEVELOPMENT 

OVERVIEW 

RTOs/ISOs may take many approaches when developing the economic evaluation 

methodology. Staff may design the study to maximize savings by reducing production 

cost, but that will increase the number of studies required and increase costs to 

TOPs/GOPs from rescheduling outages. Choosing the study horizon, or how far into the 

future the study evaluates, will determine the minimum amount of work required for 

each study. The study horizon will affect the notification time given to TOPs/GOPs if 

requested to reschedule an outage. Selecting equipment to be included in the study will 
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dictate the number of cases required, but it will impact the number of reschedules 

identified in the study. The development of study criteria and study thresholds help 

minimize the amount of study work, while maximizing the benefit of analysis. It is critical 

to design an economic outage coordination process that balances the desire to 

minimize production costs with costs incurred from rescheduling outages.  

EQUIPMENT INCLUDED 

To properly select equipment for economic evaluation, criteria needs to be set for study 

inclusion. For example, economic outage coordination may only be appropriate on 

transmission lines greater than or equal to a set voltage threshold. Including lower kV 

transmission elements and small units would be infeasible if inclusion becomes 

computationally and logistically infeasible. As shown in Figure 3 and Figure 4, 85% of 

transmission outages are less than 161kV, and 75% of generation outages are less than 

100 MWs. The duration of a transmission or generation outage can be just as critical as 

kV level or MW value, and reviewing the outage duration with kV level and MW value 

may be a reasonable approach. 

 

Figure 3 – 2019 Transmission Outages by kV level 
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Figure 4 – 2019 Generator Outages by MW level 

EVALUATION HORIZON 

It is possible to perform economic outage coordination on a near-term or long-term 
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The availability and accuracy of load and wind forecasts determines the length of the 

near-term horizon. SPP currently relies on a seven-day load and wind forecast, so the 

near-term evaluation horizon is seven days or less. In a near-term evaluation, the outage 

profile and forecasts would be more accurate allowing outage planners to utilize the 

transmission system and available generation, though the rescheduling impact may be 

significant or unreasonable. Long-term evaluations provide more opportunity to adjust 

outage profiles. Determining whether an outage is costly several months in advance 

allows TOPs/GOPs more flexibility in rescheduling the outage and may reduce the 

overall costs of the reschedule. Forecasts are more uncertain in the long-term and may 
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SELECTING EQUIPMENT AND HORIZONS 

Choosing what equipment to evaluate, with respect to the evaluation horizon, will 

increase the efficiency of the study and potentially reduce the burden on the TOP/GOP 

outage planners. Requiring only outages submitted on MTEs and units 250 MW or 

larger prevents smaller equipment from increasing the number of scenarios evaluated. 

This reduces the number of outages that TOPs/GOPs must coordinate and submit to the 

long-term evaluation. This allows for the scheduling of more resource-intensive outages 

further in the future and ahead of smaller kV level equipment and generator outages. It 

is more economical to schedule smaller transmission and unit outages around outages 

that are more costly to the equipment owner. 

The most effective approach may be to require larger transmission equipment and 

larger unit outages be submitted to the long-term evaluation process. All remaining 

equipment above a specified kV level and MW size would be included in the near-term 

evaluation.  

In order to provide outage submitters ample time to reschedule outages, it will be 

beneficial to consider the type of work rescheduled in each horizon. It may be best to 

set the long-term evaluation horizon six months into the future and the near-term at 

three days.  

Refer to the defining economic outage coordination study criteria in the next section to 

see the criteria used in this study. 

 

ECONOMIC OUTAGE COORDINATION 

COST-BENEFIT ANALYSIS  

OVERVIEW 

Economic outage coordination uses production cost and case comparisons to identify 

costly outages. The major obstacle in this process is the inability to assign impacts to 

production cost to individual constraints. A base case without any outages from the 

studied timeframe would be required to establish base line production costs. For each 

additional outage, staff would create a change case to assess the effect on production 

cost from each individual outage. The software used by SPP to process these cases takes 
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approximately four hours per case run, which limits the number of cases studied. To 

perform economic outage coordination efficiently on a larger scale, the process requires 

a software that can return the production cost impact of the outage, build models 

efficiently and be able to process a single case within minutes.  

For this study, staff evaluated congestion cost to identify outages potentially resulting in 

production cost increases. Staff used only constraints with a high-assigned congestion 

cost as a starting point to investigate outage-related congestion. By focusing on specific 

constraints, staff may assess an outage for its impact on the constraint prior to creating 

an additional base case, which reduces the total number of case runs. 

For constraints meeting the defined congestion cost threshold in the base case, staff 

explored the constraints to determine if multiple outages contributed to the congestion. 

If so, staff reviewed each outage submission to determine if it was movable and to 

identify the submitted order. If both outages were moveable, staff rescheduled the last 

submitted outage to a different timeframe. Staff moved the outage to a new date and 

an additional case was created to measure the impact of removing the outage from the 

original timeframe.  

SPP staff did not perform economic evaluations when a constraint met the congestion 

cost threshold and an identified single outage increased congestion. These outages 

were on equipment that do not require additional equipment outages to increase 

congestion. 

Staff attempted to reschedule all outages immediately after the end date of the outage 

it conflicted with. This was not always possible because staff must consider ongoing 

outages to avoid an outage schedule that would create another outage conflict. Once 

staff selected a new operating day from the new outage schedule, they created a base 

and a change case to measure the outage impact in the new timeframe. 

Measuring the difference in production cost for both operating days provided the 

overall economic impact of moving the outage. 

OPERATING DAYS 

SPP assessed the economic impact of transmission and generator outages for 36 

operating days in 2019. Staff chose three cases per month based on the highest, lowest 

and median real-time balancing market (RBTM) congestion cost for each month. These 

cases are a representation of potential annual benefit when scaling the 36 operating 

days assessed. Staff used data collected from all 12 months to develop the model 

scenarios used in the economic outage coordination evaluation. Overview 
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Economic outage coordination uses production cost and case comparisons to identify 

costly outages. The major obstacle in this process is the inability to assign impacts to 

production cost to individual constraints. A base case without any outages from the 

studied timeframe would be required to establish base line production costs. For each 

additional outage, staff would create a change case to assess the effect on production 

cost from each individual outage. The software used by SPP to process these cases takes 

approximately four hours per case run, which limits the number of cases studied. To 

perform economic outage coordination efficiently on a larger scale, the process requires 

a software that can return the production cost impact of the outage, build models 

efficiently and be able to process a single case within minutes.  

For this study, staff evaluated congestion cost to identify outages potentially resulting in 

production cost increases. Staff used only constraints with a high-assigned congestion 

cost as a starting point to investigate outage-related congestion. By focusing on specific 

constraints, staff may assess an outage for its impact on the constraint prior to creating 

an additional base case, which reduces the total number of case runs. 

For constraints meeting the defined congestion cost threshold in the base case, staff 

explored the constraints to determine if multiple outages contributed to the congestion. 

If so, staff reviewed each outage submission to determine if it was movable and to 

identify the submitted order. If both outages were moveable, staff rescheduled the last 

submitted outage to a different timeframe. Staff moved the outage to a new date and 

an additional case was created to measure the impact of removing the outage from the 

original timeframe.  

SPP staff did not perform economic evaluations when a constraint met the congestion 

cost threshold and an identified single outage increased congestion. These outages 

were on equipment that do not require additional equipment outages to increase 

congestion. 

Staff attempted to reschedule all outages immediately after the end date of the outage 

it conflicted with. This was not always possible because staff must consider ongoing 

outages to avoid an outage schedule that would create another outage conflict. Once 

staff selected a new operating day from the new outage schedule, they created a base 

and a change case to measure the outage impact in the new timeframe. 

Measuring the difference in production cost for both operating days provided the 

overall economic impact of moving the outage. 
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OPERATING DAYS 

 shows the chosen operating days with the associated RTBM congestion cost used to 

develop the economic outage coordination scenarios for this report. RTBM congestion 

cost is defined as: 

 

𝑅𝑇𝐵𝑀𝐶𝑜𝑛𝑔𝑒𝑠𝑡𝑖𝑜𝑛𝐶𝑜𝑠𝑡𝑖 = ∑ (∑ (𝐿𝑜𝑎𝑑𝑀𝑊𝑝 − 𝐺𝑒𝑛𝑀𝑊𝑝) ∗ 𝑆ℎ𝑖𝑓𝑡𝐹𝑎𝑐𝑡𝑜𝑟𝑝𝑝 ) ∗ 𝑆ℎ𝑎𝑑𝑜𝑤𝑃𝑟𝑖𝑐𝑒𝑐𝑐 , where 

c is a constraint, p is an aggregate pnode, and i is a RTBM interval. 

 

        January         July

o   01-Jan - $7,609,000 o   16-Jul - $7,430,000 

o   16-Jan - $288,000 o  0 6-Jul - $161,000 

o   12-Jan - $2,534,000 o  0 8-Jul - $1,490,000 

        February         August

o   25-Feb - $8,168,000 o   26-Aug - $4,839,000 

o   16-Feb - $94,000 o   10-Aug - $80,000 

o  0 8-Feb -  $2,165,000 o   17-Aug - $1,360,000 

         March         September 

o   27-Mar - $9,215,000 o   29-Sep - $11,253,000

o   10-Mar - $56,000 o   13-Sep - $489,000 

o   12-Mar - $2,028,000 o   02-Sep - $2,705,000 

        April          October 

o   11-Apr - $6,659,000 o  0 1-Oct - $9,225,000

o   24-Apr - $88,000 o   16-Oct - $113,000 

o  0 9-Apr - $2,393,000 o   06-Oct - $2,474,000 

        May         November 

o   16-May -  $9,390,000 o   13-Nov - $6,426,000

o   12-May -  $57,000 o   14-Nov - $511,000 

o   05-May - $2,021,000 o   26-Nov - $2,479,000 

        June         December 

o   05-Jun -  $4,730,000 o   11-Dec - $7,559,000

o  0 6-Jun -  $82,000 o   27-Dec - $4,000 

o   15-Jun -  $1,753,000 o  0 3-Dec - $1,966,000 

 

Table 1:  Identified Operating Days & Congestion Costs 

Cases are a representation of the potential annual benefit. Choosing the high, low and 

average congestion cost day allows the cost-benefit simulation in all seasons and on 

operating days with varying load, wind and outage profiles. 
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MARKET ASSESSMENT 

Staff ran DARUC studies in the standalone market clearing engine (MCE) to obtain 

market costs. A base case and change case were created to evaluate binding constraints, 

congestion and production cost. Both the base case and change case contained the 

same load profile, wind forecast and outages.  

For each case, staff cleared the initial current operating plan (COP) to eliminate any 

previous day-ahead market (DAMKT) commitments and to prevent impacts from 

previous decisions so outages may be isolated as the primary driver of any sensitivities 

and/or commitment changes. Change cases may have additional activated constraints 

because of rerouted congestion due to changes in topology or available generation. 

Both the base and change case had a security constrained unit commitment (SCUC), 

security constrained economic dispatch (SCED) and simultaneous feasibility test 

(SFTCheck) performed. 

 

An overview of the market assessment is below. 

 Base case (original outage schedule) 

o Run SCUC, SCED and SFTCheck 

o Identify SFTCheck constraints to be controlled and restudied 

o Rerun SCUC and SCED on the bases case with the identified SFTCheck 

constraints activated 

o Collect production cost 

 Change case (original outage schedule) 

o Remove outage from the initial DARUC case 

o Run SCUC, SCED and SFTCheck 

o Rerun SCUC and SCED on the change case with the identified SFTCheck 

constraints activated 

o Collect production costs 

  Reschedule base case (new outage schedule) 

o Run SCUC, SCED and SFTCheck 

o Identify SFTCheck constraints to be controlled and restudied 

o Rerun SCUC and SCED on the bases case with the identified SFTCheck 

constraints activated 

o Collect production cost 

 Reschedule change case (new outage schedule) 
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o Apply outage to the DARUC case 

o Run SCUC, SCED and SFTCheck 

o Rerun SCUC and SCED on the change case with the identified SFTCheck 

constraints activated 

o Collect production costs 

 Obtain the production cost delta for both sets of base & change cases 

 Repeat steps for all qualifying constraints 

o Staff studied operating days with multiple outages individually and with all 

outage combinations applied. 

Staff obtained the cost benefit by comparing the production cost between the base and 

change case for each operating day. Production cost consists of the generators’ startup, 

no-load and energy/ancillary service (AS) costs. Definitions for startup, no-load and 

energy/AS cost are as follows: 

 Startup cost – cost incurred in starting up a unit 

 No-load cost – cost for operating a synchronized resource at zero (0) MW output 

 Energy/AS cost – cost to provide energy/AS based on a set of price/quantity pairs 

that represent the offer 

DEFINING ECONOMIC OUTAGE COORDINATION STUDY 

CRITERIA 

This analysis identifies outages responsible for major congestion cost increases in the 

selected days shown above. 

Economic Outage Coordination Study Criteria 

 Trigger to initiate economic outage coordination analysis 

o Operating day congestion cost more than $1,000,000 

o Individual constraint congestion cost more than $100,000 

 Equipment included in analysis 

o 115 kV transmission equipment and above 

o All units with a high MW impact 

 Outages eligible for reschedule 

o Priority type of discretionary, operational, opportunity or planned 

o Outage with the latest priority date was selected to be rescheduled 

 Selecting new outage schedules for rescheduled outages 
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o Based on the end date of the conflicting outage 

o Other implemented outages for the timeframe were also taken into 

consideration 

To initiate the analysis of an operating day, the operating day had to have at least 

$1,000,000 in congestion cost. Of the days selected for analysis, 10 of the 36 met this 

requirement. Next, staff investigated each binding constraint for that day and any 

constraint more than the $100,000 congestion cost threshold to discover a relation to an 

existing outage.  

For this analysis, only 115 kV and higher transmission equipment was considered. The 

study included any generator with significant impact, or 5% generator shift factor (GSF), 

on the respective constraint. 

When more than one outage contributed to increased congestion, staff implemented 

criteria to determine which outage to reschedule and how to determine the new outage 

schedule. The study only included outages with a control room outage window (CROW) 

outage priority of discretionary, operational, opportunity or planned. When two outages 

conflicted with one another, the last outage submitted to CROW had the lowest priority 

and would be the candidate for reschedule.  

Once staff selected an outage for reschedule, they based the new start day for 

rescheduling on the end date of the conflicting outage. The intent was to reschedule the 

outage as soon as possible and not to move it to a day with the least impact because 

these variables are unknown at the time of the reschedule. At the same time, staff used 

engineering judgement to select the new outage schedule. All scheduled outages were 

loaded onto a virtual map of the SPP footprint to display transmission outages on SPP’s 

transmission system. This step identified scheduled outages potentially conflicting with 

the rescheduled outage. This was a visual analysis only. Staff performed no actual 

studies to determine conflicts. 

ECONOMIC OUTAGE COORDINATION PROCESS 

Without having a tool specifically designed to perform economic outage coordination, 

SPP staff developed a process to simulate the economic outage coordination process 

with existing tools. Figure 5 shows workflow of this process.  
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Figure 5 – Economic outage coordination flowchart 

 Determine congestion cost for each operating day and each constraint 

 Determine the reason for congestion  

 Review outage details in CROW 

 Case development 

 Run cases through MCE 

 Process results 

 

Staff analyzed each of the evaluated days to determine if they met the congestion cost 

threshold of $1,000,000, and removed any day not meeting the threshold from further 

economic evaluation. Figure 6 shows the days meeting these criteria. Staff reviewed all 

binding constraints on the operating days that met the threshold to determine if any 

congestion costs reached $100,000 and to determine whether the congestion was due 

to transmission or generator outages. Figure 7 shows the number of constraints 

meeting this threshold by operating day. 
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Figure 6 – Operating days meeting congestion cost threshold 

 

Figure 7 – Constraints meeting congestion cost threshold 

 

Determining if the congested constraint was due to an outage required a manual 

inspection. Staff used powerflow software, Power System Simulator for Engineering 
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(PSSE), to search for impactful outages and to determine their GSF or line outage 

distribution factor (LODF) on each constraint. These are measures of how much impact 

the outage had on the congested constraint. 

Figure 8 categorizes each investigated constraint based on the reason for congestion. 

The top two categories were constraints congested due to multiple outages. Potential 

reschedule included constraints with at least one reschedulable outage, while 

forced/urgent/emergency included constraints congested due to an outage with a 

forced/urgent/emergency outage priority and second outage that was deemed non-

movable.  

 

Figure 8 – Factors causing congestion on constraints 

 

COST-BENEFIT ANALYSIS RESULTS 

The cost-benefit analysis performed using the DARUC cases found that 10 out of 36 

operating day met the $1,000,000 congestion cost threshold, three out of those 10 days 

had constraints that exceeded $100,000 in congestion cost, and staff investigated 41 

constraints to determine if the congestion was due to an outage. Of the 41 investigated 

constraints, staff rescheduled five outages. Only three out of the five reschedules offered 

a positive net benefit.  
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SPP staff independently studied the net benefit of a rescheduled outage. They used the 

individual net benefit as a metric to determine if further analysis was required. If the 

individual net benefit was positive, they analyzed the rescheduled outage along with any 

other scenarios that it overlapped. For this analysis, staff referred to the change in 

production cost as the combined net benefit for any operating days that had more than 

one change applied. 

Figure 9 shows the net benefit for each rescheduled outage. The net benefit is the 

summed production cost delta from the original and new outage schedules.  

 

Figure 9 – Outage reschedule individual net benefit 

On April 11, staff identified Caney River – Neosho 345 kV constraint for economic 

evaluation due to congestion cost reaching $600,000. Staff observed there was a 

planned 345 kV line outage and a large generator outage that were contributing to this 

high congestion cost. The planned line outage had priority, so staff rescheduled for April 

11. Figure 10 shows this reduced the congestion cost by $50,000, but the overall 

production cost increased by $76,000. The April 11 change case observed an increase in 

startup cost that far outweighed the decrease in no-load and energy cost. This 

highlights the necessity to have detailed market parameters modeled in the study tool.  
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 Figure 10 – April 11/August 12 net benefit 

On May 16, the Sooner 345/138 kV transformer was congested due to a planned 345 kV 

outage along with a planned 138 kV outage. Staff rescheduled the planned 138 kV 

outage due to a later submission date. Rescheduling this outage resulted in an increase 

in production cost on May 16 and a decrease in production cost July 18. This result is 

counterintuitive to traditional thinking when it comes to transmission outages and 

production cost since making the unit available reduced the congestion while increasing 

the overall production cost. Similar instances show up on three of the five reschedules in 

this study. Not only does this scenario echo a need for a study tool with accurate market 

parameters modeled, but it also highlights how monitoring congestion cost to initiate 

economic analysis, instead of production cost, may lead to investigating outage 

reschedules that do not offer benefit. Examining congestion cost, as utilized in this 

study, is one way to perform economic analysis on a small scale, but it may lead to 

unnecessary scenarios and other wasted resources.  

Staff should utilize software that can build and solve models efficiently and return a 

production cost to set up economic outage coordination in a production environment. 

To implement this technology on a large scale, the number of cases created for each 

study period will be much larger than any other study SPP currently performs. Utilizing 

the proper software would allow the study engineer to build and solve the required 

cases in a reasonable amount of time. 
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Figure 11 – May 16/July 18 net benefit 

Staff simultaneously reviewed the following three outage reschedules to discuss the 

impact of combined reschedules. To review the individual outage cost savings, refer to 

Figures 1.5, 1.16 and 1.17 in the appendix. This section refers to the following 

reschedules by the reference name shown in Table 2. 

Constraint Name Original Day 

Studied 

Rescheduled Day 

Studied 

Reference Name 

Neosho – Riverton 138 kV May 16 June 17 Reschedule A 

Division – Lakeside 138 kV October 1 October 6 Reschedule B 

Gordon – Maiz 138 kV October 1 November 11 Reschedule C 

Table.2 – Reschedule reference names 

The following example includes three reschedules that offered positive benefit. 

Reschedule A was a scenario where the original and new evaluated days did not overlap 

with any other reschedules. Reschedules B and C are different since staff originally 

scheduled both outages to take place through October 1. Reschedules B and C were 

studied individually and as together. Referring to Figure 12, the summed benefit of 

reschedules A, B and C is much greater than the combined benefit of all three outages.  
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Figure 12 – Individual and combined benefit 

To identify the large difference between the individual and combined benefit required 

further analysis of the cases run on October 1. Figure 13 shows a single-outage 

removal’s effect on production cost change on October 1 compared to both outages 

being moved, which shows there can be a substantial difference in production cost by a 

single topology change. 

Outage B, a 138 kV bus outage internal to Oklahoma City, did not affect congestion on 

the constraint associated with outage C, a 345 kV line outage east of Wichita, and vice 

versa. In this scenario, staff evaluated these outages on the same day, and they identify 

a potential issue that could result in economic outage coordination. It may have been 

difficult to find a correlation between these two outages by monitoring congestion cost, 

but the production cost change suggests lower kV transmission equipment can have a 

significant impact on system production cost. An effort to include lower kV equipment 

in the short-term horizon may show significant benefits. 
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 Figure 13 – October 1 outage profile combinations  

The significant change in production costs in this example suggests GOPs and TOPs 

should submit all non-urgent or non-emergency outages with enough process time for 

economic evaluation. Condoning a practice that allows opportunity and discretionary 

outages be taken with short lead times could have significant negative impacts to costs. 

MAXIMIZING BENEFIT 

After determining the combined benefit of all outages, the next step is to compare what 

outage combination is most economical. In this scenario, Reschedules A and C provide 

the most economic benefit, shown in Figure 14. The total base case production cost was 

$4,853,000 and the total change case production cost was $4,684,000. Rescheduling 

these two outage reduced production cost by $169,000 when evaluating a single day 

from each of the original and new outage schedules. 
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 Figure 14 – Potential rescheduled outage combinations 

 

 

COST OF IMPLEMENTATION 

SPP 

SPP staff requires additional software to implement economic outage coordination. This 

process requires software that can build and solve a large number of models in a 

relatively short amount of time and is capable of processing a single case within a few 

minutes. Fast model builds and short-solving time is required to reduce the time 

necessary to perform a full study, making if feasible to incorporate it into the outage 

coordination process. The software must be able to perform an accurate security 

constrained unit commitment (SCUC) and security constrained economic dispatch 

(SCED) solution to provide an accurate cost impact.  

The accuracy of the software’s ability to simulate SPP’s market directly impacts the price 

of software. A software that replicates all of SPP’s market rules will be the most 

expensive product, and an additional fee to build all of the inputs is required. Other 

software that perform a generic market SCUC/SCED are more affordable, but they  also 
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require a fee for generic input files or a fee for input file tailored to the SPP market. SPP 

roughly estimates the software to range from $25,000 to $300,000 annually. This does 

not include additional setup costs. 

Additional head count will be required, but without knowing the study criteria 

thresholds, it is impossible to say how many additional staff SPP needs.  

STAKEHOLDERS 

The cost to stakeholders may vary greatly between companies. Some companies may 

need to expand their outage coordination process further into the future, which may 

potentially require additional headcount and new software. It is difficult to determine 

how the costs of rescheduling outages will change. At this time, it is unclear if the 

number of rescheduled outages will increase due do conflicts or decrease due to the 

addition of a long-term outage coordination process. It is likely that the number of 

rescheduled outages will change.  

PROS AND CONS 

Economic outage coordination offers several benefits if utilized effectively, but, it will also have 

negative impacts on SPP and stakeholders. 

PROS:  

Economic outage coordination is an additional process utilized with traditional outage 

coordination techniques. Outage schedulers can schedule outages based on reliability 

as they do now, but performing an economic evaluation on these outage profiles will 

identify high-cost outage combinations, resulting in decreased system production cost. 

The study process will inherently aid in reducing the risk of uncontrollable congestion 

while increasing system reliability. TOPs/GOPs that receive outage approval in the long-

term evaluation will have more certainty that their outage will proceed as scheduled. 

Outages with long-term outage approvals are consumed by the transmission 

congestion rights (TCR) market.  

CONS:  

Economic outage coordination adds complexity to the outage coordination process for 

the TOPs/GOPs and SPP operations. TOPs/GOPs will need to expand their outage 

coordination process further into the future. It will require a new robust study into SPP’s 

outage coordination process. Implementing this process will require additional 
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headcount at SPP, and the same may be true for many member companies. There will 

be a financial burden to implement the process into SPP operations. TOPs/GOPs may 

need to purchase additional software to perform long-term outage coordination. The 

long-term economic analysis will use approximate load and wind forecasts by the 

season, which may lead to more conservative. It is not certain whether economic outage 

coordination will increase the total number of rescheduled outages, but if possible, it 

may result in rescheduling costs and inconveniences. In some instances, GOPs/TOPs 

may be required to reschedule an outage even when their company does not have a 

financial incentive to do so. For these scenarios, it may be prudent to create a 

mechanism that requires beneficiaries of the rescheduled outage to compensate the 

entity bearing the burden of the reschedule. 

CONCLUSION 

In this study, five outages were identified as potential candidates to provide financial 

benefits if rescheduled. Each scenario included two outage schedules, the original 

outage scheduled and the outage schedule selected during the reschedule process. SPP 

staff analyzed one day from each outage schedule for its financial impact. 

Understanding that many outages extend beyond one day, this leaves multiple days 

during the outage window not analyzed as part of this study. Identifying outages to 

reschedule and performing the cost-benefit assessment is a time-intensive process with 

the current tools available. At this current time, it would be infeasible to study the entire 

outage duration and leads to inconclusive results. It is evident that economic outage 

coordination can be beneficial, but it is a complex process requiring additional resources 

to perform a robust analysis to determine its full value. 

RECOMMENDATION 

The Operational Reliability Working Group (ORWG) and MWG (MWG) recommend the following 

actions: 

 SPP not pursue the implementation of economic outage coordination at this time 

due to uncertain benefit, increased cost, and increased complexity.  The need for 

improved reliability coordination is more pressing. 

 The Generator Outage Task Force continue its efforts to recommend improvement to 

the generator outage coordination process. 
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APPENDIX 

Figure 15 shows the change in production cost resulting from moving an outage from May 16 to 

June 17. The outage moved was increasing congestion on Neosho – Riverton 138 kV. 

 

 Figure 15 – May 16/June 17 net benefit 

 

Figure 16 shows the change in production cost resulting from moving an outage from October 1 

to October 6. The outage moved was increasing congestion on Division - Lakeside 138 kV. 
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 Figure 16 – October 1/October 6 net benefit 

 

Figure 17 shows the change in production cost resulting from moving an outage from October 1 

to November 11. The outage moved was increasing congestion on Gordon - Maiz 138 kV. 

 

 Figure 17 – October 1/November 11 net benefit 
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EXECUTIVE SUMMARY 

In 2019, the Southwest Power Pool (SPP) board of directors approved a recommendation from 

the Holistic Integrated Tariff Team (HITT) to evaluate whether SPP should implement topology 

optimization. Staff’s evaluation should consider the expected role and impact of topology 

optimization and how SPP can effectively plan for and utilize this technology moving forward.  

Topology optimization uses existing transmission assets to achieve increased grid flexibility and 

efficiency. While transmission elements are traditionally viewed as static elements, transmission 

topology reconfigurations may provide a means to reliably re-route power around congested 

facilities without causing additional burden on the system. At SPP, transmission reconfigurations 

are used on a limited basis, usually after all other mitigation options have been exhausted. 

Topology optimization provides an economic opportunity to add flexibility by making 

transmission elements more dynamic in nature. 

This white paper provides examples to demonstrate the economic benefits topology 

optimization could provide while continuing to satisfy standard reliability requirements. Using 

V&R Energy System’s software, Physical Operational Margins (POM), SPP assessed potential 

reconfiguration options for 36 operating days in 2019. Three cases were chosen per month 

based on the highest, lowest, and average Real-Time Balancing Market (RTBM) congestion costs 

for each month. After assessing the operating days, six days were identified as providing 

production cost savings while maintaining reliability. The days were analyzed using a Day-Ahead 

Reliability Unit Commitment (DARUC) study and produced a $500,000 savings for an 

approximate annual production cost savings of $5.07 million. 

Afterwards, various pros, cons, and risks of topology optimization will be discussed. Because 

topology optimization uses existing assets, it is relatively inexpensive to deploy and can result in 

improved generation dispatch, increase transfer capability, and decreased congestion. However, 

running the necessary analysis can be resource intensive and would require extra time to 

consider all possible reconfigurations that may provide benefit. Additional staff may be required. 

Since topology optimization would increase the frequency of breaker operations, its use could 

lead to an increase in required maintenance and speed up equipment degradation. Topology 

optimization can also have some unpredictable effects to compensation for Market to Market 

(M2M) settlements and Transmission Congestion Rights (TCR). 

To take full advantage of economic benefits from topology optimization, SPP will need to invest 

time and money to fully integrate and streamline the reconfiguration screening and selection 

process. While SPP is capable of performing the studies needed for the topology optimization 

assessment, a more efficient process will need to be developed to perform these studies 

regularly. 
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BACKGROUND 

HITT M4 INITIATIVE 

As SPP and its membership continue to mature, SPP has the opportunity to assess new 

opportunities that create efficiencies while maintaining its mission. In July 2019, the SPP board 

of directors approved a recommendation from the Holistic Integrated Tariff Team1: 

 SPP should evaluate the costs and benefits of more advanced economic evaluations of 

reliability. This evaluation should help educate and encourage the use of dynamic line 

ratings, topology optimization and economic outage coordination when practical, economic 

and reliable… 

 Topology optimization is in different stages of acceptance at many RTOs/ISOs. At any given 

time, there are a significant number of transmission lines or transformers that are not 

congested. Usually there are transmission topology reconfigurations (such as line switching 

or bus splitting) that can reliably route power around the congested facilities. Transmission 

Operators use reconfigurations to manage some challenges, identifying them based on their 

experience and system knowledge. Topology control algorithms could potentially 

automatically identify reconfiguration options to reduce transmission congestion, eliminate 

overloads or lessen the burden of transmission outages… 

 SPP has employed, on a very limited basis, dynamic line ratings and topology 

optimization. However, they have only been used as a reliability-based solution and not 

for an economic outcome… 

 

SPP staff should facilitate efforts with the assigned working groups to evaluate whether 

SPP should implement the use of dynamic line ratings, topology optimization and 

economic outage coordination with recommendations to the MOPC and board.” 

TOPOLOGY OPTIMIZATION OVERVIEW 

Topology optimization uses existing assets to achieve increased grid flexibility and efficiency. 

Due to reliability requirements, the bulk electric system is designed with network redundancies 

to protect against worst-case scenarios. These redundancies are needed to address reliability 

issues during specific operational periods and may not be needed at all times. When new 

1Holistic Integrated Tariff Team (2019, July 23), Holistic Integrated Tariff Team Report Preparing 
for a reliable and cost-effective future, Southwest Power Pool. Retrieved from: Holistic 
Integrated Tariff Team Report 
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transmission elements with higher ratings are built in parallel with aging facilities, these network 

redundancies may sometimes reduce economic efficiency by causing congestion and/or 

constraining generation dispatch. 

Transmission elements are traditionally viewed as static elements. However, transmission 

topology reconfigurations (such as line switching or bus splitting) may provide a means to 

reliably re-route power around the congested facilities without causing additional burden on the 

system. However, transmission switching does not come without risk. With an ever-changing 

topology, reliability concerns can develop as transmission elements are removed from service. 

Currently at SPP, transmission reconfigurations are used on a limited basis, usually after all other 

mitigation options have been exhausted. These reconfigurations can be difficult to identify. 

Many times staff must rely on past experience and system knowledge. With the use of topology 

optimization software, staff can timely identify reconfiguration options to reduce transmission 

congestion and/or voltage violations. 

Topology optimization software automatically identifies reconfigurations that reduce 

transmission congestion and voltage violations. The reconfigurations can be used either as a 

preventive solution or as a corrective solution after the contingency occurs. A topology 

optimization tool allows SPP to optimally determine the network topology configuration on a 

case-by-case basis. Once determined, the new configurations should be applied in a market 

study ensuring there will be no increase in production cost through additional resource 

commitments or congestion elsewhere on the system.  

Figure 1 is an example of congestion and shows how generation redispatch would be required to 

operate within the transmission elements’ limits. Production cost would be negatively impacted. 

 

Figure 1: SPP production cost in a normal configuration using redispatch 
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Figure 2 shows that by using topology optimization, production cost could be minimized by 

removing the limiting transmission element. In this scenario, generation redispatch is not 

required.  

  

Figure 2: SPP production cost in a topology optimization configuration 

SPP has the opportunity to leverage benefits associated with topology optimization in many 

different areas such as outage coordination, reliability planning, or market congestion 

mitigation. Some scenarios could create significant benefit with little risk or cost, but all 

scenarios must be analyzed carefully.  

SPP should evaluate the costs and benefits of more advanced economic evaluations of 

reliability. This evaluation should help educate and encourage the use topology optimization 

when practical, economic, and reliable. This paper demonstrates economic benefits that are 

possible while satisfying the standard reliability requirements, along with various pros, cons, and 

risks of topology optimization. 

ACCEPTED INDUSTRY PRACTICES 

Most RTOs/ISOs are implementing a form of topology optimization for reliability purposes. One 

of the most accepted industry practices is removing transmission elements during lightly loaded 

periods to prevent high voltage situations. Operators are aware that during these periods, 

certain transmission lines are not needed for reliability purposes and can be temporarily 

removed to help reduce capacitance.   

 

Remedial action schemes are also widely used in many RTOs/ISOs. These schemes implement 

predetermined corrective actions to respond to specified grid conditions that have been 

identified. These actions may involve changes in generation, reduction in load, or topology 

modifications. 
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SPP 

At SPP, reconfigurations are performed solely for reliability purposes. These reconfigurations are 

typically identified ahead of time by operational planning engineers or transmission operators 

(TOP). The reconfigurations are then evaluated and agreed upon by both the TOP and 

operational planning engineers. Once the reconfigurations are identified, the mitigation steps 

are documented. Transmission reconfigurations can also be identified in real-time by shift 

engineers or the TOP using a power flow application. These reconfiguration options are usually 

performed after other methods are deemed ineffective at mitigating the reliability issue. Because 

it is generally seen as better to have more lines operational, reconfigurations are performed 

sparingly. 

SPP has yet to develop a fast and rigorous reconfiguration identification process. To help with 

this effort, SPP is working with vendors to incorporate topology optimization software into the 

operational planning processes. This would allow additional analysis to help support mitigating 

reliability issues with the use of reconfigurations. Topology optimization software can be 

incorporated in outage coordination, next day studies, and the development of operating 

guides. A topology optimization tool is able to monitor and mitigate thermal overloads, voltage 

violations, and/or voltage stability for the entire system or selected portions of the system. 

OTHER RTOS/ISOS 

Topology optimization for economic purposes is not widely performed in most RTOs/ISOs. 

Similar to SPP, many RTOs/ISOs are researching the benefits and best practices for 

implementing topology optimization for economic benefit. A few RTOs/ISOs have incorporated 

a form of topology optimization into their everyday practices. PJM Interconnection has 

identified switching solutions that can improve transfer capability on some high voltage 

transmission lines. ISO New England schedules its transmission line maintenance based on 

operational costs in addition to reliability effects. 

 

DATA COLLECTION 

OPERATING DAYS 

SPP used topology optimization software to assess potential reconfiguration options for 36 

operating days in 2019. Three cases were chosen per month based on the highest, lowest, and 

average RTBM congestion cost for each month. Data from all 12 months was collected and used 

to develop the model scenarios in the topology optimization evaluation. Table 1 shows the 
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chosen operating days with the associated RTBM congestion cost used to develop the topology 

optimization scenarios for this report. RTBM congestion cost is defined as: 

 

𝑅𝑇𝐵𝑀𝐶𝑜𝑛𝑔𝑒𝑠𝑡𝑖𝑜𝑛𝐶𝑜𝑠𝑡𝑖 = ∑ (∑ (𝐿𝑜𝑎𝑑𝑀𝑊𝑝 − 𝐺𝑒𝑛𝑀𝑊𝑝) ∗ 𝑆ℎ𝑖𝑓𝑡𝐹𝑎𝑐𝑡𝑜𝑟𝑝𝑝 ) ∗ 𝑆ℎ𝑎𝑑𝑜𝑤𝑃𝑟𝑖𝑐𝑒𝑐𝑐 , where 

c is a constraint, p is an aggregate pnode, and i is a RTBM interval. 

Table 1:  Identified Operating Days & Congestion Costs 

    January    July

o   01-Jan - $7,609,000 o  16-Jul - $7,430,000 

o  16-Jan - $288,000 o  06-Jul - $161,000 

o   12-Jan - $2,534,000 o  08-Jul - $1,490,000 

    February     August

o   25-Feb - $8,168,000 o   26-Aug - $4,839,000 

o   16-Feb - $94,000 o   10-Aug - $80,000 

o   08-Feb -  $2,165,000 o   17-Aug - $1,360,000 

    March     September 

o   27-Mar - $9,215,000 o   29-Sep - $11,253,000 

o   10-Mar - $56,000 o   13-Sep - $489,000 

o   12-Mar - $2,028,000 o   2-Sep - $2,705,000 

    April     October 

o   11-Apr - $6,659,000 o   01-Oct - $9,225,000 

o   24-Apr - $88,000 o   16-Oct - $113,000 

o   09-Apr - $2,393,000 o  06-Oct - $2,474,000 

    May    November 

o   16-May - $9,390,000 o  13-Nov - $6,426,000 

o   12-May - $57,000 o  14-Nov - $511,000 

o   05-May - $2,021,000 o  26-Nov - $2,479,000 

    June    December 

o   05-Jun -  $4,730,000 o  11-Dec - $7,559,000 

o   06-Jun -  $82,000 o  27-Dec - $4,000 

o  15-Jun - $1,753,000 o  03-Dec - $1,96,000 

 

Cases were chosen to be a representation of the potential annual benefit. Choosing the high, 

low, and average congestion cost days allows the economic benefit to be simulated in all 

seasons and on operating days with varying load, wind, and outage profiles. 

RAW FILES 

Using the days identified in Table 1, bus-branch raw files were produced to use in the topology 

optimization software to develop reconfiguration mitigation plans for that operating day. Only 

bus-branch outages were considered in this analysis, though SPP has the capability of 
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performing node-breaker analysis. The hour with the most congested constraints in the DARUC 

case for the selected operating day was used to evaluate the mitigation options. The most 

constrained hour and the number of congested constraints for each selected DARUC operating 

day is listed in Table 2. 

Table 2: Identified Operating Days & Number of Congested Constraints 

DATE              HOUR CONSTRAINTS  DATE HOUR CONSTRAINTS 

01-Jan 19:00 3  06-Jul 06:00 2 

12-Jan 04:00 5  08-Jul 23:00 5 

16-Jan 00:00 4  16-Jul 17:00 3 

08-Feb 13:00 4  10-Aug 14:00 3 

16-Feb 23:00 2  17-Aug 15:00 3 

25-Feb 08:00 8  26-Aug 20:00 4 

10-Mar 13:00 3  02-Sep 22:00 5 

12-Mar 12:00 3  13-Sep 15:00 5 

27-Mar 11:00 7  29-Sep 22:00 7 

09-Apr 21:00 8  01-Oct 12:00 7 

11-Apr 08:00 9  06-Oct 12:00 3 

24-Apr 03:00 2  16-Oct 22:00 4 

05-May 23:00 3  13-Nov 01:00 6 

12-May 00:00 2  14-Nov 01:00 3 

16-May 18:00 4  26-Nov 23:00 5 

05-Jun 12:00 3  03-Dec 20:00 3 

06-Jun 17:00 3  11-Dec 14:00 3 

15-Jun 15:00 5  27-Dec 11:00 0 

 

MARKET FILES 

For the market economic benefit analysis, DARUC cases during Table 1’s operating days were 

assessed in the market clearing engine (MCE). The DARUC ensure that enough units were 

committed to cover the SPP footprint’s forecasted capacity requirements. Two variations of the 

DARUC cases were evaluated, one with the reconfigurations and one without. These are known 

as the change case and the base case. Each market case scenario had a Security Constrained 

Unit Commitment (SCUC), Security Constrained Economic Dispatch (SCED), and Simultaneous 

Feasibility Test (SFTCheck) performed. The production cost from both the base case and change 

case for the specified operating were evaluated.  
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STUDY ANALYSIS 

The work flow of the topology optimization economic benefit analysis consists of the following 

steps: 

1. Identify the operating days to analyze. 

2. Run topology optimization software on the selected operating days. 

3. Identify reconfiguration options that meet the set criteria. 

4. Run a DARUC study to determine the production cost savings. 

5. Identify days where topology optimization would be utilized. 

RELIABILITY ASSESSMENT 

V&R Energy System’s topology optimization software, Physical Operational Margins (POM)2 

performed analysis to obtain reconfiguration options for the 36 operating days selected in Table 

1. The binding and breached constraints from the DARUC base case were identified and 

evaluated in POM. A real-time raw file snapshot during the most congested DARUC hour was 

used in POM to determine the reconfiguration options. To be considered a valid mitigation 

option, the reconfiguration must have met the following criteria: 

 Switch only one 230 kV or below transmission element 

 A minimum of 10% post contingent relief 

 No adverse reliability impacts 

 Little to no radialized load 

POM returned 28 reconfigurations. These reconfigurations were candidates for further analysis 

in the market assessment portion of the study. As seen in Figure 3, reconfigurations were 

identified on 14 out of the 36 operating days. 

 

2V&R Energy Systems Research, V&R Energy: POM Applications Suite for Transmission System Analysis 

and Optimization, Physical Operational Margins (POM) 
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Figure 3: Reconfigurations Identified by POM 

 

MARKET ASSESSMENT 

DARUC studies were run in the standalone MCE to perform analysis to obtain market costs. A 

base case and change case were created for evaluations. Both the base case and change case 

contained the same load profile, wind forecast, and outages. The reconfiguration options that 

were identified in POM were then implemented in the change case for the entire day.  

For each case, the initial generation commitment plan was cleared to eliminate any previous 

commitments and to prevent impacts from previous decisions. This ensured the reconfigurations 

could be isolated as the primary driver of any sensitivities and/or commitment changes. Change 

cases may also have had additional activated constraints as a result of rerouted congestion due 

to the reconfiguration. Both the base and change case had SCUC, SCED, and SFTCheck 

performed. 

An overview of the market assessment is outlined below. 

 Base Case 

o Run SCUC, SCED, and SFTCheck 

o Identify SFTCheck constraints that should be controlled and restudied 

o Rerun SCUC & SCED on the base case with the identified SFTCheck constraints 

activated 

o Recourd production cost 

 

 Change Case 

o Apply reconfiguration to the initial DARUC case 

o Run SCUC, SCED, and SFTCheck 
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o Rerun SCUC & SCED on the change case with the identified SFTCheck constraints 

activated 

o Record production costs 

 Calculate the production cost delta between the base & change case 

 Repeat steps for all 14 operating days with reconfigurations 

o Operating days that have multiple reconfigurations were studied with all 

reconfigurations applied and each applied individually. 

The economic benefit was obtained by comparing the production cost between the base and 

change case for each operating day. Production cost consists of the generators’ startup, no-load, 

and energy/ancillary service costs. Startup, no-load, and energy/ancillary cost is defined as 

follows: 

 Startup Cost – cost incurred in starting up a unit 

 No-load Cost – cost for operating a synchronized Resource at zero (0) MW output 

 Energy/Ancillary Cost – cost to provide energy/ancillary based on a set of price/quantity 

pairs that represent the offer 

A normal DARUC has a study horizon of six hours prior to the operating day through the day 

after the operating day (OD-6HR to OD+1); however for this assessment, the production costs 

were gathered only for the operating day being analyzed. 

STUDY RESULTS 

The economic analysis performed using the DARUC studies found a savings on nine out of the 

12 days with reconfigurations applied. The days consisted of four high and five average RTBM 

congested days, as described in the case selection section of this report. In the evaluated 

scenarios, applying all the identified reconfigurations simultaneously for the entire operating 

day did not equate to a higher production cost savings; therefore, individual reconfigurations 

were selected. Table 3 lists the reconfigurations that resulted in a production cost saving. 
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Table 3: Cost Saving Reconfiguration 

DATE RECONFIGURATION STATE 
CONGESTED DAY 

RANKING 

12-Jan Neosho - Riverton 161kV Kansas Average 

8-Feb Goff - Circleville 115kV Kansas Average 

25-Feb Spearville - Mullergren 230kV Kansas High 

9-Apr North Pawhuska - Shidler 138kV Oklahoma Average 

11-Apr North Pawhuska - Shidler 138kV Oklahoma High 

5-May Neosho - Riverton 161kV Kansas Average 

16-May North Pawhuska - Western Walls 138kV Oklahoma High 

1-Oct Stonewall Switching Station - Tupelo 138kV Oklahoma High 

6-Oct Stonewall Switching Station - Tupelo 138kV Oklahoma Average 

Of the 36 days that were studied, 75% of the days had no production cost savings. These days 

included days where no reconfiguration was found and days where the studied reconfiguration 

resulted in an increased production cost. Six percent of the days had savings between $0 - 

$10,000. Though these reconfigurations resulted in a production cost savings, they would likely 

not be taken in real-time due to the minimal savings. Fourteen percent of the days had a savings 

between $10,000 - $50,000. The highest cost saving day in this category was October 6 with a 

savings of $31,587. The remaining 5% of days consisted of the two largest cost-saving days, 

resulting in the majority of the study benefit.  

 

Figure 4: Production Cost Savings by Range 

Figure 5 shows the production cost savings by market day. The majority of the cost savings comes 

from two days, February 25 and October 1. Both of these days had a high amount of congestion 

compared to the other days that were evaluated. On October 1, multiple breached intervals 

were alleviated. February 25 also had a breached constraint mitigated. Out of nine days 

evaluated, February 25 and October 1 resulted in the largest amount of savings due to 

commitment changes as shown in Figure 7.  

Cost Saving Range Number of Days 

$100,000 + 2 

$50,000 - $100,000 0 

$10,000 - $50,000 5 

$0 - $10,000 2 

$0 27 
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Figure 5: Production Cost Savings by Market Day 

Figure 6 shows production cost savings by season. There were no cost savings during the summer 

months due to the lack of reconfigurations options meeting the set criteria. Generally, the 

summer months have the highest peak usage of the year; therefore, the need for the system to 

be intact due to heavy loading is greater. In the off seasons, there is more leeway to take 

transmission lines out of service.   

 

 

Figure 6: Production Cost Savings by Season 

When applying reconfigurations, a change to the generation commitments and dispatch 

patterns can occur. Figure 7 shows the cost differences between the DARUC base case and 

change case. The cost changes consist of the startup, no-load, and energy cost of the 

generators. The red redispatch bar compares resources that were online in both the base and 

change case. The blue decommitment bar shows the savings from resources that were online in 

the base case but offline in the change case. The yellow new commitment bar shows the new 

Season Production Cost Savings 

Spring $55,097 

Summer $0 

Fall $382,379 

Winter $124,123 
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costs incurred by generation that was not originally online in the base case but is now 

committed in the change case. The commitment changes listed in the associated table is the 

sum of the decommitment savings and new commitment costs. Generally speaking, the largest 

potential for savings is a change to unit commitment. 

  

Figure 7: Generation Impact by Market Day 

When applying a reconfiguration, it is possible for the new generation dispatch to cause loading 

elsewhere on the system. Figure 8 compares the number of distinct binding and breached 

constraints in the base case compared to the change case. On five out of the nine cost-saving 

days, there was a decrease in the number of distinct constraints. Two days had an increase in the 

number of breached constraints. May 16 had an increase in breached constraints and 

constrained intervals, as seen in Figure 8 and Figure 9Error! Reference source not found.. 

Therefore, this reconfiguration would not be taken. October 1 had an additional breached 

constraint; however, as shown in Figure 9, the total breached intervals decreased considerably. 

 

Figure 8: Distinct Constraints by Market Day 

Date Redispatch 

Commitment 

Changes 

12-Jan $13,958 -$870 

8-Feb $6,699 -$2,619 

25-Feb -$87,994 $195,237 

9-Apr -$41,335 $62,971 

11-Apr $20,844 $1,842 

5-May $104 $307 

16-May -$79,487 $91,072 

1-Oct $75,384 $268,850 

6-Oct -$3,067 $33,814 
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Figure 9: Constrained Intervals by Market Day 

When implementing topology optimization, a cost-saving threshold is established to determine 

if a topology optimization should be utilized for economic reasons. For the purposes of this 

study, a cost-saving threshold of $10,000 was applied per day. Since February 8 and May 5 did 

not incur a $10,000+ savings, the reconfigurations for these days would not be applicable based 

on the set criteria.  

The February 8 and May 5 reconfigurations were eliminated because they did not meet the cost-

savings threshold. May 16 was removed due to an increase in breached constraints. After these 

removals, six of the nine cost saving days still remained: January 12, February 25, April 9, April 

11, October 1, and October 6. The 36 operating days’ total production cost was approximately 

$115.6 million. The sum of the change case total production cost was approximately $115.1 

million. This resulted in an estimated total production cost savings of $500,000. Using a scaling 

factor of 10.1389 ‒ which was obtained by dividing the total number of days in a year by the 

number of operating days being studied (365 days / 36 days) ‒ a full year of potential savings 

can be estimated. Scaling the production cost savings to a full year results in a savings of 

approximately $5.07 million per year. 
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COST TO IMPLEMENT 

SPP 

To implement topology optimization, software is needed to quickly identify the various 

reconfiguration options available. SPP recently purchased V&R Energy System’s software, POM, 

to identify reconfigurations that can be used to mitigate reliability issues. This software is being 

implemented into other SPP operational processes and can be utilized for topology 

optimization.  

SPP needs additional software to estimate the production cost saving of the reconfigurations. 

For this study, the standalone MCE was used to obtain this cost. Though SPP could continue to 

use the MCE, running this type of analysis is very resource intensive and would require 

considerable amounts of extra time to consider all possible reconfigurations that may provide 

benefit. Therefore, it is recommended that SPP purchase new software to perform the cost 

analysis. SPP is exploring options for new software that can simulate the market functions and 

costs. 

The added work involved with identifying the reconfigurations and running the various 

economic analyses to achieve the highest cost savings will produce extra work. To help with 

these efforts, an additional full-time engineer will likely be needed. 

STAKEHOLDERS 

The implementation of topology optimization may result in stakeholders incurring additional 

costs. Inevitably, with topology optimization deployed, the frequency of transmission switching 

will increase. This will produce more wear and tear on the breakers and may require additional 

maintenance. The costs associated with the maintenance and repair for circuit breakers can vary 

widely due to the complexity and resources required to perform the task. Labor expenses for the 

substation crews performing the work, along with non-labor expenses such as vehicle costs and 

other organizational overheads, must also be taken into account. It is possible that new circuit 

breakers with more advanced technology may need to be installed depending on the amount of 

increased switching required. 

 

The supplementary time required to communicate with SPP and perform the switching 

operations should also be mentioned. 
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TOPOLOGY OPTIMIZATION PROS, 

CONS, AND RISKS 

Topology optimization has several benefits associated with its use; however, some negative 

effects can occur in certain situations or with continuous usage of the reconfiguration. 

PROS 

Topology optimization increases grid flexibility and efficiency by using existing assets to reroute 

power around congested facilities. Because topology optimization uses existing assets, it is 

relatively inexpensive to deploy. Utilizing the grid in a more dynamic fashion could allow for the 

deferral and prioritization of transmission investments. Though transmission planning builds 

redundancies into the system to handle a multitude of contingencies over a long planning 

horizon, these redundancies may not be needed in all system conditions. When these 

redundancies have different limits, it is possible to constrain generation and/or cause 

congestion. In certain situations, topology optimization can be used to address these short-term 

issues by removing the constrained lines when system conditions allow. Generation dispatch 

solutions that would otherwise be considered infeasible may be able to be implemented thus 

improving generation efficiency and removing congestion. This could also help with the 

integration of more renewable energy.  

 

With the use of topology optimization software, an automated and streamlined process could 

be developed for finding acceptable mitigation plans in a timely manner. A more streamlined 

process would allow topology optimization to be used more frequently to take advantage of the 

improved generation dispatch, increase transfer capability, and decreased congestion that it can 

provide. 

CONS 

Since topology optimization would increase the frequency of breaker operations, its use could 

lead to an increase in required maintenance and speed up equipment degradation. Increased 

wear and tear to circuit breakers creates labor and overhead costs to perform maintenance and 

repair. This impact is directly proportional to the number of switching operations. The time 

required to accomplish the additional tasks should also be taken into account. 

Taking transmission elements out of service can cause an increase in line losses if the amount of 

power transferred between two points remain the same. The increase in flow across the parallel 

paths will in turn increase the heat through the conductors resulting in energy losses. Changes 

in losses due to reconfigurations were accounted for in the analysis conducted. 
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To ensure the integrity of the bulk electric system, additional stability analysis should be 

performed before the switching action occurs. The increase in switching operations can cause 

disturbances that reduce system synchronism, causing stability issues.  

It may be difficult to accurately forecast potential production cost savings in operations due to 

unforeseen real-time events. There could be reconfigurations that are estimated to save money 

but end up costing money due to unexpected topology and dispatch changes. The ability to 

reverse a reconfiguration as needed may diminish this issue, though a reversal may not be 

feasible at all times.  

Running the necessary analysis for topology optimization can be resource intensive and would 

require extra time to consider all possible reconfigurations that may provide benefit. Additional 

staff may be required. 

RISKS 

In relations to Market to Market (M2M), the complexity of topology optimization increases. 

There is a level of uncertainty in regards to how topology optimization will impact 

compensation. Because M2M payments are made on a load-ratio share through uplift to the 

members, the entity that is performing the reconfiguration may not be compensated 

appropriately for their actions. Market participates could be over compensated or under 

compensated based on how the reconfiguration impacts the load-ratio share and the payments 

that were already being paid or received. Ideally, both markets would need to evaluate the 

reconfigurations simultaneously. A reconfiguration may appear more economical to alleviate a 

M2M constraint when looking only at internal generation, though in real-time, it could be more 

economical to use cheaper external generation and pay the M2M payment. More evaluations 

will need to be performed in this area to truly understand the full effects. 

Topology optimization may cause revenue inadequacy in the Transmission Congestion Rights 

(TCR) market since it modifies the network topology. TCR is an energy financial instrument used 

by market participates to hedge against congestion charges in the day-ahead market. TCRs have 

a defined source/sink path and entitles the owner to a stream of revenues or charges based on 

the price differences of the hourly day-ahead marginal congestion component (MCC) on that 

path. To ensure the TCR market has revenue adequacy, a SFT is executed to determine the 

amount of TCRs that can be allocated. This is done by examining if the network can satisfy the 

transfers without causing constraint violations. However, real-time network topology changes 

that were not accounted for could result in revenue inadequacy. 
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CONCLUSION  

Today, SPP uses topology optimization for reliability purposes, but economic opportunity is 

available. Topology optimization allows the industry to have more flexibility by making 

transmission elements more dynamic in nature. During operational periods when network 

redundancies are not needed to maintain reliability standards, transmission elements can 

sometimes be removed to reduce constrained generation and improve dispatch efficiency. This 

allows for more economical dispatches while maintaining reliability standards. Reliability may 

even be improved by diverting flow around congested elements. 

 

After assessing a sample of 36 operating days, 14 days were identified as having a potential 

reconfiguration. Six of these days had reconfigurations that produced a total cost savings of 

$500,000 for an approximate annual production cost savings of $5.07 million. 

To take full advantage of the economic benefits from topology optimization, SPP will need to 

invest time and money to fully integrate and streamline the reconfiguration screening and 

selection process. While SPP is capable of performing the studies needed for the topology 

optimization assessment, a more efficient process will need to be developed to perform these 

studies regularly. 

 

RECOMMENDATION 

The Operational Reliability Working Group (ORWG) and Market Working Group (MWG) 

recommends the following: 

 

 SPP continues the use of topology optimization software in current processes, where 

applicable, to provide reconfiguration solutions for reliability issues in a concise and 

timely manner. 

 The usage of topology optimization for economic reasons be recommended only when 

all SPP Member established operating criteria is met ensuring the reliability to the Bulk 

Electric System is maintained. 

 Topology optimization for economic reasons continue to be researched and evaluated. 
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SOUTHWEST POWER POOL, INC. 

Markets and Operations Policy Committee 

 

RECOMMENDATION TO THE BOARD OF DIRECTORS 

October 27, 2020 

HITT T1 Recommendation 

BACKGROUND, GOALS & DRIVERS 

The MOPC formed the NRIS / ERIS Deliverability Task Force (NEDTF) to develop the policy 

described in the Holistic Integrated Tariff Team’s (“HITT”) Transmission Planning 

Recommendation #1. This specific assignment delegated to the NEDTF from that 

recommendation was to develop a policy to create appropriate balance between Energy 

Resource Interconnection Service (“ERIS”) and Network Resource Interconnection Service 

(“NRIS”) Generator Interconnection (“GI”) products and long-term transmission service by 

proposing policies to: 

1. Add more value to the NRIS product by incorporating deliverability on a sub-regional 

basis and capacity accreditation akin to existing Designated Resources (“DRs”), without 

requiring a separate transmission study process in addition to the NRIS GI process; and 

2. Tighten thresholds for mitigation of ERIS system impacts 

The NEDTF was directed to draft a whitepaper containing these policy recommendations and 

present them to MOPC for consideration. The whitepaper is attached to this recommendation.  

SUPPORTING ANALYSIS 

In developing the policy positions recommended in the HITT’s Transmission Planning 

Recommendation #1, the NEDTF went through an extensive education period reviewing the 

following: 

1. Federal Energy Regulatory Commission (“FERC”) Policy 

2. Deliverability Structures of Other RTOs 

3. Current SPP Deliverability 

4. ERIS Thresholds 

Detailed information, including the guiding principles and decision process are contained in the 

NEDTF whitepaper. 
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OTHER OPTIONS CONSIDERED 

The task force considered a number of options in seeking to meet the goals laid out by the HITT. 

Among these were:  

 Establishing deliverability to the entire SPP Footprint rather than to a Deliverability Area 

sub-region of SPP 

 Implementing deliverability by requiring existing resources to go through the GI process 

individually rather than using a transition study process to allocate deliverability 

simultaneously 

 Deeming all existing resources deliverable to a Deliverability Area without conducting a 

transmission assessment in the transition study 

 Using state boundaries, existing transmission zones, reserve sharing zones, LOLE zones, 

etc. to determine size and scope of Deliverability Areas rather than performing a 

transition study 

 Proposing alternatives to the GIITF’s ERIS Threshold recommendation 

 Granting congestion hedges to owners of CRIS units in addition to NITS customers 

VALUE 

Benefits of CRIS deliverability to load-serving entities include:  

 Designate resources for long-term service more quickly and without risk of transmission 

service request being rejected 

 Avoid the risk of being assigned upgrade costs in the Aggregate Study 

 Satisfy Resource Adequacy requirements faster than using the Aggregate Study, but 

receive benefits not available from short-term Deliverable Capacity, such as a congestion 

hedge 

 Reduce the cost overall uncertainty of long-term energy and capacity purchases to serve 

load 

 

Benefits of CRIS deliverability to generation developers include:  

 Gain greater flexibility in choosing the type of service and amount of deliverability that 

makes financial sense 

o No more all-or-nothing NRIS, a level other than 100% can be selected 

 Concrete benefits from paying for additional upgrades 

o Able to offer and price capacity and energy without uncertainty of upgrade costs 

and timing due to transmission service study process 

o Deliver to any customer in the same Deliverability Area on-demand 

 Provides a competitive advantage over other generators with ERIS-only service 
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As policy recommendations, further efforts will be required in the form of studies, and 

development of business protocols and tariff language to implement this package of 

recommendations. The full costs of implementing these recommendations for CRIS deliverability 

have not yet been determined. However, the cost of conducting studies to inform further 

tightening of the ERIS threshold beyond that recommended by the GIITF has been estimated at 

$400,000.  

RECOMMENDATION 

The MOPC recommends that the Board  

Endorse the NEDTF White Paper, NEDTF’s recommendations regarding CRIS next 

steps, proceed with the GIITF’s recommendation on ERIS threshold, and proceed with 

NEDTF’s recommended studies to tighten ERIS threshold. 

 

Approved: NEDTF September 29, 2020 

 Whitepaper approved by a vote of 9 in favor, 0 opposed, and 1 

abstained. 

MOPC  October 13, 2020 

Endorsed NEDTF White Paper (Vote 83.3%) 

Approve the NEDTF’s recommendations regarding CRIS next steps and 

proceed with the GIITF’s recommendations. (Vote 89%) 

Approved the ERIS threshold tightening studies. (Vote 95%) 

 SPC October 15, 2020 

Endorse the NEDTF White Paper, NEDTF’s recommendations regarding 

CRIS next steps, proceed with the GIITF’s recommendation on ERIS 

threshold, and proceed with NEDTF’s recommended studies to tighten 

ERIS threshold. (Approved unanimously) 
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SOUTHWEST POWER POOL, INC. 
NRIS, ERIS and Deliverability Task Force 

 
RECOMMENDATION TO THE MOPC 

October 13-14, 2020 
HITT T1 Recommendation 

ORGANIZATIONAL ROSTER 

Current Members of the NEDTF: 

Derek Brown, Evergy 
Walt Cecil, Missouri PSC 
Jason Chaplin, Oklahoma Corp. Comm. 
Natasha Henderson, Golden Spread 
Travis Hyde, OG&E 

Jim Jacoby, AEP 
Rob Janssen, Dogwood Energy 
Nathan McNeil, Midwest Energy 
Chase Smith, Southern Power 
Aaron Vander Vorst, Enel Green Power

 
Previous Members 

Ed Devarona, NextEra 
Tim Hall, Southern Power 
Brad Hans, MEAN 

BACKGROUND, GOALS & DRIVERS 

The MOPC formed the NRIS / ERIS Deliverability Task Force (NEDTF) to develop the policy 
described in the Holistic Integrated Tariff Team’s (“HITT”) Transmission Planning 
Recommendation #1. This specific assignment delegated to the NEDTF from that 
recommendation was to develop a policy to create appropriate balance between Energy 
Resource Interconnection Service (“ERIS”) and Network Resource Interconnection Service 
(“NRIS”) Generator Interconnection (“GI”) products and long-term transmission service by 
proposing policies to: 

1. Add more value to the NRIS product by incorporating deliverability on a sub-regional 
basis and capacity accreditation akin to existing Designated Resources (“DRs”), without 
requiring a separate transmission study process in addition to the NRIS GI process; and 

2. Tighten thresholds for mitigation of ERIS system impacts 

The NEDTF was directed to draft a whitepaper containing these policy recommendations and 
present them to MOPC for consideration. The whitepaper is attached to this recommendation.  
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SUPPORTING ANALYSIS 

In developing the policy positions recommended in the HITT’s Transmission Planning 
Recommendation #1, the NEDTF went through an extensive education period reviewing the 
following: 

1. Federal Energy Regulatory Commission (“FERC”) Policy 
2. Deliverability Structures of Other RTOs 
3. Current SPP Deliverability 
4. ERIS Thresholds 

Detailed information, including the guiding principles and decision process are contained in the 
NEDTF whitepaper. 

OTHER OPTIONS CONSIDERED 

The task force considered a number of options in seeking to meet the goals laid out by the HITT. 
Among these were:  

• Establishing deliverability to the entire SPP Footprint rather than to a Deliverability Area 
sub-region of SPP 

• Implementing deliverability by requiring existing resources to go through the GI process 
individually rather than using a transition study process to allocate deliverability 
simultaneously 

• Deeming all existing resources deliverable to a Deliverability Area without conducting a 
transmission assessment in the transition study 

• Using state boundaries, existing transmission zones, reserve sharing zones, LOLE zones, 
etc. to determine size and scope of Deliverability Areas rather than performing a 
transition study 

• Proposing alternatives to the GIITF’s ERIS Threshold recommendation 
• Granting congestion hedges to owners of CRIS units in addition to NITS customers 

VALUE 

Benefits of CRIS deliverability to load-serving entities include:  

• Designate resources for long-term service more quickly and without risk of transmission 
service request being rejected 

• Avoid the risk of being assigned upgrade costs in the Aggregate Study 
• Satisfy Resource Adequacy requirements faster than using the Aggregate Study, but 

receive benefits not available from short-term Deliverable Capacity, such as a congestion 
hedge 
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• Reduce the cost overall uncertainty of long-term energy and capacity purchases to serve 
load 

 

Benefits of CRIS deliverability to generation developers include:  

• Gain greater flexibility in choosing the type of service and amount of deliverability that 
makes financial sense 

o No more all-or-nothing NRIS, a level other than 100% can be selected 
• Concrete benefits from paying for additional upgrades 

o Able to offer and price capacity and energy without uncertainty of upgrade costs 
and timing due to transmission service study process 

o Deliver to any customer in the same Deliverability Area on-demand 
• Provides a competitive advantage over other generators with ERIS-only service 

 
As policy recommendations, further efforts will be required in the form of studies, and 
development of business protocols and tariff language to implement this package of 
recommendations. The full costs of implementing these recommendations for CRIS deliverability 
have not yet been determined. However, the cost of conducting studies to inform further 
tightening of the ERIS threshold beyond that recommended by the GIITF has been estimated at 
$400,000.  

RECOMMENDATION 

The NEDTF recommends that the MOPC  
• Endorse the policy white paper 
• Provide direction to Staff on the next steps and action plan for potential implementation 

of the CRIS policy recommendations 
• Decide whether to proceed with the ERIS threshold tightening studies 

 
Approved: NEDTF September 29, 2020 

 Whitepaper approved by a vote of 9 in favor, 0 opposed, and 1 
abstained. 
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NEDTF WHITE PAPER 
POLICY WHITEPAPER FOR HITT 
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RECOMMENDATION #1 

By SPP NRIS, ERIS and Deliverability Task Force 

Published on September 29, 2020 
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1 EXECUTIVE SUMMARY 

1.1 Introduction 
The SPP Markets and Operations Policy Committee (“MOPC”) formed the NRIS / ERIS 
Deliverability Task Force (NEDTF) to develop the policy described in the Holistic Integrated Tariff 
Team’s (“HITT”) Transmission Planning Recommendation #1. This specific assignment delegated 
to the NEDTF from that recommendation was to develop a policy to create appropriate balance 
between Energy Resource Interconnection Service (“ERIS”) and Network Resource 
Interconnection Service (“NRIS”) Generator Interconnection (“GI”) products and long-term 
transmission service by proposing policies to: 

1. Add more value to the NRIS product by incorporating deliverability on a sub-regional 
basis and capacity accreditation akin to existing Designated Resources (“DRs”), without 
requiring a separate transmission study process in addition to the NRIS GI process; and 

2. Tighten thresholds for mitigation of ERIS system impacts 

More specifically, the HITT’s recommendation directed that the following details be addressed:  

• Add more value to NRIS by making it eligible for benefits comparable to those awarded 
to designated resources without requiring a separate transmission service study 

• Include deliverability on larger sub-regional basis 

• Address capacity accreditation 

• Maintain cost/value balance throughout all transmission services, transmission planning 
and Integrated Marketplace processes 

• Consistency with how NRIS has been implemented by other Regional Transmission 
Organizations (“RTOs”) 

• Existing transmission service processes are expected to continue -  

o NRIS resources may be studied for transmission service to specific Load Responsible 
Entity (“LRE”) loads within or outside of the sub-region for Network Integration 
Transmission Service (“NITS”) or point-to-point service on request 

o It is not anticipated that congestion hedges (Auction Revenue Rights/Transmission 
Congestion Rights) would be granted based on an NRIS interconnection without firm 
transmission service 
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• Consider whether the previous Generator Interconnection Improvement Task Force 
(“GIITF”) recommendation to the MOPC is adequate in light of HITT’s recommendations 
for changes to NRIS and congestion hedging 

• Consider use of a congestion study to develop a thorough basis of support for any 
changes to ERIS thresholds 

• Tighten thresholds for mitigation of ERIS system impacts 

In its policy recommendations, the NEDTF addressed each of these items.  Further, the work 
performed by the NEDTF was extensive, collaborative, and inclusive of a broad range of 
expertise provided by SPP Staff, members of the task force, and participating SPP stakeholders.   

The NEDTF started meeting in October 2019 and began its work with a set of education sessions 
involving review of technical and legal topics by SPP Staff and existing deliverability constructs 
by personnel from other RTOs. This was followed by presentations from stakeholders and then 
concluded with policy deliberations and the development of this whitepaper.  The NEDTF also 
collaborated with other working groups, such as the Supply Adequacy Working Group (SAWG), 
Transmission Working Group (TWG), and the Cost Allocation Working Group (CAWG), and 
requested their input as directed by the MOPC in its formation of the NEDTF. 

1.2 Recommendations 
NRIS Deliverability (CRIS) 

As the result of its activity over the past year, the NEDTF has developed policy recommendations 
that, as a package, provide for the development of a “NITS-ready” interconnection service that: 

• Has been studied in a manner substantially similar to that of a designated NITS resource, 

• Is available to be designated by any load within a specified sub-region of SPP 
(Deliverability Area) without further study upon submission of a transmission service 
request, and 

• Utilizes SPP’s existing interconnection and transmission service processes with as little 
alteration as possible to accomplish the goals of the HITT recommendation.  

The NEDTF makes the following policy recommendations to MOPC for its consideration and 
approval regarding the development of deliverability for NRIS in SPP.  These recommendations 
are separated into those describing the Future State, and those that pertain to the Transition to 
the Future State. 

Future State 

1. Replace NRIS with CRIS - the term Capacity Resource Interconnection Service (CRIS) be 
adopted for the new product to replace the existing NRIS product and provide a clearer 
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designation between these two types of generator interconnections, which provide 
different services 

2. Retain NITS and Integrate CRIS Deliverability Constructs into Existing NITS 
Processes - NITS and CRIS deliverability constructs should co-exist in SPP in the future if 
the MOPC chooses to pursue the development of a CRIS deliverability interconnection 
product. As a result, the deliverability of specified resources to a specified load through 
NITS should continue to be counted for resource adequacy purposes.  Further, the NITS 
request and designation process should be used for designating a resource with 
available CRIS capacity to serve load, effectively incorporating CRIS interconnected 
resources into the firm transmission service process.  Following designation, the existing 
transmission planning processes can be used to maintain deliverability to loads over time  

3. Align CRIS Models and Dispatch Assumptions with NITS Product - A set of models 
and dispatch assumptions should be used for the new CRIS product to make CRIS 
reasonably comparable to SPP’s current NITS product 

4. Study CRIS Resources for Delivery to Loads Within the Same Deliverability Area - 
CRIS resources would be deliverable to any load within the same Deliverability Area (DA), 
but they would not be deliverable across DA boundaries without separately requesting 
and being studied for transmission service. 

5. Grant a Congestion Hedge from a Designated CRIS Resource to an LSE (comparable 
to a NITS designation) – Since CRIS resources will be studied comparably to NITS 
resources in the generator interconnection process and will be designated by load 
serving entities and incorporated into the existing firm transmission service processes to 
serve load, congestion hedges from designated CRIS interconnected resources should 
also be granted to load serving entities in a similar manner to those from designated 
NITS resources due to the comparability of the two services 

6. Grant CRIS Deliverability up to Level of ERIS Capability - Resources may be studied 
and granted for CRIS in amounts up to and including their respective Energy Resource 
interconnection limits 

Transition 

7. Conduct Transition Study to Set Size and Scope of Deliverability Areas - A study 
should be conducted to determine the optimal initial configuration of Deliverability 
Areas in SPP based on a recommended set of principles included in this whitepaper 

8. Grant CRIS Deliverability to Existing Resources with Firm Transmission Service and 
to Existing NRIS Resources - Eligible existing resources in SPP should be studied for, 
and granted, CRIS deliverability in an amount up to the limits imposed on their 
deliverability to the Deliverability Area in which they are located 
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9. Identify Potential Upgrades to Optimize Deliverability for Existing Resources and 
Expand Deliverability Areas - The transition study should evaluate potential facility 
upgrades that would relieve constraints and allow for larger Deliverability Areas and for 
resources to reach a threshold of deliverability that is deemed reasonable for a 
Deliverability Area 

ERIS Threshold 

The NEDTF also has developed the following recommendations that together provide a path 
forward regarding tightening thresholds for mitigation of ERIS system impacts. 

1. Resume the Revision Request Process for the GIITF ERIS Threshold 
Recommendation – the NEDTF finds that the GIITF’s policy recommendation to MOPC 
in late 2018 on the ERIS contingency threshold is adequate in light of the HITT’s 
recommendations for changes to NRIS and congestion hedging.  The development of a 
Revision Request (“RR”) implementing the GIITF policy recommendation for tightening 
the ERIS contingency threshold was delayed at the start of the NEDTF’s work.  The RR 
process should be resumed by SPP Staff and completed consistent with the Oct 2018 
action item to SPP Staff from the MOPC Chair 

2. Conduct Congestion and GI-ITP Comparison Studies to Assess Further Tightening 
of the ERIS Contingency Threshold - Should MOPC decide to evaluate additional ERIS 
threshold changes beyond the GIITF recommendation, the NEDTF recommends that two 
additional studies, a GI-ITP Comparison Study and a Congestion Study, be conducted to 
provide a thorough basis of support to establish a reasonable criteria for a basic, minimal 
generator interconnection in SPP.  Such studies would help ensure that costs and 
benefits of ERIS interconnection service are being appropriately aligned 

3. Get TWG and GIUG Assessment on ERIS Study Process and Models - the TWG, with 
the support of the Generator Interconnection User Group (“GIUG”), should assess 
whether changes to the ERIS study process and models are recommended in advance of 
the commencement of the recommended Congestion and GI-ITP studies to assess 
further tightening the ERIS contingency threshold to mitigate system impacts in SPP 

1.3 Benefits 
A variety of benefits resulting from the implementation of NRIS deliverability were listed by the 
HITT in its report, including that it:  

• Adds to the NRIS value proposition and differentiates NRIS from ERIS through an 
incentive-based approach. 

• Promotes the construction and funding of transmission facility upgrades by generators 
rather than LSEs. 
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• Reduces by half the time necessary to convert an NRIS resource to a DR within a 
planning sub-region. 

• Expands options for LREs to acquire capacity resources by pre-qualifying resources with 
NRIS. 

• Improves consistency in assessments that qualify generating resources for capacity, since 
NRIS resources and DRs could be studied with the same thresholds.   

The NEDTF engaged in a discussion with stakeholders regarding the benefits to both load 
serving entities and generation developers of the HITT’s recommendation.  As a result, it 
appears to the NEDTF that load serving entities within SPP would be the primary beneficiaries of 
the implementation of CRIS deliverability in SPP.  While there would undoubtedly be benefits to 
non-LSE Generator Owners as well, such benefits will most likely be assessed on a case by case 
basis and depend on the expected value of capacity and the level of capacity accreditation 
expected for a particular resource requesting interconnection in SPP.  From an Interconnection 
Customer’s perspective, it appeared that the most significant benefit of a CRIS interconnection 
would be a competitive advantage in being more attractive to LSEs for capacity and energy 
purchases.  

1.4 Next Steps And Action Plan Recommendation  
As policy recommendations, further efforts will be required in the form of studies, and 
development of business protocols and tariff language to implement this package of 
recommendations.  However, the NEDTF has prepared a recommendation for next steps and an 
Action Plan for MOPC to adopt for purposes of implementing the recommendations in this 
policy white paper. 

The NEDTF believes that the policy recommendations regarding tightening the ERIS threshold 
are ready for consideration by the MOPC.  The next steps are contained herein for continuing 
the delayed RR process for the GIITF recommendation and the scope and costs of the GI-ITP 
Comparison and Congestion study costs have been developed by Staff.   

The set of recommendations for implementing NRIS deliverability in the form of CRIS is more 
complex and will require further development of policies by affected working groups.  The 
details of integrating CRIS into existing SPP transmission planning processes should also be 
developed in more detail and the costs of implementation estimated prior to a final approval by 
MOPC.  The NEDTF recommends that the MOPC take action on the CRIS recommendations in 
terms of the following next steps: 

• providing direction to SPP working groups to further explore the coordination issues 
outlined in this whitepaper, and  
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• directing SPP Staff to further assess the costs of implementing and integrating NRIS 
deliverability in the form of CRIS in SPP, including costs of the recommended transition 
study and changes to existing SPP transmission planning processes. 

An Action Plan for these items is also provided in Section 6.1 below. 
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2 BACKGROUND 

2.1 HITT’s Recommendation 

2.1.1 Overview 
MOPC formed the NRIS / ERIS Deliverability Task Force (NEDTF) to develop the policy described 
in the HITT’s Transmission Planning Recommendation #1, which is attached as Appendix 2 to 
this report.  The HITT motion that was passed unanimously with regard to this recommendation 
is: 

SPP should develop and adopt a policy that creates the appropriate balance 
between cost assessed and value attained from SPP ERIS and NRIS generation 
interconnection products and generating resources with long-term firm 
transmission service. The policy should add more value to the NRIS product by 
making NRIS eligible to attain benefits comparable to those awarded to designated 
network resources (DNR) without the requirement for a transmission service study 
while also tightening thresholds for mitigation of ERIS system impacts. This includes 
the concept of deliverability on a sub-regional basis. The policy should also address 
capacity accreditation. The value proposition should be maintained throughout all 
transmission services, transmission planning and Integrated Marketplace processes 
to ensure effectiveness and equity for all impacted stakeholders. 

Further guidance and explanation of this motion was provided by the HITT in its four-page 
recommendation, which the NEDTF reviewed to thoroughly understand the expectations for its 
work. 

The work of the NEDTF starts with the premise outlined by the HITT that the overall goal of the 
full set of the HITT’s recommendations is to ensure that the “value proposition”, also stated by 
the HITT as “the benefit/cost balance”, be maintained throughout all transmission services, 
transmission planning and Integrated Marketplace processes to ensure effectiveness and equity 
for all impacted stakeholders.  

2.1.2 NEDTF’s Assignment 
The specific assignment delegated to the NEDTF from that recommendation is develop a policy 
to create appropriate balance between ERIS and NRIS GI products and long-term transmission 
service by proposing policies to do the following: 

1. Add more value to the NRIS product by incorporating deliverability on a sub-regional 
basis and capacity accreditation akin to existing DRs, without requiring a separate 
transmission study process in addition to the NRIS GI process; and 
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2. Tighten thresholds for mitigation of ERIS system impacts. 

2.1.3 NRIS 
With regard to adding value to NRIS, the HITT recommendation stated that NRIS currently is a 
higher level of generator interconnection than ERIS that typically has higher upgrade costs, but 
NRIS provides little or no additional benefit in comparison to ERIS.  Therefore, NRIS is rarely 
selected for interconnection service.   

As discussed further in the recommendation, the HITT provided the following guidance 
regarding its recommendation: 

1. This recommendation makes NRIS eligible to attain capacity accreditation and 
deliverability benefits comparable to those awarded to designated resources (DRs) 
without requiring an additional transmission service study;  

2. This recommendation includes the concept of deliverability on a larger sub-regional or 
regional basis; and 

3. This recommendation is consistent with how NRIS has been implemented by other RTOs. 

2.1.4 Transmission Service and Congestion Hedging for NRIS Resources 
With regard to transmission service and congestion hedging, the HITT recommendation implied 
that firm transmission service processes would continue to exist, stating that: 

1. NRIS resources may be studied for transmission service to specific LRE loads within or 
outside of the sub-region for NITS or point-to-point on request; and 

2. It is not anticipated that congestion hedges would be granted based on an NRIS 
interconnection without firm transmission service. 

The HITT recommendation also clarified that “congestion hedges” (actually transmission 
upgrade funding compensation in the form of Incremental Long-Term Congestion Rights 
(“ILTCRs”)) could still be received when selected as compensation for the construction of 
necessary directly-assigned network upgrades identified through the GI process consistent with 
the current rules in place for compensation for construction of such network facilities. 

2.1.5 ERIS 
With regard to tightening thresholds for ERIS, the HITT recommendation stated that the 
group(s) working on this issue should: 
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1. Consider whether the previous GIITF recommendation to the MOPC in late 2018 is 
adequate in light of the recommendation for changes to NRIS and congestion 
hedging in HITT’s recommendations; and 
 

2. Consider use of a congestion study to develop a thorough basis of support for any 
changes to ERIS thresholds. 

2.2 Information and Precedent Reviewed  
In developing the policy positions recommended in the HITT’s Transmission Planning 
Recommendation #1, the NEDTF went through an extensive education period reviewing the 
following: 

1. Federal Energy Regulatory Commission (“FERC”) Policy 
2. Deliverability Structures of Other RTOs 
3. Current SPP Deliverability 
4. ERIS Thresholds 

2.2.1 FERC Policy 
The task force reviewed the series of orders issued by FERC that established the currently 
effective Generator Interconnection process as well as other relevant precedent that was 
identified.  The material reviewed included the following, much of which was presented by and 
discussed with SPP’s legal staff: 

• History of ERIS AND NRIS in SPP presentation pertaining to FERC Order 2003, SPP’s 
compliance filings in FERC Docket ER07-1311 and ER10-681 and a comparison of SPP’s 
current tariff language versus FERC’s pro forma Order 2003 language for the NRIS and 
ERIS products.   

• Additional relevant FERC precedent regarding the NRIS and ERIS products, including 
FERC Docket Nos. ER08-1169 (MISO), ER14-83 (MISO), ER04-449 (NYISO) and ER04-457 
(PJM). This material was originally requested by the HITT in RFI 64; and 

• In response to questions posed by the task force, relevant sections of Order 2003-A, and 
FERC Docket Nos. EL19-40, EL08-81, and ER09-1581. 

2.2.2 Deliverability Structures of Other RTOs 
The task force reviewed materials regarding the capacity deliverability structures and areas in 
use by other RTOs and received presentations from representatives of the PJM Interconnection 
(“PJM”) and Midcontinent Independent System Operator (“MISO”) regarding the design, 
modeling and processes for their capacity deliverability constructs. 
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2.2.3 Current SPP Deliverability 
The task force reviewed the modeling of NRIS and ERIS products and NITS firm transmission 
service as currently implemented in SPP.  Specifically, the task force received the following 
information in presentations: 
 

• Implementation of ERIS and NRIS products in SPP,  
• An overview of the Aggregate Transmission Service Study process,  
• A review of the current Resource Adequacy short-term Deliverable Capacity product and 

processes, and 
• A review of the potential Deliverability Areas discussed by HITT and CAWG and the Loss 

of Load Expectation (“LOLE”) Zones in use in the current Resource Adequacy LOLE 
studies 

2.2.4 ERIS Thresholds 
In addition to the ERIS-related materials referenced above in this section, the task force 
reviewed materials from the GIITF’s previous work and its recommendation to MOPC regarding 
ERIS Thresholds.  That recommendation was presented to MOPC in October 2018, but no action 
was taken by the MOPC to approve the policy recommendation.  Instead, the MOPC Chair 
assigned an Action Item to SPP Staff to initiate the SPP Revision Request (“RR”) process to 
develop language to implement the recommendation and then return to the MOPC for approval 
of the RR. 
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3 GUIDING PRINCIPLES AND KEY DECISION 
POINTS 

In this whitepaper, the NEDTF makes policy position recommendations to the MOPC for its 
consideration, following the task force’s coordination and collaboration with the CAWG, SAWG 
and TWG.  Due to the complexity of the issues that the NEDTF was asked to address and their 
potentially broad impact on SPP’s customers and customer-facing processes, this whitepaper 
lays out the recommendations as well as other alternatives discussed and other issues that were 
raised.  This is done so that the MOPC can utilize its broader perspective and oversight of other 
working groups to fully explore and debate any unresolved issues thoroughly. 

3.1 NITS and NRIS Deliverability (CRIS) 
SPP currently provides for both long-term (for more than one year) and short-term (for less than 
one year) firm deliverability of resources to loads through firm network (NITS) and point-to-
point transmission service.  Limited, summer-only capacity deliverability (Deliverable Capacity) is 
also available to loads for the planning reserve margin portion (12% of peak load) of a load 
serving entity’s resource adequacy requirement from resources determined to have deliverable 
capacity based on the results of an annual planning study.  The NEDTF was directed by MOPC to 
evaluate the potential for resources that are interconnected using the current NRIS to be 
deliverable on a long-term firm basis to loads located within specified deliverability areas, as 
discussed in the Background section above.  Other RTO markets similar to SPP, such as MISO 
and PJM, offer this deliverability as a component of the interconnection service they offer that is 
equivalent to NRIS (NRIS in MISO and Capacity Interconnection Rights or CIR in PJM).   

Replace NRIS with CRIS 

In its discussions, the NEDTF found that continually referring to both transmission service and 
interconnection services as “network” products was frequently confusing.  As a result, the 
NEDTF recommends that MOPC adopt the term Capacity Resource Interconnection Service 
(CRIS) for the new product to replace the existing NRIS product and to provide a clearer 
designation between these two types of interconnection, which provide different services. 
As outlined later in this whitepaper, CRIS would replace the existing NRIS service and all existing 
NRIS interconnected resources would be converted to CRIS interconnected resources through a 
transition study process. 
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3.2 NITS and CRIS Products – Co-existence and Integration 
In its Order 2003 series of issued orders, FERC stated that NRIS firm deliverability is a similar, but 
different, product than NITS firm deliverability.1   Each product has a distinct purpose that is not 
necessarily mutually exclusive.  NITS provides deliverability from resources at multiple receipt 
points to a load served at multiple delivery points.  CRIS provides capacity deliverability from a 
single resource to any load within a control area, balancing authority or other designated region 
that contains more than a single load (Deliverability Area).  Further, the purpose of CRIS is to  

provide for only those Network upgrades needed to allow the aggregate of 
generation in the Generating Facility’s local areas to be delivered to the aggregate 
of load on the Transmission Provider’s Transmission System, consistent with the 
Transmission Provider’s reliability criteria and procedures.  [CRIS] does not ensure 
physical delivery to specific loads or locations, and it does not provide delivery 
service rights to specific loads or locations. TAPS is correct that [CRIS] is similar to 
the procedures used by PJM and other ISOs to identify the Network Upgrades that 
are needed for the Generating Facility to qualify as a “capacity resource”.  [CRIS] 
ensures that the Generating Facility, as well as other generating facilities in the 
same electrical areas, can be operated simultaneously at peak load and that any 
output produced above peak load requirements can be transmitted to other 
electrical areas within the Transmission Provider’s Transmission System.  Thus, 
[CRIS] ensures that the output of the Generating Facility will not be “bottled-up” 
during peak load conditions.2   

Retain NITS and Integrate CRIS Deliverability Constructs into Existing NITS Processes 

As a result, the NEDTF recommends that NITS and CRIS deliverability constructs should co-
exist in SPP in the future if the MOPC chooses to pursue the development of a CRIS 
deliverability interconnection product.  Further, the NEDTF recommends that the 
deliverability of specified resources to a specified load through NITS should continue to 
be counted for resource adequacy purposes and designation of CRIS-interconnected 
resources should utilize existing NITS processes.  CRIS deliverability adds the option for loads 
to be assured of long-term, firm deliverability from a CRIS resource under a certain set of 
parameters related to the location of the load and the resource based on how the resource is 
studied for CRIS and how the Deliverability Areas are developed.  Other RTOs utilize both NRIS 
and NITS products to meet different deliverability needs. In Order 2003-A, at paragraph 535, 
with regard to this matter, FERC specifically stated that “this rule should not be construed as 
taking away any option that a Network Customer, or any other Transmission Customer, now has 
with respect to interconnecting a new Generating Facility and obtaining firm transmission 
service to load” and stated further reasons for this policy. 

1 See Order 2003-A at paragraphs 530-535 
2 See Order 2003-A at paragraph 531 
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The NEDTF believes that the NITS request and designation process should be used for 
designating a resource with available CRIS capacity to serve load, effectively incorporating CRIS-
interconnected resources into the firm transmission service process.  Following designation, the 
existing transmission planning processes can be used to maintain deliverability to loads over 
time (see Section 4.6).  The NEDTF recognizes that the continuation of NITS and implementation 
of CRIS would require the harmonization of CRIS and NITS studies to consider and maintain the 
deliverability of both products.  These changes would also have “downstream” effects on other 
study processes as well, such as in the Integrated Transmission Plan (“ITP”).  The NEDTF will 
address its recommendations in this area later in this whitepaper. 

3.3 CRIS Deliverability Study 
Based on its review of FERC precedent in the Order 2003 dockets, the NEDTF determined that 
SPP’s current NRIS interconnection product could be deemed to be able to provide long-term 
firm deliverability similar to that of NITS if the two study processes were reasonably comparable. 
As stated by FERC, to provide deliverability of resources to loads, NRIS 

would require the Transmission Provider to undertake the Interconnection Studies 
and Network Upgrades needed to integrate the Generating Facility into the 
Transmission System in a manner comparable to that in which the Transmission 
Provider integrates its own generators to serve native load customers.  If that 
Transmission Provider is an RTO or ISO with market-based congestion 
management, it would have to integrate the Generating Facility in the same 
manner as all other Network Resources.3  

Further, NRIS 

is intended to provide the interconnection Customer with an interconnection of 
sufficient quality to allow the Generating Facility to qualify as a designated Network 
Resource on the Transmission Provider’s system without additional Network 
Upgrades.  This means that Network Resource Interconnection Service entitles the 
Generating Facility to be treated in the same manner as the Transmission Provider’s 
own resources for purposes of assessing whether aggregate supply is sufficient to 
meet aggregate load within the Transmission Provider’s Control Area, or other area 
customarily used for generation capacity planning. Thus, with Network Resource 
interconnection Service, the Interconnection Customer would be eligible to obtain 
Network Service under the Transmission Provider’s OATT, or network access service 
under the Tariff of an RTO or ISO, without the need for additional Network 
Upgrades.4  

Align CRIS Models and Dispatch Assumptions with NITS Product 

3 See FERC Order 2003 at paragraph 754 
4 Ibid, at paragraph 768 
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After a thorough review of the current study parameter differences between SPP’s current NRIS 
and NITS products, the NEDTF recommends a set of models and dispatch assumptions to 
be used for the new CRIS product to make CRIS reasonably comparable to SPP’s current 
NITS product. This recommendation was informally reviewed by the TWG, whose members 
generally provided positive feedback, though no formal vote was taken by the group. 

3.3.1 Study Methodology 
A significant difference between the current NITS and future CRIS products is that NITS is 
studied to a specific load for the purpose of delivering capacity and energy.  CRIS, however, 
according to FERC policy, is studied to a broader region, the “Transmission Provider’s Control 
Area, or other area customarily used for generation capacity planning” as noted above.  For SPP 
as an RTO that spans all or part of fourteen states and includes eighteen existing load zones for 
purposes of NITS, this could be a significant difference between the NITS and CRIS products.   

The NEDTF developed and assessed two different methods for meeting the goals of the HITT 
recommendation, which were to include “the concept of deliverability on a larger sub-regional 
or regional basis” and consistency with “how NRIS has been implemented by other RTOs.”   

3.3.2 CRIS In Deliverability Area 
The first method started with SPP’s existing generator interconnection and transmission service 
planning processes and modified them to apply to one or more Deliverability Areas within the 
SPP footprint, each of which would include multiple current load zones.  This method was 
named the “CRIS in Deliverability Area” option.  Under this method, CRIS service would be 
studied to the Deliverability Area within which a resource is located.  Within that Deliverability 
Area, capacity from the resource would be deliverable to any load that includes the resource on 
its list of Designated Resources to serve its load, using appropriate processes similar to those in 
place today for requesting firm transmission service for such a resource.   

Under this method, the number and size of Deliverability Areas is important to the level of 
benefits received from the CRIS product, because the CRIS product would only allow for 
deliverability within the borders of each Deliverability Area.  A firm transmission service request 
and study would continue to be required to deliver capacity from a resource across the borders 
of one Deliverability Area to load in another Deliverability Area.  However, in exchange, this CRIS 
product would be studied in a manner that is very similar to that in which NITS is studied within 
SPP today, which implies that it may also be possible to provide a congestion hedge to a load 
serving entity that designates the CRIS resource’s capacity to serve its load, using methods 
similar to the congestion hedging processes that are in place today. 

3.3.3 CRIS in SPP Footprint 
The second method assessed by the NEDTF started with an assessment of the generator 
interconnection NRIS-style deliverability products developed by other RTOs that are consistent 
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with FERC policy and are studied to deliver capacity to the entire RTO footprint rather than a 
smaller sub-region of the RTO.  This method was named the “CRIS in SPP Footprint” option.  
Under this method, capacity from a CRIS resource is studied and determined to be deliverable 
to any load within the entire RTO footprint, subject to import/export limits established by 
assessing transmission constraints at the borders of each Deliverability Area.  The import/export 
limits of the Deliverability Areas are also intended to ensure that enough resources are 
maintained with each area for resource adequacy purposes.  As with the CRIS in Deliverability 
Area method, the number and size, as well as the level of the import/export constraints, are 
important to the level of benefits received from the CRIS product.  However, as in other RTOs, 
this method could support a larger number of Deliverability Areas in the SPP region, if more 
than a few Deliverability Areas are deemed necessary.   

However, since the SPP region has a bilateral contract-based capacity market rather than a 
regional auction-based market, it was determined by the NEDTF that an ATC-style calculation 
for the import/export constraints would need to be maintained and checked for each CRIS 
resource that is designated for capacity by a load in a Deliverability Area other than the one in 
which the resource itself is located.  This process may be simpler than requesting transmission 
service across the border of a Deliverability Area, as would be required in the CRIS-in-
Deliverability Area option, but it would mean that there would still be an extra process required 
to confirm the availability of CRIS deliverability between Deliverability Areas. 

It was also determined by the NEDTF that under this methodology, other RTOs may not be 
required to study CRIS resources as rigorously as NITS resources, because only capacity and not 
capacity and energy are being studied for delivery from the CRIS resource.5  As a result, under 
this method, it is not likely that a load serving entity in SPP should reasonably be able to obtain 
a congestion hedge by designating the CRIS resource’s capacity to serve its load, using methods 
similar to the congestion hedging processes that are in place today. 

3.3.4 Study Method Recommendation 
Study CRIS Resources for Delivery to Loads Within the Same Deliverability Area 

Of these two methods, the NEDTF recommends studying CRIS Resources for Delivery to 
Loads within the same Deliverability Area, consistent with the CRIS in Deliverability Area 
option.  This decision was not unanimous, and the support of some members for this method 
was dependent upon the number of Deliverability Areas needed to appropriately implement this 
method in the SPP footprint.  However, the NEDTF believes that this method would meet the 
requirements of the HITT recommendation, could potentially be justified at FERC, and would be 
the easier and more cost-effective of the two options to implement while still providing 
significant benefits if no more than a few Deliverability Areas are required to adequately 
implement CRIS resource deliverability in SPP.  The assessment needed to make this 

5 See Order 2003 at paragraph 769   
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determination is discussed in more detail in the Deliverability Areas section below.  With regard 
to obtaining FERC approval, FERC did reference cases in which multiple Deliverability Areas 
within a Transmission Provider’s Transmission System could be accommodated.6  

3.4 Requirements for Integrating CRIS Deliverability 
Implementing deliverability during the generator interconnection process does require 
additional integration with the transmission service and planning processes that also grant and 
maintain deliverability in SPP.  Based on FERC policy reviewed by the NEDTF, two requirements 
for developing any type of NRIS deliverability, including through CRIS, are the following. 

3.4.1 GI and ATSS Process Coordination 
First, the two study processes that grant long-term firm delivery in SPP in the future, the GI and 
Aggregate Transmission Service Study (“ATSS”) processes, would require closer coordination 
than currently exists today.  FERC iterated this policy in the following statement: 

Although interconnection and delivery are separate services, we agree that the 
queues for the two services must be closely coordinated. This means that in general, 
Interconnection Customers and transmission delivery service customers should 
have equal access to available transmission capacity, with priority being established 
on a first come, first served basis according to the date on which service is requested. 
Furthermore, Interconnection Studies for Interconnection Services should be 
coordinated with the facilities studies performed for transmission delivery services. 
This ensures that all required upgrades are planned and designed in a least cost 
manner.7 

Given the current significant backlog in the GI process and the difference in overall process 
timing in comparison with the ATSS process for approving long-term transmission service, 
coordination of the two processes will require additional work by the appropriate SPP 
stakeholder groups, which may include the TWG, GIUG and the newly formed SCRIPT.   

The NEDTF discussed various issues related to the potential coordination and methods for 
achieving coordination in the two processes.  The task force was also briefed on MISO’s and 
PJM’s queue coordination, which take differing forms.  PJM appears to have a greater level of 
coordination with a single study process for both Generator Interconnection and Transmission 
Delivery services, while in MISO, the two processes remain separated.  In SPP, the NEDTF 
believes that any solution that is developed for coordinating the two processes should follow 
FERC’s policy guidance, but should also avoid negatively impacting the effectiveness of the 

6 See FERC Order 2003 at paragraph 771 
7 See FERC Order 2003-A at paragraph 541  
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current aggregate study transmission service process, which is performed and completed in a 
timely fashion every six months.   

Given the differences in the two processes, the appropriate consideration may be to determine 
at what point are requests in the two processes most similarly situated.  This seems to have been 
MISO’s approach to coordination as an alternative to developing a single study process similar 
to PJM’s.  Requests in the SPP aggregate study transmission service process are unable to 
withdraw without significant risk after the first round of results (AFS1) in the study process.  One 
suggestion presented to the NEDTF that merits further assessment is the potential for a 
coordination point at 60 days after Decision Point #2 in the current Generator Interconnection 
process, which may be the best point of linkage for coordination for the two processes as they 
exist today. 

3.4.2 Maintaining CRIS Deliverability  
Second, another regulatory requirement for granting deliverability in the GI process through 
CRIS is the need to maintain CRIS deliverability in the transmission planning process for the life 
of the interconnected generator’s interconnection agreement, as referenced in the excerpted 
paragraphs below.   

Reliant notes that Network Resource Interconnection Service conveys the right for 
the Generating Facility to be designated as a Network Resource in the same manner 
as the Transmission Provider would designate its own resources. It proposes that 
the Commission limit the time that the Transmission Provider is required to hold 
this right for the Network Resource Interconnection Service Interconnection 
Customer. For example, if the resource is not designated as a Network Resource by 
a Network Customer within the Transmission Provider's planning period from the 
Commercial Operation Date of the Generating Facility, the Network Resource 
Interconnection Service Interconnection Customer might lose the right, but the right 
should not be lost before that time expires.8  

In response to Reliant, we consider it reasonable for the Interconnection Customer 
to hold, through the life of the interconnection agreement, the right to use the 
Network Upgrade capacity that allows the Generating Facility to be designated as 
a Network Resource.9 

Utilizing the NITS designation process  for both CRIS and NITS resources would result in 
the deliverability of CRIS resources that are designated to serve load being maintained 
in the transmission service and planning processes.  However, an additional process 
would also  be needed to maintain the deliverability of CRIS resources during periods of 
time in which they are not designated to serve load, which could occur for new resources 

8 See FERC Order 2003-A at paragraph 552 
9 See FERC Order 2003-A at paragraph 560 
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or if a resource is in-between off-take agreements with load serving entities.  The NEDTF 
discussed this requirement for an additional process and considered whether the SAWG’s 
existing annual, short-term Deliverable Capacity process could be modified or expanded 
to include the task of ensuring maintenance of deliverability of non-designated CRIS 
resources.  

3.5 CRIS and Deliverable Capacity 
Since SPP already has a deliverable capacity product available to aid LSEs in meeting their 
annual summer peak resource adequacy requirement obligations, it is worthwhile to explain the 
differences between CRIS and Deliverable Capacity that result from the recommendations of the 
NEDTF. 

With the recommendations above, CRIS effectively becomes a “NITS-ready” interconnection.  
Resources with CRIS interconnection status will have been studied to a Deliverability Area, either 
during the interconnection process or upon SPP’s implementation of CRIS, in a manner 
substantially similar to the manner in which a NITS-designated resource has been studied to a 
load.  As a result, resources with CRIS capacity can become deliverable without further study 
when the capacity of the CRIS resource is designated to serve a load in the Deliverability Area 
through the transmission service request process.  The type and term of service, and the other 
related benefits such as congestion hedging through Long-Term Transmission Congestion 
Rights (“LTCRs”) or Auction Revenue Rights (“ARRs”), depends on the type of transmission 
service requested by an LSE, 

Deliverable Capacity is a flexible, summer-only, short-term resource adequacy designation that 
is pre-allocated to existing resources through an annual study process and is available to any 
LSE within the SPP footprint without a request for transmission service.  It is allocated to any 
existing resource in SPP without differentiation with regard to interconnection service type.  
However, capacity purchased using short-term Deliverable Capacity cannot be used by LSE’s to 
serve their load.  It can only be used to serve the planning reserve margin portion of an LSE’s 
resource adequacy requirement.  

As a result of coordination with the SAWG during the process of developing the 
recommendations in this whitepaper, the SAWG indicated through a straw poll that the 
members’ preference would be to keep the Deliverable Capacity mechanism in place at least 
through the implementation of CRIS, then reassess whether Deliverable Capacity continues to 
provide value to SPP stakeholders or should be eliminated. 

3.6 Congestion Hedging 
In its recommendation, the HITT stated that it was “not anticipated that congestion hedges 
would be granted based on an NRIS interconnection without firm transmission service.”  
However, as the NEDTF developed its recommendations regarding aligning CRIS and NITS 
studies, utilizing the existing firm transmission service processes to designate CRIS-
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interconnected resources to serve load and maintain deliverability, and studying CRIS-
interconnected resources to Deliverability Areas, SPP Staff raised the issue of whether the HITT’s 
presumption was appropriate.  Consistent with the development of NRIS deliverability in a non-
RTO region, upon designation to serve a load, CRIS-interconnected capacity would effectively be 
identical to a NITS-designated resource.  As a result, the NEDTF further investigated the 
potential links between CRIS deliverability and granting congestion hedges consistent with 
obtaining firm transmission service in SPP. 

Currently, load serving entities are eligible to receive congestion hedges in the form of 
candidate LTCRs (“cLTCRs”) and candidate ARRs (“cARRs”) from resources designated to serve 
their load under NITS.  Since the study processes for both CRIS and NITS will be reasonably 
comparable under the recommended CRIS in Deliverability Area study option, the NEDTF 
considered whether cLTCR and cARR congestion hedges should similarly be granted to load 
serving entities that designate CRIS resources for deliverability.10  The NEDTF specifically 
considered several issues related to this topic, including: 

• Comparability of the CRIS and NITS services; and 

• Potential need to grant congestion hedges to Deliverability Areas for CRIS instead of 
load zones as with NITS; and 

• Potential duplication of awarded congestion rights between Incremental Long-Term 
Congestion Rights (“ILTCRs’) for CRIS interconnection facility upgrades and TCRs for CRIS 
delivery service 

3.6.1 Comparability 
With regard to comparability, failure to provide cLTCR and cARR congestion hedges to load 
serving entities from designated CRIS resources could result in failing to maintain an 
appropriate balance between CRIS and NITS delivery services in SPP.  As stated in the 
Background section of this whitepaper, the overall goal of the full set of the HITT’s 
recommendations is to ensure that the “value proposition”, also stated by the HITT as “the 
benefit/cost balance”, be maintained throughout all transmission services, transmission planning 
and Integrated Marketplace processes to ensure effectiveness and equity for all impacted 
stakeholders.  In this regard, a concern expressed by NEDTF members was that failing to grant 
cLTCR and cARR congestion hedges to load serving entities that designate from CRIS resources 
for deliverability would result in load serving entities being unable to obtain the full value of 
deliverability from their selected fleet of resources.   

Under the expected future state, with both NITS and CRIS in place, load serving entities would 
continue to pay for resource deliverability to meet their peak load needs under existing NITS 

10 As mentioned above, it is not likely that granting congestion hedges to load serving entities under the alternative 
CRIS in SPP Footprint study option would be appropriate due to the differences in that service and NITS.   
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agreements, while having the flexibility to designate either CRIS resources (without a separate 
transmission service study) or NITS resources to serve their load pursuant to existing processes.  
It is reasonable to expect that paying for resource delivery under the NITS agreement should 
allow a load serving entity to be granted cLTCR and cARR congestion hedges under current 
processes for any designated resource, whether it is a NITS or a CRIS resource.  Further, it could 
be unduly discriminatory to fail to grant cLTCR and cARR congestion hedges to load serving 
entities for designated CRIS resources given the comparability of NITS and CRIS deliverability 
under the CRIS in Deliverability Area study method.   

3.6.2 Deliverability Area vs Load 
However, while the recommended CRIS in Deliverability Area study option was designed to be 
reasonably comparable to NITS, the fact that CRIS is studied for capacity delivery to any load 
within a Deliverability Area, and NITS is studied for capacity and energy delivery to a specific 
load, does result in a potential difference in the two services.  As a result, the NEDTF discussed 
whether cLTCR and cARR congestion hedges, which are an energy-related product, that might 
be granted for CRIS would need to be granted from a CRIS resource to the Deliverability Area in 
which it is located rather than to the specific load within that Deliverability Area that it may be 
designated to serve.  The NEDTF also discussed whether granting such congestion hedges to 
the Deliverability Area rather than to a specific load would actually provide the value expected 
from a congestion hedge. 

3.6.3 Potential Duplication of Congestion Hedges From the Same Facilities 
Finally, a question was raised by stakeholders regarding whether there is a potential for an 
overlap or conflict between the candidate ILTCRs (“cILTCRs”) that a Generator Owner could 
receive as compensation for funding network upgrades to interconnect using CRIS and the 
cLTCRs and cARRs that a load serving entity could be granted for designating a CRIS resource to 
serve its load.  At this time, the NEDTF has been informed that no cILTCRs have been requested 
and granted to Interconnection Customers in SPP.  However, with the recent elimination of 
revenue crediting as a future option for compensation for Interconnection Customers in 
exchange for paying the up-front costs of network facility upgrades, it is expected that cILTCRs 
will be requested and granted in the future.  These cILTCRs will be in return for network 
upgrades constructed for any generator interconnection regardless of whether it is requested as 
ERIS, NRIS today, or CRIS in the future.   

The HITT’s recommendation to eliminate revenue crediting as compensation for the upfront cost 
of network upgrades results in the future source of that potential compensation coming from 
the TCR market rather than from long-term firm transmission service payments made by load 
serving entities.  As a result, the dynamics of the TCR market may change over time as more 
cILTCRs are converted into TCRs.  This change may take years to materialize, but when 
developing new policies, it is important to consider potential future impacts. 
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Load serving entities’ congestion hedging practices may need to adapt over time to the recently 
adopted change in policies for compensation of the up-front cost of network upgrades funded 
by Interconnection Customers.  It is also possible that the need to adapt may be accelerated if 
NRIS deliverability in the form of CRIS is implemented in SPP and succeeds in incenting 
Interconnection Customers to build more network facility upgrades on the SPP transmission 
system.  However, after substantial review and discussion with SPP Staff and stakeholders, the 
NEDTF believes that this issue does not create a conflict.  The ILTCR process is designed to 
facilitate the conversion of a cILTCR into a TCR that can be obtained by a Market Participant that 
values it in order to hedge congestion for its load.  This can occur through the TCR auction or by 
a direct sale to a Market Participant that values the TCR for congestion hedging purposes.  As a 
result of this process, the cILTCR holder receives compensation for the network facility upgrade 
that it paid to construct.  While TCR market dynamics may change as a result, there does not 
appear to be a fundamental conflict between the granting of candidate ILTCRs (cILTCRs) that a 
Generator Owner could receive as compensation for funding network upgrades to interconnect 
using CRIS and the cLTCRs and cARRs that a load serving entity could be granted for 
designating a CRIS resource to serve its load. 

3.6.4 Recommendation 
Grant a Congestion Hedge from a Designated CRIS Resource to an LSE (comparable to a NITS 
designation) 

The NEDTF recommends that candidate LTCR and candidate ARR congestion hedges from 
designated CRIS interconnected resources be granted to load serving entities in a similar 
manner to those from designated NITS resources due to the comparability of the two 
services.  The NEDTF has not yet coordinated with the Market Working Group (MWG) on this 
subject.  Therefore, the NEDTF believes it would be appropriate for MOPC to also obtain input 
from both the MWG and the SPP Staff responsible for the congestion hedging process to 
determine whether congestion hedges from designated CRIS resources should be to the load or 
to the Deliverability Area. In terms of these determinations, the NEDTF believes that MWG and 
Staff should address concerns raised that hedging to a particular load rather than to the 
Deliverability Area could provide opportunities for gaming or a misallocation of available 
transfer capability for congestion hedges, since CRIS deliverability from a resource, as 
recommended by the NEDTF, would be studied to the Deliverability Area as a whole rather than 
to the load of a specific load serving entity within the Deliverability Area that designates the 
CRIS resource to serve its load.  In addition, MWG and Staff should consider congestion hedging 
in terms of the principles of Deliverability Area configuration below, including that larger 
Deliverability Areas are desirable, but would likely lead to reduced value from cLTCR and cARR 
congestion hedges that are assessed to a Deliverability Area rather than to the load of a 
designating load serving entity. 
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3.7 Reserved 

3.8 Flexibility in Requested CRIS Amounts 
Grant CRIS Deliverability up to Level of ERIS Capability 

As in other RTOs, the NEDTF recommends that in the SPP Generator Interconnection 
process, resources may be studied and granted for CRIS in amounts up to and including 
their respective Energy Resource interconnection limits.  Stated another way, resources may 
choose to be studied for CRIS at levels below their total interconnection limits and CRIS 
deliverability would be obtained in amounts up to the requested capacity values for CRIS.  This 
is similar to the manner in which similar NRIS deliverability products have been implemented in 
other RTOs, although some other RTOs do not allow intermittent resources to request their 
NRIS-style deliverability product in amounts more than their expected accredited capacity for an 
interconnecting Resource. 

As an example, in SPP with the CRIS product, an intermittent resource with an expected amount 
of accredited capacity (for example, 25 MW) that is substantially lower than the resource’s 
Energy Resource interconnection limit (for example, 100 MW) may request CRIS for the expected 
amount of accredited capacity (25 MW) and receive deliverability for only up to that amount 
upon completion of the CRIS study and the required transmission facility upgrades, if any.  Any 
remaining non-CRIS interconnection service would be ERIS, which would not provide capacity 
deliverability rights similar to those of CRIS.  To the extent congestion hedges are granted, they 
should only be available up to the amount of CRIS deliverability for any such resource. 

3.9 CRIS Deliverability Study Region and “Sub-Region” 
Development 

The benefits and costs of CRIS deliverability to resources and loads is highly dependent upon 
both how potential CRIS resources are studied (as mentioned above) and how the deliverability 
regions (or sub-regions) are developed.  The NEDTF evaluated information from various RTOs 
regarding their similar capacity deliverability models in considering the number, size and shape 
of potential Deliverability Areas that should be developed in SPP.  For example, MISO’s Resource 
Adequacy Business Practice Manual (BPM-011) contains a comprehensive description of their 
guidelines for the configuration and geographic boundaries of their equivalent regions, called 
Local Resource Zones (LRZs).  MISO’s guidelines are: 

• Electrical boundaries of Local Balancing Authorities, 

• State boundaries, 

• Relative strength of transmission interconnection between Local Balancing Authorities, 

• Results of previous LOLE studies, 
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• The relative size of the LRZs, and 

• Market seams compatibility. 

MISO also states that it may re-evaluate the boundaries of its LRZs if there are changes within 
the MISO region, including changes in the factors listed above, as well as significant changes in 
RTO membership, the transmission system and resources in the MISO footprint.11  .  A map of 
MISO’s LRZs is attached as Appendix 4. 

Conduct Transition Study to Set Size and Scope of Deliverability Areas 

As mentioned above, the implementation of the “CRIS in Deliverability Area” study method 
recommended by the NEDTF is somewhat different than the implementation of similar 
deliverability models in other RTOs, including MISO.  With these differences in mind, the NEDTF 
recommends that a study be conducted to determine the optimal initial configuration of 
Deliverability Areas in SPP based on the following set of principles: 

1. In order to provide substantial benefits to load and resources, each Deliverability Area 
should be as large as possible.  Ideally, the entire SPP footprint would be a single 
Deliverability Area. This configuration should be tested first in the proposed study. 

2. In order to minimize the potential costs of implementing CRIS deliverability, and for 
reliable delivery to be preserved, the size and shape of Deliverability Areas, if more than 
one is needed within the SPP footprint, should consider recognized, significant 
transmission constraints.  The boundaries of some of the currently utilized LOLE zones in 
SPP in various configurations could provide guidance regarding some of the potential 
boundaries for incrementally adding Deliverability Areas for study. 

3. The costs and benefits of the size of each Deliverability Area should be studied and 
balanced.  The benefits of developing a larger footprint for a particular area may exceed 
the costs of constructing projects to eliminate existing transmission system constraints 
that become internalized as a result of expanding the geographic boundary of a 
particular Deliverability Area.  These costs and benefits should be studied as part of the 
development process. 

4. Whenever possible, the load delivery points of load serving entities aggregated under a 
single NITS agreement should not be split between different Deliverability Areas.   

5. The costs of upgrading transmission facilities, if any are needed, for the initial 
establishment of a Deliverability Area should be borne by the load serving entities within 
that area, subject to adequate justification for the construction of such upgrades.  After 

11 See MISO BPM-011-r21 dated Feb 20, 2019 at section 5, page 70 
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that, parties requesting CRIS or NITS would pay for the transmission facilities upgrades 
required for firm deliverability from resources to loads. 

A significant component of this proposed study is the level of CRIS that can be allocated to 
existing resources in SPP based upon the options for Deliverability Areas that are considered in 
the study, as discussed in the next section.  The details and scope of the proposed study are 
included in the Transition section later in this document. 

3.10 Transition to CRIS Deliverability 
Grant CRIS Deliverability to Existing Resources with Firm Transmission Service and to Existing NRIS 
Resources and Identify Potential Upgrades to Optimize Deliverability for Existing Resources and 
Expand Deliverability Areas 

The NEDTF extensively discussed the policies and principles that would be appropriate to apply 
to a transition process for implementing CRIS in SPP and considered several potential methods 
of implementation.  The NEDTF balanced the need for reliable implementation and the value of 
the SPP members and stakeholders obtaining the benefits of CRIS in a timely fashion.  As a 
result, if CRIS is implemented in SPP, the NEDTF recommends that eligible existing resources 
in SPP should be studied for, and granted, CRIS deliverability in an amount up to the 
limits imposed on their deliverability to the Deliverability Area in which they are located.  
Such limits should be based upon both the geographic boundary of the Deliverability Area, 
whether it be the entire SPP footprint or a sub-region of SPP, as discussed in the prior section, 
and any transmission facility constraints affecting the deliverability of the existing resource to 
the Deliverability Area in which it is located, unless transmission upgrades are considered and 
approved that would relieve such constraints as a result of the study. The NEDTF recommends 
that the transition study evaluate potential facility upgrades that would relieve 
constraints and allow for larger Deliverability Areas and for resources to reach a threshold 
of deliverability that is deemed reasonable for a Deliverability Area. 

An important principle to consider for this recommendation is that the SPP transmission system 
is currently being designed and maintained through SPP’s ATSS and ITP processes for firm 
transmission service delivery from existing resources to loads utilizing either network or point-
to-point long-term firm transmission service. This also includes resources currently utilizing 
short-term service to one LSE but with long-term rollover rights to another LSE in SPP.  As a 
result, if and when a decision is made to implement CRIS deliverability in SPP, an allocation of 
any CRIS deliverability available from the existing transmission system to these existing 
resources would allow load-serving entities and other Generator Owners to obtain the benefit of 
their investment in the SPP transmission system for delivery purposes under the new delivery 
model. The allocation of available CRIS deliverability will be dependent upon the size and shape 
of the Deliverability Areas as well as the existing transmission facilities in SPP.  Since the current 
SPP transmission system has been constructed for delivery to individual loads rather than to 
Deliverability Areas, evaluating potential facility upgrades that would increase the delivery to 
Deliverability Areas and/or allow for larger Deliverability Areas, based on relieving reliability 
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constraints, could provide benefit to existing load serving entities and optimize the use of the 
transmission system for delivery to Delivery Areas from existing resources through the Transition 
Study process before new resources begin requesting CRIS through the Generator 
Interconnection process.   

Further details regarding this recommended study are included in the Transition section later in 
this document.  Owners of existing resources without firm deliverability, and existing resources 
with firm deliverability that do not obtain the full amount of desired CRIS deliverability from the 
transition study process, may obtain such CRIS deliverability by requesting CRIS through the 
generator interconnection service process for any remaining portion of the resource that does 
not have CRIS deliverability. 

3.10.1.1 SCOPE AND COSTS OF STUDY 

The NEDTF has requested SPP Staff to develop the scope and cost of the recommended study.  
It is anticipated that the SPP membership would bear the costs of the recommended transition 
study, as well as any other  process development costs identified by SPP Staff as part of the 
implementation process.  As a result, the NEDTF recommends that the costs of 
implementing NRIS deliverability in the form of CRIS be thoroughly assessed by SPP Staff 
and the appropriate working groups prior to a final implementation decision being made 
by the SPP membership.  A next steps action plan is provided below in Section 6 with the full 
set of recommendations to assist SPP Staff and the membership with further management and 
review as part of the overall HITT recommendations management process. 

3.10.2 Alternatives Considered by the NEDTF: 

3.10.2.1 TRANSITION USING GENERATOR INTERCONNECTION PROCESS 

CRIS deliverability could also be implemented by establishing the Deliverability Areas and then 
allowing the owners of all new and existing resources to enter requests for the new CRIS 
product into the existing generator interconnection process in SPP.  However, requiring all 
existing resources that desire such CRIS deliverability to the deliverability region rather than just 
to the load previously studied under NITS to request such service through the interconnection 
service request process could be unmanageable and potentially inconsistent with the principle 
that load serving entities should pay for the cost of transmission facility upgrades required for 
the establishment of deliverability regions.  It could also delay the benefits available to resources 
and loads from the new NRIS deliverability construct.  No NEDTF members expressed support 
for this option to evaluate NRIS deliverability for all existing generating facilities through the 
existing Generator Interconnection process.   

3.10.2.2 TRANSITION BY DEEMING RESOURCES DELIVERABLE WITHOUT FURTHER STUDY 

Another option discussed by the NEDTF, and the one originally proposed to the HITT at the 
beginning of that group’s NRIS deliverability discussions, was automatically granting NRIS 
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deliverability to all existing units (both ERIS and NRIS) with firm transmission service to load. 
Some NEDTF members expressed support for this approach while others were concerned that 
current reliable deliverability to specific loads through firm transmission would not automatically 
equal reliable firm deliverability to a proposed deliverability region that is formed of multiple 
loads and to which the deliverability of the existing resource has not been studied.  If this 
“grandfathering” method could be reliably implemented, a benefit would be that the time and 
expense required for a “baseline” study could potentially be avoided.  However, this method was 
not supported by the NEDTF. 

3.11 Benefits of CRIS Deliverability Model for Loads and 
Resources in SPP 

During the NEDTF’s deliberations, stakeholders raised questions regarding the potential benefits 
to both Generator Owners and load serving entities in SPP of adding deliverability to NRIS as 
recommended in this whitepaper in the form of CRIS.  These questions will be important to 
answer in order for SPP members and the Board to decide whether to implement the 
recommendations in this whitepaper.  Specifically, during the NEDTF’s discussions, generation 
developers questioned whether adding deliverability to NRIS would provide adequate incentive 
for any developer to request CRIS interconnection service.  The reason for this is that 
deliverability primarily pertains to capacity, which is of less interest to some developers than 
energy delivery. The task force believes that this is due to the both the fact that production tax 
credits (PTCs) are based on energy output and the relative lack of capacity accreditation 
available to wind resources.   

In its recommendation on this topic, the HITT stated in its summary that its recommendation: 

• “Adds to the NRIS value proposition and differentiates NRIS from ERIS through an 
incentive-based approach. 

• Promotes the construction and funding of transmission facility upgrades by 
generators rather than LSEs. 

• Reduces by half the time necessary to convert an NRIS resource to a DR within a 
planning sub-region. 

• Expands options for LREs to acquire capacity resources by pre-qualifying resources 
with NRIS. 

• Improves consistency in assessments that qualify generating resources for capacity, 
since NRIS resources and DRs could be studied with the same thresholds.”12  

However, this list of benefits provided by the HITT includes items that are not necessarily 
beneficial to some generation developers, particularly since load serving entities could receive 
regional funding for transmission facility upgrades for deliverability through NITS. Regional 
funding is not anticipated to be available for Generator Owners that interconnect using CRIS, 

12 See Appendix 2 at page 4. 
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even though some of the same facility upgrades could be constructed for deliverability purposes 
under either NITS or CRIS.  Such additional costs of CRIS that are directly allocated to generation 
developers, in comparison to potential regional funding through NITS, would likely need to be 
outweighed by other benefits in order for generation developers to see the value in requesting 
CRIS, if it costs more than an ERIS interconnection due to the need to construct additional 
facility upgrades, and the recovery of upgrade costs through ILTCRs is uncertain. 

During the HITT’s development of its recommendations, a more detailed list of benefits was 
presented to that group, which is attached as Appendix 5.  This list of benefits includes a 
number of items that are also mostly of interest to load serving entities in SPP, but not 
necessarily generation developers.   

The NEDTF requested interested SPP stakeholders to provide suggestions regarding the 
potential benefits of implementing NRIS deliverability beyond those discussed in the HITT’s 
recommendation and meeting materials. However, no specific suggestions were provided.  As a 
result, it appears that load serving entities within SPP would be the primary beneficiaries of the 
implementation of NRIS deliverability through CRIS in SPP.  While there would undoubtedly be 
benefits to non-LSE Generator Owners as well, such benefits will most likely be assessed on a 
case by case basis and depend on the expected value of capacity and the level of capacity 
accreditation expected for a particular resource requesting interconnection in SPP. 

3.12 Impacts of CRIS Deliverability on Setting ERIS Study 
Thresholds  

After developing policy proposals to add more value to the current SPP NRIS product as 
outlined above, the second aspect of the NEDTF’s work was to evaluate tightening thresholds 
for mitigation of ERIS system impacts.  With regard to this second task, the NEDTF was provided 
the following directions in the HITT’s recommendation: 

1. Consider whether the previous GIITF recommendation to the MOPC in late 2018 is 
adequate in light of the recommendation for changes to NRIS and congestion hedging 
in HITT’s recommendations; and 

2. Consider use of a congestion study to develop a thorough basis of support for any 
changes to ERIS thresholds. 

The NEDTF received presentations and comments from SPP Staff and stakeholders regarding the 
GIITF’s work and recommendation on ERIS contingency thresholds to the MOPC.  To summarize, 
the GIITF recommended that ERIS continue with the current 20% OTDF contingency threshold, 
but that it also be tightened with an additional criteria which identifies upgrades and allocates 
costs to each request in which the sum of the individual impacts having a contingent (OTDF) 
threshold greater than or equal to 5% is at least 20% of the applicable facility rating.  The GIITF 
studied the potential results of tightened ERIS contingency thresholds in SPP in its effort to 
develop this recommendation.  The NEDTF heard from various stakeholders and Staff who either 
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had direct involvement in the development of the current 20% OTDF ERIS contingency threshold 
in SPP or were involved in the work of the GIITF, then engaged in several substantive discussions 
on this topic.  It is the NEDTF’s understanding that the GIITF’s recommendation did not involve 
potential changes to the current ERIS system intact threshold of 3%.  Further references to an 
ERIS threshold in this whitepaper are to the contingency threshold, unless specifically stated 
otherwise. 

3.12.1 Adequacy of GIITF Recommendation on ERIS Threshold 
CRIS Deliverability 

The NEDTF considered the information described above along with the subject matter reviewed 
in developing CRIS deliverability policy proposals.  The NEDTF’s conclusion is that there is no 
obvious link between the implementation and availability of CRIS deliverability as a “NITS-ready” 
interconnection in SPP and the implementation of a more restrictive ERIS threshold in SPP than 
has already been recommended by the GIITF.  The primary reason for this lack of a link is that it 
does not appear to the NEDTF that the fundamental purpose of an ERIS interconnection is 
impacted by the availability of CRIS deliverability in SPP.  The fundamental purpose of ERIS as 
described by FERC in Order 2003 is that of “a basic or minimal interconnection service”.  
Specifically, FERC states that ERIS,  

would allow the Interconnection Customer to … be eligible to deliver its output 
using the existing firm or non-firm capacity of the Transmission System on an “as 
available” basis.  In an area with a bid-based energy market (e.g., ISO New England, 
NYISO, or PJM), Energy Resource Interconnection Service would allow the 
Interconnection Customer to place a bid to sell into the market and the Generating 
Facility would be dispatched if the bid is accepted. (FERC Order 2003 at page 156, 
paragraph 753) 

Replacing the existing non-deliverable NRIS with deliverable CRIS in SPP’s Generator 
Interconnection process would provide a substantial differentiation between the existing NRIS 
and ERIS products, but in the opinion of the NEDTF, it does not affect the purpose of the ERIS 
thresholds. The ERIS threshold is a component of the ERIS study, which attempts to approximate 
a minimal interconnection requirement for every resource interconnection.  As a result, the 
NEDTF does not believe that any changes to the GIITF’s recommended changes to the ERIS 
threshold in SPP are necessary based on the implementation of CRIS deliverability.   

Congestion Hedging 

The NEDTF was also asked to consider the adequacy of the GIITF’s recommendation in terms of 
the HITT’s recommended changes to congestion hedging in SPP.  Since the implementation of 
the HITT’s recommendation has been under development by the MWG during the NEDTF’s 
work, the NEDTF did not specifically engage in an assessment of the particulars of 
recommended congestion hedging changes.  However, the NEDTF did discuss and agree than 
an adequate and effective congestion hedging mechanism is critical to providing a key 
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differentiation between resources in SPP that are interconnected without deliverability (ie, using 
ERIS) and those that are designated as being deliverable to load, which is currently 
accomplished through use of firm transmission service in SPP.  Conversely, an inadequate 
congestion hedging mechanism would undermine the necessary differences between these 
services, thereby preventing them from performing their expected functions within the 
interconnection and deliverability frameworks developed by FERC’s policies.  While SPP could 
attempt to make ERIS thresholds more restrictive to compensate for an inadequate congestion 
hedging mechanism, the NEDTF believes that, based on its review of FERC’s policies,  ERIS 
thresholds should not be modified for the purpose of impacting congestion hedging.   

Resume the Revision Request Process for the GIITF ERIS Threshold Recommendation  

As a result, the NEDTF finds that the GIITF recommendation to the MOPC in late 2018 is 
adequate in light of the recommendation for changes to NRIS and congestion hedging in 
HITT’s recommendations.  The NEDTF did not assess and does not take a position on the 
adequacy of the existing or any proposed future congestion hedging mechanisms in SPP. 

At the start of the NEDTF’s work, the task force was informed that the review of the RR 
implementing the GIITF policy recommendation was delayed by the withdrawal of the RR in 
order to provide the NEDTF with an opportunity to assess the GIITF’s recommendation as 
directed by the HITT.  As a result of the finding above that the GIITF recommendation to the 
MOPC in late 2018 is adequate in light of the recommendation for changes to NRIS and 
congestion hedging in HITT’s recommendations, the NEDTF recommends that the 
development of a Revision Request implementing the GIITF policy recommendation for 
tightening the ERIS contingency threshold be resumed by SPP Staff and completed 
consistent with the Oct 2018 Action Item to SPP Staff from the MOPC Chair.  MOPC’s 
decision on this recommendation may be impacted by the recommendations below regarding 
further tightening of the ERIS contingency threshold beyond the GIITF recommendation, but this 
recommendation is consistent with the NEDTF’s findings regarding the HITT’s recommendations, 
as directed by MOPC. 

3.12.2 Tightening Thresholds for Mitigation of ERIS Impacts 
In determining the criteria for tightening the 20% OTDF ERIS contingency threshold beyond the 
recommendations made by the GIITF,  the NEDTF considered the use of a congestion study to 
develop a thorough basis of support for any changes to ERIS thresholds, as recommended by 
the HITT.  The NEDTF also considered methods for assessing whether an ERIS interconnection is 
minimal, as stated in FERC policy.  While MOPC could choose to use these methods to further 
assess the GIITF policy recommendation on the ERIS contingency threshold, the NEDTF’s 
interpretation is that the MOPC and HITT did not specifically intend for the NEDTF to assess the 
GIITF’s recommendation other than as specifically stated in the prior sections.  Instead, the 
NEDTF focused on developing methodologies that would develop a thorough basis of support 
for further changes to the ERIS contingency threshold beyond those recommended by the GIITF 
and previously reviewed by MOPC.   

1004 of 1082



3.12.2.1 CONGESTION STUDY 

The NEDTF extensively discussed the topic of using a congestion study to develop a thorough 
basis of support for any changes to ERIS threshold and received several presentations from Staff 
and stakeholders on the matter.  The NEDTF’s conclusion is that a congestion study would be 
useful to help justify changes to the ERIS threshold, but it would provide only half of the picture.  
Such a study would act as a snapshot in time to inform SPP GI customers of how much value a 
specific group of GI customers would receive from reduced congestion as a result of 
constructing upgrades required by reduced ERIS thresholds.  Such a study would answer the 
question posed to the NEDTF by stakeholders during the discussion regarding, “what are the 
benefits received for the cost that the customer is being asked to pay” for interconnection.   

The results of a congestion study could help reduce the opposition of GI customers to a more 
restrictive ERIS threshold when regulatory approval is sought for changes in SPP’s processes.  
However, by itself, a congestion study would not provide an indication to LSEs whether the ERIS 
threshold currently recommended by the GIITF, or a tighter threshold, would actually be 
consistent with the requirement that ERIS provide a minimal generator interconnection product, 
but no more than a basic, minimal interconnection. 

3.12.2.2 GI-ITP STUDY 

In an attempt to resolve this issue for LSEs, the NEDTF requested that SPP Staff scope out a 
study to compare GI and ITP process results to determine whether any constraints identified in 
later ITP studies would have appeared in an earlier GI study if the ERIS threshold had been lower 
at the time of the study.  Representatives of several LSEs asserted that specific transmission 
facility upgrades that were constructed as a result of past ITP processes were reliability upgrades 
that should have instead been paid for by Interconnection Customers through the GI process.  
SPP Staff responded that it did not have evidence to support the LSE representatives’ assertions.  
The NEDTF believes that studying the historical results of the GI and ITP processes may 
definitively answer the question of whether the ERIS threshold recommended by the GIITF is 
adequate for a minimal interconnection to the SPP system or should be tightened further. In 
interpreting the results of this study, identification of common constraints in the two processes 
may not necessarily indicate a need to change the ERIS threshold. Before recommending an ERIS 
threshold change from the GI-ITP study, careful consideration should be given to how the 
results are impacted by recent policy changes, generation dispatch and the benefits to both 
generation and load. 

3.12.2.3 STUDY SCOPES AND COMBINED COST 

The scopes of these two studies are provided in Appendix 10.  SPP Staff has estimated that the 
combined cost of both studies would be approximately $400,000 and would take 2,000 hours of 
work, using outsourced resources to complete the work, as shown in the table below.  SPP Staff 
recommends outsourcing the analysis due to Staff’s current full allocation of work to complete 
current GI and ITP studies with existing SPP personnel.   The timeline of the study would be 
determined following MOPC approval and would depend on consultant availability.   
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Study Time Cost 

GI-ITP Comparison  800 hours $160k 

Congestion Study 1200 hours $240k 

Total 2000 hours $400k 
 

SPP Staff also identified that some efficiencies would be gained by performing both studies in 
the same scope.  The pricing of the congestion study above reflects a reduction of 240 hours 
and $48,000 in cost that is included in the GI-ITP study and does not need to be replicated in 
the congestion study scope.  As a result, the GI-ITP study time and cost estimates are also useful 
as a stand-alone estimate, but the congestion study estimate is not and would need to be 
increased if not performed in conjunction with the GI-ITP comparison study. 

3.12.2.4 RECOMMENDATION 

Conduct Congestion and GI-ITP Comparison Studies to Assess Further Tightening of the ERIS 
Contingency Threshold 

While the NEDTF was tasked with tightening thresholds to reduce ERIS system impacts, the task 
force did not believe it had the authority to direct SPP Staff to pursue these studies at this level 
of effort and expenditure and should instead present to MOPC its recommendation to conduct 
these studies.  As a result, the NEDTF does not have any additional data to support changing the 
GIITF recommendation to the ERIS thresholds at this time. Should MOPC decide to evaluate 
additional ERIS threshold changes beyond the GIITF recommendation, the NEDTF 
recommends that two additional studies, a GI-ITP Comparison Study and a Congestion 
Study, be conducted to provide a thorough basis of support to establish a reasonable 
criteria for a basic, minimal generator interconnection in SPP.  Such studies would help 
ensure that costs and benefits of ERIS interconnection service are being appropriately aligned.  

3.12.3 ERIS Study Procedure Changes 
As the NEDTF discussed the development of CRIS study procedures, GIITF’s recommendations 
on the ERIS threshold and considered input from stakeholders and SPP Staff, the issue of 
potential changes to the ERIS study models, assumptions and procedure was raised.  During 
these discussions, the NEDTF was informed that the TWG and the newly formed GIUG have been 
engaged in an ongoing discussion regarding options for realigning or reducing the set of 
models used to evaluate the performance of the SPP transmission system.  Since the impact of 
the ERIS threshold is likely to be influenced by the underlying models, assumptions and 
procedures of the ERIS study process under review by TWG and GIUG, the NEDTF believes that 
the long-term value of the results of the proposed Congestion and GI-ITP Comparison Studies in 
tightening the ERIS threshold to mitigate system impacts would be enhanced if any 
recommended changes to the ERIS study process were considered by TWG, GIUG and MOPC, as 
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appropriate, and either approved or denied in advance of the commencement of the congestion 
study.  The NEDTF started coordinating with the TWG to obtain input on this matter, but it is not 
easily assessed and requires further study and feedback from SPP staff, particularly regarding 
the issue of which models are needed for SPP’s and its members’ compliance requirements.   

Regarding the specific feedback requested from TWG, stakeholder input was brought to the 
NEDTF on the ERIS study procedures, so the NEDTF sought input from the TWG about the 
feasibility of making decisions on the following recommendations prior to the commencement 
of the proposed Congestion and GI-ITP studies: 

• Reduce the number of seasons studied in GI studies.  Use seasons during which impacts 
are most likely to be observed and generators are most likely to be generating.  

• Reduce the number of model years utilized in GI studies.  Eliminate 1-2 year models 
because many generators are not built in this timeframe, and replace with limited 
operation studies for those which are.  Eliminate 10-year models as there are typically 
very few major system changes beyond the five-year horizon. 

• Combine the high variable and low variable model sets into a single model set which 
reduces the dispatch of certain fuel types during seasons in which the generator is 
unlikely to run (e.g. wind during peak loads, solar during night cases, peaking units 
during light load).  

• Consolidate underutilized study groups into neighboring groups 
 
Stakeholders asserted that these changes would be consistent with the practices of neighboring 
RTOs and have the potential to eliminate hundreds of models in each SPP DISIS study cycle.  
This would reduce the workload for SPP’s GI study team, thus helping SPP catch up on the 
severely delayed interconnection study process.  Further, if fewer models are utilized in the 
future to assess the minimal interconnection requirement of ERIS, then it could be argued that a 
further reduction in the ERIS threshold could be warranted to compensate for evaluating fewer 
scenarios in the ERIS interconnection study process. 

Get TWG and GIUG Assessment on ERIS Study Process and Models 

As a result of its review of this activity, the NEDTF recommends that the TWG, with the 
support of the GIUG, assess whether changes to the ERIS study process and models are 
recommended in advance of the commencement of the recommended Congestion and GI-
ITP studies to assess further tightening the ERIS contingency threshold to mitigate system 
impacts in SPP. 

3.13 Coordination with SPP Working Groups 

3.13.1 Transmission Working Group - TWG 
CRIS STUDY PARAMETERS 
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The TWG reviewed models and study process modifications recommended for CRIS to align with 
NITS studies.  Positive feedback was received with no objections from TWG members, but no 
formal action was taken by the TWG regarding the recommended changes.   

POTENTIAL CHANGES TO PLANNING PROCESSES 

An overview of the proposed integration of CRIS into existing transmission service and planning 
processes has been presented to the TWG, including the need to develop closer coordination 
between the GI and ATSS processes and queues, as well as maintaining deliverability from 
undesignated CRIS resources in downstream transmission planning processes.   

TRANSITION AND DELIVERABILITY AREA STUDIES 

An overview of the CRIS transition study has been presented to the TWG, and a proposed scope 
was presented in Sept 2020.  These studies involve both the development of the proposed 
Deliverability Areas and the allocation of CRIS Deliverability to existing resources in SPP. 

CONGESTION AND GI-ITP COMPARISON STUDIES 

The TWG reviewed changes to ERIS study models and assumptions recommended for the TWG’s 
consideration prior to any potential further evaluation of ERIS thresholds in the form of the 
recommended Congestion and GI-ITP comparison studies.  Some concerns were expressed by 
TWG members, but no formal action was taken by the TWG regarding the information provided 
on behalf of the NEDTF. 

An overview of the comparison studies themselves have been presented to the TWG, and a 
proposed scope was presented in Sept 2020. 

3.13.2 .Supply Adequacy Working Group - SAWG 

3.13.2.1 DELIVERABLE CAPACITY 

The SAWG considered whether the new CRIS Deliverability product would replace, or exist in 
addition to, the current limited, short-term Deliverable Capacity product.  The SAWG also 
considered whether aspects of the current Deliverable Capacity product may need to be 
changed in order to ensure that the same deliverability is not allocated in both processes.  Since 
SPP’s Resource Adequacy rules already includes such a process, this does not appear to be a 
significant hurdle. 

The SAWG was also asked to consider the implications of the NEDTF’s recommendation of the 
CRIS in Deliverability Area methodology.  Implementing a Deliverability Area-only CRIS 
methodology may increase the SAWG’s desire to maintain the current short-term Deliverable 
Capacity product across the entire SPP footprint.  
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3.13.2.2 FUTURE ELCC ACCREDITATION 

The SAWG has considered whether partial CRIS service for a designated Resource is equivalent 
to partial transmission service in the context of SAWG’s currently approved ELCC tier approach.  
The NEDTF discussed that accredited capacity amounts less than CRIS amounts will be fully 
deliverable through CRIS, as in other RTOs, while acknowledging that MOPC-approved ELCC 
rules may result in different outcomes.  It is possible that a legal review of FERC’s precedent 
regarding this issue may be beneficial. 

3.13.3 Cost Allocation Working Group - CAWG 
The HITT report directed the NEDTF to coordinate with the Cost Allocation Working Group 
(CAWG) around the HITT C1 recommendation. The NEDTF included two CAWG members to help 
monitor and coordinate activities related to the size and scope of deliverability areas. The CAWG 
will consider the size and scope of Deliverability Areas in their review of consolidation of 
Schedule 11 transmission pricing zones. 

During the course of the NEDTF policy proposals, a number of other potential cost allocation 
items were identified and communicated to the CAWG for their review. The cost allocation items 
identified to date are summarized below. 

• Coordinate scope/scale discussion of Deliverability Areas with HITT C1 Recommendation, 
which recommends that CAWG evaluate consolidating Schedule 11 transmission zones.   

o The NEDTF will recommend that a deliverability study be performed under TWG 
direction to determine the appropriate size and scope of deliverability areas. It is 
also recommended that the CAWG review the results of the study to determine if 
there are related impacts to the Schedule 11 consolidation evaluation. 

• Review and discuss identified and potential CAWG-related issues: 

o Modification of “wind rule” to accommodate larger deliverability areas 

 The wind rule applies to transmission service when wind resources and 
load are located in different transmission pricing zones. Since the 
Deliverability areas may span several of the current transmission pricing 
zones then should the wind rule need to be reviewed and possibly 
updated? 

o Application of future Z2 impact calculations for CRIS designations without the 
aggregate study process 

 SPP has removed Z2 crediting as an option prospectively. However, the 
historical Z2 funding is dependent upon future transmission service to 
fund Z2 credits and that determination is made in the aggregate study 
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process. The NEDTF is recommending that future designation of CRIS will 
not have to be studied in the aggregate study process and this will impact 
the calculation of Z2 obligations. Concerns have been raised about how 
Z2 credit impacts and funding responsibility would be assessed for 
designation of CRIS resources. 

o Cost allocation incentives to utilize ERIS coupled with firm transmission service 
(NITS) instead of CRIS 

 There have been concerns raised on the comparability of CRIS upgrades 
paid for by generator interconnection customers and transmission service 
upgrades that are eligible for regional funding under the safe harbor 
provisions. The NEDTF recommends that CAWG review the NEDTF policies 
to determine if any changes are needed. 

o Review similarity of CRIS and NITS for awarding candidate ARRs to LSEs when 
designating CRIS units to serve load 

 NEDTF has recommended that loads that designate CRIS units should also 
be awarded candidate ARR nominations in the same way that loads that 
arrange for firm transmission service to designated resources. 

o Review similarity of CRIS and NITS for cost allocation of any potential upgrades 
needed to maintain deliverability 

 The annual ITP base reliability study will maintain and preserve the rights 
of Designated Resources and CRIS. Transmission upgrades are identified 
in the annual reliability ITP study and are base plan funded.  

o Review potential cost allocation of any potential upgrades evaluated in the 
transition process to provide full deliverability of existing firm resources to the 
entire deliverability area or to allow larger deliverability areas 

 The Transition study will determine how much CRIS deliverability existing 
DR resources are allocated during the transition. The transition may not 
provide full deliverability of resources within a deliverability area there 
could be transmission upgrades identified to improve that deliverability. 
The CAWG should consider whether upgrades identified and approved to 
increase deliverability within a zone should have a different cost 
allocation. 
 

 Similarly, the transition study could provide additional transmission 
upgrades that could allow for larger deliverability areas. The CAWG 
should consider whether there should be different cost allocation for 
upgrades that create larger Deliverability Areas. 
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3.14 Issues raised to be discussed and resolved if within the 
scope of this effort: 

SPP Staff presented to the NEDTF regarding the development of Generator Outlet Facilities in 
the ITP process.  Staff recommended that the NEDTF consider how potential recommendations 
might impact the ITP assessment and suggested that any changes made should still allow the 
ITP assessment to continue to meet its current objective in developing a 10-year plan that 
provides reliable and economic delivery of energy and facilitates achievement of public policy 
objectives, while maximizing benefits to the end-use customer. 

A representative of NPPD raised a concern with regard to compensation for use of the legacy 
transmission system capability constructed by transmission owners in SPP.  This issue was 
presented to the HITT, but the recommendations of the HITT may not have adequately 
addressed this issue.  This issue appears to be outside of the scope of the NEDTF’s work on NRIS 
deliverability and ERIS thresholds and more closely related to regional cost allocation and/or the 
fundamental implementation of open access transmission service in SPP and the payment for 
transmission service by load zone without regard to the region in which the resource is located, 
which is are much broader issues.  

Similarly, a representative of OG&E requested that the NEDTF investigate and develop policies 
for changes to physical curtailment priorities, for example SPP’s out-of-merit energy process, 
that further differentiate between the ERIS and proposed CRIS interconnection status and 
transmission service priorities.  Based on consultation with SPP Staff, this issue also appears to 
be outside of the scope of the details of the HITT’s recommendation on NRIS deliverability and 
ERIS thresholds.  If the HITT’s recommendations regarding these topics are not implemented, 
then the SPP membership may want to consider its available options further, including the 
possibility of developing the proposed curtailment priorities, subject to further legal review. 

3.14.1 Assessment of Z2 Revenue Credit Impacts 
Under current tariff provisions, revenue credit payments for the use of existing Creditable 
Upgrades are determined through the ATSS at the time a new transmission service request is 
evaluated. In the future state, because the designation of a new Network Resource or 
Designated Resource does not require study in the ATSS, an alternate method of determining 
revenue credits owed to Upgrade Sponsors will be necessary. Options for addressing this were 
explored by the NEDTF and are discussed in more detail in Appendix 9. The NEDTF believes that 
SPP Staff should explore the legal and process issues related to legacy Z2 and developing CRIS, 
then coordinate with CAWG on potential resolutions.  
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4 FUTURE STATE 

4.1 The Interconnection Service Product 
At the time a new Interconnection Request is submitted, an Interconnection Customer will have 
two options to choose from: Energy Resource Interconnection Service or Capacity Resource 
Interconnection Service.  

Energy Resource Interconnection Service (“ERIS”) shall mean an Interconnection Service that 
allows the Interconnection Customer to connect its Generating Facility to the Transmission 
System to be eligible to deliver the Generating Facility's electric output using the existing firm or 
non-firm capacity of the Transmission System on an "as available" basis.  Energy Resource 
Interconnection Service does not in and of itself convey transmission service, nor any right to 
deliver electricity to any specific customer or Point of Delivery. 

Capacity Resource Interconnection Service (“CRIS”) shall mean an Interconnection Service 
that allows the Interconnection Customer to integrate its Generating Facility with the 
Transmission System in a manner comparable to that in which a generating facility is integrated 
to serve Native Load Customers as a Network Resource.  Capacity Resource Interconnection 
Service in and of itself does not convey transmission service. 

CRIS allows Interconnection Customer's Generating Facility to be designated as a Network 
Resource, up to the Generating Facility's full output, on the same basis as existing Network 
Resources interconnected to Transmission Provider's Transmission System, and to be studied as 
a Network Resource on the assumption that such a designation will occur. The customer may 
specify an amount of CRIS deliverability that is less than the Generating Facility’s full capability.  

The output of a CRIS Generating Facility will be pre-qualified for designation as a Network 
Resource or Designated Resource within the same Deliverability Area as the load it will serve. 

The CRIS interconnection service product is available only to generators that are directly 
interconnected with the SPP Transmission System. Generators connected to other Transmission 
Providers’ systems, such as MISO or AECI, are not eligible for SPP interconnection service, either 
ERIS or CRIS. Generators connected to non-SPP tariff facilities, such as sub-transmission and 
distribution facilities of SPP’s Transmission Owners that have not been placed under the tariff, 
are also ineligible for SPP interconnection service, either ERIS or CRIS. However, these external 
generators may become Designated Resources through the Aggregate Study process.  

A Deliverability Area may be expanded in the future through consolidation of one or more 
Deliverability Areas into a single new Deliverability Area, incorporation of a new Transmission 
Owner’s facilities into SPP and adding them to an existing Deliverability Area, or other means. 
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Subsequent expansion of a Deliverability Area will not alter delivery rights associated with 
existing Designated Resources, regardless of whether the Interconnection Service has ERIS, NRIS, 
grandfathered interconnection service or CRIS. However, CRIS deliverability associated with each 
existing CRIS Generating Facility within the expanded Deliverability Area will be re-assessed to 
determine the amount of deliverability available to each. If the full CRIS amount is not fully 
deliverable to the expanded Deliverability Area, then upgrades to make it fully deliverable will be 
constructed consistent with initial transition process. 

4.2 Study Procedures for New Interconnection Service 
Every new request for interconnection service will be analyzed to determine the system 
enhancements and upgrades required to provide ERIS-level service.  

New Interconnection Requests that are seeking CRIS will be analyzed to determine the system 
enhancements and upgrades that would be required to deliver the output to the same 
Deliverability Area.  

4.2.1 SPP Generator Interconnection 
When an Interconnection Customer submits a new request to interconnect to the SPP 
Transmission System, an ERIS study (powerflow, stability, and short-circuit analysis) shall be 
performed. Network Upgrades shall be identified and included in an applicable Generator 
Interconnection Agreement.  

If requested by the interconnection customer, SPP will also perform a CRIS study (powerflow 
analysis). The CRIS study will use SPP “capacity models” (see Appendix 3 for definition) that 
reflect the projected system conditions and generation dispatch that the resource will be 
expected to encounter in long-term deliverability studies, such as those used in the ITP Base 
Reliability Models. SPP would perform a capacity resource MW injection study for the 
interconnection customer’s resource. The resource would be dispatched into the applicable 
Deliverability Area at the requested MW amount and delivered to each of the Deliverability 
Area’s Schedule 9 transmission pricing zones on a load-ratio share (LRS) basis.13 CRIS and ATSS 
would use the same capacity models (ITP Base Reliability models) for this analysis, and a 
respective queue priority and study coordination process will need to be developed to define 
priority between CRIS and ATSS requests. Additionally, CRIS powerflow studies could potentially 
be performed by the Transmission Service department instead of GI, though the study timelines 
required by the SPP OATT Attachment V would still need to be adhered to. The Interconnection 
customer may elect to fund all or part of the Network Upgrades identified in these studies to 
get to their desired level of CRIS. Interconnection requests would be eligible to reduce or drop 

13 This contrasts with just dispatching the resource to only serve load in the local schedule 9 transmission pricing 
zone currently done for NRIS studies. 
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their CRIS requests during the interconnection study process. CRIS units would be considered in 
the annual resource adequacy/SPP deliverability study going forward.    

4.2.2 Conversion to CRIS 
All existing NRIS generators and all existing generators associated with long-term firm 
transmission service will be assigned an amount of CRIS deliverability through the transition 
study process described in Section 5. After the transition study, any existing generator may 
convert to CRIS or increase the amount of its CRIS deliverability by submitting a request in the 
GI DISIS process. The GI study will be limited to identification of upgrades necessary to provide 
CRIS deliverability up to the amount of existing interconnection service. The existing 
interconnection service will not be re-studied. The request may be dropped or modified, as 
permitted by the tariff procedures, without endangering the existing interconnection service. 
Pseudo-tied generators, not being directly interconnected to the SPP Transmission System, 
would not be eligible for CRIS deliverability under current SPP rules. 

4.3 Designation Procedures 

4.3.1 Designation of CRIS Units to Loads in the Same Deliverability Area 
An SPP Eligible Customer may designate a CRIS generator as a Network Resource or Designated 
Resource to serve load located within the same Deliverability Area, without a transmission 
service study, by making a request through the SPP OASIS to designate a Network Resource 
under SPP NITS or to reserve point-to-point transmission service to establish a Designated 
Resource. A request must be entered into OASIS at least 60 days in advance in accordance with 
NAESB rules. Upon verification that the CRIS resource and loads to be served are located within 
the same Deliverability Area, the request will be granted. CRIS deliverability is not intended to 
facilitate point-to-point requests that do not satisfy the requirements for a Designated 
Resource.  

4.3.2 Designation of CRIS Units to Loads in Different Deliverability Areas 
An SPP Eligible Customer may designate a CRIS generator as a Network Resource or Designated 
Resource to serve load located in a different SPP Deliverability Area than the generator is 
located in by entering a request in the ATSS and paying for the required upgrades. 

4.3.3 Designation of CRIS Units to Loads in Multiple Deliverability Areas 
A Network Customer having load in a single NITS agreement in more than one Deliverability 
Area may designate a CRIS resource by submitting an OASIS request. The amount of capacity 
that may be designated will be limited by considering the amount of load in the same 
Deliverability Area as the CRIS resource. The details of how the designation amount is limited 
will be established in tariff or business practice. 
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4.3.4 Designation of ERIS and Grandfathered Units 
As under the current framework, SPP ERIS and grandfathered Generating Facilities will be 
designated by submitting a request into the Aggregate Study. 

4.3.5 Existing Designated Resources 
Existing Designated Resources will be assigned an amount of CRIS Deliverability through the 
Transition Study. When an existing designation expires or is terminated, the CRIS Deliverability 
amount previously assigned to the existing generator through the Transition Study may then be 
newly designated to serve any load within the same Deliverability Area without submitting a 
request into the Aggregate Study. The resource will be treated as if it had been originally 
interconnected using CRIS with the amount of deliverability assigned.  

Subsequent to the completion of the Transition Study, new or increased CRIS Deliverability will 
be granted to existing generators only through the GI study process.  

4.4 Rights of Legacy Generators in Future State 
Generators that currently have SPP ERIS, NRIS and grandfathered interconnection service will 
continue to have all the same interconnection rights afforded under their existing Generator 
Interconnection Agreements. Transmission Customers having a Designated Resource at the time 
of transition will retain all rights to continue delivery to load through the term of the 
designation, including renewal rights.  Firm Transmission Service will continue to be available in 
SPP so that all resources currently delivering to load using Transmission Service can continue to 
do so for as long as they remain designated to serve load using firm Transmission Service. 

4.5 Z2 Reimbursement for Network Upgrades Assigned to CRIS 
Requests 

Under current tariff provisions, Network Upgrades assigned to new Interconnection Requests 
are eligible for reimbursement through Incremental Long-term Transmission Congestion Rights 
(ILTCR).  

In the future state, Network Upgrades that are assigned to CRIS Generating Facilities will likewise 
be eligible for reimbursement through the prevailing method available to ERIS and NRIS 
customers.  
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4.6 Treatment in Planning Processes 
 

 

Figure 1: Planning Process Flowchart. Yellow highlight indicates differences from the current framework. 

Existing transmission planning processes have modeling practices and study procedures 
intended to preserve and maintain long-term transmission service renewal rights. In the future 
state, consistent with FERC policy, these transmission planning processes must also ensure that 
the eligibility of CRIS resources to deliver their output is preserved and maintained for the 
duration of the Generator Interconnection Agreement associated with the CRIS Generating 
Facility. These transmission planning processes include, but are not limited to, ITP, ATSS, 
Delivery Point Transfer, Attachment AQ, and Generator Interconnection.  It is anticipated an 
annual Deliverability Study may need to be performed to preserve CRIS deliverability within a 
Deliverability Area once its capacity has been designated. This study would need to be 
coordinated with the annual ITP study to recommend and approve Network Upgrades for any 
identified needs. 

To ensure equitable treatment, a queue priority will need to be established between GI CRIS 
requests and ATSS requests to establish a system of rights to available transmission capacity and 
obligations to fund upgrades where no capacity exists.  

4.6.1 SPP Long-Term Deliverability in ITP Studies 
Network Upgrades identified in annual ITP studies to preserve Long-Term Firm Transmission 
Service and CRIS without Long-Term Firm Transmission Service would be base plan funded and 
the study would continue to be a part of annual SPP Transmission Tariff Attachment O studies.  
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4.6.2 SPP Long-Term Firm Transmission Service 
Going forward, for long-term capacity (NITS for example), an LRE can designate  

• Any CRIS resource with excess capacity in its Deliverability Area through an OASIS 
request with no further study or Network Upgrades required.  

• Any ERIS, or legacy NRIS resource inside or outside its Deliverability Area or CRIS 
resource outside its Deliverability Area through the ATSS Process.  

4.7 Congestion Hedges 
Under current tariff provisions, candidate Auction Revenue Rights (“ARR”) are granted to the 
Transmission Customer holding a firm transmission service reservation. The Network Customer 
receives a candidate ARR for each Designated Resource and Network Resource. The point-to-
point Transmission Customer receives a candidate ARR for each firm Transmission Service 
Reservation. The ARR is granted regardless of whether the source generator has NRIS, ERIS or 
grandfathered interconnection service or is external to SPP.  

To the extent that requests for CRIS are studied in the same manner as the designation of a 
resource under NITS to a specific area and without re-dispatch, it should get a congestion hedge 
when designated by load. Therefore, future transmission service reservations that source from 
CRIS resources will also receive candidate ARRs defined by the source-to-sink path.  

Potentially granted to either the entire internal deliverability Area or to just the LRE’s load . 

4.8 Resource Adequacy Process 
A NITS customer may purchase a CRIS resource’s un-designated capacity and if it is located 
within the same Deliverability Area as the load, designate it on request and have that capacity 
counted immediately toward meeting the resource adequacy requirement.  

The designation may made under the NITS customer’s NITS agreement as a long-term firm 
Designated Resource, under the NITS agreement using secondary (short-term) firm Network 
Service or using short-term firm point-to-point service.  

4.9 Models for ERIS 
During its investigation into the ERIS contingency threshold, it became clear to members of the 
task force that the GI process could benefit from further streamlining, particularly with respect to 
the number of models and scenarios being used to evaluate new interconnection service 
requests. When compared with RTOs of similar size, SPP considers a much greater number of 
models, seasons, scenarios, and conditions than the others. This has raised the question of 
whether SPP could accomplish the GI study process more efficiently by streamlining the set of 
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models, seasons, and scenarios used, as well as whether the set of models utilized goes beyond 
that needed for a basic, minimal interconnection using ERIS.  

Due to the complex and technical nature of this issue, as well as the details of the scope of the 
NEDTF’s work, the NEDTF did not thoroughly research this matter. However, as part of its 
presentation to the NEDTF, SPP Staff indicated that it intended to explore the potential of 
reducing the number of GI models as well as review its methodology of dispatching low and 
high variable resources. The NEDTF supports this work and agrees that SPP staff should consult 
with the GI User Group and the TWG and attempt to finalize a proposal for approval by the TWG 
and MOPC, to be effective as soon as feasible.  

The critical issues and questions that SPP staff should explore include, but are not limited to: 

• Whether the NERC standards (TPL-001-4, FAC-002-2) can still be satisfied with a 
reduced model set? 

• What is the impact for customers that wish to interconnect in 12-24 months if the 
year 1 and 2 models are eliminated? 

• What is the impact to Limited Operation and Interim Service studies? 

• What are the risks of not evaluating years 1, 2 and 10? 

• What is the risk of not evaluating a spring season? 

• What is the benefit to efficiency and cost? 

• Is a fuel-based dispatch appropriate to focus upgrades for generator on seasons 
where they need service to be more available 

4.10 Deliverability Areas 
Deliverability Areas will be established through the process described in the Transition section. 
Every generator and load interconnected with the SPP Transmission System will be assigned to a 
Deliverability Area. As the SPP Transmission System is expanded, the Deliverability Areas will be 
adjusted through a similar process to that used in their establishment.  
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5 TRANSITION 

The transmission system in SPP is currently being designed and maintained through the ATSS 
and ITP processes for firm transmission service delivery from resources to loads utilizing either 
network or point-to-point transmission service.  Available CRIS Deliverability should be allocated 
to these existing Resources that have such firm transmission service to load in place in SPP.  In 
this transition, a resource can be allocated CRIS Deliverability up to the MW level of firm 
transmission service currently in place.  This allocation should not be limited by any 
consideration of accredited capacity of a resource, which the NEDTF has determined is not 
relevant for this transition study. 

5.1 Consideration of Resources for Study 
The NEDTF believes that the duration of existing transmission service matters for this initial 
allocation.  The SPP transmission system is planned in the long-term for resources with 
transmission service term durations of five years or more as a result of the current service 
rollover rules.  Accordingly, resources with transmission service of five years or more in duration 
should be given priority for CRIS Deliverability allocations in this transition / baseline study.  SPP 
Staff has indicated that nearly all of the Resources in this category are utilizing NITS, while one 
Resource is designated as a DR using Point to Point service. 

Existing NRIS Resources without firm transmission service, as well as existing resources with firm 
transmission service between one and five years in duration, should be included in the transition 
study to receive an allocation of available CRIS Deliverability.  However, these resources should 
be studied as a second tier for an allocation after the existing resources with firm transmission 
service of five years or more in duration are studied and their allocations have been calculated.  
SPP Staff estimates that there are approximately 1,000 MW of such existing NRIS Resources 
without firm transmission service currently in the SPP system.  

A Deliverability Area is a defined, contiguous portion of the SPP Transmission System.  

CRIS Deliverability is the amount of capacity in MW that can be delivered from a generator with 
CRIS interconnection service to loads within the same Deliverability Area.  

For the purposes of assessing deliverability of a new CRIS resource to serve loads within a 
Deliverability Area, the total Network Load within a Deliverability Area includes those 
Designated Network Loads not physically connected to the SPP Transmission System. The 
Designated Resources serving the Network Load within a Deliverability Area include those 
Designated Resources not physically connected to the SPP Transmission System.  
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5.2 Consideration of Deliverability Areas for Study 
The NEDTF recommends that the entire SPP footprint be studied initially as a single 
Deliverability Area for CRIS allocations.  If the amounts of allocated CRIS Deliverability are not 
acceptable based on the full SPP footprint study, then studying smaller Deliverability Areas 
would be appropriate until the right balance of area size and allocated amounts of CRIS 
Deliverability is found.  When determining the shape and size of smaller Deliverability Areas, one 
possible course would be to use the two-step method reviewed with the NEDTF for developing 
the current LOLE zones.   

It is important to note again that the CRIS Deliverability method recommended by the NEDTF 
received conditional support from some NEDTF members with the assumption that it could be 
implemented with either a single Deliverability Area for the SPP footprint, or by splitting the SPP 
region into no more than two or three Deliverability Areas. 

5.3 Study Method 
CRIS Deliverability should be studied in the Transition study for applicable existing resources in 
the same manner as it would be studied for resources that request new or expanded CRIS 
Deliverability through the GI process in the future.  

5.4 Allocation Adequacy and Potential Facility Construction 
The NEDTF considered, but did not decide upon, the level of CRIS Deliverability that would be 
deemed adequate or inadequate as a result of assessing the entire footprint as a Deliverability 
Area. The NEDTF does recommend consideration of upgrades that would significantly increase 
the amount of CRIS which is granted through the transition study process.  

The NEDTF also considered whether the potential construction of additional transmission facility 
upgrades be considered for the transition process if such upgrades provide a significant increase 
in CRIS Deliverability within a Deliverability Area, or enable a larger Deliverability Area to be 
formed with a reasonable level of CRIS Deliverability for all applicable Resources in the new, 
larger Deliverability Area.  Consistent with the NEDTF recommendation, such upgrades should 
be identified and evaluated in the transition study and the MOPC and SPP Board should 
consider whether or not to authorize them based on the potential value they would add.  

5.5 Transition/Baseline Study 
SPP will conduct a deliverability study considering all resources associated with long-term firm 
transmission service (LTFTS) as well as all NRIS resources not associated with LTFTS, to 
determine how much of its output can be delivered to the local Deliverability Area. The capacity 
calculated shall be reported in MW and percentage of currently granted LTFTS and/or NRIS.  
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Example 1: An ERIS-only resource having interconnection service of 100 MW is an existing 
Designated Resource for two different NITS customers for a total of 80 MW, leaving 20 MW 
undesignated. The transition study will determine how much of the 80 MW can be delivered to 
the local Deliverability Area. If the study determines that only 75 MW is deliverable to the local 
Deliverability Area, the amount of CRIS Deliverability assigned to the resource will be 75 MW. 
However, this assignment will not change the existing designation amounts or the rights of the 
NITS customers to continue renewing the designation of 80 MW in the future. If the designation 
is subsequently terminated or is not renewed, then any NITS customer in the Deliverability Area 
could designate up to 75 MW without going through the Aggregate Study. Any designation in 
excess of 75 MW would require an Aggregate Study as would a designation in any amount to 
load outside the Deliverability Area.. 

Example 2: If the resource in the first example has NRIS service instead of ERIS-only, the 
transition study will determine how much of the full 100 MW (instead of 80 MW) can be 
delivered to the local Deliverability Area. If the study determines that 95 MW is deliverable to 
the local Deliverability Area, the amount of CRIS Deliverability assigned to the resource will be 
95 MW. Again, this assignment will not change the existing designation amounts or the rights of 
the NITS customers to continue renewing the designation of 80 MW in the future. A NITS 
customer in the same Deliverability Area could designate an additional 15 MW without going 
through the Aggregate Study. If the designations are subsequently terminated or not renewed, 
then any NITS customer in the Deliverability Area could designate up to 95 MW without going 
through the Aggregate Study. Any designation in excess of 95 MW would require an Aggregate 
Study, as would a designation in any amount to load outside the Deliverability Area. 

SPP will also conduct an ITP-like Base Reliability powerflow study that includes only resources 
having NRIS or LTFTS. The study will economically dispatch them to serve the load. NRIS 
resources will be dispatched to serve their entire Deliverability Area on a load-ratio-share (LRS) 
basis up to the level of granted NRIS.  

SPP will identify the required Network Upgrades and their need dates based on the results of 
the Deliverability and ITP Base Reliability Studies to obtain 100% of the currently granted LTFTS 
or NRIS. In cases where NRIS and LTFTS have both been granted, the amount of eligible capacity 
for conversion to a CRIS resource will be capped at the greater of the two values. SPP will also 
determine what Network Upgrades would be necessary to obtain lower percentages of 
aggregate deliverability (90%, 80%, etc.).   

5.5.1 SPP Transition Study Determinations 
All resources with existing LTFTS will be granted CRIS status and pre-qualified to be deliverable 
to any load in their Deliverability Area at MW levels determined by the transition study. 
Requests for additional CRIS capacity must go through the GI process.  

Transition studies may need to be performed again from time to time such as ahead of a new 
geographic region being added to SPP.  
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5.5.2 Existing NRIS Generating Facilities 
All existing Generating Facilities having SPP NRIS will be converted to CRIS. SPP will determine 
the amount of CRIS Deliverability it will be awarded within the same Deliverability Area. 

5.5.3 Transition of the GI Study Queue 
SPP staff should engage with stakeholders to determine how to transition pending 
Interconnection Requests to the new framework. The transition process should be fully 
developed and filed so that it can be implemented in concert with the framework changes.  

Interconnection Customers should have the flexibility of selecting CRIS to the extent that such 
flexibility does not impede the Interconnection Study process or afford an inordinate advantage 
or disadvantage to other customers. 
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6 RECOMMENDATIONS 

NRIS Deliverability (CRIS) 

As the result of its activity over the past year, the NEDTF has developed policy recommendations 
that, as a package, provide for the development of a “NITS-ready” interconnection service that: 

• Has been studied in a manner substantially similar to that of a designated NITS resource, 

• Is available to be designated by any load within a specified sub-region of SPP 
(Deliverability Area) without further study upon submission of a transmission service 
request, and 

• Utilizes SPP’s existing interconnection and transmission service processes with as little 
alteration as possible to accomplish the goals of the HITT recommendation.  

The NEDTF makes the following policy recommendations to MOPC for its consideration and 
approval regarding the development of deliverability for NRIS in SPP.  These recommendations 
are separated into those describing the Future State, and those that pertain to the Transition to 
the Future State. 

Future State 

1. Replace NRIS with CRIS - the term Capacity Resource Interconnection Service (CRIS) be 
adopted for the new product to replace the existing NRIS product and provide a clearer 
designation between these two types of generator interconnections, which provide 
different services 

2. Retain NITS and Integrate CRIS Deliverability Constructs into Existing NITS 
Processes - NITS and CRIS deliverability constructs should co-exist in SPP in the future if 
the MOPC chooses to pursue the development of a CRIS deliverability interconnection 
product. As a result, the deliverability of specified resources to a specified load through 
NITS should continue to be counted for resource adequacy purposes.  Further, the NITS 
request and designation process should be used for designating a resource with 
available CRIS capacity to serve load, effectively incorporating CRIS interconnected 
resources into the firm transmission service process.  Following designation, the existing 
transmission planning processes can be used to maintain deliverability to loads over time  

3. Align CRIS Models and Dispatch Assumptions with NITS Product - A set of models 
and dispatch assumptions should be used for the new CRIS product to make CRIS 
reasonably comparable to SPP’s current NITS product 

4. Study CRIS Resources for Delivery to Loads Within the Same Deliverability Area - 
CRIS resources would be deliverable to any load within the same Deliverability Area (DA), 
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but they would not be deliverable across DA boundaries without separately requesting 
and being studied for transmission service. 

5. Grant a Congestion Hedge from a Designated CRIS Resource to an LSE (comparable 
to a NITS designation) – Since CRIS resources will be studied comparably to NITS 
resources in the generator interconnection process and will be designated by load 
serving entities and incorporated into the existing firm transmission service processes to 
serve load, congestion hedges from designated CRIS interconnected resources should 
also be granted to load serving entities in a similar manner to those from designated 
NITS resources due to the comparability of the two services 

6. Grant CRIS Deliverability up to Level of ERIS Capability - Resources may be studied 
and granted for CRIS in amounts up to and including their respective Energy Resource 
interconnection limits 

Transition 

7. Conduct Transition Study to Set Size and Scope of Deliverability Areas - A study 
should be conducted to determine the optimal initial configuration of Deliverability 
Areas in SPP based on a recommended set of principles included in this whitepaper 

8. Grant CRIS Deliverability to Existing Resources with Firm Transmission Service and 
to Existing NRIS Resources - Eligible existing resources in SPP should be studied for, 
and granted, CRIS deliverability in an amount up to the limits imposed on their 
deliverability to the Deliverability Area in which they are located 

9. Identify Potential Upgrades to Optimize Deliverability for Existing Resources and 
Expand Deliverability Areas - The transition study should evaluate potential facility 
upgrades that would relieve constraints and allow for larger Deliverability Areas and for 
resources to reach a threshold of deliverability that is deemed reasonable for a 
Deliverability Area 

ERIS Threshold 

The NEDTF also has developed the following recommendations that together provide a path 
forward regarding tightening thresholds for mitigation of ERIS system impacts. 

1. Resume the Revision Request process for the GIITF ERIS Threshold 
Recommendation – the NEDTF finds that the GIITF’s policy recommendation to MOPC 
in late 2018 on the ERIS contingency threshold is adequate in light of the HITT’s 
recommendations for changes to NRIS and congestion hedging.  The development of a 
Revision Request (RR) implementing the GIITF policy recommendation for tightening the 
ERIS contingency threshold was delayed at the start of the NEDTF’s work.  The RR 
process should be resumed by SPP Staff and completed consistent with the Oct 2018 
action item to SPP Staff from the MOPC Chair 
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2. Conduct Congestion and GI-ITP Comparison Studies to Assess Further Tightening 
of the ERIS Contingency Threshold - Should MOPC decide to evaluate additional ERIS 
threshold changes beyond the GIITF recommendation, the NEDTF recommends that two 
additional studies, a GI-ITP Comparison Study and a Congestion Study, be conducted to 
provide a thorough basis of support to establish a reasonable criteria for a basic, minimal 
generator interconnection in SPP.  Such studies would help ensure that costs and 
benefits of ERIS interconnection service are being appropriately aligned 

3. Get TWG and GIUG Assessment on ERIS Study Process and Models - the TWG, with 
the support of the Generator Interconnection User Group (“GIUG”), should assess 
whether changes to the ERIS study process and models are recommended in advance of 
the commencement of the recommended Congestion and GI-ITP studies to assess 
further tightening the ERIS contingency threshold to mitigate system impacts in SPP 

6.1 Action Plan 
As policy recommendations, further efforts will be required in the form of studies, and 
development of business protocols and tariff language to implement this package of 
recommendations.  However, the NEDTF has prepared a recommendation for next steps and an 
Action Plan for MOPC to adopt for purposes of implementing the recommendations in this 
policy white paper. 

The NEDTF believes that the policy recommendations regarding tightening the ERIS threshold 
are ready for consideration by the MOPC.  The next steps are contained herein for continuing 
the delayed RR process for the GIITF recommendation and the scope and costs of the GI-ITP 
Comparison and Congestion study costs have been developed by Staff.   

The set of recommendations for implementing NRIS deliverability in the form of CRIS is more 
complex and will require further development of policies by affected working groups.  The 
details of integrating CRIS into existing SPP transmission planning processes should also be 
developed in more detail and the costs of implementation estimated prior to a final approval by 
MOPC.  The NEDTF recommends that the MOPC take action on the CRIS recommendations in 
terms of the following next steps: 

• providing direction to SPP working groups to further explore the coordination issues 
outlined in this whitepaper, and  

• directing SPP Staff to further assess the costs of implementing and integrating NRIS 
deliverability in the form of CRIS in SPP, including costs of the recommended transition 
study and changes to existing SPP transmission planning processes. 

The following table lists action items necessary to implement the recommendations and a rough 
estimate of the time required to complete them.   
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Figure 2: Timeline for Action Plan 

Action Owner(s) Time Estimate 
Deliverability Recommendations   
Finalize scope of Deliverability Area Study TWG, GIUG, Staff 2-3 months 
Give go-ahead for Deliverability Area Study MOPC and Board 1 month 
Conduct Deliverability Area Study Eng. Staff 2-3 months 
Reconcile study results with HITT C1 CAWG and TWG, 

GIUG 
2-3 months 

Approve new Deliverability Areas MOPC, RSC, Board 1 month 
Transition to Future State Recommendations   
Finalize scope of Transition Study TWG, GIUG, Staff 2-3 months 
Give go-ahead for Transition Study MOPC and Board 1 month 
Conduct Transition Study Engineering Staff 3 months 
Document CRIS Deliverability allocation amounts Eng., Legal, and 

Regulatory Staff 
3-6 months 

Feedback results to Deliverability Area Study 
(upgrades to expand D.A.s) 

CAWG, TWG, GIUG, 
and Staff 

3 months 

Governing Document Revisions   
Draft tariff and business practice revision requests RTWG, Staff 2-3 months 
Complete stakeholder approval process Multiple WGs, Staff 3 months 
Approve revision requests MOPC 1 month 
Prepare and file tariff revisions Staff 1 month 
Receive FERC acceptance of tariff revisions Staff 2-3 months 
Process Implementation   
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Action Owner(s) Time Estimate 
Revise existing processes and procedures Staff 2-3 months 
Implement System changes Staff 3-6 months 
Transition existing GI requests to new process Staff 2 months 
Coordinate C1 Schedule 9&11 changes with planning 
process changes 

Staff 3-6 months 

Affected Processes   
Develop and implement process for assessing Z2 
impacts 

Staff, CAWG, TWG, 
GIUG, MOPC 

3 months 

Determine queue coordination procedures TWG, GIUG, Staff, 
MOPC 

3 months 

ERIS Threshold Recommendations   
Assess ERIS study process and models; recommend 
changes 

TWG, GIUG, Staff 2-3 months 

Approve ERIS study changes MOPC 1 month 
Conduct Congestion and Comparison Studies Staff 2-3 months 
Consider results of studies and recommend threshold 
changes 

TWG, GIUG, Staff 2-3 months 

Approve threshold changes MOPC 1 month 
Draft tariff and business practice revision requests RTWG, Staff 1-2 months 
Complete stakeholder approval process Multiple WGs, Staff 2-3 months 
Approve revision requests MOPC 1 month 
Prepare and file tariff revisions Staff 1 month 
Receive FERC acceptance of tariff revisions Staff 2-3 months 
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APPENDIX 1: TEAM MEMBERS AND MEETINGS 

Team Members 
The NEDTF is comprised of representatives of SPP members. Rob Janssen served as chair and 
Jim Jacoby as vice chair. Steve Purdy served as SPP staff secretary. The following is a list of all 
who participated as voting members.  

Member Company 

Aaron Vander Vorst ENEL 

Derek Brown Evergy 

Walt Cecil Missouri Public Service Commission 

Jason Chaplin Oklahoma Corporation Commission 

Ed Devarona NextEra 

Tim Hall Southern Power 

Brad Hans Municipal Energy Agency of Nebraska 

Natasha Henderson Golden Spread Electric Cooperative 

Travis Hyde Oklahoma Gas & Electric 

Jim Jacoby American Electric Power 

Rob Janssen Dogwood Energy 

Nathan McNeil Midwest Energy 

Chase Smith 
(Replaced Tim Hall) 

Southern Power 

 

Meetings 

Date Location 

August 29, 2019 Teleconference 

October 2, 2019 Dallas, Texas 

October 22, 2019 Dallas, Texas 

November 22, 2019 Teleconference 
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Date Location 

December 17, 2019 Kansas City, Missouri 

January 10, 2020 Teleconference 

January 30-31, 2020 Dallas, Texas 

February 18-19, 2020 Dallas, Texas 

March 5, 2020 Teleconference 

March 18, 2020 Teleconference 

March 31-April 1, 2020 Teleconference 

April 24, 2020 Teleconference 

May 20-21, 2020 Teleconference 

June 4, 2020 Teleconference 

June 11, 2020 Teleconference 

June 23, 2020 Teleconference 

July 1, 2020 Teleconference 

July 29, 2020 Teleconference 

August 25, 2020 Teleconference 

September 22, 2020 Teleconference 

September 29, 2020 Teleconference 
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APPENDIX 2: HITT TRANSMISSION PLANNING 
RECOMMENDATION #1 

Implement modifications to NRIS and ERIS14 
SPP should develop and adopt a policy that creates the appropriate balance between cost 
assessed and value attained from SPP ERIS and NRIS generation interconnection products and 
generating resources with long-term firm transmission service. The policy should add more 
value to the NRIS product by making NRIS eligible to attain benefits comparable to those 
awarded to designated network resources (DNR) without the requirement for a transmission 
service study while also tightening thresholds for mitigation of ERIS system impacts. This 
includes the concept of deliverability on a sub-regional basis. The policy should also address 
capacity accreditation. The value proposition should be maintained throughout all transmission 
services, transmission planning and Integrated Marketplace processes to ensure effectiveness 
and equity for all impacted stakeholders. 

General discussion 
The policy should add more value to NRIS by making NRIS eligible to attain capacity 
accreditation and deliverability benefits comparable to those awarded to designated resources 
(DRs) without requiring an additional transmission service study. This recommendation includes 
the concept of deliverability on a larger sub-regional or regional basis. This recommendation is 
consistent with how NRIS has been implemented by other RTOs. 

The policy should address system upgrade cost responsibility for ERIS by tightening thresholds 
for mitigation of ERIS system impacts. SPP’s Generator Interconnection Improvement Task Force 
(GIITF) has already made a proposal for tightened thresholds to MOPC. SPP and its stakeholders 
should consider whether that proposal is adequate given the related recommendations being 
made in this report or if a modification to the GIITF recommendation would be appropriate. 

These recommended changes, along with others in this report, are an important step toward 
ensuring the benefit/cost balance is maintained throughout all transmission services, 
transmission planning and Integrated Marketplace processes to ensure effectiveness and equity 
for all impacted stakeholders. 

14 Approved at April 3-4, 2019 HITT meeting by a unanimous vote of 15-zero. Motion by Mike Wise (Golden 
Spread) and second by Al Tamimi (Sunflower). 
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Additional information 
Today, entities seeking to integrate a DR go through the transmission service process to attain 
Network Integration Transmission Service (NITS). If the prospective DR is not already 
interconnected to the SPP network, the resource will also need to go through the GI process. 

The GI process identifies upgrades necessary for reliable interconnection based on the type of 
service requested (ERIS or NRIS), assesses costs and scheduled goals to provide service, and 
shares costs of studies and upgrades among study participants. GI upgrade costs may include 
both interconnection  

facility costs and network upgrade costs. All GI upgrade costs are directly assigned to GI 
customers. The magnitude of upgrade costs may differ based on the GI product chosen. 

The two available GI services are ERIS and NRIS. ERIS allows generators to connect to the 
transmission system with eligibility to deliver the generating facility's electric output using the 
transmission system’s existing firm or non-firm capacity on an as-available basis. It is generally 
considered an “energy-only” interconnection service and makes available the dispatch of an 
interconnected generator up to the output consistent with congestion pricing based on 
transmission facility constraints. 

Conversely, an NRIS interconnection integrates generators with the transmission system in a 
manner comparable to how TOs historically integrated generating facilities to serve native load 
customers as network resources. 

Compared to ERIS studies, NRIS studies have more stringent system impact limits, or 
“thresholds”, to identify needed network upgrades. As a result, NRIS studies are likely to assess 
more directly-assigned network upgrade costs than ERIS studies. However, as these services 
have been implemented in SPP, the potential additional investment in the transmission network 
associated with NRIS does not provide much, if any, incremental benefit compared to ERIS. 
Upon interconnection, both ERIS and NRIS resources have access to the Integrated Marketplace, 
although neither ERIS nor NRIS translates into transmission service. 

Currently, the transmission service study process determines capacity deliverability in SPP by 
evaluating specific source-to-sink transfers within, into, out of or through SPP. Transmission 
service studies aggregate requests for service, streamlining and sharing costs of studies and new 
transmission upgrades among study participants who may need those upgrades to reliably 
accommodate service. 

The transmission service process also determines ARRs candidacy. ARRs may be converted to 
transmission rights for hedging congestion. Network upgrades associated with DRs may be 
eligible for base plan funding. 
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NRIS MODIFICATIONS  

This recommendation makes NRIS resources within a planning sub-region, to be designated, 
eligible to meet both load and planning reserve requirements for load responsible entities (LREs) 
within that same sub-region. As a result, additional transmission service studies would not be 
required to utilize NRIS resources to meet capacity requirements within the planning sub-region 
where the resource is located. 

In addition to the NRIS sub-region studies, NRIS resources may be studied for transmission 
service to specific LRE loads within or outside of the sub-region for NITS or point-to-point on 
request. It is not anticipated that congestion hedges would be granted based on an NRIS 
interconnection without firm transmission service. Congestion hedges could still be received 
when selected as compensation for the construction of necessary directly-assigned network 
upgrades identified through the GI process consistent with the current rules in place for 
compensation for construction of such network facilities. 

The SAWG is the stakeholder group responsible for the region-wide, short-term resource 
deliverability process for the planning reserve component of LREs’ resource adequacy 
requirement in SPP. The TWG is the stakeholder group responsible for the long-term resource 
deliverability process associated with transmission service. 

The SAWG is establishing modeling sub-regions for supply adequacy studies as a result of 
implementing new software for such studies. The SAWG would need to consider this 
recommendation’s requirements along with developing those sub-regions. The TWG is 
responsible for establishing the basis for long-term deliverability through NRIS as part of this 
recommendation. These evaluations would likely lead to further policy considerations that would 
need to be reviewed and approved by the MOPC, SPC, RSC and board prior to implementation 
of this recommendation. 

ERIS MODIFICATIONS  

This recommendation would modify system impact limits to be more stringent in identifying 
needed network upgrades in ERIS studies. As a result, ERIS resources may be assessed more 
directly-assigned upgrade costs associated with their impacts to the transmission network. The 
GIITF recommended such a change to the MOPC in late 2018. The MOPC and its working 
groups, or possibly a new GI-related MOPC task force, should evaluate the GIITF’s 
recommendation in light of the changes recommended in this report. The groups should 
particularly evaluate the HITT’s recommendations related to NRIS and congestion hedging to 
determine if the GIITF recommendation is adequate or should be reconsidered. A congestion 
study should be considered to develop a thorough basis of support for any such changes to 
ERIS thresholds. 

Summary 
This recommendation: 
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• Adds to the NRIS value proposition and differentiates NRIS from ERIS through an 
incentive-based approach. 

• Promotes the construction and funding of transmission facility upgrades by generators 
rather than LSEs. 

• Reduces by half the time necessary to convert an NRIS resource to a DR within a 
planning sub-region. 

• Expands options for LREs to acquire capacity resources by pre-qualifying resources with 
NRIS. 

• Improves consistency in assessments that qualify generating resources for capacity, since 
NRIS resources and DRs could be studied with the same thresholds. 

Action 
The TWG and SAWG should draft a white paper on how to implement the HITT’s NRIS 
modifications, with input from the appropriate secondary groups. After stakeholders approve 
the NRIS modification white paper, a Revision Request to implement the modifications shall be 
initiated. For changes to ERIS thresholds, the MOPC should decide what actions are appropriate. 

Assignments  
Lead group:  TWG (long-term deliverability through NRIS) 
 SAWG (NRIS modifications) 
 MOPC (ERIS modifications) 
Secondary group:  MWG, RSC, CAWG 
Goal:  Complete white paper on NRIS modifications and reassess appropriate 

ERIS thresholds by April 2020 

Impacts on other identified issues 
• Resource adequacy 
• Attachment Z2 
• Decoupling of Schedule 9 and Schedule 11 transmission pricing zones 

Stakeholder comments/presentations 
• August 1 brainstorming topics 1, 2, 4, & 7 
• GIITF and Golden Spread presentations 
• Sunflower presentation and comments 
• Midwest Energy comments 
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APPENDIX 3: CRIS DELIVERABILITY STUDY 
MODELING 

CRIS deliverability would be studied based on the procedures described above, using models 
that reflect the long-term firm use of the system.  

Capacity Models 
Dispatch Scenario Condition Requested Service Type 
Base Same as Current Aggregate Transmission 

Service Study (ATSS): 
Year 1 Winter Peak 
Year 2 Summer Peak 
Year 2 Winter Peak 
Year 2 Light Load 
Year 5 Summer Peak 
Year 5 Winter Peak 
Year 5 Light Load 
Year 10 Summer Peak 
Year 10 Winter Peak 
Year 10 Light Load 

CRIS/ATSS 

 
Generator Dispatch Method 

In Group (zone) Out Group (zone) 
Renewable Conventional Renewable Conventional 

New Existing New Existing New Existing New Existing 
Requested 

MW 
ITP 

Renew 
Requested 

MW 
ECDI Requested 

MW 
ITP 

Renew 
Requested 

MW 
ECDI 

 
Where: 
Requested MW is the amount of interconnection service requested by the interconnection 
customer or the amount of designation requested by the transmission customer. This amount 
may be less than the nameplate capacity. 

ITP Renew is the methodology described in section 2.1.2 of the SPP ITP Manual for dispatching 
renewable resources based on average output over five years under the conditions prescribed 
for each season. 

ECDI is the process used for initial dispatch of ITP models in which SPP uses PSS®E’s built-in 
ECDI (“Economic Dispatch") function to economically dispatch generation in each zone (sub-
region) using heat rates, fuel curves, and priorities. 
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APPENDIX 4: MISO LOCAL RESOURCE ZONE 
(LRZ) MAP 
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APPENDIX 5: NRIS DELIVERABILITY BENEFITS 
PRESENTATION TO HITT 

A resource is a qualified capacity resource if: 

1. It is a current network resource 
2. Has an NRIS interconnection agreement with SPP 
3. ERIS connected unit with a firm transmission path to a network load 

Any qualified capacity resource is eligible for use by LREs within the SPP region and equivalent 
sub-region to meet capacity resource requirement w/o obtaining firm transmission.  

What are the benefits of going to deliverability model? 

1. Expand resource choices for capacity (provides for capacity liquidity) 
a. Reduce time in finding resource 
b. Increase marketability of excess capacity 
c. Avoid long term commitments for gen 
d. Allows for small short-term incremental capacity choices for LREs large and small 

i. Sales of short term capacity 
ii. Purchases of short term capacity 

e. Substantially reduce risks for LREs 
f. SPP improves its functionality in facilitating a vibrant feasible liquid bilateral 

capacity market 
2. Incent transmission investment for gen 
3. Consistency in planning processes for equity 
4. Consistency in cost allocation 
5. Makes planning more aligned with how integrated marketplace works today 
6. Recognizes the $10 billion of consumer investment in transmission as connected to the 

old balancing authorities 
7. No longer incents LSEs to look to leave the system due to uncertainty in capacity, 

transmission, & long lead times for decisions 
8. NRIS can be studied as deliverable to the sub-region 

  

1036 of 1082



APPENDIX 6: Q&A 

1. What options will a generation developer have when requesting interconnection 
service? 

A generation developer may request either ERIS or CRIS. If requesting CRIS, the customer may 
specify how much of the ERIS service will have CRIS deliverability. The GIA will show at least two 
quantities: ERIS-only service, and CRIS service. ERIS-only generators will show CRIS service of 
zero MW.  

2. How will a current generator owner obtain CRIS deliverability? 

If the current generator has NRIS service or has long-term firm transmission service, its CRIS 
deliverability amount will be determined during the transition study. The generator will be 
treated like a CRIS generator going forward with respect to the ability to be designated to loads 
in the same Deliverability Area up to the amount of CRIS deliverability awarded from the 
transition study.  

3. How will additional CRIS deliverability be acquired? 

After the transition study is complete, an interconnection customer may request additional CRIS 
deliverability for an existing generator by submitting a request in the GI study. The GI study will 
evaluate only what would be required to enable the amount of CRIS deliverability to the 
generator’s Deliverability Area over and above the amount previously awarded in the transition 
study. 

4. How will an existing non-NRIS generator transition to a CRIS generator? 

An existing non-NRIS generator not having long-term firm transmission service may transition 
to CRIS deliverability by submitting a request in the GI study. The GI study will evaluate only 
what would be required to enable deliverability to the generator’s Deliverability Area and assign 
upgrades accordingly.  

5. If a non-NRIS generator not having long-term firm transmission service at the time 
SPP adopts the new CRIS framework later obtains long-term firm transmission service, 
will it be awarded CRIS deliverability from that point forward? 

No. After the transition study, CRIS deliverability will only be awarded through the GI study 
process.  
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6. Will a generator owner have to request participation in the transition study? 

No. The transition study will automatically include all non-NRIS generators having long-term 
firm transmission service at the time the study is conducted and all NRIS generators regardless 
of their firm transmission service status.  

7. Will a CRIS generator owner receive a congestion hedge for funding upgrades 
necessary to obtain deliverability or for long-term firm transmission service from the 
generator? 

Network Upgrades assigned to a CRIS generator request in the GI study process will be eligible 
for an incremental Long-Term Congestion Right (ILTCR) in accordance with tariff attachment Z2. 
Congestion hedges associated with long-term firm transmission service will be awarded to the 
transmission service customer.  

8. How will these recommendations affect Transmission Owners’ costs? 

Under the SPP tariff, interconnection customers are obligated to fully fund the costs to construct 
Network Upgrades (i.e. “E&C costs”) as well as the costs to construct Interconnection Facilities. 
Ongoing operation and maintenance (“O&M”) costs for Network Upgrades are the responsibility 
of the Transmission Owner and can be included in the TO’s Annual Transmission Revenue 
Requirement (ATRR) for recovery through SPP transmission rates. O&M costs for 
Interconnection Facilities owned by the TO can be recovered from the Interconnection Customer 
through direct billing by the TO. To the extent that more Interconnection Customers choose 
CRIS and fund new Network Upgrades, TOs’ ATRR related to O&M costs for CRIS Network 
Upgrades may increase. Benefits associated with increased access to capacity resources and 
potential for reduced congestion provided by the upgrades may offset the increased costs.   

9. Will a non-NRIS, non-LTFTS generator be able to request participation in the transition 
study? 

No. Generators that are not eligible for inclusion in the transition study will be able to convert to 
CRIS by submitting a request in the GI DISIS study process and specifying an amount of CRIS 
deliverability to be studied.  

10. Could a GI customer “game” the system and avoid paying for upgrades by requesting 
small amounts of CRIS several times? 

Possibly, but it would require the customer to request very small increments in a series of GI 
studies in hopes of avoiding a thermal overload. The 3% distribution factor for CRIS impacts is 
based on the amount of service requested. So, for a 1 MW request, the impact would have to be 
less than 30 kW to avoid cost allocation. These facts likely make it impractical to game the 
system in this way.   
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APPENDIX 7: WORKING GROUP MEETINGS 

Meetings where NEDTF participants met with other working groups for the purposes of 
discussing, coordinating, and receiving feedback on action items of specific interest to both 
groups. 

TWG Meetings 
• March 2020 - High-level overview and prep for future coordination 
• April 2020 - ERIS-related GI Study models discussions; review of Order 2003 on ERIS; GI 

cluster groups and LOLE zones 
• May 2020 - ERIS/NRIS Comparison for various RTOs; Purpose of ERIS Congestion study 

proposal 
• June 2020 - CRIS study models review 
• July 2020 (Planning Summit presentation) - Update on ERIS recommendations 
• Aug 2020 - Review of the full set of draft recommendations before presenting to MOPC 
• September 2020 – Update on recommendations; Detailed review of Congestion and GI-

ITP Comparison studies, Transition study, and potential changes to “downstream” 
planning processes 

CAWG Meetings 
• March 18, 2020 – Joint meeting with CAWG to review staff analysis on C1 

recommendation 
• June 2, 2020 – Update  
• July 7, 2020 – Review potential cost allocation issues 
• August 11, 2020 – Preview of NEDTF recommendations 
• September 10, 2020 – Discuss comments on NEDTF recommendations 

SAWG Meetings 
• March 11, 2020 – High-level overview and prep for future coordination 
• April 29, 2020 – Update on NEDTF activities 
• May 27, 2020 – Status update and review of NRIS/CRIS Deliverability 
• June 24, 2020 – Status update and review of NRIS/CRIS Deliverability and Deliverability 

Areas 
• July 30, 2020 – Review of the full set of draft CRIS recommendations before presenting 

to MOPC; Decision on continuing with short-term Deliverable Capacity product 
• August 26, 2020 – Review of next steps for NEDTF / SAWG coordination  
• September 23, 2020 – Discussion of comparability of partial CRIS and partial transmission 

service related to SAWG’s 3-tier approach to ELCC accreditation for renewable resources  
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APPENDIX 8: SUMMARY OF GENERATORS 
WITH LONG-TERM FIRM TRANSMISSION 
SERVICE 

PRELIMINARY AND UNAUDITED 
March 2, 2020 

Modeling Area NRIS or Equivalent   ERIS or Legacy    
# ID Capacity 

(MW) 
Firm 

Service 
(MW) 

% with 
Firm 

Service 

Capacity 
(MW) 

Firm 
Service 
(MW) 

% with 
Firm 

Service Notes 
506 MJMEUC     168 0 0% Note 1 
515 SWPA     2,440 2,440 100% Note 2 
520 AEPW 99 23 23% 18,186 13,017 72% Note 3 
523 GRDA     1,734 1,346 78%  
524 OKGE 407 250 61% 15,011 11,520 77% Note 4 
525 WFEC     2,168 1,881 87%  
526 SPS 330 159 48% 11,340 9,074 80%  
527 OMPA     307 303 99% Note 5 
531 MIDW 303 302 100% 771 548 71%  
534 SUNC 110 110 100% 4,675 2,763 59%  
536 WERE     8,548 7,134 83%  
541 KCPL 500 500 100% 8,169 8,360 102% Note 6 
542 KACY     1,209 424 35% Note 7 
544 EMDE 250 285 114% 1,832 1,056 58% Note 8 
545 INDN     239 222 93% Note 9 
546 SPRM     813 974 120% Note 10 
640 NPPD 318 0 0% 4,950 3,917 79%  
641 HAST     387 352 91%  
642 GRIS 36 0 0% 203 202 99%  
645 OPPD 601 601 100% 3,114 3,093 99%  
650 LES 73 73 100% 495 479 97%  
652 WAPA 370 360 97% 2,826 2,480 88%  

659 
BEPC-
SPP 2,182 1,892 87% 3,666 3,375 92%  

Totals   5,579 4,555 82% 93,252 74,960 80%  
 

Notes 
1. Behind-the-meter Gens 
2. Firm service revised to reflect SWPA transmission service 
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3. Total plant amounts were revised to individual unit amounts. 
4. Total plant amounts were revised to individual unit amounts. 
5. Max capacity amounts were revised per OASIS 
6. Amounts revised per OASIS. DNR+PTP exceeds 100% of capacity 
7. May not reflect all firm capacity due to recent transition to NITS 
8. Amounts revised per OASIS. Uncertainty in max capacity result in Firm>100% of 
capacity 
9. Amounts revised per OASIS. 
10. Uncertain capability amount. 

 

 

 

  

Source Data
1. 2020 ITP BR Model

Gen ID, Area, PMAX, Firm Service
2. Gen Queue

Interconnection Service Level
3. WAPA Queue

Interconnection Service Level
4. OASIS DNR List

MAX_CAPACITY, CAPACITY_DESIGNATED

NRIS or Equivalent = Generator has either SPP or WAPA NRIS service

Capacity = Higher of PMAX from the ITP model or MAX_CAPACITY from OASIS DNR List 
(maximum possible output)
Firm Service = Maximum Firm Transmission Service used in dispatching the 2020 model 
(includes DNR and/or PTP)
Modeling Area = PSSE model Area Number for the generator (TO)

ERIS or Legacy = Generator has either SPP or WAPA ERIS service, or SPP has no record 
of the type of interconnection service
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APPENDIX 9: ALTERNATIVES METHODS OF 
ASSESSING Z2 IMPACTS OF CRIS 
DESIGNATIONS 

This presentation was given to NEDTF on July 29, 2020. 

 

1. GI Study Process 

• Create a new process for determining impacts during the GI study process 
• Could determine only TDFs, not MW impacts, without knowing the amount of MW 

designated 
• Could not determine CPO dollar amounts without knowing the NITS customer 

o Safe Harbor eligibility and amount could not be determined 
o Reverse creditability can’t be known in advance 
o Payoff status can’t be known in advance 

• Would require a stacking calculation be done at the time of designation 
o This would require a new process be developed 
o Possible re-coding of the Credit Stacking System 
o Concern with completing the calculation within the time required for 

confirmation of the DR 
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2. Subsequent ATSS Process 

• Add designations of CRIS gens to the ATSS process to determine impacts and CPOs 
alongside the other ATSS requests.  

• Would be influenced by the other ATSS requests to some extent. 
• There could be a nine-month or longer time lag between the start of service and the 

calculation of the CPOs.  
• Customers would have to confirm reservations without knowing the dollar amount of the 

credit payments.  
• Based on FERC rulings in the Z2 cases, it would not be tariff-compliant to complete a 

TSA/NITSA or even a study report without providing the credit payment amounts to the 
customer.  

• Would the NITS customer be permitted to back out if the CPOs were too high? 

 

3. Stand-Alone Process 

• Create a new process for determining impacts at the time or designation 
• This would require a new process be developed 
• Possible re-coding of the Credit Stacking System 
• Concern with completing the calculation within the time required for confirmation of the 

DR 
 

4. Exemption 

• Exempt CRIS resource designations from credit payments  
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• Would deprive Upgrade Sponsors of some portion of reimbursement or lengthen the 
time to be fully reimbursed 

• Not fair to assign costs to the NITS customer for impacts to upgrades necessary to serve 
all the load in the area when delivery only to a specific load is needed 

• Exemption from Z2 credit payments compensates for a less-valuable ARR due to the 
deliverability being to the area and not to a specific load 

• Would avoid the time and expense required to implement new procedures, including 
potential system changes 
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APPENDIX 10: CONGESTION AND GI-ITP 
COMPARISON SCOPES 

SCOPE OF CONGESTION STUDY FOR ERIS THRESHOLD CHANGE 
1.  Scope of Work 

The purpose of this study is to determine the impact on market congestion that might be realized 
by reducing the distribution factor threshold for Energy Resource Interconnection Requests in 
the Generator Interconnection study process. 

The scope of work is to perform an engineering evaluation that will include the following Tasks: 

Task 1. Verify the assumption that by lowering the ERIS threshold, more transmission 
facilities would be constructed and thereby lead to a corresponding reduction in the cost 
of market congestion. 

Task 2. Quantify the amount of congestion reduction at various threshold levels for the 
Options proposed by the Generator Interconnection Improvement Task Force (GIITF) 
listed in #5 below that would be realized:  

a. By the entire SPP Integrated Marketplace 

b. By each individual generator being allocated additional upgrade costs  

Task 3. Quantify the benefit to each class of Market Participant and to Interconnection 
Customers, including the impact of shifting costs of upgrades that may result.  

Task 4. Identify high-level differences in the applicable ITP portfolio that may result. 

SPP will provide:  

A.  Base Case ITP economic models 

B.  The most recently completed DISIS study and models 

C.  Information necessary to complete the Tasks. 

2.  Deliverables 

A.  For Task 1, a report summarizing the results of the analysis showing that the 
assumption is valid or not and the reasons why. 

B.  For Task 2, a report quantifying the amount of reduction in congestion costs for each 
of the Options listed in #5 for the entire SPP IM and for each individual generator that 
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would be allocated additional upgrade costs and the benefit/cost ratio for each 
upgrade.  

C.  For Task 3, a report quantifying the benefit to each class of Market Participant and to 
Interconnection Customers, including the impact of shifting costs of upgrades that 
may result. 

D.  On request, data, computer models, and other work papers related to the completion 
of the Tasks.   

3.  Contractual Arrangements 

The contractual arrangements will be handled directly between SPP and the consultant.   

4.  Confidentiality 

Consultant(s), sub-contractor(s), and all other individual(s) with access to the provided study 
models shall each have a non-competitive duty Non-Disclosure Agreement on file with SPP 
prior to start of the awarded work. 

5.  Description of Options 

1. Generator Distribution Factor 20% (Baseline) 

2. Generator Distribution Factor 15% 

3. Generator Distribution Factor 10% 

4. Generator Distribution Factor 5% 

5. GIITF’s original recommendation to MOPC “20%/5%” 
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GI ITP Comparison Study Scope 
GI-ITP Comparison: determine whether constraints that are identified in the GI study below the 
20% ERIS threshold are being identified in the ITP as reliability or economic needs.  

GI-ITP Comparison Tasks 

1. For the most recently completed ITP study, identify the most recently completed DISIS 
study which had study generators incorporated into and available for dispatch in the ITP 
models (315 hours) 

2. Review the results of the final restudy of the DISIS (10 hours) 

3. Identify the constraints seen in the Base Case and in the Transfer Case both above and 
below the DF: 20%, 15%, 10%, 5%, GIITF Recommendation (95 hours) 

4. Compare constraints seen in the ITP study with the list of constraints from the DISIS (130 
hours) 

5. Identify constraints below each DISIS threshold line that appeared as a need in the ITP 
study (60 hours) 

6. For each constraint identified, document the dispatch of the DISIS study generators in 
the ITP study (10 hours) 

7. Document whether the DISIS upgrades associated with each study generator were also 
incorporated in the ITP (50 hours) 

8. Document whether there is a correlation in the years and seasons in which the common 
constraints were identified (50 hours) 

9. Document other significant differences in assumptions between the DISIS and ITP (80 
hours) 

In interpreting the results of this study, identification of common constraints in the two 
processes may not necessarily indicate a need to change the ERIS threshold. Before 
recommending an ERIS threshold change from the GI-ITP study, careful consideration should be 
given to how the results are impacted by recent policy changes, generation dispatch and the 
benefits to both generation and load. 
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BACKGROUND, GOALS & DRIVERS 

July 2019's HITT report includes 21 SPP board approved high-level recommendations, of which 9 

fell under the Transmission Planning & Cost Allocation category. Transmission Planning 

Recommendation #3 - Implement new load addition modifications (HITT T3) provided three core 

guidance on facilitating new loads by modifying the Attachment AQ process as follow: 

 

1) Be more transparent (simplified as Transparency) 

2) Allow for quicker results to facilitate potential load growth within SPP (simplified as Shorten 

Turnaround Time) 

3) Attachment AQ should be modified to limit its application to new load, modification to 

loads and load retirements that need to be addressed outside of the ITP due to timing or 

some other significant reason (simplified as AQ vs. ITP).  

 

This recommendation was allocated to the TWG and subsequently assigned to the AQITF, to 

evaluate and decide on appropriate enhancements, as well as seek approval from the TWG, MOPC 

and the SPC prior to corresponding tariff changes and implementation. 

 

The primary objective and benefit per Transparency seeks to make information associated with 

potential network upgrade cost sharing more readily available, which would enable better 

accountability and understanding of recommended decisions.  

 

As for Shorten Turnaround Time, recommended changes seeks for SPP to preemptively determine 

the amount of load that can be accommodated under existing capacity so that preliminary study 

turnaround time can be shorten.  

 

Under AQ vs. ITP, recommendation seeks to redirect the issuance of Notification to Construct 

(NTC) for AQ requests to the ITP process (as appropriate per timing), so that load additions are 

assessed beyond the scope of reliability impacts limited by the current AQ process.  

 

SUPPORTING ANALYSIS 

Proposed enhancements and considerations per core recommendation are summarized as follow: 

Transparency 

In the current AQ study landscape, the only public information being posted include its unique 

identifier, date of request submittal, and whether a Delivery Point Network Study (DPNS) is 

required. For requests requiring a DPNS(s), study reports are issued only to the host TO and 

network customer. AQITF and TWG proposes to provide further transparency by:  
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1) Providing a dashboard for studies including information such as timeline and status, 

similar to SmartQ for GI requests; and  

2) Posting Delivery Point Network Study (DPNS) reports for AQ requests that would result in 

issuance of a Notification to Construct (NTC) that has not been redirected to the ITP 

process, and after official confirmation from customer to include requested new load into 

service agreement. 

 

The Dashboard will have the ability to allow network customers and TOs to grant permission for 

additional entities to access their information. Examples of such include sharing incoming requests 

with other entities within their zone.  

Information provided in a DPNS report include: Network Customer, Host TO, location of the 

delivery point, in service date for the delivery point, models used, MW/MVAR amounts of the 

delivery point per model, analysis performed, potential overloads and violations identified, 

solutions evaluated, new upgrades, need date, would NTC be issued, and estimated cost. 

Shorten Turnaround Time 

A comprehensive AQ request requiring DPNS takes approximately 120 days from start to finish 

per current AQ processes. AQITF and TWG proposes to shorten the turnaround time by calculating 

ATC for each node to pre-determine available capacity in the system, thus identifying the location 

and amount of additional load that can be accommodated without a full DPNS study.  

TOs will have access to ATC for their facilities and network customers will have access to the data 

in their zone. Both parties must a have reliability NDA in place to access the information. 

AQ vs. ITP 

At present, all AQ requests are examined through the AQ process and only reliability impacts are 

considered before coming online. AQITF and TWG proposed several guidelines, in consideration 

with timing, to determine if the AQ or ITP process would issue the NTC: 

- Issuance of NTC for upgrades identified from a DPNS via the AQ process, unless timing 

allows for reaffirmation and issuance from the ITP 

- Examine if requested load and associated upgrades will fit the timeline of current year’s 

ITP or must be postponed to next year’s ITP 

- TWG to develop standards for timeline per upgrade type to determine if construction 

schedule is within an appropriate timeframe to redirect NTC issuance under the ITP. 

o Exceptions specified include ROW on Native American land and/or any Federal 

Agency land, Environmental Impact or Endangered Species Studies, and other 

significant reasons as approved by the TWG 

 

For full details of analysis, please refer to the AQITF’s White Paper as approved by the TWG. 
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VOTING HISTORY AND RECOMMENDATION 

 

Action Requested: TWG requests MOPC to approve proposed recommendations outlined 

in the Policy White Paper to address HITT T3 

Approved: MOPC 10/13/2020 

 Action: Passed, Unanimous 

 

Motion: To accept the revised AQITF White Paper per TWG comments. 

Approved: TWG 09/29/2020 

 Action: Passed, Abstained: none, Opposed: none 

 

Motion: To accept edits to the AQITF White Paper in response to TWG comments as modified. 

Approved: AQITF 09/21/2020 

 Action: Passed, Abstained: none, Opposed: none 

 

Motion: To accept the AQITF White Paper as modified. 

Approved: AQITF 09/08/2020 

 Action: Passed, Abstained: none, Opposed: none 

 

Motion: To accept the AQITF policy recommendation as modified. 

Approved: AQITF 08/24/2020 

 Action: Passed, Abstained: none, Opposed: WFEC1 

 

Action Requested: TWG requests MOPC to approve proposed recommendations outlined 

in the Policy White Paper to address HITT T3 

Approved: MOPC 10/13/2020 

 Action: Passed, Unanimous 

 

1 No comments were provided for opposition 
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IMPLEMENTING HITT TRANSMISSION PLANNING RECOMMENDATION #3  

DEFINITIONS AND ACRONYMS 

Holistic Integrated Tariff Team (HITT) 

Transmission Working Group (TWG) 

AQ Improvement Task Force (AQITF) 

Transmission Owner (TO) 

Transmission User (TU) 

Integrated Transmission Planning (ITP) 

INTRODUCTION 

July 2019's HITT report includes 21 SPP board approved high-level recommendations under four 

categories: Reliability, Marketplace Enhancements, Transmission Planning & Cost Allocation, and 

Strategic Functions. Of the 21 recommendations, 9 fall under Transmission Planning & Cost 

Allocation.  

  

The specifics of Transmission Planning Recommendation #3 - Implement new load addition 

modifications (HITT T3) states: 

  

"To facilitate potential load, SPP should modify the Attachment AQ process (delivery point 

additions, modifications or abandonments) to be more transparent and allow for quicker 

results to facilitate potential load growth within SPP. Attachment AQ should be modified to 

limit its application to new load, modification to loads and load retirements that need to be 

addressed outside of the ITP due to timing or some other significant reason." 

  

For complete details of, and guidance within the recommendation, please refer to Appendix A:  

HITT Report - Transmission Planning Recommendation #3.  

 

This recommendation, along with a few others, were allocated to the TWG and subsequently 

assigned to the AQITF. The task force was put on hold in 2018 to await the HITT report and has 

since resumed to discuss and decide on appropriate enhancements to existing AQ processes, 

addressing the three core HITT recommendations listed above.  

 

This white paper provides a summary of the discussions to date, general overview of SPP's AQ 

process, proposed enhancements and benefits identified per the HITT report, and projected future 

state of the AQ process. 
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OVERVIEW OF SPP’S AQ PROCESS (CURRENT STATE) 

At the time of this writing, there is a monthly window for AQ requests to be submitted and they 

are processed in bulk at the end of each month. Preliminary assessments are performed on each 

request, identified by a unique ID, to determine if a full Delivery Point Network Study (DPNS) is 

necessary. Corresponding results for a given month are then posted by the 20th of the following 

month. 

  

Information within each month's posting, available at SPP's OASIS portal, include each request's 

unique ID, date of submission, and a YES or NO indication that a DPNS is required. Requests that 

do not require a DPNS may proceed to modify service agreements reflecting new load changes. 

  

Upon posting, SPP provides study agreements to customers with requests requiring a DPNS over 

the next 5 days of a given month. Customers have 30 days to return a signed, completed 

agreement and a deposit for the DPNS. SPP then has 60-days to complete the study once both 

are provided. If neither the deposit or study agreement are provided within the initial 30-day time 

frame, the request is considered automatically withdrawn.  

  

Once SPP completes a DPNS, the study results and report are provided to the host TO and network 

customer. A DPNS resulting in no necessary upgrades allows the network customer to proceed 

and modify service agreements reflecting new load changes. The TO and network customer with 

a DPNS resulting in identified necessary upgrades will be notified and issued a Notification to 

Construct (NTC) once cost estimates and updated service agreements are received.  

 

The network customer is required to work with the host TO to address interconnection 

requirements identified in the LCS.  

 

For graphical descriptions and details regarding the AQ process, please refer to SPP’s Delivery 

Point Addition Studies page1.  

AQITF’S ASSIGNMENT 

The AQITF’s discussions continue to focus on addressing the three core HITT recommendations: 

 

1. Be more transparent (simplified as Transparency throughout this paper) 

2. Allow for quicker results to facilitate potential load growth within SPP (simplified as Shorten 

Turnaround Time throughout this paper) 

3. Attachment AQ should be modified to limit its application to new load, modification to loads 

and load retirements that need to be addressed outside of the ITP due to timing or some 

other significant reason (simplified as AQ vs. ITP throughout this paper) 

1 SPP Ops Portal, DPA Studies http://opsportal.spp.org/Studies/Delivery  

1056 of 1082

http://opsportal.spp.org/Studies/Delivery


GUIDING PRINCIPLES 

Discussions that have taken place to date within the task force echo some of the original guiding 

principles from the report. Specifically, the HITT recommended enhancing transparency within 

the existing AQ process so that information associated with potential network upgrade cost 

sharing are more readily available. In addition, HITT suggested that SPP preemptively determine 

the amount of load that can be accommodated within the existing transmission system (ATC 

information at each node) without additional network upgrades, so that study turnaround time 

could be reduced if no DPNS is required.  

SUMMARY OF DISCUSSIONS 

Earlier stages of the task force’s discussions examined a comprehensive list of potential 

enhancements and solution compatible with the core recommendations.  

TRANSPARENCY 

To increase transparency of the AQ study process, the task force initially introduced the 

following as possible addendum, summarized under 3 categories: 

1) TWG Input 

Part of the earlier discussions within the task force proposed for TWG to have greater 

oversight of the AQ process. Examples of guidelines that were introduced include: 

 

- SPP would bring proposed requests evaluated to require solutions greater than 

300kV or an arbitrary dollar amount (undetermined) to the TWG for feedback and 

endorsements before finalizing the study. 

- Using a process similar to Criteria 5.5 of the SPP Planning Criteria2, where SPP 

would coordinate with neighboring TO/TOPs to be included in a DPNS study, if 

desired. Once the study is complete, SPP staff would bring the results to TWG for 

feedback and endorsement. 

2) Members/Regional Input 

In addition, the task force proposed transparency enhancements (with consideration to 

cost allocation) throughout the AQ study process between pre-study and post study. 

These enhancements include: 

 

- SPP would notify participants within zones if load addition has been requested. 

2 SPP Effective Planning Criteria v2.2 

https://www.spp.org/Documents/58638/SPP%20Planning%20Criteria_V2.2_0316020.docx  
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- Once SPP staff complete the preliminary screening process, general location of the 

requested load would be included in addition to what is currently being posted. 

- As SPP prepare for DPNS studies, staff would provide the option for neighboring 

TO/TOPs to be included in the study process. 

- Once the DPNS is complete, SPP would post the report, similar to GI’s process. This 

was an idea favored by the group. 

3) Project Dashboard/Timeline 

Furthermore, the task forced introduced addition of timing information to enhance the 

organization of desired transparency. For example, SPP would provide a dashboard for 

customers to check study timeline and status. Timing information would include but is not 

limited to “study in progress”, “report issuing/issued to network customer and host TO”. 

  

In summary, the earlier proposed enhancements would provide higher levels of transparency, 

input, and oversight at the earlier stages of an AQ study. However, concerns were raised with 

some of these enhancements regarding load competitiveness within the footprint, as well as the 

additional lead time to facilitate new loads as a result.  

 

Proposed changes have since been revised to put more focus on implementing a study 

dashboard to check timeline and status, as well as making the study information available after 

the SPP DPNS is complete, by posting the report when a customer confirms that they wish to 

include the new load in their service agreements and are ready to receive subsequent NTC 

issuance.  

SHORTEN TURNAROUND TIME 

To shorten study turnaround time, the task force initially suggested the following steps: 

 

- Review the need for “duplicate” studies – Load Connection Studies (LCS) and DPNS. It 

was later clarified that the two studies are different, where LCS is completed by the host 

TO and determines requirements to connect load, and the DPNS is completed by SPP 

staff to determine requirements to deliver energy to that load, once connected.    

- SPP to modify current screening process to perform ACCC to determine if a DPNS is 

required while host TO performs LCS. 

- SPP to preemptively calculate ATC for each node and information would be made 

available to TOs for their facilities and network customers that have a signed reliability 

NDA. 

- Network customers and host TOs will have the right to go straight to a DPNS study 

without going through the preliminary assessment  
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AQ VS. ITP 

To better clarify which process is more appropriate for addressing load additions, the task force 

discussed reviewing work that has previously been done with RR 262 in 2018 and before. The 

task force also revived the idea of redirecting AQ requests into the ITP process using an in-

service date of 3 years or longer from the date of request as the base criteria.  

 

Concerns with using the ITP for evaluation were raised by SPP’s network customers regarding 

the additional lead time before final study results (outlining requirements to connect and 

reliability of serving the load) can be made available to their inquiring customers. 

SUMMARY OF PROPOSED CHANGES 

TRANSPARENCY 

As described in the Overview of SPP's AQ Process section, the only public information currently 

posted regarding AQ studies include its unique identifier, date of request submittal, and whether 

a DPNS is required. For requests requiring a DPNS(s), study reports are currently issued only to 

the host TO and network customer.  

 

AQITF proposes to provide further transparency by 1) providing a dashboard for studies 

including information such as timeline and status, similar to SmartQ for GI requests; and 2) 

posting DPNS reports for AQ requests that would result in issuance of an NTC that isn’t shifted 

to the ITP process, and after official confirmation from customer to include requested new load 

into service agreement. 

 

SmartQ will have the ability to allow network customers and TOs to grant permission to 

additional entities to access their information. Examples of such include sharing incoming 

requests with other entities within their zone.  

 

Information provided in a DPNS report includes: 

 

- Network Customer 

- Host TO 

- Location of the delivery point 

- In service date for the delivery point 

- Models used 

- MW/MVAR amounts of the delivery point per model 

- Analysis performed 

- Potential overloads and violations identified 

- Solutions evaluated  

- New upgrades, need date, would NTC be issued, and estimated cost 
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SHORTEN TURNAROUND TIME 

As described in the July 19th HITT report, a comprehensive AQ request requiring DPNS takes 

approximately 120 days from start to finish. AQITF proposes to shorten the turnaround time 

by calculating ATC for each node to determine available capacity in the system, thus 

identifying areas where requesting additional loads up to a certain amount would be unlikely 

to require a full DPNS study. TOs will have access to ATC for their facilities and network 

customers will have access to the data in their zone. Both parties must a have reliability NDA 

in place to access the information. 

AQ VS. ITP 

SPP's ITP process3 serves to "maintain reliability, provide economic benefits, and achieve public 

policy goals for the SPP region in the near and long-term horizons". AQITF proposes using the 

following guidelines to more appropriately determine if the AQ or ITP process would issue the 

NTC, if needed: 

  

- Upgrades identified from a DPNS will be issued an NTC per the AQ process unless time 

allows them to be reaffirmed in the ITP process  

- SPP will determine the proper process to use considering at a minimum: 

 Whether the load and any associated proposed upgrades related to the AQ 

request can be included in the current year’s ITP, or must be postponed to the 

next year’s ITP 

 Using standard timelines developed by TWG per upgrade type(s) to determine 

if the construction schedule falls within an appropriate timeframe to redirect 

the issuance of the NTC to the ITP. Exceptions to the lead times for transmission 

facilities that could take up to an additional year would be made for:  

- Right of way on Native American land and/or any Federal Agency land 

- Environmental Impact Study and/or Endangered Species Study 

- Other significant reason as approved by the TWG 

BENEFITS OF PROPOSED CHANGES 

As summarized briefly in the previous sections, the primary goals of the proposed changes are to 

1) provide additional transparency for upgrades identified by the AQ process and 2) to facilitate 

new load integration within SPP's footprint within a faster timeframe. AQITF believes that by 

implementing proposed changes outlined in this paper, it would fulfill the goal while providing 

various benefits to the region.  

3 SPP ITP Process https://www.spp.org/engineering/transmission-planning/integrated-transmission-planning/ 
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TRANSPARENCY 

The main discussion point in this paper revolves around improving transparency through the 

AQ process, both as in input and output (output to be discussed in the next two sections).  

  

The AQITF proposes to post DPNS reports upon a request from the network customer to update 

their service agreement and include new load. Main benefits of this change, in consideration of 

cost sharing, include: 

 

1) Improved visibility and dialogue opportunities regarding upgrades coming from the 

process 

2) Better accountability and understanding of a recommended decision, as well as potential 

rate changes associated with load addition outcomes 

 

This transparency enhancement serves to enable opportunities to inquire, discuss, and challenge 

the solution proposed by SPP in the DPNS report, ensuring all decisions are fair and equitable.  

SHORTEN TURNAROUND TIME 

The AQITF recommends pursuing an ATC methodology as a prescreening process to determine 

if a DPNS would be required. SPP, along with the task force, recognize that there is existing 

transmission capacity in the SPP footprint and views having access to the ATC information would 

provide great benefits for network customers. Main benefits of this enhancement include:  

 

1) TOs and network customers that have a signed reliability NDA will have access to a more 

transparent view of capacity availability, in terms of quantity and location.  

2) This prescreening method effectively "pre-approves" a portion of the inbound requests 

that would generally have minimal reliability impact. 

3) Compared with the current process, a network customer would know up to 50 days 

sooner if a DPNS is required to accommodate new loads under this scheme.  

4) Even if a DPNS is required, it reduces the lead time between the AQ request submittal 

and coming online as new load within the SPP footprint, providing the TO or network 

customer exercises the option to move directly to a DPNS. 

5) It enables more appropriately timed and accurate decision making on the customer 

front. 

 

Full technical aspects of the ATC calculation methodology will require additional discussion and 

development through various technical working groups to ensure concerns are addressed and 

compliance obligations would be met.  
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AQ VS. ITP 

While the AQ process ensures that the load addition adheres to reliability standards, the ITP 

process provide additional benefits of economic, policy, and operational considerations4. 

Additionally, the ITP process is designed with transparency and optimization being part of its 

core principles. 

  

By appropriately redirecting the issuance of the NTC (after factoring in timeline constraints)  to 

the ITP, the region would benefit from a more thorough, visible, and efficient examination of 

impact from new loads. This enhancement by itself would satisfy both the transparency and 

faster turnaround goals mentioned at the beginning of this section. 

AQITF VOTING HISTORY 

This White paper was approved by SPC on 10/14/2020 

 

This White Paper was unanimously approved by MOPC on 10/13/2020 

 

Motion: To approve recommendations addressing HITT T3 as outlined in the White Paper. 

Action: Passed, 61 votes, 15 TOs, 46 TUs 

Abstained: one, 1 TU 

Opposed: none 

 

This White Paper was approved by the TWG on 09/29/2020. 

 

This White Paper was edited per TWG feedback on 9/16/2020 and edits were approved by the 

AQITF on 9/21/2020. 

 

Motion: To accept edits to the AQITF White Paper in response to TWG comments as modified. 

Action: Passed 

Abstained: none 

Opposed: none 

 

This White Paper was approved by the AQITF on 9/8/2020. 

 

Motion: To accept the AQITF White Paper as modified. 

Action: Passed 

Abstained:  none 

Opposed:  none 

 

4 SPP ITP Manual https://www.spp.org/documents/22887/itp%20manual%20version%202.0.pdf  
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The AQITF recommendation for addressing HITT items to TWG was approved by the AQITF on 

8/24/2020. 

Motion: To accept the AQITF policy recommendation as modified 

Action: Passed 

Abstained: none 

Opposed: WFEC 

 

Reason for Abstention/Opposition: Not provided 

 

 

NEXT STEPS 

 TWG approval of policy whitepaper (Approved 09/29/2020) 

 MOPC approval of policy whitepaper (Approved 10/13/2020) 

 SPC approval of policy whitepaper (Approved 10/14/2020) 

 Develop RR on policy changes 

 Development of scope for SmartQ changes 

 Develop process for implementing ATC calculation  

 

AQITF RECOMMENDATION 

The AQITF recommends that the TWG approve this White Paper for addressing HITT T3, 

Implement new load addition modifications. 

  

CONCLUSION 

TBD 
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Revision Request Recommendation Report 

RR #: 422 Date: 10/1/2020 

RR Title: HITT C2 Tariff Changes to Attachment J 

SUBMITTER INFORMATION 

Submitter Name: Lee Elliott Company: SPP 

Email: lelliott@spp.org Phone: 501.482.2469 

EXECUTIVE SUMMARY AND MOTION FOR RECOMMENDED MOPC/BOD ACTION 

(Executive summary is high-level explanation of what the revision request will accomplish and should include a summary of voting 

records and opposition.  The motion for recommended MOPC/BOD action should be written such that the organization group 

“recommends” the action needed.) 

The proposed Tariff language and supporting Business Practice language implement the RSC-approved and SPP Board-approved 

CAWG Byway Facility Cost Allocation Review Process white paper. 

 

The RTWG recommends that the MOPC approve RR 422 as submitted in this recommendation report. 

OBJECTIVE OF REVISION 

(Ensure the objective has been updated to reflect the intent of the revisions presented for approval) 

Objectives of Revision Request:   
Describe the problem/issue this revision request will resolve.  

Implementation of HITT C2:  Evaluate a byway facility cost allocation review process.  SPP should evaluate creating a narrow 

process through which costs for specific projects between 100 kV and 300 kV can be fully allocated prospectively on a region-wide 

basis. The process should take into consideration regional benefits resulting from the facilities, including energy exports from the 

transmission pricing zone where each project is located. 

Describe the benefits that will be realized from this revision. 

Costs for a byway-funded transmission upgrade could be funded using a region-wide allocation after meeting certain criteria under a 

narrow review process. Projects eligible for this narrow and limited process must be base plan upgrade costs eligible for cost 

allocation under the SPP Tariff. This could include a new or existing Schedule 11 facility. 

SPP STAFF COMMENTS 

SPP supports the changes proposed in this revision request. 

IMPACT ANALYSIS 

(See RR Impact Analysis Form for complete impact details) 

System Changes  No    Yes   

 

Process Changes?  No    Yes  

Impact Analysis Required?  No    Yes | If no, but system or process changes are expected please explain why an Impact 

Analysis will not be performed (e.g. FERC Order, work included in another Impact Analysis for a related RR): 
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Estimated Vendor Cost:  
ROM based on information available at the time of the 

estimate 

Cost Categories: A>0-20k, B>20-60k, C>60-100k, D>100-

300k, E>300k – 600k, F>600k – 1mm, *G>1mm 

 
*If greater than 1mm an upper limit will also be provided. 

Estimated Implementation Staff Hours:  
ROM based on information available at the time of the estimate 

Estimated Implementation Time:  
ROM based on information available at the time of the estimate 

Primary Working Group Priority:      

SPP DOCUMENTS IMPACTED 

  Market Protocols Protocol Section(s):  Protocol Version:  

  Operating Criteria Criteria Section(s):  Criteria Date:  

  Planning Criteria Criteria Section(s):  Criteria Date:  

  Tariff  Tariff Section(s): Attachment J Section III 

  Business Practice Business Practice Number: New - TBD 

  Integrated Transmission Planning (ITP) 

Manual 
Section(s): 

  Revision Request Process Section(s): 

  Minimum Transmission Design     

Standards for Competitive Upgrades (MTDS) 
Section(s): 

  Reliability Coordinator and Balancing 

Authority Data Specifications (RDS) 
Section(s): 

  SPP Communications Protocols Section(s): 

ORGANIZATIONAL GROUP ACTION 

(Action = Approved, Approved Unanimously, or Rejected) 

Primary Working Group: RTWG  

 
Date: 10/1/2020 

Motion: To approve RR 422 as implementing the RSC-approved and SPP Board-

approved CAWG Byway Facility Cost Allocation Review Process white paper 

Action: Approved 

Abstained: AEP, Xcel 

Opposed: CUS, OGE 

Reasons for Opposing:  

CUS: City Utilities opposes the Tariff and Business Practice changes proposed in RR 422 for the following reasons: 

 The policy and language does nothing to properly assign transmission costs to beneficiaries.  It merely places an unspecified 

burden on a Transmission Zone to demonstrate that a Byway facility “…is not necessary for the support of, or does not 

substantially benefit, the Zone where it is physically connected;…”, and does not apply the same test to other Zones to which 

the cost would be applied. 

 Nothing in the proposed language limits the quantity or scope of Byway projects which may request a waiver as voiced in 

the HITT Recommendation of a “surgical” approach. 

OGE: OG&E opposes the shifting of byway cost responsibility from wind rich areas to others before 1) certifying that the applicant’s 

own operations are not unduly contributing to the export of economic energy out of applicant’s region, and 2) removing wind 

generation that is connected to highway facilities and wind generation that has in place firm transmission service out of the region. 

As written the tariff revisions allow for a very subjective waiver request and RTO analyses process. OG&E recommends a requisite 

minimum amount of information be provided by waiver request applicant via entry into standardized forms. In addition, OG&E 

specifies particular analyses be required in the RTO’s evaluation of each waiver request, e.g., an economic market dispatch of the 

applicant’s region that excludes normally self-scheduled units, and that stakeholders be provided access to these and all other analyses 

performed  by and relied upon by the RTO in developing RTO’s recommended disposition of the waiver request. 
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Reasons for Abstaining:  

Xcel: Xcel/SPS abstains from RR422 since we do not agree with this policy.  We believe that the tariff language implements the 

byway waiver process as written.   

MOPC  

 

Date: 10/13/2020 

Motion: To approve RR 422 as submitted 

Action: Approved 

Abstained: City of Independence MO, Flat Ridge 2 Wind Energy (BP Wind 

Energy), Missouri Joint Municipal EUC, Southern Power, Southwest 

Transmission LLC, Western Farmers Electric Cooperative 

Opposed: AEP Southwestern Transmission Co., AEP - OK Transmission Co., 

City Utilities of Springfield MO, Liberty Utilities, Missouri River Energy 

Services, Municipal Energy Agency of Nebraska, Oklahoma Gas & Electric - 

Electric Services, Oklahoma Gas & Electric - Transmission, Public Service Co. of 

Oklahoma (AEP), Southwestern Electric Power Co. (AEP), Southwestern Public 

Service - Xcel Energy, Xcel Energy Southwest Transmission Co. 

Reason for Abstaining: 

WFEC: WFEC abstained from the vote for approval because of the potential need for approval by the SPP Board of Directors and/or 

FERC. WFEC understands that SPP has noted WFEC’s previous votes and involvement throughout the SPP Stakeholder process in 

certain FERC filings. Therefore, WFEC has abstained to preserve any potential interventions, comments, and/or protests in any 

necessary and forthcoming FERC filings. 

BOD/Member Committee  

 
Date:  

Motion: 

Action: 

Abstained:  

Opposed: 

Reason for Abstention/Opposition:  

 

SUMMARY OF COMMENTS 

(See comment forms in the RR folder on SPP.org for full comment details) 

1. Comment Form Date and Submitter: Lee Elliott (SPP) – 9/1/2020 

Summary of Comments: Adding a new Business Practice language to RR 422 to support the proposed Tariff language. 

Organizational Group Review Results (e.g. Reviewed and accepted, reviewed but not accepted, reviewed with partial 

acceptance – provide details to explain): Reviewed and accepted 

PROPOSED REVISION(S) TO SPP DOCUMENTS 

SPP Tariff (OATT) 

 

Attachment J, Section III 

III. Base Plan Upgrades 
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A single Base Plan Upgrade is comprised of any upgrade or group of upgrades required to be made to a 

single transmission circuit, where a transmission circuit is comprised of all load carrying elements 

between circuit breakers or the comparable switching devices.  A load carrying element within a Base 

Plan Upgrade that is connected at two different voltage levels (e.g. a 345kV/138kV transformer) shall, 

for the purposes of this Attachment J, be considered to have a nominal operating voltage of its lower 

voltage level (excluding any tertiary windings) and its costs shall be allocated in accordance with the 

rules governing the lower voltage level in this Attachment J.  A waiver may be requested to use a 

transformer’s higher voltage level instead of the lower voltage level for the purposes of cost allocation 

under this Attachment J based on the anticipated utilization of the transformer.  Such request must be 

made in writing with supporting analysis and submitted to the Transmission Provider not later than one 

hundred eighty (180) days following the inclusion of the transformer in an approved SPP Transmission 

Expansion Plan.  Any waiver request submitted shall be evaluated based upon the following general 

factors, including but not limited to: (i) whether the power flows through the transformer predominately 

are from the lower voltage to the higher voltage; (ii) whether the transformer is not necessary for the 

support of, or does not substantially benefit, the lower voltage system in the host zone to which it is 

connected.  The Transmission Provider shall make a recommendation to accept or deny the waiver, on a 

non-discriminatory basis, to the Markets and Operations Policy Committee.  The Markets and 

Operations Policy Committee will consider the waiver request and the Transmission Provider’s 

recommendation, and will provide its own recommendation (along with the Transmission Provider’s 

recommendation) regarding such waiver to the SPP Board of Directors.  Barring unusual circumstances, 

the recommendation to approve or reject such waiver request will be submitted to the SPP Board of 

Directors within one hundred twenty (120) days following the receipt of the waiver request. 

A. Allocation of Base Plan Upgrade Costs Eligible for Cost Allocation 

1. If the cost of a Base Plan Upgrade is less than or equal to $100,000, the annual 

transmission revenue requirement associated with such Base Plan Upgrade shall be 

allocated to the Base Plan Zonal Annual Transmission Revenue Requirement of the 

Zone in which the Base Plan Upgrade is located. 

2. Other than Base Plan Upgrades allocable under Section III.A.1, if a) the Base Plan 

Upgrade is included in and constructed pursuant to the SPP Transmission 

Expansion Plan in order to ensure the reliability of the Transmission System; b) is 

included in Schedule 2 of this Attachment J; c) is an approved high priority 

upgrade; or d) is a Base Plan Upgrade cost eligible for cost allocation under Section 
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III.B.1 and is not associated with a new or changed Designated Resource for a wind 

generation plant, then:   

i. X% of the annual transmission revenue requirement associated with such 

Base Plan Upgrade costs eligible for cost allocation shall be allocated to the 

Base Plan Region-wide Annual Transmission Revenue Requirement and 

recovered through the Region-wide Charge, where  X shall be set as 

follows: 

a. For all Base Plan Upgrades issued a Notification to Construct prior 

to June 19, 2010 or whose nominal operating voltage level is less 

than 300 kV but greater than 100 kV, X shall be 33%. ,except for 

Base Plan Upgrades that are granted a waiver under Section III.E of 

Attachment J.  

b. For all other Base Plan Upgrades whose nominal operating voltage 

level is greater than or equal to 300 kV, X shall be 100%. 

c. For all other Base Plan Upgrades whose nominal operating voltage 

level is less than or equal to 100 kV, X shall be 0%.   

ii. (100-X)% of the annual transmission revenue requirement associated with 

such Base Plan Upgrade costs eligible for cost allocation shall be allocated 

to the Base Plan Zonal Annual Transmission Revenue Requirement and 

recovered through the Base Plan Zonal Charge as follows: 

a. For Base Plan Upgrades issued a Notification to Construct prior to 

June 19, 2010, this portion of the annual transmission revenue 

requirement for Base Plan Upgrade costs eligible for cost allocation 

shall be allocated to the Base Plan Zonal Annual Transmission 

Revenue Requirement of specific Zones based on the Zones’ share 

of the incremental positive MW-mile benefits as computed in 

Section 4 of Attachment S to this Tariff.  Each Zone with a benefit 

of at least 10 MW-miles from a given Base Plan Upgrade shall be 

allocated a portion of the Base Plan Zonal Annual Transmission 

Revenue Requirement for such upgrade based on its incremental 

positive MW-mile benefit divided by the sum of the incremental 

positive MW-mile benefits for all of those Zones with a benefit of 

at least 10 MW-miles from the upgrade, provided that such 
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allocation represents an engineering and construction cost of at least 

$100,000. 

b. For all other Base Plan Upgrades, this portion of the annual 

transmission revenue requirement for Base Plan Upgrade costs 

eligible for cost allocation shall be allocated solely to the Base Plan 

Zonal Annual Transmission Revenue Requirement of the Zone in 

which the Base Plan Upgrade is located. 

3.  If the Base Plan Upgrade cost eligible for cost allocation under Section III.B.1 of 

Attachment J is a) associated with a new or changed Designated Resource that is a 

wind generation plant and b) the Base Plan Upgrade is located within the same zone 

as the Transmission Customer’s Point of Delivery, then:  

i. X% of the annual transmission revenue requirement associated with the 

portion of the Base Plan Upgrade costs eligible for cost allocation shall be 

allocated to the Base Plan Region-wide Annual Transmission Revenue 

Requirement and recovered through the Base Plan Region-wide Charge, 

where X shall be set as follows: 

a.  For Base Plan Upgrades issued a Notification to Construct prior to June 19, 

2010 or whose nominal operating voltage level is less than 300 kV and 

greater than 100 kV, X shall be 33%., except for Base Plan Upgrades that 

are granted a waiver under Section III.E of Attachment J.  

b.  For all other Base Plan Upgrades whose nominal operating voltage level is 

greater than or equal to 300 kV, X shall be 100%. 

c.  For all other Base Plan Upgrades whose nominal operating voltage level is 

less than or equal to 100 kV, X shall be 0%. 

ii. (100-X)% of the annual transmission revenue requirement associated with the 

portion of the Base Plan Upgrade costs eligible for cost allocation shall be allocated 

to the Base Plan Zonal Annual Transmission Revenue Requirement and recovered 

through the Base Plan Zonal Charge as follows: 

a. For Base Plan Upgrades issued a Notification to Construct prior to June 19, 

2010, this portion of the annual transmission revenue requirement for Base 

Plan Upgrade costs eligible for cost allocation shall be allocated to the Base 

Plan Zonal Annual Transmission Revenue Requirement of specific Zones 

based on the Zones’ share of the incremental positive MW-mile benefits as 
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computed in Section 4 of Attachment S to this Tariff.  Each Zone with a 

benefit of at least 10 MW-miles from a given Base Plan Upgrade shall be 

allocated a portion of the Base Plan Zonal Annual Transmission Revenue 

Requirement for such upgrade based on its incremental positive MW-mile 

benefit divided by the sum of the incremental positive MW-mile benefits 

for all of those Zones with a benefit of at least 10 MW-miles from the 

upgrade, provided that such allocation represents an engineering and 

construction cost of at least $100,000. 

b. For all other Base Plan Upgrades, this portion of the annual transmission 

revenue requirement for Base Plan Upgrade costs eligible for cost allocation 

shall be allocated to the Base Plan Zonal Annual Transmission Revenue 

Requirement of the Zone in which the Base Plan Upgrade is located. 

4.   If the Base Plan Upgrade cost eligible for cost allocation under Section III.B.1 of 

Attachment J is a) associated with a new or changed Designated Resource that is a 

wind generation plant and b) the Base Plan Upgrade is located within a zone(s) 

other than the Transmission Customer’s Point of Delivery, then: 

i. Y% of the annual transmission revenue requirement associated with the 

Base Plan Upgrade costs eligible for cost allocation shall be allocated to the 

Base Plan Region-wide Annual Transmission Revenue Requirement and 

recovered through the Base Plan Region-wide Charge, where Y shall be set 

as follows: 

a. For Base Plan Upgrades issued a Notification to Construct prior to 

June 19, 2010 or whose nominal operating voltage level is less than 

300 kV, Y shall be 67%. 

b. For all other Base Plan Upgrades Y shall be 100%. 

ii. (100-Y)% of the annual transmission revenue requirement associated with 

the Base Plan Upgrade costs eligible for cost allocation shall be directly 

assigned to the Transmission Customer. 

B. Conditions for Classifying Service Upgrade Costs Associated with Designated Resources 

As Base Plan Upgrade Costs Eligible for Cost Allocation 

1. Except as provided in Section III.A.1 and subject to the limits and rules set forth in 

Subsections d and f below, the costs of Service Upgrades associated with new or 

changed Designated Resources shall be classified as Base Plan Upgrade costs 
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eligible for cost allocation if the conditions in the following Subsections a and b are 

met, and if the condition in Subsection c is met as applicable. 

a. The Transmission Customer’s commitment to the Designated Resource has 

a duration of at least five years. 

b. In the first year the Designated Resource is planned to be used by the 

Transmission Customer, the accredited capacity of the Transmission 

Customer’s existing Designated Resources plus the lesser of: (a) the 

planned maximum net dependable capacity applicable to the Transmission 

Customer or (b) the requested capacity; shall not exceed 125% of the 

Transmission Customer’s projected system peak responsibility determined 

pursuant to SPP Criteria. 

c. If the Designated Resource is a wind generation plant, then the sum of: (1) 

the requested capacity and (2) the transmission capacity reserved for the 

Transmission Customer’s existing Designated Resources that are wind 

generation plants shall not exceed 20% of the Transmission Customer’s 

projected system peak responsibility as determined pursuant to SPP Criteria 

in the first year the Designated Resource is planned to be used by the 

Transmission Customer. 

d. Safe Harbor Cost Limit for Eligibility of the Costs of Base Plan Upgrade for 

Cost Allocation 

i. For Base Plan Upgrades that cost over $100,000, the aggregate cost 

of such upgrades assigned to each individual transmission service 

request that is less than or equal to the Safe Harbor Cost Limit of 

$180,000 / MW times the requested capacity is eligible for cost 

allocation in accordance with:  

1) Section III.A.2 for a new or changed Designated Resource 

other than a wind generation plant; or  

2) Sections III.A.3 and 4 for a new or changed Designated 

Resource that is a wind generation plant.   

ii. Unless a waiver of the Safe Harbor Cost Limit is granted pursuant 

to Section III.C, any costs that exceed the Safe Harbor Cost Limit 

for a transmission service request shall be directly assigned to the 

Transmission Customer and allocated among the upgrades affected 
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by the transmission service request in accordance with Section V.c 

of Attachment Z1 of this Tariff. 

e. Base Plan Upgrade costs eligible for allocation as a result of the granting of 

a waiver shall be allocated in accordance with Sections III.A.2, III.A.3, or 

III.A.4, as applicable.   

f. For each transmission service request, the amount of Base Plan Upgrade 

costs eligible for cost allocation shall be allocated among all Upgrades 

required to grant the transmission service request based upon the remaining 

cost after allocation of any Directly Assigned Upgrade Costs in accordance 

with Section III.B.1(d)(ii) of this Attachment J. 

2. The Transmission Customer must provide the Transmission Provider the 

information that the Transmission Provider deems necessary to verify that the new 

or changed Designated Resource meets conditions in Section III.B.1.a, b and c 

above. 

3. If an upgrade for a new or changed Designated Resource meets the requirements 

set forth in Section III.B.1.a, b, and c above, the costs up to the $180,000/MW Safe 

Harbor Cost Limit will be classified as Base Plan Upgrade costs eligible for cost 

allocation. 

4. If the conditions set forth in Section III.B.1.a, b, and c above are not met, and the 

Transmission Customer does not secure a waiver of the relevant condition(s), the 

costs of the upgrades will be directly assigned to the Transmission Customer.  If 

the costs of upgrades associated with a new or changed Designated Resource 

exceeds the Safe Harbor Cost Limit and the Transmission Customer does not secure 

a waiver of that limit, the costs of the upgrades in excess of the limit will be directly 

assigned to the Transmission Customer.  The Transmission Customer shall receive 

compensation in accordance with Attachment Z2 to this Tariff for any such directly 

assigned costs. 

C. Waiver of Conditions for Classifying Service Upgrade Costs Associated with 

Designated Resources As Base Plan Upgrade Costs Eligible for Cost Allocation 

1. Waiver Process 

If one or more of the conditions in Section III.B.1.a, b, c are not met or if the Base 

Plan Upgrade cost exceeds the Safe Harbor Cost Limit, the Transmission Customer may 

seek a waiver from the Transmission Provider in order that the costs of any Service 
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Upgrade(s) that otherwise would be directly assigned to the Transmission Customer may 

be classified in whole or in part as Base Plan Upgrade costs eligible for cost allocation. 

To obtain a waiver for the conditions set forth in Section III.B.1.a, b, c, the 

Transmission Customer must submit a request for a waiver to the Transmission Provider 

simultaneous with its request for long-term transmission service for the new or changed 

Designated Resource.  The request for such waiver must be submitted sufficiently in 

advance of a regularly-scheduled meeting of the SPP Board of Directors that occurs prior 

to the close of the open season for the Aggregate Facilities Study to allow for review by 

the Transmission Provider.  Timing for the submittal of a waiver shall be specified in the 

Transmission Provider’s business practices. 

Aggregate Facilities Studies performed by the Transmission Provider as part of 

the Aggregate Transmission Service Study procedure, which is described in Attachment 

Z1, will determine whether the costs for Service Upgrades associated with a new or 

changed Designated Resource might exceed the Safe Harbor Cost Limit.  If the 

Transmission Provider determines that the costs for Service Upgrades associated with a 

new or changed Designated Resource might exceed the Safe Harbor Cost Limit, the 

Transmission Provider shall notify the affected Transmission Customer when the 

Transmission Provider posts the first iteration of the associated Facilities Study. The 

affected Transmission Customer may request a waiver regarding the costs in excess of 

the Safe Harbor Cost Limit in accordance with Section III.C.2 of Attachment Z1 of this 

Tariff.  

Following the receipt of a request for a waiver, the Transmission Provider will 

review the request and make a determination on a non-discriminatory basis of whether a 

waiver should be granted based upon consideration of the factors described in Section 

III.C.2. of this Attachment.  The Transmission Customer requesting the waiver shall be 

responsible for the reasonable costs of any studies that the Transmission Provider 

performs in making its determination.  The Transmission Provider will provide a report 

and recommendation to the Markets and Operations Policy Committee for each requested 

waiver.  The Markets and Operations Policy Committee will consider the waiver request 

and the Transmission Provider’s report and recommendation, and will provide its own 

recommendation (along with the Transmission Provider’s report and recommendation) 

regarding each requested waiver to the SPP Board of Directors.   

2. Factors to be Considered in Evaluating Waiver Requests 
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Any waiver request submitted by a Transmission Customer pursuant to 

Section III.C.1. of this Attachment shall be evaluated based upon the following 

general factors, including but not limited to: 

i. There are insufficient competitive resource alternatives for one or more 

Transmission Customers. 

ii. In the event that the aggregate costs of a Service Upgrade associated with a 

new or changed Designated Resource exceed the Safe Harbor Cost Limit, 

(i) those costs up to the level of the Safe Harbor Cost Limit shall be 

classified as Base Plan Upgrade costs eligible for cost allocation, and (ii) 

those costs that exceed the Safe Harbor Cost Limit may be classified in 

whole or in part as Base Plan Upgrade costs eligible for cost allocation 

taking into account the extent to which the duration of the Transmission 

Customer’s commitment to the new or changed Designated Resource 

exceeds the five-year commitment period set forth in paragraph III.B.1. 

above. 

iii. The five-year commitment period for the new or changed Designated 

Resource may be waived if: (i) the associated Service Upgrade costs are 

significantly less than the Safe Harbor Cost Limit; or (ii) the associated 

Service Upgrades provide benefits to other Transmission Customers that 

would offset in less than five years any costs allocated to them as a result of 

the upgrade being classified as a Base Plan Upgrade. 

iv. If a request for a waiver is received by the Transmission Provider based 

upon other circumstances, such waiver request shall also be considered 

pursuant to the waiver process described in Section III.C.1. of this 

Attachment. 

If the costs of the Service Upgrade(s) required for a new or changed 

Designated Resource are not eligible for classification as Base Plan 

Upgrade costs, the Transmission Customer may nevertheless request the 

construction of such upgrades.  In such event, the costs of such upgrades 

shall be allocated in accordance with Attachment Z1 to this Tariff. 

D. Review of Base Plan Allocation Methodology  

1. The Transmission Provider shall review the reasonableness of the regional 

allocation methodology and factors (X% and Y%) and the zonal allocation 
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methodology at least once every six years in accordance with this Section III.D.  

The Transmission Provider and/or the Regional State Committee may initiate such 

review at any time.  Any change in the regional allocation methodology and factors 

or the zonal allocation methodology shall be filed with the Commission. 

2. For each review conducted in accordance with Section III.D.1, the Transmission 

Provider shall determine the cost allocation impacts of the Base Plan Upgrades 

approved for construction after June 19, 2010 to each pricing Zone within the SPP 

Region.  The Transmission Provider in collaboration with the Regional State 

Committee shall determine the cost allocation impacts utilizing the analysis 

specified in Section III.7.d of Attachment O and the results produced by the 

analytical methods defined pursuant to Section III.D.4(i) of this Attachment J. 

3. The Transmission Provider shall review the results of the cost allocation analysis 

with SPP’s Regional Tariff Working Group, Markets and Operations Policy 

Committee, and the Regional State Committee.  The Transmission Provider shall 

publish the results of the cost allocation impact analysis and any corresponding 

presentations on the SPP website. 

4. The Transmission Provider shall request the Regional State Committee provide its 

recommendations, if any, to adjust or change the costs allocated under this 

Attachment J if the results of the analysis show an imbalanced cost allocation in 

one or more Zones. 

i) One year prior to the cost allocation impact analysis the Markets and 

Operations Policy Committee and Regional State Committee will define the 

analytical methods to be used to report under this Section III.D and suggest 

adjustments to the Regional State Committee and Board of Directors on any 

imbalanced zonal cost allocation in the SPP footprint; and 

ii) Starting in 2015 and at any time thereafter, any member company that feels 

that it has an imbalanced cost allocation may request relief through the 

Markets and Operations Policy Committee.  The Markets and Operations 

Policy Committee recommendation, if any, will be forwarded with the 

request for relief to the Regional State Committee and Board of Directors 

for review.   
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5. In accordance with the SPP Bylaws, the SPP Board of Directors will initiate the 

appropriate actions, including any necessary filings with the Commission, 

consistent with the Regional State Committee recommendations. 

 

E. Waiver of Base Plan Allocation Methodology  

1. For a Base Plan Upgrade between 100 kV and 300 kV with cost allocable to any 

Base Plan Zonal Annual Transmission Revenue Requirement specified in Column 

(5) of Table 1 in Section I of Attachment H, a waiver of such cost allocation 

methodology may be requested based on the utilization or anticipated utilization of 

the Base Plan Upgrade.  If the SPP Board of Directors grants the  requested waiver, 

one hundred percent (100%) of the annual transmission revenue requirement 

associated with that Base Plan Upgrade’s cost eligible for cost allocation shall be 

allocated prospectively in the same manner as annual transmission revenue 

requirements allocated in accordance with Section III.A.2.i.b of Attachment J.  No 

Directly Assigned Upgrade Costs shall be eligible for waiver and revised cost 

allocation under this Section III.E. 

 

2. Any request for waiver under this Section III.E shall be submitted to the 

Transmission Provider in writing and accompanied by supporting information and 

analysis.   

i. For a facility with a Notification To Construct issued on or before [effective 

date of the waiver process], such request for waiver shall be submitted no 

later than one hundred eighty (180) days after [effective date of the waiver 

process]. 

ii. For a facility with a Notification To Construct issued after [effective date of 

the waiver process], such request for waiver shall be submitted no later than 

one hundred eighty (180) days after the issuance of the facility’s 

Notification To Construct.   

 

3. Upon receipt of a waiver request for a Base Plan Upgrade under this Section III.E, 

the Transmission Provider shall evaluate the request based upon, but not limited to, 

the following: 
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i. An analysis showing percentage of power flows on such transmission 

facility resulting from resources in the Zone where the facility is physically 

connected that are not affiliated through ownership or contract with utilities 

serving load in the Zone; 

ii. An analysis of whether such transmission facility is not necessary for the 

support of, or does not substantially benefit, the Zone where it is physically 

connected; and 

iii. A review of any other evidence presented in support of the waiver by the 

requesting entity. 

 

4. Within ninety (90) days of receipt of the waiver request, the Transmission Provider 

shall provide a recommendation regarding approval or denial of the waiver to the 

Regional State Committee and Markets and Operations Policy Committee. 

 

5. Within one hundred twenty (120) days of receiving a recommendation from the 

Transmission Provider, the Regional State Committee and Markets and Operations 

Policy Committee shall consider the waiver request and may provide a 

recommendation for approval or denial of the waiver. 

 

6. At the first SPP Board of Directors meeting following consideration of the waiver 

request by the Markets and Operations Policy Committee and Regional State 

Committee, the Transmission Provider shall present its analysis of the waiver 

request and any recommendation(s) of the Regional State Committee and Markets 

and Operations Policy Committee to the SPP Board of Directors.  The SPP Board 

of Directors shall approve or deny the request.   

 

7. For a Base Plan Upgrade with an annual transmission revenue requirement included 

in Attachment H at the time of approval of its cost allocation waiver under this 

Section III.E, the revised cost allocation will become effective on the first day of 

the calendar month following approval of the waiver by the SPP Board of Directors. 

 

SPP Business Practices 
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New Business Practice 75XX 

Background 

Section III.E of Attachment J of the SPP Open Access Transmission Tariff (OATT) allows entities to 

request a waiver of cost allocation for specific projects between 100 kV and 300 kV (aka, byway 

facilities) and for the costs of those specific projects to be fully allocated prospectively on a region-wide 

basis. This business process outlines the requirements for any entity requesting a waiver pursuant to 

Section III.E of Attachment J of the OATT.  

 

Explanation 

For a Base Plan Upgrade between 100 kV and 300 kV with cost allocable to any Base Plan Zonal 

Annual Transmission Revenue Requirement specified in Column (5) of Table 1 in Section I of 

Attachment H, a waiver of such cost allocation methodology may be requested based on the utilization 

or anticipated utilization of the Base Plan Upgrade.  If the SPP Board of Directors grants the requested 

waiver, one hundred percent (100%) of the annual transmission revenue requirement associated with 

that Base Plan Upgrade’s cost eligible for cost allocation shall be allocated prospectively in the same 

manner as annual transmission revenue requirements allocated in accordance with Section III.A.2.i.b of 

Attachment J.  No Directly Assigned Upgrade Costs shall be eligible for waiver and revised cost 

allocation under this Section III.E. 

1. The entity seeking the waiver under Section III.E of Attachment J (“requester”) shall submit the 

waiver request in writing to SPP through SPP’s Request Management System (RMS), The SPP 

RMS tool can be accessed at the following address: https://spprms.issuetrak.com/login.asp 

2. RMS will alert the Staff Secretary of SPP Cost Allocation Working Group (CAWG) of such 

waiver request, who shall then provide notice to the CAWG, CAWG exploder, and Regional 

State Committee of the requested waiver. 

3. The requester should provide the following information, as applicable, along with its waiver 

request in RMS: 

a. The specific Notification To Construct for the Base Plan Upgrade for which the 

waiver is requested (“facility”); 

b. For an existing facility, the gross plant, remaining net plant, and current ATRR if 

known by the requester, or estimates of these amounts if not known; 

c. Map(s) showing location of facility; 

d. One-line diagram(s) of facility for which waiver is requested and facilities to which 

it is interconnected; 

e. Information demonstrating the extent to which power flows on the facility result 

from output by resources that are located in the same Zone as the facility and that 

are not affiliated with utilities serving load in the Zone. 

f. Information regarding whether the facility is not necessary for the support of, or 

does not substantially benefit, the Zone where the facility is connected. 

1081 of 1082



g. If the requester has identified any specific resource(s) as a primary cause of the 

transmission system need for the facility, the requester is to provide the following 

for such resource(s): 

1. Resource location on map; 

2. Resource location on one-line diagram; 

3. Whether load in the Zone where the facility is located has rights to receive 

energy or capacity from the resource through contract or ownership; 

4. Type of interconnection service specified in the Generator Interconnection 

Agreement for the resource; and 

5. Whether resource is a source for long-term point-to-point service or 

network integration transmission service with delivery to load in the host 

zone. 

a.h. Any additional information the requester believes supports its request for a waiver. 
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